
Working Group Name:  Energy Working Group 
 
List the priorities of your working group in the appropriate areas below… 
 
PRIORITY INITIATIVES: Things that should be addressed during the 2011 budget/legislative process   
 
 Policy Initiative Immediate Fiscal Impact 
1. Item III.B.i. – Establish new Energy Policy Office in New Britain to modernize and 

coordinate energy policy.  Consider elimination of duplication of efforts from 14 entities 
currently filling an energy policy role. 

Negligible.  Formulation of new office 
may increase cost, but consolidation 
will decrease costs.  Step is necessary 
precursor to others.  Should also be of 
assistance in procuring federal grants. 

2. Item III.B.i. – Examine workings of DPUC and possible restructuring of DPUC to ensure 
DPUC addresses energy matters, not just control of vertically integrated utilities. 

Should have some positive fiscal 
impact.  Currently, DPUC not 
structured to address wholesale 
markets, ISO-NE, etc., and this should 
help. 

3. Item I.B.i.1. – Provide utilities with greater flexibility to procure standard service for 
residential and small business customers (“blend and extend”). 

Should provide more immediate 
savings on residential/small business 
accounts once implemented. 

4. Item I.B.i.2. – For state buildings and state needs, procure energy and energy efficiency 
programs through competitive markets, and make such state-developed market 
documents available to municipalities. 

Should result in savings to both the 
state and municipalities in terms of 
lower energy costs and greater energy 
efficiency. 

5. Item II.B.i.1. – Establish an RFP process for the procurement of renewable energy at the 
DPUC, and undertake that procurement process every year for five years to ensure that 
renewable portfolio standards (RPS) are met.  The RFP process should attempt to 
maximize federal incentives wherever possible. 

Significant.  The DPUC anticipates 
that cost of complying with the RPS 
will start at $66M to $143M in 2011 
and will increase to between $153M 
and $380M annually by 2020.  This is 
anticipated to help to limit those costs. 

6. Item II.B.i.1. – Establish system to encourage deployment of smaller-scale renewable 
projects, perhaps through a feed in tariff, so that projects that are too small to go through 
the RFP process will still be constructed. 

This step would also be expected to 
help reduce costs of renewables by 
balancing ratepayer cost with 



successfully constructing projects. 
 
SHORT-TERM INITIATIVES: Things that should be addressed by 2012/2013   
 
 Policy Initiative Short Term Fiscal Impact 
1. Item I.B.i.3. – Investigate and potentially alter price floor of $10 for Class III Energy 

Certificates.  Consider expanding the Class III renewable portfolio standard requirement 
by a manageable amount. 

Removal of the $10 price floor will 
ameliorate an odd result in the Class 
III market where Class III RECs are 
either worth $10 or nothing.  
Reduction of the cost of these 
certificates may have a small effect 
on electricity prices.  Expanding the 
requirement would address an 
existing glut.   

2. Item I.B.i.4. – Energy data should be standardized and searchable to allow market 
participants to have better access to that data. 

DPUC should confirm that cost of 
standardization of data will not 
exceed benefits received from such 
standardization. 

3. Item I.B.i5. – Once Energy Policy Office is up and running, that office should play a 
significant role in the review of the various public policy decisions that result in 
approximately 10% of the costs found on consumers’ bills.  Those public policies have 
been enacted for a reason, but the Energy Policy Office should review them to ensure 
that they are still the appropriate public policies to be followed.   

Depends largely on what the 
findings are.  Regardless of the 
savings achieved, these are issues 
which should be investigated and 
understood. 

4. Item II.C. – Consider expedited permitting, siting and approvals of renewable energy 
projects to foster their development. 

Positive in that it sends a signal to 
developers that Connecticut is 
interested in developing renewable 
energy. 

5. Item II.C. – Develop a method to ensure sustained, orderly development of renewable 
energy projects rather than the current “boom/bust” cycle of development. 

This will also send a signal to the 
market that Connecticut is serious 
about developing renewable energy. 



 
6. Item I.C. – Addressing aging electricity infrastructure and how that infrastructure will be 

replaced.  Over ½ of Connecticut’s electricity generation is over 35 years old.  This step 
should be taken explicitly as part of the 2012 IRP. 

Significant.  Older units are 
significantly less efficient than 
newer ones.  In addition, the cost of 
replacement must be managed 
carefully.  Replacement of old 
generation units may reduce the 
costs of environmental compliance. 

7. Item I.C. – Coordinate transmission projects with new generation projects, energy 
efficiency and demand reductions* so that we will achieve the best balance of cost and 
reliability.  This step should be taken in conjunction with the 2012 IRP. 
 
 
* See Section 51(c) of P.A. 07-242 for requirements relating to energy efficiency and 
demand side reductions. 

As with all electricity infrastructure, 
the price is potentially high, but so is 
the cost of inaction.  Improvements 
have been made through IRP in 
comparing resources but the process 
of making sure we do effective 
comparisons still needs some fine-
tuning. 

 
 
 
 



 
LONG-TERM INITIATIVES: Things that should be considered beyond 2013   
 
 Policy Initiative Long Term Fiscal Impact 
1. Item III.C. – Once the Administration has developed the framework by which it will 

determine energy policy, it should make clear what its goal and desires for energy policy 
are, allow responsible parties to attempt to enact that policy, and then review the results 
after two years to ensure that the new structure is working properly. 

Not likely to have too much direct 
impact, but will allow for other 
improvements to manifest 
themselves by providing appropriate 
infrastructure. 

2. Item IV. – There was a vigorous debate within the Working Group concerning the 
benefits of natural gas, heating oil, biomass, solar thermal geothermal and/or biofuels for 
heating needs.  Although no consensus was reached in the Working Group as to which 
heating technologies should be favored by Connecticut, it was universally agreed that 
this issue should be explored in detail and decisions should be made concerning which 
technologies, if any, the state should favor. 

It is too soon to tell what fiscal 
impacts may be associated with this 
step.  We anticipate that it will 
largely be dependent on the findings 
of the study that is undertaken. 

   
   
   
   
 
 
 
On items in which there was not consensus, please append any dissenting opinions. 
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December 20, 2010 
 
TO:  Linda Kelly and Joe McGee, Co-Chairs  
 Policy Committee 
 Governor-elect Malloy’s Transition Team 
 
CC: Jason Jakubowski 
 Policy Committee 
 Governor-elect Malloy’s Transition Team 
 
FR:  Lee Hoffman and Kathy Moschella, Co-Chairs 
 Energy Policy Working Group 
 
RE:  Completion of Energy Policy Working Group Recommendations 
 
 
Per your instructions, we are happy to report that the Energy Policy Working Group has 
completed its mission of presenting the enclosed recommendations for developing energy 
policies that meet the mandates set forth by Governor-elect Malloy and his new Administration.  
 
In doing so, we put together a dedicated and diverse group who represent the broadest base of 
energy stakeholders in the State of Connecticut. This group worked diligently and tirelessly with 
us over the course of many conference calls and a lengthy in-person brainstorming session on 
short notice. We discussed in detail the issues we faced in terms of reducing energy costs while 
trying to balance and strengthen renewable energy production and create a more comprehensive 
and focused energy policy that will move our state forward in a positive direction. After much 
caucusing and e-mail correspondence, the result of this effort is a hard-thought out document 
delivered with the best spirit of consensus possible (considering all the divergent viewpoints) 
that embraces the Administration’s energy goals. 
 
In addition to this, while we were leading our Working Group, the Co-Chairs were mindful to 
include discussions with some of the key leaders who have shaped energy policy in Connecticut 
in the last few years. This included conferences with DPUC Chairman Kevin DelGobbo and 
Vice Chairman John Betkostki, an in-person meeting with State Senator John Fonfara and 
Representative Vickie Nardello, Co-Chairs of the General Assembly’s Energy and Technology 
Committee, and a solicitation of comments from S. Derek Phelps, the former Executive Director 
of the Connecticut Siting Council.   
 
We recognize that our work here is not yet complete, and that our group’s findings will need to 
be meshed with those of other groups so that the Administration’s new policy document works 
as an integrated whole.  We are more than willing to support the Administration in this effort and 
will proceed how you deem best. 
 
Our entire Working Group wishes to express its thanks to you for this opportunity to serve our 
new Administration and our State in such an important first step as we have undertaken. It has 
truly been a rewarding experience that we are proud to say we are a part of.         

 



 
ENERGY WORKING GROUP POLICY STATEMENT 

December 20, 2010 

I. Reduction of Rates and Reduction of Electricity Costs 

A. Statement of the issue – Electric rates and the cost of electricity are too high in 
Connecticut.  The focus should be not only on the reduction of energy costs (the 
bottom line spent by consumers and industry), but also the reduction of energy 
rates.  It should also be noted that over 80% of commercial/industrial ratepayers, 
and over one-third of residential ratepayers no longer rely on the “standard rates” 
(i.e., standard service or supplier of last resort) provided by the distribution 
companies (CL&P and UI).  Rather, many ratepayers in the state are now taking 
advantage of the offers of competitive suppliers to lower their electric bills. 

B. Proposed action for the near term – Given the current mix of generation assets, 
there are not likely to be any “quick fixes” that will drastically reduce energy 
costs in Connecticut.  For example, states with significant hydroelectric or coal 
assets tend to have cheaper electric rates than those states, like Connecticut, that 
rely primarily on aging fossil-fired units.  While changes in the makeup of 
Connecticut’s generation assets could be examined on a longer-term scale, it may 
take ten years or more to get  a clean coal, nuclear or large-scale hydroelectric 
projects permitted and sited, and then only if building such unit or units would be 
deemed consistent with other Connecticut policies.  Moreover, the repowering of 
existing Connecticut generation with high efficient baseload combined cycle 
natural gas would require a three to five year lead time. Therefore, the focus for 
this policy statement is on shorter-term, incremental steps that can be taken to 
lower costs and/or rates.  We leave it to the new Administration to decide if it 
wants to pursue a longer-term strategy that will include a change in the portfolio 
of generation assets. 

One step that can be taken in the near term to lower electric rates in Connecticut is 
to allow the distribution companies to have greater flexibility in procuring the 
standard service offering to residential and small business customers.  Three 
additional steps that could be taken in the short term to lower electricity costs in 
the state in a more limited way include: 1) better utilization of competitive energy 
markets by state and local agencies; 2) an examination of how Class III energy 
certificates are utilized in the state; and 3) optimization of load data to allow the 
competitive markets (wholesale and retail) to better determine price.  These three 
steps will be more incremental in terms of cost savings, but should still be 
investigated. 

i. Prioritization schedule – Prioritize as follows: 

1. Electricity costs are anticipated to go down in the near future in 
Connecticut due primarily to the decline in the price of natural gas.  
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This price signal has been recognized in the competitive market, 
and some business customers are using what is known as “blend 
and extend” to lower their present cost of electricity materially and 
stabilize it long-term at a small, incremental long-term cost.  
Distribution companies should also be given the flexibility to 
pursue this strategy for standard service for residential and small 
business customers.  While that means that these customers may 
save slightly less in the longer-term future, they may see 
immediate savings.  This approach would also tend to stabilize 
electricity bills if properly applied.  The distribution companies 
should have the flexibility to pursue such a strategy to lower their 
ratepayers’ costs in the near term. 

It should be noted that over 80% of the larger commercial and 
industrial users now purchase their power on the open market, 
rather than using the supplier of last resort service product offered 
by the distribution companies.  The majority of standard service-
eligible customers (small businesses and residences) still use 
standard service from their local utility.  Smaller business 
customers and residential users are treated as the same “class” for 
procurement purposes.  However, it may be time to separate 
residential and small business customers into two entities for 
procurement purposes.  This may allow for solutions that may be 
appealing to business (e.g., pricing electricity so that it more 
closely follows real market trends, allows for time of use pricing, 
etc.) while also serving the needs of residential customers who 
may be just as concerned about rate volatility as overall price. 

There was also some discussion within the group as to whether the 
three year “ladder” by which the distribution companies procure 
their power causes a net increase in rates.  The consensus was that 
in the short term, this program likely is causing rates to be 
somewhat higher than the market would otherwise be, simply 
because the current rate reductions in the market are more slowly 
absorbed over the three year ladder.  However, during a time of 
rising prices, the rises will be more gradual as well, and this form 
of laddering acts to minimize rate volatility, but at a considerable 
long-term premium.  The Administration may wish to review these 
ladder mechanisms as other states have shortened their 
procurement time frames.  Massachusetts, for example, now uses a 
one year ladder.  Regardless of what is done with respect to this 
issue, it should be recognized that the power needs for the utilities 
have already been procured for all of 2011, so any changes to 
laddering would not have an impact until 2012 at the earliest. 

2. Next, the Administration should seek to lower state and local 
municipal energy costs by procuring energy needs through the 
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competitive energy market and energy efficiency programs.  With 
respect to energy procurement, the state has taken the lead in 
developing pro forma contracting and solicitation documents for 
the procurement of energy for state buildings.  These documents 
can then be used as a template and guide for municipalities to 
allow them to have a foundation from which they can procure their 
energy competitively.  Such documents can be used to procure all 
elements of energy: oil, electricity, gas, steam and energy 
efficiency programs.  This will save money in various local 
budgets, after a modest investment is made in preparing the 
appropriate documents. 

With respect to energy efficiency, the Working Group is not aware 
of successful efforts to develop pro forma soliciting or contracting 
documents for the state (or municipalities) to procure energy 
efficiency projects.  Such documentation should be prepared by 
OPM and/or DAS so that the state can show leadership and take 
advantage of energy efficiency measures as well as demand 
response programs where appropriate.  Once such documents are 
finalized and the state begins to procure such services, the state 
will reduce its energy costs.  Such programs can then be replicated 
by municipalities to allow them to reduce energy costs. 

3. Next, it should be noted that in order to support the development of 
energy efficiency and combined heat and power projects, 
Connecticut has provided for a market for Class III Energy 
Certificates.  Under the rules of that program, Class III Energy 
Certificates currently have a floor price of $10, however, there is 
an over-supply of Class III certificates, and many go unsold.  The 
working group suggests that the Administration should examine 
the propriety of maintaining the $10 floor, since it is, among other 
things, causing an oddity where Class III certificates are either 
worth about $10 or nothing.  If the price floor is reduced or 
eliminated, the cost of the certificates should be reduced and 
electricity rates would be reduced slightly.  It should be noted, 
however, that a portion of these payments is given to the 
Conservation and Load Management Fund (“C&LM Fund”), a/k/a 
Energy Efficiency Fund, so a reduction in the price floor, assuming 
the Class III requirements remain unchanged, will likely result in a 
reduction in payments to that fund.  To offset that reduction, the 
Administration may wish to consider raising Class III renewable 
portfolio standard requirement, while removing or lowering the 
floor for Class III certificates.  It is possible that a balance could be 
struck that would remove the odd impacts of the $10 floor price, 
lower or stabilize the costs of Class III certificates and have 
negligible negative impacts on the Energy Efficiency Fund. 

4 



4. The standardization and optimization of energy data should also be 
considered.  It should be intuitive that users of energy, whether 
distribution companies, retail customers or suppliers and 
aggregators would benefit from uniform, high quality, user-
friendly, historic consumption data.  This would be accomplished 
by improving the distribution companies’ information systems, and 
making the data available in a format that would best serve those 
who use such data to competitively supply standard offer service, 
retail electric service and demand response resources.  The belief 
of the end users and competitive suppliers seeking this initiative is 
that the data is already available in the distribution companies’ 
systems, it simply needs to be better organized and distributed to 
potential users of that data. 

The DPUC would need to open a docket on this to allow end users, 
suppliers and aggregators to provide information as to what sort of 
form the data should take, and to allow distribution companies to 
be sure that customer confidentiality can be appropriately 
maintained.  In addition, the benefits to such standardization will 
be incremental, therefore, if there is a significant cost associated 
with such an undertaking, the costs and benefits would need to be 
examined and balanced. 

5. Finally, it should be noted that nearly ten percent of the costs on an 
electric bill relate to public policy decisions, such as 
implementation of renewable standards, etc.  The Working Group 
believes that these public policy goals are laudable, but also 
believes that the new Administration and the Legislature should 
review these public policy decisions against electricity costs to 
make sure that Connecticut is making the best investment of its 
monies. 

To that end, the Working Group also notes that the Legislature, 
through its enactment of the Integrated Resource Plan (“IRP”), has 
already begun this effort.  The IRP process directed the CEAB1 to 
undertake comprehensive studies on Connecticut’s Renewable 
Portfolio Standards as well as the role of nuclear energy in 
Connecticut.  The CEAB expects that these studies will be 
completed in April or May of 2011.  The members of the CEAB 
who are on the Working Group recognize that both the 
Administration and the Legislature will want to move quickly on 
energy policy in 2011, however, the Administration and the 
Legislature may wish to wait on final formulation of policy and 
legislation until after the CEAB studies are completed, so that they 

                                                 
1  It should be noted that the Secretary of OPM, or his/her designee, has a seat on the CEAB. 
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have the most recent data and thinking available to them before 
they reach their policy decisions. 

ii. Fiscal impacts – Bearing in mind that the budget is a significant issue for 
the next several years, the above-listed proposals should have limited to no 
fiscal impacts.  There is a potential for a material, positive impact on the 
state budget through efforts to install energy efficiency equipment in state 
buildings. 

iii. How does it tie-in to Malloy/Wyman campaign policy – All of these 
measures would be anticipated to lower energy costs and/or energy rates 
in Connecticut.  This was a fundamental tenet of the Malloy/Wyman 
campaign’s energy policy. 

C. Long-term needs/vision – Several items need to be addressed longer term.  The 
first is that much of Connecticut’s traditional electric generating infrastructure is 
aging, and Connecticut does not have a solid policy as to how it will replace that 
aging infrastructure.  Approximately 53% (3,000 MW) of Connecticut’s fossil-
fueled generation is over 35 years old, and approximately 30% of Connecticut’s 
fossil fueled generation is over 40 years old (1,700 MW).  Unsurprisingly, it is 
anticipated that Connecticut has over 2,000 MW of aging generation capacity that 
is nearing the end of its useful life and is slated to be retired.  To date, the debate 
about aging infrastructure has largely focused on system reliability, i.e., does 
Connecticut have enough assets in place for its electricity needs?  The reality of 
this aging generation fleet is that Connecticut may now also have an opportunity 
to replace aging existing units with newer, more efficient units.  This also creates 
an opportunity to position Connecticut to benefit from structural changes in the 
natural gas market resulting from Northeast shale gas reserves that are expected to 
provide lower gas prices well into the future.  This would cost the ratepayers in 
the short term, but the efficiencies of the newer plants would result in savings in 
the long run.   

It therefore behooves Connecticut to examine this issue in detail in order to better 
determine what mix of resources is needed and how best to pay for those assets.  
In doing so, all options should be examined, both in terms of what has been done 
in Connecticut as well as what other states are doing or considering.  This should 
be a broad examination of assets, including, but not limited to consideration of 
repowering, retrofitting, development of new assets and retirement of assets. 

The issue of the generation fleet goes hand-in-glove with the issue of transmission 
in the state.  As with generation, the focus of transmission projects in this state 
has been driven by reliability concerns, chiefly from ISO-NE, the grid operator 
for New England.  Some transmission projects have ancillary benefits, including 
the ability to reduce costs to ratepayers, such as when regional lines are put into 
service to reduce system-wide congestion.  However, it should be noted that such 
cost reductions can be offset where projects go beyond what is required by ISO-
NE, (e.g., moving electricity cables underground for aesthetic reasons).   
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Currently, there is not a “one stop shop” that balances all transmission building, 
transmission alternatives and generation options that looks at both system 
reliability and costs.  The Integrated Resource Plan (“IRP”) process forms a good 
starting point for such analysis, however, the process is still somewhat immature 
and could be made more robust.  The consensus is that the IRP process is not 
sufficiently anticipatory to plan for transmission alternatives with sufficient lead 
times to get such resources into place.  The IRP process would also benefit from 
greater transparency when evaluating transmission versus non-transmission 
alternatives. 

Although the Connecticut Energy Advisory Board (“CEAB”) also attempts to 
balance the benefits and costs of transmission, generation, and demand-side 
resources, we believe that more could be done to ensure that such planning, 
focusing on cost, security, reliability, environmental impacts, etc., could be done 
in a more comprehensive fashion.  This will allow the best selection of projects to 
go forward.  The new Administration may wish to investigate combining the roles 
of the Siting Council and the CEAB so that assets and resources are not only 
appropriately sited and developed, but are also provided at the lowest possible 
cost and consistently with environmental goals. 

The interrelatedness of these issues becomes increasingly important as larger 
scale projects from other states and provinces impact Connecticut’s rates and 
systems.  Some projects from northern New England and Canada have the 
potential to have a positive impact on the costs of Connecticut’s power given our 
renewable portfolio standard requirement.  Connecticut needs to have a 
thoughtful, balanced approach in comparing local resources to distant resources, 
and, in the renewable generation area, we will likely need significant amounts of 
each. 

 Finally, it should be recognized that Connecticut is one of the nation’s leaders in 
energy efficiency and energy efficiency incentives.  Such incentive programs 
should not be “raided” in future years in order to overcome short term deficits 
elsewhere in the budget.  Users rely on these programs and their sources of 
funding need to be maintained.  We recognize that in order to keep our state 
fiscally sound in the eyes of ratings agencies, the new Administration may not be 
able to undo the past conversion of utility bill items into state revenue streams, 
however, similar conversions should not be undertaken in the future. 

D. Jobs impact and other benefits – Based on the August 2010 rate data for 
residential prices provided by the US DOE/EIA, lowering rates in Connecticut by 
a modest percentage would  put Connecticut at the middle of electricity rates in 
New England, and similar to or lower than New York’s or New Jersey’s. This 
would make Connecticut more competitive regionally.  In addition, any 
construction of new transmission lines or new power generation facilities in or 
near Connecticut would be expected to have a positive impact on Connecticut 
jobs. 

7 



E. Dissenting opinions and other relevant items – There are several documents 
attached to this policy statement as appendices, which will provide additional 
information that should be reviewed and considered.  Attachment of a document 
to this Policy Statement should not be construed as an endorsement of that 
document by the working group. 
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II. Development of Additional Renewable Energy Resources 

A. Statement of the issue – Connecticut has some of the most aggressive renewable 
portfolio standards (RPS) in the country, and does not appear likely to deviate 
from those goals, although it should be noted that the CEAB is about to undertake 
a significant study of Connecticut’s RPS.2  Although the importation of 
renewable resources, such as hydroelectric power from Quebec3 or wind energy
from the North or Midwest, may be used to address some of those requirements, 
the transmission requirements to bring that power to Connecticut may increase 
costs, depending on how the projects are structured.  Meanwhile, development of 
local renewable energy resources will have a greater impact on job growth and 
help to make Connecticut a leader in this area, but may or may not be less 
expensive than dis

 

tant resources. 

                                                

There are costs associated with the development of renewable power, and this 
group is mindful of those costs.  According to the DPUC, it is estimated that in 
2020, the annual estimated cost of complying with Connecticut’s RPS will range 
from $153 million to $380 million.  Therefore, it is incumbent upon Connecticut 
to balance three competing goals: keeping electricity costs low, procuring 
renewable power and fostering locally-generated renewable power.  Essentially, 
the focus in Connecticut needs to be on investment in renewable power, not just 
expenditures.   

B. Proposed action – Renewable generation is being approved in this state (for 
example through the Project 150 process), but it is not yet being constructed in 
significant megawatt amounts.  More local renewable energy needs to be 
constructed in Connecticut.  To assist with this effort, there have been a variety of 
federal tax incentives for renewable energy, but Connecticut has not been 
particularly successful to date in obtaining such grants.  As the DPUC has noted 
in its Decision in Docket 03-07-17RE05, Review of Long-Term Renewable 
Energy Contracts – Proposed Contract Modifications, renewable energy projects 
in Connecticut have a difficult time in obtaining financing, which precludes these 

 
2  The Administration may wish to examine the RPS in greater detail, independent of the 

CEAB’s analysis.  The RPS will have an impact on electricity costs (although opinions vary 
as to the amount of impact the RPS will have on costs).  The proposals outlined in this 
section provide a method for the Administration to meet the current RPS as inexpensively as 
possible.  Obviously, if the RPS change, there will likely be an attendant impact on electricity 
costs. 

3  Currently, large-scale hydroelectric power is not considered a Class I renewable resource in 
Connecticut.  It should be noted, however, that some organizations are looking at this issue 
and coming to a different conclusion.  The National Association of Regulatory Utility 
Commissioners recently passed a resolution declaring hydroelectric generation as renewable 
power.  See http://www.naruc.org/resolutions/resolution%20recognizing%20hydropower 
%20as%20renewable%20energy.pdf.  
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projects from being constructed.  The monies under various tax incentive 
programs would assist with such construction, but the prior Administration has 
been unable to capitalize on those monies. 

In addition, the Energy Independence Act of 2005 and the Act Concerning 
Electric and Energy Efficiency of 2007 have provided the state with a roadmap 
for how generation assets can compete to allow projects to be constructed at the 
lowest cost to consumers.  If the state can act quickly to set up an RFP process for 
renewables as it has for capacity (2005) or peaker generation (2007), it will be 
well-positioned to take advantage of available tax incentives, as well as providing 
a methodology to have the lowest-cost renewable projects approved, financed and 
constructed. 

i. Prioritization schedule – Work with the General Assembly to pass 
legislation authorizing the DPUC to conduct a series of annual renewable 
energy RFPs over the next five years.  Recognizing that certain renewable 
resources are not as competitive as others on a cents-per-kilowatt basis, 
and recognizing that the state would like a broad array of renewable 
options, the suggestion is that the RFP process would set aside a certain 
percentage of the RFP to go to solar projects, a certain percentage to go to 
wind projects, a certain percentage to biomass projects, a certain 
percentage to go to fuel cell projects, etc., with at least 50% of the RFP 
process to be awarded to the lowest bidder, regardless of the technology 
used, but also taking under advisement that some renewable technologies 
may also aid in meeting peak needs in determining cost.  Such 
implementing legislation would also likely have to set aside an absolute 
maximum on dollars to be spent on renewable projects under this RFP 
procedure, so that the total costs to the ratepayers can be ascertained.  
Projects previously approved, but not capable of construction under the 
terms of the Project 150 contracts, would be eligible to participate in such 
an RFP, but would need to rescind their Project 150 contracts to do so. 

The criteria for selection through the RFP process can be delegated to the 
DPUC by the General Assembly, however, in addition to providing a 
certain percentage of “set-asides” for particular technologies, it is also 
believed that the RFPs should recognize a preference for local or regional 
projects, given the impact such projects would have on jobs, the economy, 
etc.  That is not to say that projects farther away from Connecticut would 
be automatically removed from the RFP process, however.  Rather, the 
process would be thought of in terms of concentric circles, with projects 
closer to the “center circle” having a preferential position, but not one that 
is tantamount to an automatic selection. 

Once projects are selected, they should obtain long term contracts which 
will allow the projects to obtain financing on the open market, which 
should ensure that projects are not only approved, but are also constructed.  
The long-term contracts should be structured to avoid creating potential 
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windfalls for the project developer, however, since ratepayers are 
providing the backstop for the financing.  As with the “peaker docket,” 
authorized by the 2007 energy legislation, utility companies should be 
allowed to participate in such RFPs, at least in some form and at some 
level. 

The Working Group recognizes that such an RFP process may be 
inefficient to foster the deployment of smaller scale Class I generation in 
Connecticut.  As such, the Working Group recommends that the DPUC 
investigate the development of a feed in tariff program to be administered 
by the State EDC’s for such smaller scale generation, and determine what 
size of generation will be considered “smaller scale” and eligible for such 
a program.  Such tariff shall be designed, in concert with industry and the 
EDC’s, to reflect the reasonable balance of fostering deployment of 
smaller scale Class I capacity and cost to ratepayers. 

ii. Fiscal impacts – The fiscal impact of such action would be dependent, in 
large part, on how much federal incentive money is available, and how 
quickly the state can move to obtain it.  Regardless of whether such money 
is obtained, this methodology likely represents the best chance for 
Connecticut to fulfill its RPS obligations for the least amount of money 
possible.  The amount of fiscal impact can be set by the General 
Assembly, looking at how much such an RFP would be anticipated to 
raise electric rates. 

iii. How does it tie-in to Malloy/Wyman campaign policy – This proposal ties 
into the Malloy/Wyman campaign policy by promoting renewable sources 
of energy, while at the same time attempting to do so at the lowest cost 
possible. 

C. Long-term needs/vision – Currently, some renewable energy projects are having 
difficulty in terms of the permitting and/or siting of the projects.  If such projects 
are considered to be beneficial to the state, the Administration may also want to 
consider expedited permitting and approvals for such projects.  Also, a full 
evaluation of the cost and benefits, including attainment of environmental and 
security goals, of renewable energy in general, and meeting the RPS in particular, 
is necessary for proper long-term planning purposes. 

A longer-term vision as to how to foster even more renewable energy 
development in the state, along with an eye towards keeping costs as low as 
possible, will be needed.  Sustained, orderly development of renewable resources 
is preferable to cyclical development that routinely ebbs and flows.  Also, a full 
evaluation of the cost of renewable energy in general, and meeting the RPS in 
particular, is necessary for proper long-term planning purposes.  Connecticut has 
had a history of a “boom/bust” cycle of development of renewable resources, and 
any steps that can be taken to limit the peaks and valleys of such development 
would be welcome. 
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 As with energy efficiency funding, it should be recognized that Connecticut is one 
of the nation’s leaders in renewable energy programs.  Such incentive programs 
should not be “raided” in future years in order to overcome short term deficits 
elsewhere in the budget.  Users rely on these programs and their sources of 
funding need to be maintained.  While these funding sources have not been raided 
in the past, we draw attention to this issue now so that the Administration can 
reassure users that the funds will remain in place. 

D. Jobs impact and other benefits – The construction of renewable energy projects 
in such a fashion will be anticipated to have several economic benefits.  First, it 
will ensure that Connecticut meets its RPS at the lowest costs possible.  In 
addition, such construction will generate high quality construction jobs in the 
renewable energy sector as such projects are constructed.  Connecticut is also 
home to several renewable energy manufacturers, such as manufacturers of solar 
photovoltaic components, wind turbines and fuel cells.  Such entities would be 
anticipated to benefit from such an RFP, and depending on the size of the projects 
being built, might need to have additional employees to handle increased 
demands.  

E. Dissenting opinions and other relevant items – By doing set-asides for certain 
technologies, the RFP proposed above would in one sense not be fully 
competitive, since all of the lowest cost renewable energy providers may not be 
selected if quotas for certain technologies are utilized in the RFP process.  
However, there may be policy considerations that justify deviating from a “pure” 
“lowest-cost-wins” scenario, including fostering of certain technologies which 
tend to be less competitive on a pure cost basis. 

In addition, there was a suggestion that increased incentives for Energy 
Improvement Districts (“EIDs”), such as those used in Stamford and Bridgeport, 
should also be encouraged.  EIDs establish a framework for local or regionally 
generated distributed power, and have the possibility of satisfying not only peak 
demand conditions, but also in providing local generation out into the grid.   

As mentioned previously, electricity costs are anticipated to go down in the near 
future in Connecticut due primarily to the decline in the price of natural gas.  If 
the Administration were willing to forego returning a portion of anticipated 
savings directly to consumers, such savings could be used to fund Energy 
Improvement Districts throughout the state.  This would help to centralize 
renewable energy production in areas that could use it the most, namely the urban 
areas of the state.  This may also as a by-product help to renew economic 
development efforts in areas that need them the most.  It should be noted, 
however, that others in the Working Group strenuously opposed foregoing 
achievement of savings by customers in order to fund additional incentives for 
EIDs. 

Several members of the Working Group have noted that a portion of Section II 
C. states that "Connecticut has had a history of a 'boom/bust' cycle of 
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development of renewable resources, and any steps that can be taken to limit the 
peaks and valleys of such development would be welcome."  Those members of 
the Working Group are concerned that a DPUC-managed RFP process may still 
lead to a boom/bust cycle for renewable development, and that the five year RFP 
program outlined above is not sufficient to stave off such cycling of development, 
thereby making it counter to the policy of limiting boom/bust cycles.  The 
expressed concern is that in the area of renewable energy policy, the new 
Administration should not make the same mistakes of the past.   

In addition, these same individuals do not believe that the section 
entitled Development of Additional Renewable Energy Resources adequately 
reflects the basic energy policies laid out in the Malloy Policy Statement.   They 
note that the Governor-Elect has said he is an ardent supporter of the current RPS, 
however they find that the tone of the Working Group statement appears to 
lament the existence of the state’s RPS rather than embrace it as Governor-Elect 
Malloy has.  They also note that Mr. Malloy’s post-election comments have also 
focused on linking job creation to new energy policy.  Creating 1,200 direct jobs 
and 3,000-4,000 indirect jobs in the solar industry is prominent in his energy 
policy statement.  In their view, the Malloy administration can begin pursuit of 
this goal by enacting the solar provisions of  PA 10-97—SB 493, with which the 
Governor-Elect is already familiar. 
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III. Development of a Comprehensive Energy Policy 

A. Statement of the issue – For the past several years, the Executive Branch has 
been absent from any meaningful discussion on over-arching energy policy.  
There is no place for “the buck to stop” on energy matters in the State of 
Connecticut.  The DPUC has a great deal of technical expertise in energy, 
electricity and natural gas matters, however, it is limited by statute to the 
regulation of public service companies (such as electric, gas and water utilities), 
and does not regulate many aspects of the energy market, including independent 
power generators, oil companies and other non-utility entities. 

Given the lack of a coherent energy policy in Connecticut, it is unsurprising that 
there is insufficient coordination between Connecticut’s energy policy, regional 
energy policy and federal energy policy.  Such coordination is essential if 
Connecticut is to be able to take advantage of federal programs and compete with 
other states and in the international market.   

The reality of the situation is that energy policy is exceedingly complex, 
particularly when viewed from the end user’s (i.e., business and residential 
customers) perspective.  This complexity is hard to manage, and there is often a 
lack of transparency as a result.  Interfacing with ISO-NE, dealing with capacity 
issues, federal requirements, etc. all add to the complexity, which in turn affects 
pricing.  It is the Working Group’s hope that the new policy office suggested 
below will be equipped to deal with these complex matters, and have the ability to 
lower prices as a result. 

In addition, other portions of this document discuss renewable energy and energy 
conservation efforts.  Connecticut has many programs, supported by many funds, 
all of which add a layer of complexity to energy policy.  As alluded to in Section I 
of this document, the Administration may wish to investigate these policies 
further to ensure that they are as efficient as possible and that Connecticut is 
maximizing the return on its investments in these areas.  Assessing this structure 
of policies and programs may serve to reduce complexity, thereby reducing rates. 

Against this background, it should be noted that during the 1970s, the state had a 
Department of Planning and Energy Policy, which had as many as 88 people 
employed by that Department.  Eventually, that Department was folded into 
OPM, and its headcount has been reduced to ten percent of what it once was.  At 
the same time, other state entities have taken on roles relating to energy policy, 
including, but not limited to: the Department of Public Utility Control, the Siting 
Council, the Office of Consumer Counsel, the Attorney General’s Office, the 
Office of Policy and Management, the Clean Energy Fund, the Energy 
Conservation Management Board, the Connecticut Energy Advisory Board, Fuel 
Oil Conservation Board, the Low Income Energy Advisory Board and others.  In 
all, at least fourteen state entities involve themselves in energy policy on a regular 
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basis, but there is insufficient formal coordination amongst those entities to 
develop energy policy. 

It is especially important that four agencies, the Connecticut Development 
Authority, Connecticut Innovations, the Connecticut Clean Energy Fund and the 
Connecticut Energy Efficiency Fund be closely integrated together in a cohesive 
group to evaluate, assist, fund and promote renewable energy 
(commercial/industrial and residential) in the State of Connecticut. This group can 
serve as the equivalent to New York’s NYSERDA (New York State Energy 
Research and Development Authority). This needs to be an integrated group that 
works in conjunction with a state energy policy office to provide at least the 
following services: renewable and energy efficiency technology research and 
development, renewable and energy efficiency policy implementation, finance 
and investment, RFP management, grant acquisitions, education and outreach.  

A key source of guidance on energy policy in Connecticut comes from the 
Integrated Resource Plan (“IRP”), which is a document assembled through a 
DPUC docket, with significant input from a wide variety of stakeholders.  The 
IRP process is undertaken once every two years, and the most recent IRP is only 
several months old.  The DPUC has a limited ability to implement the full range 
of energy policy through IRP because the IRP addresses only limited topics.  
Moreover, the DPUC has only limited jurisdiction (that is, its jurisdiction is 
limited to regulated entities under Title 16), whereas the issues Connecticut is 
now facing go beyond that limited jurisdiction.  Finally, the time frame of the IRP 
process does not allow for versatility in response to opportunities.   

Put another way, environmental policy, for example, is largely formulated at the 
DEP, and public health policy is largely formulated at the DPH.  Energy policy 
remains unformulated in this state because there is no one agency that is 
responsible for such a critical component of state governance and policy.  Rather 
than be subject to control by a diverse array of offices within state government, 
energy policy should be formulated by one agency, which is provided with the 
knowledge and resources to develop that policy and accountability for its 
implementation. 

B. Proposed action – Develop and staff a new energy policy office, the function of 
which will be to develop and implement a coherent and unified energy policy for 
the State of Connecticut. 

i. Prioritization schedule – The Administration should undertake three 
activities in short order.  First, it should evaluate where such a policy 
office should be placed.  More than likely, the policy office should be 
placed in New Britain, with the DPUC, Siting Council and Office of 
Consumer Counsel, so that it can take advantage of the significant 
technical expertise located there.  While some may suggest that the new 
office should reside within OPM, having the office in New Britain appears 
to make more sense from both a staffing and policy standpoint.  Among 
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other things, the existing structure at Ten Franklin Square recently housed 
an additional 40 DPUC employees, so it would appear that there is room 
in that infrastructure to house a new department of at least modest size. 

Next, the Administration will need to determine how to staff that new 
office.  As alluded to previously, there are over fourteen entities that play 
some role in the development and implementation of energy policy in the 
Executive Branch.  Some of that infrastructure and staffing is duplicative, 
and it is difficult to formulate coherent energy policy when the entities 
responsible for such policy are located in Hartford, Rocky Hill, New 
Britain and other parts of the state.  As functions become consolidated in 
one office, some economies of scale should also be realized, which will 
allow this shift to occur without significant increased cost. 

Finally, the Administration will need to address how this new agency will 
interface with others, primarily the DPUC.  Unlike many of its sister 
agencies, the DPUC is primarily designed as an administrative 
adjudicatory body, rather than a traditional regulatory and policy agency 
such as the DOT or DEP.  As such, there is no over-arching senior 
executive at the head of the DPUC, rather the Chair of the DPUC is a 
“first among equals” with his or her fellow commissioners.   

One possibility is to have a separate energy policy office, which simply 
interfaces with the current DPUC on a regular basis.  Another possibility 
is to have one commissioner of the DPUC truly assume a policy and 
executive function, while leaving the remaining commissioners to the 
traditional adjudicatory function.  If such a model is used, care should be 
taken to make sure that the adjudicatory and policy functions are kept 
strictly separate at the commissioner level, so that no one can be accused 
of ruling on policies that they have developed.  Regardless of the model 
used, the important thing to do is to consolidate energy policy under one 
roof, and clearly delineate how the office responsible for energy policy 
will coordinate with other agencies, particularly the DPUC. 

As this is going on, the workings of the DPUC must also be examined.  
The DPUC was set up to regulate vertically integrated utilities, but the 
reality is that the only utilities left in Connecticut that are entirely 
vertically-integrated are water companies.  With independent power 
generation, suppliers, aggregators and other parties playing such crucial 
roles in Connecticut’s energy infrastructure, it makes sense to ensure that 
the DPUC is structured correctly and has sufficient powers and staff 
resources to regulate energy in the 21st century. 

The DPUC is currently set up so that it is separated by utility; i.e., there is 
a “water unit,” a “gas unit,” an “electricity unit,” etc.  The need for such 
delineations based on utility may not make as much sense as it once did.  
Moreover, the DPUC is now being called upon to undertake other tasks, 
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such as procurement of electricity and approvals of CPCNs, and staff must 
be borrowed from the existing units to undertake these tasks.  It is likely 
that the existing commissioners of the DPUC would have thoughts on 
restructuring the agency to make it more compatible with its 21st century 
mission, and talks should begin immediately to see if such restructuring is 
warranted. 

ii. Fiscal impacts – Assuming that the new office is largely, if not entirely, 
staffed by individuals who had other responsibilities at other agencies, 
once the initial reorganization is complete, there should not be any fiscal 
impact associated with this activity.  Indeed, depending on how many 
ancillary agencies are consolidated into this agency, it may be possible 
that some savings may be realized as duplicative positions are eliminated.  
In addition, Connecticut has had a poor record of accessing federal funds 
that have been “left on the table.” Some staff in this office should be 
specifically designated to go after energy-related funding from the many 
federal sources engaged in energy activities. This could result in a net 
economic gain to the state in several ways. 

iii. How does it tie-in to Malloy/Wyman campaign policy – The 
Malloy/Wyman campaign recognized that a lack of a coherent energy 
policy under previous administrations was one of the reasons why 
Connecticut faced certain energy issues.   

C. Long-term needs/vision – Once the Administration makes this change, it should 
make clear what its intended goals and desires for the agency are, and then allow 
it to do its work for a period of time, perhaps two years.  After that time is 
completed, the Administration should thoroughly evaluate the new policy office, 
in order to ensure that the structure in place is working as it is designed to do. 

D. Jobs impact and other benefits – This will allow for longer-term planning and 
strategy on energy matters, and ensure that both regulated and non-regulated 
energy matters are addressed.  In addition, having dedicated staff whose job it is 
to pursue federal and private energy grants may be able to pay for their own 
positions, provided sufficient funds are obtained through grant programs. 

E. Dissenting opinions and other relevant items – There is broad consensus on this 
topic that energy policy needs to be centralized and needs to include both 
regulated utilities and the non-regulated sector.  Such an agency should also be 
able to have the ability to go out and seek federal grant money where available, 
and distribute that grant money as appropriate.  So long as these basic threshold 
issues are met, the mechanics of how such an office operates should not be 
significant. 
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IV. Reduction of Energy Costs and Carbon Emissions for Connecticut Residents and 
Businesses Through Selection of Fuels 

Certain members of the Working Group have put forth an idea that a further reduction 
of energy costs and increase of environmental benefits can be obtained if the state 
fosters a program of switching from fuel oil to natural gas for heating needs.  While 
this would not be anticipated to have an impact on electricity costs, it would be 
expected to have an impact on energy costs. 

Other members have countered that short and long term energy policy in Connecticut 
should promote fuel diversity and fuel neutrality. Such members claim that energy 
policy that promotes one fuel over another, hamstrings the economy and consumers’ 
ability to respond to, or take advantage of opportunities that may present themselves 
in the future.   

Still other members of the Working Group note that other alternative methods and 
technology for heating exist, including, but not limited to biomass, solar thermal, 
geothermal and/or biofuels, and advise that these methods must also be included in 
the discussion.  There is broad consensus of the Working Group that this is an issue 
where all ideas should be fully vetted and discussed within the Administration.  The 
Working Group believes that a full airing of these ideas will result in the best policy 
for the state.  Space and time constraints preclude a full airing of these issues in this 
document, however, two policy suggestions are presented here for consideration of 
the new Administration.  They are presented with the caveat that both policy 
suggestions rely heavily on fossil-fuel alternatives.  Presuming that the 
Administration wishes to consider this issue more fully, other heating alternatives, 
such as those suggested above, should also be considered by the Administration. 

A Proposal in Favor of Promoting Natural Gas as a Fuel Choice 

A. Statement of the issue – About 50% of the homes (compared with about 7% 
nationally) and many businesses in Connecticut heat with oil.  Today, fuel oil 
costs more than twice what natural gas does, and if that difference continues into 
the future, and all homes were converted to gas, Connecticut consumers could 
save $20 billion over the next 20 years, or substantially more than it costs to make 
those conversions.  Natural gas also emits 50% less carbon dioxide than fuel oil.  
Through policy initiatives, Connecticut can improve consumer access to natural 
gas and assist consumers to take advantage of its economic and environmental 
benefits. 

B. Proposed action for the near term – Form a working group, headed by a DPUC 
commissioner, and consisting of experts from state agencies and other 
stakeholders to: (1) examine barriers to greater natural gas utilization, including 
but not limited to, regulatory, financial, and job preservation and creation; (2) 
develop recommendations on means to overcome those barriers; and (3) analyze 
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the costs associated with such recommendations.  The Administration could then 
decide whether to pursue such recommendations through legislative, regulatory or 
other means.   

i. Prioritization schedule – The working group could be created and assigned 
to complete its tasks within 60 days, so that legislation, if needed, can be 
considered as part of the 2011 legislative session. 

ii. Fiscal impacts – Ultimately, customers can save significant amounts with 
such conversions, however, there is a significant initial cost that must be 
addressed.  Costs of the necessary conversions will include the home 
equipment itself (approximately $8,000 per home) as well as extension of 
gas distribution facilities to such customers.  The anticipated net savings 
will exceed the costs, but the specific impacts on participants vs. non-
participants needs to be determined by the working group, as will 
aggregate costs.  Since the cost savings for the individual participants are 
projected to be significant, the focus should be on low-interest loans rather 
than grants to participants.  The working group should also consider where 
funding for such incentives will be derived and whether small combined 
heat and power units that provide heating to residents, such as is 
commonly used in Denmark, may further lower cost of the natural gas 
option.   

iii. How does it tie-in to Malloy/Wyman campaign policy – The proposed 
program to enhance natural gas usage may well decrease cost to 
consumers, which was a fundamental tenet of the Malloy/Wyman 
campaign, and improve the environment. 

C. Long-term needs/vision – The transportation sector is the largest single 
contributor to Connecticut’s greenhouse gas emissions.  Natural gas and electric 
vehicles can contribute significant economic and environmental benefits to the 
state and should be integrated into the state’s energy policies.  The new energy 
policy arm of government, pursuant to section IV of this document should include 
as a priority strategy the adequate and appropriate integration of natural gas and 
electric vehicles into the state’s overall energy, carbon and economic strategies.  

D. Jobs impact and other benefits – The expansion of natural gas may entail 
significant jobs for the installation of distribution pipe and the replacement of 
existing heating equipment.  Rather than producing a drain on personnel now 
involved in oil HVAC systems, those same employees could be utilized in the 
replacement program, thereby increasing jobs with little disruption or dislocation 
of existing jobs. 

E. Dissenting opinions and other relevant items – A contrary position to this 
analysis is provided immediately below, and advocates of alternative technologies 
for heating should be included in any broader discussion the Administration 
wishes to have with respect to this issue. 
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A Proposal in Favor of Allowing Fuel Choice by Consumers 

A. Statement of the issue - Our economy is largely based on consumer choice. 
Creating policies that reduce the use of home heating oil and increase a single 
supplier of fuel, like natural gas utilities, take away a consumers’ right to choose 
how they would like to heat their home and from whom they want to purchase 
their fuel. Once a home is fueled with natural gas, consumers loose their right to 
choose who their supplier is regardless of the level of service, price or other 
factors that may contribute to a consumer making a decision to switch suppliers. 
Energy policy that facilitates choice fosters competition and ultimately serves 
consumers.  During the heating season, 680,000 consumers can take advantage of 
the fierce competition that occurs in the heating oil market, as suppliers compete 
for customers.  Switching homes to utility fuels moves them from a market that is 
competitive and provides them with many choices, to a market that is more tightly 
regulated by state and federal authorities. 

B. Proposed action for the near term – Any working group, such as the one 
suggested above, must fully examine the issue of price to consumers.  For 
example, over the last 30 years, on average, oil has had a price advantage over 
natural gas, as indicated in the attached ERC Report included as an Appendix to 
this document.  To project that consumers will save money over the next 20 years, 
as is suggested in the proposal above, based on the price differential that exists 
today, may not be accurate.  While the future price of heating oil or natural gas 
cannot be accurately predicted long into the future, we do know that historically 
heating oil has been a better value for consumers.   

 In addition, the full cost of converting hundreds of thousands of consumers from 
oil heat equipment to natural gas heating systems should be examined, since such 
costs can be estimated to be approximately $5.4 billion, assuming that 680,000 
consumer switched at the cost of $8,000 per unit. To recover the cost of 
converting from oil to gas, consumers would have to be assured that natural gas 
was much less expensive than heating oil for a prolonged period of time.  Basing 
short and long term energy policy on the price of natural gas today is not a 
guarantee of future benefits to consumers. 

 Finally, the environmental impacts must be fully addressed.  Heating oil will be 
the cleanest fuel choice for homeowners once Public Act 10-74 is fully 
implemented. This new law, which passed in May of 2010, will require the use of 
Ultra Low Sulfur Diesel (ULSD) and 20% biodiesel for home heating.  ULSD in 
combination with 20% biodiesel reduces the sulfur content of heating oil by 
99.93% - from 3000ppm to 15ppm. This reduction in sulfur would leave heating 
oil with a sulfur content that is 75% less than natural gas.  Heating oil has the 
ability to further reduce it carbon footprint as the integration of biodiesel 
increases.  
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C. Long-term needs/vision – Future energy policy should look at making a 
commitment to investing in energy efficiency, namely the Fuel Oil Conservation 
Board and Home Energy Solutions (BPI). These programs reduce consumption, 
reduce the amount of money that consumer spend on fuel and created jobs.  On 
the transportation side, we should examine the effect of having the third highest 
gasoline tax in America has on our economy and tax revenue. Greater use of 
biofuels in vehicles (i.e. biodiesel for vehicles and higher concentrations of 
ethanol, E10+) reduces emissions while utilizing an effective and efficient 
infrastructure that is already in place.  

D. Jobs impact and other benefits –According to the Connecticut Department of 
Consumer Protection, there are 606 registered home heating oil dealers in our 
state.  Oil dealers in our state employ 13,000 Connecticut residents who are 
licensed CDL HAZMAT truck drivers, licensed S and B heating and air 
conditioning technicians, along with a wide range of office staff.  These dealers 
pay property taxes in nearly every municipality, purchase goods (i.e., heating 
equipment, trucks, tanks, etc.) from local suppliers, pay corporate taxes, income 
taxes, and sales tax.  

E. Dissenting opinions and other relevant items – A contrary position to this 
analysis is provided immediately above, and advocates of alternative technologies 
for heating should be included in any broader discussion the Administration 
wishes to have with respect to this issue. 
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I. EXECUTIVE SUMMARY 

On July 1, 2007, Connecticut Public Act No. 07-242 (Act) became effective and advanced state 
energy policy in a variety of areas, including efficiency, electric fuel flexibility, peaking 
generation, and the development of other electricity resources.  Section 51 of PA 07-242 requires 
The Connecticut Light & Power Company (CL&P) and The United Illuminating Company (UI) 
(together referred to herein as the Electric Distribution Companies, Companies, or EDCs) to 
submit a joint comprehensive resource plan to the Connecticut Energy Advisory Board (CEAB) 
by January 1, 2008 and each January 1st thereafter.  Public Act No. 09-218, which became 
effective on July 8, 2009, changed the EDC plan submittal to a biennial requirement. 
 
Prior to enactment of the Act, there was no established comprehensive framework to compare 
potential investments in generation capacity, demand-side measures, or transmission 
enhancements in order to determine their effects on market outcomes, customer costs, emissions, 
or other important objectives.  Section 51 establishes a process for the EDCs and the CEAB to 
develop Integrated Resource Plans (IRPs) to “review the state’s energy and capacity resource 
assessment and develop a comprehensive plan for the procurement of energy resources, 
including, but not limited to, conventional and renewable generating facilities, energy efficiency, 
load management, demand response, combined heat and power facilities, distributed generation 
and other emerging energy technologies to meet the projected requirements of their customers in 
a manner that minimizes the cost of such resources to customers over time and maximizes 
consumer benefits consistent with the state's environmental goals and standards.”1  Section 51 of 
the Act, now codified as Section 16a-3a of the Connecticut General Statutes, is included in its 
entirety in the Appendix. 
 
In accordance with the legislation, the EDCs prepared and submitted IRPs to the CEAB in 2008 
and 2009.  This 2010 IRP builds upon the 2008 and 2009 IRPs.  As stated by the Connecticut 
Department of Public Utility Control (DPUC) in its September 30, 2009 decision concerning the 
2009 IRP in Docket No. 09-05-02:  “The 2010 IRP filings will develop a more comprehensive 
planning document and will provide a quantification or ranking of procurement options that will 
be useful when the need for new resources occurs.  The Department views the 2009 IRP docket 
as a transitional proceeding and looks forward to developing a more comprehensive IRP 
proceeding in the next proceeding in 2010.”  The 2010 IRP represents the comprehensive 
planning document contemplated by the DPUC. 
 
This IRP presents how Connecticut customers’ needs for capacity and energy, as well as State 
Renewable Portfolio Standard (RPS) requirements can be met while minimizing costs and 
emissions.  The foundation for this IRP is comprised of (i) ten subject-area whitepapers (Section 
III), and (ii) a detailed ten year analysis (Section II), starting with a Base Case outlook.  
Alternative scenarios are simulated to analyze the effects of gas prices, CO2 allowance prices, 
and load growth.  Finally, various resource strategies are analyzed against all scenarios.  
Resource strategies are evaluated based on their effects on customer costs and emissions. 
 

                                                 
1  Section 51(a). 
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This IRP is, once again, the result of a collaborative process involving the Companies and The 
Brattle Group, with input and information received via discussions with the CEAB and 
stakeholders.  Under the guidance of the Companies, The Brattle Group provided independent 
expertise and judgment regarding the scope and framework for the analysis, constructed the 
scenarios, established the myriad of assumptions used in the modeling effort, and performed all 
the related analyses.  The Companies provided guidance, direction and subject matter expertise, 
and helped refine the scenarios and assumptions.  The Brattle Group and the Companies then 
interpreted the analysis, identified the primary observations, established the key findings, and 
formulated the recommendations set forth herein.   
 
The EDCs engaged in a collaborative process with the CEAB beginning in April 2009.  The 
objective was to develop a common understanding of the approach and process which would be 
utilized to develop the 2010 IRP.  In the Spring and early Summer of 2009, prior to commencing 
the 2010 IRP analysis, the EDCs participated in several scoping and visioning meetings with the 
CEAB IRP Subcommittee.  The input that the EDCs received during these meetings was 
incorporated into the 2010 IRP.  
 
Input was also solicited from and received by the following groups of stakeholders: 

• CT DEP.  Numerous meetings were held with the Connecticut Department of 
Environmental Protection (DEP) to discuss future emissions levels based on current 
generator emissions rates as well as the latest load forecasts and resource projections.  
These factors were modeled to help the DEP determine future allowable emissions rates 
which might be required to meet environmental objectives in the future.  The conclusion 
of this process determined the assumed timing for setting lower NOX emission rate limits, 
which formed the basis for the analysis of likely plant investments and retirements, as 
described in Section III.1. 

• CCEF.  The EDCs held meetings with the Connecticut Clean Energy Fund (CCEF) to 
discuss and receive feedback concerning the intended approach and base assumptions to 
be used for the evaluation of renewable energy strategies. 

• ISO-NE.  Early in the process the EDCs met with New England Independent System 
Operator (ISO New England Inc. or ISO-NE) load forecasting personnel to verify and 
refine their understanding of the effects of DSM and load control programs taken into 
account in ISO-NE’s long range peak and energy forecasts.  

• Generators.  The EDCs surveyed the Connecticut generators to verify and clarify 
generator characteristics, retirement, and repowering plans and intentions concerning the 
use of existing sites. 

• Multiple Stakeholders.  The DPUC held a technical meeting on transmission and the 
CEAB subsequently held a series of related public stakeholder meetings.2  The 
stakeholder meetings, in which industry stakeholders, the EDCs, and the public were 
participants, were conducted on the topics of Connecticut generation, renewable energy, 
energy security, environmental policy, natural gas, DSM, and nuclear energy.  

                                                 
2  Filings made with the DPUC in connection with the technical meeting can be found on the DPUC’s 

website. 
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PRIMARY FINDINGS 

The analysis and research conducted by the EDCs and The Brattle Group has resulted in seven 
primary findings that will heavily impact resource procurement strategies over the next 10 years.  
 

1. Assuming the New England states are successful in building enough new renewable 
generation and associated transmission to meet RPS requirements, there should be no 
need for any additional generating resources for resource adequacy purposes over the 
next ten years under a wide range of demand uncertainty.   

 
2. Predicated on reasonable assumptions regarding supply and demand and transmission, 

Connecticut has sufficient generation installed or under contract to assure locational 
resource adequacy requirements for reliability over the next 10 years, even if significant 
uneconomic, high-emissions generating plants retire. 

 
3. Due primarily to the effects of RPS and climate legislation, power supply-related costs 

are expected to increase from 11¢/kWh today and in 2013 to nearly 14¢/kWh in 2020 (in 
2010 dollars) under expected supply and demand and moderate fuel and emissions costs.  

 
4. A targeted expansion of DSM programs beyond those currently planned can lead to 

significant reductions in emissions and costs.  It is anticipated that the additional program 
costs would be more than offset by a reduction in generation service costs and rates. 

 
5. For New England to meet each respective state’s 2020 Class 1 renewable portfolio 

requirements, New England needs to add about 4,800 MW (nameplate) of new renewable 
generation, primarily wind, that will be located in areas distant from load centers that 
would require investments of approximately $20 billion in new renewable generation and 
about $10 billion of investment in transmission resources to access this new renewable 
generation. 

 
6. Assuming the Class 1 renewable generation buildout and continuation of the Connecticut 

DSM measures, New England’s CO2 emissions, NOX emissions, and SO2 emissions in 
2020 will be substantially below 2007 actual levels. 

 
7. New England electric energy prices are highly dependent on the price of natural gas.  It is 

expected that the large supply of economically recoverable shale gas, which can be found 
as close to New England as New York and Pennsylvania, may allow natural gas prices to 
remain moderate and may thereby help to moderate energy prices. 

RECOMMENDATIONS 

The comprehensive analysis undertaken in the development of the 2010 IRP has led to two 
primary resource procurement recommendations that should be implemented immediately, and a 
third regarding additional study.  There are additional recommendations in some of the white 
papers that do not relate to the near-term procurement of resources. 
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1. Given that the Targeted DSM Expansion strategy would reduce customer costs and 
emissions while even reducing rates for non-participants, the Companies recommend that 
this strategy be funded. 

 
2. Connecticut policy makers need to engage with other New England states to develop a 

comprehensive regional renewable energy policy.  The New England states should work 
to define the best and most cost-effective means to expand renewable energy 
development in New England and the surrounding regions while meeting environmental 
goals. 

 
3. UI recommends, in light of the potential benefits of a nuclear strategy identified in the 

analysis, that the CEAB conduct, sponsor, or otherwise support a more detailed study of 
the potential costs and benefits of nuclear power, with the objective of providing a more 
complete picture of the tradeoffs encountered with nuclear power as a long-term resource 
strategy for Connecticut. 

ANALYTICAL FINDINGS 

The following analytical findings were developed for a Reference resource strategy using market 
simulations for the years 2013, 2015, and 2020.  The Reference strategy continues current levels 
of DSM programs and supports regional development of renewables (primarily wind) sufficient 
to meet RPS requirements. 
 

1. Predicated on reasonable assumptions regarding supply and demand and transmission, 
Connecticut has sufficient resources installed or under contract to meet locational 
resource adequacy requirements over the next 10 years, even if a substantial amount of 
uneconomic, high-emitting generation retires.  

 
2. Assuming the New England states are successful in building enough new renewable 

generation and associated transmission to meet the regions’ RPS requirements, there 
should be no need for any additional generating resources for meeting regional resource 
adequacy requirements over the next ten years under a wide range of demand uncertainty. 

 
3. Renewable portfolio standards for the six New England states will require the 

development of about 4,800 MW of new Class 1 renewable generation, amounting to 
nearly 16 percent of total energy generation by 2020.  If wind provides most of that 
additional generation, as assumed in the Base Case, it will diversify and change the 
dispatch of generating resources in New England, and it will substantially reduce CO2 
emissions, NOX emissions, and SO2 emissions. 

 
4. Likely federal climate change legislation will further reduce CO2 emissions in New 

England by decreasing the generation output from coal-fired plants and replacing it with 
gas-fired plants.  Combined with the effect of assumed Class 1 renewables, climate 
legislation will likely help reduce New England’s overall CO2 emissions in 2020 by 
about 11.5 million tons, or 24 percent, relative to 2007 actual emissions.   
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5. Due primarily to the effects of RPS and climate legislation, power supply-related costs 

are expected to increase from 11¢/kWh today and in 2013 to nearly 14¢/kWh in 2020 (in 
2010 dollars) under expected supply and demand and moderate fuel and emissions costs.  
Power supply-related costs are highly uncertain, driven primarily by uncertainty in 
natural gas prices, which could affect rates in 2020 by as much as 3.5¢/kWh between the 
low and high gas price projections analyzed.   

 
6. In 2020, the annual NOX and SO2 emissions from power generation in Connecticut are 

expected to decrease by approximately 50 percent and 60 percent, respectively, from 
2007 levels.  This is due to the effects of strengthened environmental regulation and the 
regional buildout of renewable generation. 

 
The analytical findings presented below compare five alternative resource strategies to the 
Reference strategy for the year 2020.  That study year was chosen because the impact of resource 
development strategies would be implemented over a ten-year timeframe, with the differences 
among strategies being most pronounced at the end of that period. 
 
The six resource strategies examined include the Reference strategy, which continues current 
levels of DSM programs and supports regional development of renewables (primarily wind) 
sufficient to meet RPS requirements.  The Targeted DSM Expansion strategy focuses on four 
high-potential energy efficiency initiatives, while the All Achievable Cost-Effective DSM strategy 
incorporates all achievable efficiency programs that were identified in a recent “Potential” study 
as having benefits in excess of costs.  In the Limited Renewables strategy, not enough renewables 
are developed to comply fully with RPS mandates, and EDCs must resort to making alternative 
compliance payments.  In the In-State Renewables strategy, Connecticut’s RPS requirements are 
met through the development of in-state fuel cells and photovoltaics instead of regional (mostly 
wind) resources.  The Efficient Gas Expansion strategy involves developing combined cycle 
capacity in Connecticut, in advance of a reliability-based need for generating capacity. 3 
 

7. Targeted DSM Expansion: This strategy reduces total customer costs and CO2 and NOX 
emissions in all 5 scenarios tested, and slightly reduces average power supply-related 
costs in all but one scenario.  Funding this strategy through the system benefit charge 
(SBC) would require increasing the SBC rate from 3 mills to 3.7 mills, but based on the 
2020 analysis, reduced generation service charge (GSC) costs and rates would more than 
offset the increase.  The annual benefits by 2020 reflect the cumulative impact of ten 
years of additional DSM program costs for customers, totaling approximately $200 
million. 

 
8. All-Achievable Cost Effective DSM: This strategy also reduces total customer costs and 

CO2 and NOX emissions in all 5 scenarios, but it raises average costs per kWh consumed.  
The SBC rate would increase to 5.6 mills, and our 2020 analysis indicates that the GSC 

                                                 
3  A seventh resource strategy for nuclear energy was also developed, but is not discussed in this section 

because it would not be possible to develop and construct a new nuclear plant in Connecticut in the 10-
year scope of this report.  However, the nuclear strategy is useful for illustrative reasons and is detailed in 
Section III.5 (Nuclear Energy). 
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rate impacts would not fully offset the SBC rate increase.  Hence, costs for non-
participants would increase while costs for participants would decrease (by a larger 
amount).  The annual benefits by 2020 reflect the cumulative impact of ten years of 
additional DSM program costs for customers, totaling approximately $650 million. 

 
9. Limited Renewables: As a result of the inability to meet each state’s RPS requirement, 

Connecticut customers pay more than $300 million per year in alternative compliance 
payments (ACP) in 2020.  New England’s CO2 emissions would be about 6 million tons 
(16 percent) higher.  Because this strategy avoids having to support new renewable 
generation and its corresponding transmission resources, overall customer costs could be 
slightly lower under some conditions.  The analysis indicates that the cost for customers 
could vary significantly depending upon the scenario.   

 
10. In-State Renewables: Under this strategy, Connecticut would build almost 700 MW of 

fuel cells, more than 200 MW of solar photovoltaics, and about 100 MW of biomass to 
meet the State’s RPS primarily using in-state resources.  The cost of this in-state 
generation is higher than a New England regional buildout of renewable generation and 
associated transmission.  It also leads to nearly 30 percent higher CO2 emissions in 
Connecticut. 

 
11. Efficient Gas Expansion: This strategy was studied in order to address the requirement 

in Public Act 07-242 to examine the optimization of existing generating sites and 
generation portfolio.  In order to meet this requirement, the EDCs examined the effects of 
adding 1,100 MW of hypothetical combined-cycle capacity in Connecticut (installed cost 
of $906/kW in 2010 dollars; full load heat rate of 7000 Btu/kWh) during the last year of 
the study, 2020 (even though this was in advance of need). 

SUMMARY OF FINDINGS CONTAINED IN THE WHITEPAPERS 

1. Resource Adequacy 

• There will likely be a substantial surplus relative to Connecticut's local resource 
requirements through 2020, due to a lower load forecast than utilized in prior IRPs, 
planned generation additions in Connecticut, planned DSM, and increased 
Connecticut import capability, even after accounting for forecasted retirements 
(which are substantial).  Given this, Connecticut's access to adequate resources 
depends on resource adequacy in New England as a whole. 

• A capacity surplus is expected in New England through at least 2015, and likely 
through 2020.  This region-wide surplus is due to a lower load forecast than in prior 
IRPs, the likely addition of renewable generation to meet RPS requirements, planned 
DSM, and planned generation additions in Connecticut even after accounting for 
forecasted retirements (which are substantial).  Some combinations of strategies and 
scenarios may lead to a need for additional resources after 2015 in cases that involve 
higher load, lower renewable additions, and/or higher retirements. 
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• The prospect of capacity surpluses and consequently low capacity prices, combined 
with tighter environmental requirements, is likely to induce the retirement of 
substantial amounts of old, high emission, oil-fired steam units.  Retirements are 
estimated at 2,446 MW in New England in the Base Case (1,504 MW in 
Connecticut).  There is substantial uncertainty around these estimates; retirements 
could exceed 4,000 MW under market conditions that induce earlier new entry and 
reduced capacity prices. 

 
2. Demand-Side Management (DSM) 

• Although Connecticut is a leader in DSM, with established programs and 
demonstrated results, there is much unrealized, cost-effective, emissions-reducing 
potential remaining. 

• The Targeted DSM Expansion Strategy meets the criteria established by the DPUC in 
its decision in Docket No. 08-07-01 for procurement absent an immediate reliability 
need by reducing total customer costs and CO2 and NOX emissions in all 5 scenarios 
tested, and by slightly reducing rates in all but one scenario.  Funding this strategy 
through the system benefit charge (SBC) would require increasing the SBC rate from 
3 mills to 3.7 mills, but based on the 2020 analysis, reduced generation service charge 
(GSC) costs and rates would more than offset the increase. 

• The All-Achievable Cost Effective DSM Strategy also meets the criteria set forth in 
the Docket No. 08-07-01 decision; but while it reduces total customer costs and CO2 
and NOX emissions in all 5 scenarios, it also raise average rates per kWh consumed.  
The SBC rate would increase to 5.6 mills, and the 2020 analysis indicates that the 
GSC rate impacts would not fully offset the SBC rate increase.  Hence, costs for non-
participants would increase while costs for participants would decrease (by a larger 
amount). 

• In summary, funding the Targeted DSM Expansion strategy would require an 
additional outlay of approximately $19 million per year (2010 dollars), and the All 
Cost-Effective DSM Strategy would require an outlay of approximately $65 million 
per year through 2020.  Although both strategies would create cost savings in excess 
of the program costs (thus providing emissions reductions at a negative net cost), only 
the Targeted DSM strategy would result in lower rates for non-participants over time. 

• Codes and standards are critical components of public policy complementing utility 
DSM programs, but they are not a substitute for such programs and do not effectively 
address existing structures. 

 
3. Renewable Energy 

• The optimal strategy for meeting the State’s RPS requirement is to procure renewable 
energy as part of a New England regional market. 

• Renewable potential in New England is substantially larger than needed to meet RPS. 

• Connecticut has limited cost-effective renewable potential in-state. 
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• The RPS requirements of the New England states are likely to be met through 2012.  
There is significant uncertainty regarding the overall supply and demand balance and 
the likely REC prices beyond 2012. 

• Substantial transmission investment will be needed to connect sufficient renewables 
to meet regional RPS requirements.  The cost of such transmission is likely to be 
large, but much less than the cost of building renewables in-state, and not 
significantly larger than the cost of failing to meet the RPS entirely. 

• An in-state renewable strategy would rely heavily on natural gas powered fuel cells, 
and would not significantly abate CO2 emissions. 

• Based on current cost and price projections, landfill gas, biomass, small hydro, and 
onshore wind require REC prices that are below the Connecticut’s ACP.  However, 
fuel cells, offshore wind, and solar PV would require payments greater than the ACP 
and would require support from additional subsidies or out-of-market instruments to 
be developed. 

• Investing in new renewable generation provides significant environmental benefits to 
New England. 

• Constructing sufficient new renewable generation in New England would require a 
major capital investment, in the range of about $20 billion for the generation plus 
about $10 billion for associated transmission by 2020.  Much of the capital 
investment in generation would be paid for by revenues from the energy and capacity 
markets, but REC payments and out-of-market payments would also be required for 
some resources.   

• Connecticut policy makers need to engage with other New England states to develop 
a comprehensive regional renewable energy policy.  The New England states should 
work to define the best and most cost-effective means to expand renewable energy 
development in New England and the surrounding regions while meeting 
environmental goals. 

 
4. Transmission 

• The EDCs have proposed a process that will provide an efficient and effective means 
of considering alternatives to transmission upgrades by integrating Connecticut state 
processes and statutes with the region-wide open and transparent planning process 
administered by ISO New England. 

• Connecticut state agencies (e.g., DPUC, CEAB, OCC) will benefit from early 
warning of upcoming major transmission projects and have an opportunity to 
influence outcomes by monitoring the Regional System Plan and the multiple 
ongoing Connecticut-related transmission studies and participating in regional 
processes (as appropriate). 
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5. Nuclear Power  

• Nuclear generation has significant environmental benefits, including displacing fossil 
generation and associated greenhouse gases, while making Connecticut less reliant on 
natural gas generation. 

• Nuclear capacity expansion is a long-term prospect – 10 to 15 years from the start of 
preparing a license application to commercial online date. 

• New merchant nuclear capacity is unlikely to be developed in New England without a 
cost recovery approach that can mitigate the risks of high and uncertain capital costs, 
long lead time, and the potential for costly delay. 

 
6. Combined Heat and Power (CHP) 

• Connecticut already enjoys high penetration of CHP for the most attractive large 
industrial applications, so there is limited remaining potential in this sector.  

• Smaller, mostly commercial and institutional applications have significant remaining 
technical potential in Connecticut. 

 
7. Environmental Regulations Affecting Electricity 

• While there is uncertainty regarding future Federal climate legislation, the prospects 
appear likely enough for a range of CO2 prices to be reflected in our analysis. 

• Because Connecticut and other parts of New England are not in attainment with air 
quality standards, additional NOX control requirements will likely be imposed on 
generators.  The EDCs and CTDEP worked together to establish likely future NOX 
emission requirements which were reflected in the simulation of the New England 
electricity market.  The cost of these controls is projected to cause retirements of 
older fossil steam units in our analysis. 

• Emission allowance prices – for SO2, NOX and CO2 – will raise the costs of 
generation in proportion to unit emission rates, and will impact the dispatch of 
resources in New England and thereby reduce overall emissions.  Although the 
prices of allowances for each pollutant are determined by aggregate emissions 
relative to an emission cap, these markets are not wholly independent.  In particular, 
the price of CO2 allowances can influence the price of SO2 and NOX allowances, an 
effect that was reflected in the analysis. 

• The imposition of new regulations for other environmental sectors (not air) have the 
potential to introduce greater costs to generators, though the potential impact of 
these costs cannot be determined at this time and thus were not reflected in the 
analysis. 

8. Energy Security 

• The power system is planned, designed, and operated to maintain high energy 
security, building in spare capacity, redundancy, and operational flexibility.  A 
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number of organizations at the national, regional, and state levels oversee and enforce 
reliability. 

• Key resources for energy security include natural gas and nuclear generation, because 
of the system’s heavy reliance on these generation types and the risks that could 
affect their operability, as well as the electric transmission system.  Other resources – 
oil, coal, renewables – are unlikely to pose energy security concerns of comparable 
magnitude, due to the smaller role these resources play in providing power, and also 
because of a lack of exposure to significant risks. 

• Natural Gas:  The New England power system’s reliance on natural gas was stress-
tested by analyzing the loss of access to natural gas for several days during the winter 
months.  This analysis suggests that there would be adequate other generation 
resources available to serve winter load, with no or virtually no reliance on natural 
gas.  This is due to several seasonal factors that improve the winter resource balance, 
plus dual fuel capability that allows many gas-fired generators to utilize oil if gas is 
not available. 

• Nuclear:  A prolonged, simultaneous shutdown of multiple nuclear units at peak load 
times could stress the system’s ability to serve load.  However, it appears that even 
with the loss of both Connecticut nuclear units, the implementation of existing 
emergency operating procedures and additional reliance on imports from neighboring 
regions would allow the system to continue to serve load. 

• Transmission:  The electric transmission system is designed and operated with a level 
of redundancy that allows it to absorb isolated failures with no impact on customers.  
If an extreme event were to cause a more widespread transmission failure, the 
transmission owners’ recovery capabilities and procedures ensure that any service 
interruption would be brief. 

 
9. Natural Gas 

• The overall supply picture for domestic natural gas appears promising, due 
particularly to the advent of new unconventional gas supplies such as shale gas.  This 
expanding supply should be adequate to accommodate even increased gas demand, 
though the ultimate extent and pace of the new supplies coming online is not certain.     

• Pipeline and LNG delivery capacity to New England have increased over the past 
several years, with additional new expansion projects still in development for the near 
future.  Gas delivery capacity to serve average and peak needs has improved 
measurably from a few years ago (though this does not address gas local distribution 
company (LDC) deliverability issues, where additional expansions may be 
necessary).   

• LNG and Canadian conventional gas may be less important for augmenting New 
England gas supplies than was expected in the recent past, due to the advent of new 
domestic supplies at lower prices.  They will nonetheless continue to serve as a 
backstop for the availability and price of domestic gas supplies.  Regardless of 
whether it actually does substitute for domestic gas more widely, LNG will remain a 
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crucial component of New England’s ability to meet peak gas demands in the winter 
heating season. 

• Natural gas prices are expected to remain reasonable at around $7.00/MMBtu (real 
dollars) in the long term, driven largely by new unconventional supply sources.  
However there is no certainty that these current price expectations will be fulfilled; a 
long-term gas price range of approximately $4-10/MMBtu was examined in this 
study.  Regardless of what happens to the long-term price of gas, short-term gas 
prices can be volatile. 

 
10. Emerging Technologies 

• Because of the growing commitments to plug-in electric vehicle (PEV) 
manufacturing and charging infrastructure on the part of vehicle manufacturers and 
electric utilities, PEVs appear poised to achieve an uncertain but potentially 
significant fleet penetration over the next decade. 

• A 5 percent level of fleet penetration by 2020 represents an optimistic view of PEV 
vehicle sales over the next decade, but one that is worth exploring for its potential 
impact on the New England electricity system. 

• Even an optimistic view of PEV penetration in New England over the next two 
decades is unlikely to pose any unmanageable issues for maintaining reliable electric 
service.   

• An optimistic view of PEV penetration in New England is likely to produce a modest 
environmental benefit, with net CO2 and NOX emissions decreasing and only a 
negligible increase in SO2 emissions. 

• Widespread implementation of advanced metering infrastructure (AMI) has the 
potential to decrease peak loads.  The magnitude of the decrease will depend on 
customer participation rates in dynamic pricing programs and their responsiveness to 
near-term price signals. 

• Enabling technologies can help customers respond more effectively to price signals, 
and AMI programs that encourage these technologies are more likely to yield more 
pronounced responses. 
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II. ANALYTICAL FINDINGS 

A. SUMMARY AND FINDINGS 

This Section (II) of the report presents the findings and recommendations resulting from the 
analyses conducted in accordance with the Act.  In short, it informs how Connecticut customers’ 
needs for capacity and energy, and their required compliance with the state’s Renewable 
Portfolio Standard (RPS), can be met while minimizing costs and emissions.  Section II.B 
presents a Base Case ten-year outlook.  Section II.C addresses how the outlook changes under 
alternative scenarios regarding the key variables of gas prices, CO2 allowance prices, and load 
growth.  Section II.D compares the effectiveness of six resource strategies in reducing customer 
costs and emissions while still providing adequate capacity, energy, and renewables.   
 
The six resource strategies examined include a Reference strategy that continues current levels of 
DSM programs and supports regional development of renewables (primarily wind) sufficient to 
meet RPS requirements.  The Targeted DSM Expansion strategy focuses on four high-potential 
energy efficiency initiatives, while the All Achievable Cost-Effective DSM strategy incorporates 
all achievable efficiency programs that were identified in a recent “Potential” study as having 
benefits in excess of costs.  In the Limited Renewables strategy, not enough renewables are 
developed to comply fully with RPS mandates, and EDCs must resort to making alternative 
compliance payments.  In the In-State Renewables strategy, Connecticut’s RPS requirements are 
met through the development of in-state fuel cells and photovoltaics instead of regional (mostly 
wind) resources.  The Efficient Gas Expansion strategy involves developing combined cycle 
capacity in Connecticut, in advance of a reliability-based need for generating capacity.1 
 
The resource strategies are evaluated across scenarios using market simulations for year 2020.  
That study year was chosen because the strategies would be implemented over a ten-year 
timeframe, with the differences among strategies being most pronounced at the end of that 
period. 
 
The key findings from the Ten-Year Outlook can be summarized as follows: 
 

• Predicated on reasonable assumptions regarding supply and demand and transmission, 
Connecticut has sufficient resources installed or under contract to meet locational 
resource adequacy requirements over the next 10 years, even if a substantial amount of 
uneconomic, high-emitting generation retires.  

 
• Assuming the New England states are successful in building enough new renewable 

generation and associated transmission to meet the regions’ RPS requirements, there 

                                                 
1  A seventh resource strategy for nuclear energy was also developed, but is not discussed in this section 

because it would not be possible to develop and construct a new nuclear plant in Connecticut in the 10-
year scope of this report. However, the nuclear strategy is useful for illustrative reasons and is detailed in 
Section III.5 (Nuclear Energy). 
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should be no need for any additional generating resources for meeting regional resource 
adequacy requirements over the next ten years under a wide range of demand uncertainty. 

 
• Renewable portfolio standards for the six New England states will require the 

development of about 4,800 MW of new Class 1 renewable generation, amounting to 
nearly 16 percent of total energy generation by 2020.  If wind provides most of that 
additional generation, as assumed in the Base Case, it will diversify and change the 
dispatch of generating resources in New England, and it will substantially reduce CO2 
emissions, NOX emissions, and SO2 emissions. 

 
• Likely federal climate change legislation will further reduce CO2 emissions in New 

England by decreasing the generation output from coal-fired plants and replacing it with 
gas-fired plants.  Combined with the effect of assumed Class 1 renewables, climate 
legislation will likely help reduce New England’s overall CO2 emissions in 2020 by 
about 11.5 million tons, or 24 percent, relative to 2007 actual emissions.   

 
• Due to RPS and, to a lesser extent, climate legislation, power supply-related costs are 

expected to increase from 11¢/kWh today and in 2013 to nearly 14¢/kWh in 2020 (in 
2010 dollars) under expected supply and demand and moderate fuel and emissions costs.  
Power supply-related costs are highly uncertain, driven primarily by uncertainty in 
natural gas prices, which could affect rates in 2020 by as much as 3.5¢/kWh between the 
low and high gas price projections analyzed.   

 
• In 2020, the annual NOX and SO2 emissions from power generation in Connecticut are 

expected to decrease by approximately 50 percent and 60 percent, respectively, from 
2007 levels.  This is due to the effects of strengthened environmental regulation and the 
regional buildout of renewable generation. 

 
The key findings from our evaluation of alternative resource strategies (relative to the Reference 
resource strategy) can be summarized as follows: 
 

• Targeted DSM Expansion: This strategy reduces total customer costs and CO2 and NOX 
emissions in all 5 scenarios tested, and slightly reduces average power supply-related 
costs in all but one scenario.  Funding this strategy through the system benefit charge 
(SBC) would require increasing the SBC rate from 3 mills to 3.7 mills, but based on the 
2020 analysis, reduced generation service charge (GSC) costs and rates would more than 
offset the increase.  The annual benefits by 2020 reflect the cumulative impact of ten 
years of additional DSM program costs for customers, totaling approximately $200 
million. 

 
• All-Achievable Cost Effective DSM: This strategy also reduces total customer costs and 

CO2 and NOX emissions in all 5 scenarios, but it raises average costs per kWh consumed.  
The SBC rate would increase to 5.6 mills, and our 2020 analysis indicates that the GSC 
rate impacts would not fully offset the SBC rate increase.  Hence, costs for non-
participants would increase while costs for participants would decrease (by a larger 
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amount).  The annual benefits by 2020 reflect the cumulative impact of ten years of 
additional DSM program costs for customers, totaling approximately $650 million. 

 
• Limited Renewables: As a result of the inability to meet each state’s RPS requirement, 

Connecticut customers pay more than $300 million per year in alternative compliance 
payments (ACP) in 2020.  New England’s CO2 emissions would be about 6 million tons 
(16 percent) higher.  Because this strategy avoids having to support new renewable 
generation and its corresponding transmission resources, overall customer costs could be 
slightly lower under some conditions.  The analysis indicates that the cost for customers 
could vary significantly depending upon the scenario.   

 
• In-State Renewables: Under this strategy, Connecticut would build almost 700 MW of 

fuel cells, more than 200 MW of solar photovoltaics, and about 100 MW of biomass to 
meet the State’s RPS primarily using in-state resources.  The cost of this in-state 
generation is higher than a New England regional buildout of renewable generation and 
associated transmission.  It also leads to nearly 30 percent higher CO2 emissions in 
Connecticut. 

 
• Efficient Gas Expansion: This strategy was studied in order to address the requirement 

in Public Act 07-242 that optimization of existing generating sites and generation 
portfolio be explored.  In order to meet this requirement, the EDCs examined the effects 
of adding 1,100 MW of hypothetical combined-cycle capacity in Connecticut (installed 
cost of $906/kW in 2010 dollars; full load heat rate of 7,000 Btu/kWh) during the last 
year of the study, 2020 (even though this was in advance of need). 

 

B. BASE CASE TEN-YEAR OUTLOOK 

B.1 Supply and Demand for Capacity  

As shown in Section III.1 (Resource Adequacy), the supply of capacity over the next ten years is 
projected to be substantially greater than needed to meet resource adequacy requirements in ISO-
NE and in the Connecticut sub-area.  The surplus is attributable to a confluence of factors: a 
forecasted slow recovery of today’s depressed demand (due in part to the current economic 
recession and in part because of continued utility energy efficiency programs and new codes and 
standards); planned new generation and likely additional generation to meet RPS; and new 
transmission into Connecticut.  However, some of the surplus is likely to be offset by the 
retirement of existing oil-fired steam units.  Assuming the Connecticut Department of 
Environmental Protection (CT DEP) imposes strict NOX emissions rate limits, and the ISO-NE 
abolishes the capacity price floor, we estimate that 2,446 MW of oil-fired steam generation 
(including 1,504 MW in Connecticut) is likely to retire by 2017.  This would advance the need 
for new capacity in New England from 2029 to 2021.  It is unlikely that new capacity will need 
to be located within Connecticut until well beyond 2020, unless retirements within Connecticut 
are much higher than anticipated.  
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Peak Load  

Forecasted peak load in ISO-NE and Connecticut are well below prior years’ forecasts due to the 
recession.  Over the next ten years, ISO-NE peak load is expected to grow at an annual average 
rate of 340 MW (1 percent) per year.  This forecast is from ISO-NE’s 2009 “Capacity, Energy, 
Load, and Transmission” (CELT) report, as described in Section III.1 (Resource Adequacy). 
 
 

Figure 1 
Peak Load – Historical and Forecast 
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Note: Historic values in 2007 and 2008 are from the ISO-NE; 2009 through 2018 values are from ISO-
NE’s 2009 CELT report. 
 

New Supply and Retirements 

Total supply to meet Connecticut and ISO resource needs include: 

• 31,286 MW existing generating resources in ISO-NE as of January 1, 2009, based on 
values reported in the 2009 CELT; 

• 716 MW new capacity contracted under the DPUC Public Act 05-01: Kleen Energy 
Systems (620 MW combined cycle) and Waterbury Generation (96 MW gas turbine); 

• 504 MW planned new capacity contracted under Connecticut’s peaking generation 
contracts; 

• 306 MW additional capacity with obligations in the ISO’s capacity market; 

• 1,552 MW (derated) new renewable capacity expected to be built to meet region-wide 
Renewable Portfolio Standards, including capacity contracted under Connecticut’s 
“Project 150” RFP; 

• Insignificant firm imports by 2020, based on values reported in the 2009 CELT;  

• 1,876 MW active demand response (DR) ISO-wide, including that cleared in the ISO-
NE’s most recent forward capacity auction for 2013/14 (1,794 MW) and a small amount 
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of price responsive demand (81 MW), both assumed to be constant from 2013 to 2020; 
and 

• 1,160 MW of energy efficiency in 2013 (based primarily the forward capacity auction 
results), increasing to 1,492 MW in 2020, with the increase reflecting only Connecticut’s 
planned DSM programs. 

 
We estimate 2,446 MW of retirements by 2020 ISO-wide based on economics and expected 
environmental control requirements.  As explained in Section III.7 (Environmental Regulations 
Affecting Electricity), collaboration with the CT DEP established an assumption that all gas and 
oil-fired steam units would be required to meet region-wide NOX emission rate limits of 0.125 
lbs/MMBtu by 2013 and 0.07 lbs/MMBtu by 2017 to facilitate region-wide attainment of Federal 
National Ambient Air Quality Standards (NAAQS), including Connecticut compliance under the 
Clean Air Interstate Rule (CAIR).  Non-compliant units with NOX emission rates of 0.25 
lbs/MMBtu or below are assumed to be able to meet the 2013 limit with temporary measures at 
relatively little cost, but must install selective catalytic reduction (SCR) to meet the 2017 
emission rate limit.  It was further assumed that all other non-compliant units would be required 
to install SCRs to meet the 2013 and 2017 emission rate limits, or else retire.  We determined 
which units were likely to invest in controls versus retire by assuming each unit would make an 
NPV-maximizing decision given its costs (potentially mitigated by mothballing opportunities) 
and its expected energy and capacity revenues.  These decisions are solved iteratively with multi-
year capacity price trajectories and entry decisions until the capacity market clears in every year.   

Resource Adequacy 

The primary starting point for any resource plan is a projection of available resources relative to 
resource adequacy requirements.  Shortfalls indicate the need for additional resources.  ISO-NE 
defines four separate resource adequacy requirements affecting Connecticut: the ISO-NE-wide 
Net Installed Capacity Requirement (NICR), the Connecticut Local Sourcing Requirement (CT 
LSR), the Connecticut requirement under the Transmission Security Analysis (CT TSA), and the 
Connecticut requirement in the Locational Forward Reserve Market (LFRM).  All of these 
requirements are likely to be met – with surplus capacity – through 2020 and beyond, as 
described in Section III.1.  Figure 2 shows resource adequacy projections for meeting the ISO-
NE-wide NICR; Figure 3 shows resource adequacy projections for meeting the CT LSR and 
TSA requirements.  Both figures show supply as colored bars that exceed the resource adequacy 
requirements, which are indicated with dash lines.  An important element of Figure 3 is the 
inclusion of the New England East-West Solution (NEEWS), a transmission project planned to 
be in service by 2014.  NEEWS will support Locational Resource Adequacy in Connecticut both 
by increasing the Connecticut Import capability by 1,100 MW and by incorporating the Lake 
Road generating facility into the Connecticut sub-area. 
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Figure 2 
Resource Adequacy in ISO-NE (Base Case) 
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Figure 3 
Locational Resource Adequacy in Connecticut 
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B.2 Supply and Demand for Energy 

Energy consumption has declined sharply during the recession.  It is expected to take ten years 
for energy consumption to reach pre-recession levels in Connecticut, as shown in Figure 4.  The 
forecast is based on ISO-NE’s load forecast, which accounts for “business as usual” energy 
efficiency.  We have adjusted the load downward to account for Massachusetts’ plans to 
implement energy efficiency more aggressively, as explained in Section III.1. 
 
 

Figure 4 
Annual Energy Consumption – Historical and Forecast 
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Note: Historic values in 2005 through 2008 are from the ISO-NE; 2009 through 2018 values are from 
ISO-NE’s 2009 CELT report. 

 
 
The fact that adequate capacity will be available means that energy requirements will be met 
reliably (subject to energy security concerns examined separately in Section III.8).  How energy 
is produced will depend on the types of resources that are developed or retired in the future, with 
attendant implications for customer cost, fuel usage, and emissions.  Alternatively, energy 
efficiency can reduce the amount of energy that must be generated, again with implications for 
costs, fuel usage, and emissions. 
 
This study includes a detailed analysis of future energy production using the DAYZER 
locational market simulation model, developed by Cambridge Energy Solutions (CES).  It takes 
as data all of the elements of supply, demand (and reductions thereof), and transmission in the 
ISO-NE system and how these elements evolve over time.  Using these data inputs, DAYZER 
simulates the ISO-NE’s operation of the system and its administration of the energy market.  The 
outputs of the model include hourly locational marginal prices, dispatch costs, generation, and 
emissions for every generating unit in New England, and transmission flows and congestion.  
These outputs are used to construct various performance metrics that are presented in Sections 
B.4 and B.5 for the Base Case.  Simulations under various alternative scenarios and resource 
strategies are presented in Sections C and D, respectively. 
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B.3 Supply and Demand for Renewable Generation 

The potential impact of adding renewable energy supply to meet the region’s Class I renewable 
energy demand is closely analyzed in Section III.3.  The demand for Class I renewable 
generation in New England is based on each state’s Renewable Portfolio Standard (RPS).  By 
2020, we estimate the demand for renewable energy for New England as a whole is 
approximately 16 percent of retail load (20 percent for Connecticut).   
 
 

Figure 5 
New England RPS Requirements 
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Sources and Notes: 2009 CELT Report Forecast for “Base Case.”  Growth rate for years 
beyond 2018 is based on average growth rate between 2017 and 2018.  Demand accounts for 
estimated reductions from 2009 IRP Reference DSM forecast.  Massachusetts demand 
incorporates the increased Class 1 RPS requirement from the 2008 Green Communities Act. 

 
 
To meet that demand in the Reference Strategy, we assume that all of the New England states 
meet their respective RPS requirements through the procurement of renewable generation and 
renewable energy credits (RECs) from within the region and imports from nearby areas.  The 
resource mix to meet that demand is based on an analysis of existing renewable generation, 
imports that are RPS-qualified, projects currently under development, and the resource potential 
in the region.  The current installed RPS-qualified Class I renewable generating capacity is 
approximately 1,751 MW.  We estimate that New England would need to develop about 4,800 
MW (nameplate capacity) of additional renewable resources to meet the region’s Class I 
renewable demand in 2020.  For years up through 2013, we assume that a portion of proposed 
projects will come to fruition, and for years beyond 2013, we assume that renewable 
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development grows toward resource potential.  Of the various resource types available, only 
biomass and wind have the potential to grow significantly in the later years.  While biomass is 
available in many parts of New England, the biomass resource potential will not be sufficient to 
meet the region’s Class I renewable needs.  Thus, for years beyond 2013, we assume that on-
shore and off-shore wind projects will grow to meet the region’s demand that is not met by other 
renewable resources.  Since much of the renewable resource potential is located in remote areas 
without sufficient transmission to support large generation additions, significant transmission 
upgrades would be necessary, and are likely to be very costly.   
 
B.4 Customer Cost Outlook 

In spite of the capacity surplus, Connecticut customers can expect to face increasing average 
costs from 2013 to 2015 (a 6 percent increase in real terms) and to 2020 (another 17 percent 
increase), as shown in Figure 6.  Figure 6 shows the components of customer costs that are 
related to future power supply, i.e., the Generation Service Charge (which provides full-
requirements service for energy, capacity, and RECs, with an assumed 15 percent risk premium 
charged by suppliers), plus an adder for DSM and new transmission needed to support new 
renewables.  Other transmission and distribution costs are excluded. 

 
 

Figure 6 
Connecticut Customers’ Annual Average Power Supply-Related Costs (2010 ¢/kWh) 
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As Figure 6 indicates, the 0.68¢/kWh (6 percent) increase from 2013 to 2015 is due primarily to 
rising energy prices (0.29¢/kWh) and new transmission to reach remote wind resources 
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(0.32¢/kWh).  Energy prices reflect load-weighted average locational marginal prices (LMPs) in 
Connecticut; these are displayed on a monthly basis below for the three study years.  Annual 
average energy prices increase from $78.4 to $80.3/MWh as CO2 allowance prices increase from 
$18 to $21/ton, while gas prices increase slightly from $6.7 to $6.8/MMBtu.    
 
The larger 2.0¢/kWh (17 percent) increase from 2015 to 2020 is driven by three factors: energy 
(+0.58¢/kWh), capacity (+0.52¢/kWh), and transmission for renewables (+0.68¢/kWh).  The 15 
percent risk premium increases with energy and capacity prices, adding another 0.17¢/kWh.  The 
projected $5/MWh increase in energy prices from 2015 to 2020 is only partly explained by the 
increase in CO2 prices from $21/ton to $30/ton.  Simultaneously, the growth in renewable 
generation from 13.5 TWh (10 percent of total generation) to 23.3 TWh (16 percent of total 
generation) fundamentally changes the energy market.  Renewable generation is greatest during 
the off-peak (winter and nighttime) periods, when it severely depresses prices in lower-load 
hours.  During summer on-peak periods, renewables, particularly wind which dominates future 
renewable resource additions, generate the least.  Resulting prices are higher than the rest of the 
year and higher than in 2015 because load is higher and reserve margins are smaller.  The 
capacity surplus is reduced from 2,797 MW in 2015 (8 percent above target, with excess 
capacity supported by a capacity price floor), to 240 MW in 2020, as the 1,552 MW increase in 
derated renewable capacity is more than offset by 1,621 MW additional retirements and 1,382 
MW load growth.  In 2020, the 14 percent reserve margin is really only an 8 percent generation 
reserve margin, with the remaining 6 percent being provided by active DR that provides little 
energy price mitigation because it is dispatched only during operating reserve shortages.  Hence, 
summer energy prices are higher in 2020 than in 2015, even though non-summer energy prices 
are similar or lower, as indicated in Figure 7.   
 
Load growth and retirements also increase the capacity price (after it falls in 2016 due to the 
assumed removal of the capacity price floor), as discussed on Section III.1 and shown 
graphically in Figure 8. 
 
The cost of new transmission to access remote wind resources also contributes to the increase in 
average customer costs, adding 0.31¢/kWh in 2015 and 0.99¢/kWh in 2020. 
 
The cost of RECs grows only 0.06¢/kWh (20 percent) from 2015 to 2020, despite the increasing 
renewables requirement.  The cost is moderated by projected declining market prices for RECs, 
driven by rising energy and capacity prices.  Higher energy and capacity prices cover a larger 
portion of renewables’ costs, leaving a smaller amount that must be recovered through RECs.  
This observation reflects the general hedging value of renewables: as energy prices trend 
upward, REC prices should trend downward.   
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Figure 7 
Base Case Projection of Energy Prices (2010 $/MWh) 
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Figure 8 
Base Case Projection of Capacity Prices in New England (2010 $/kW-month) 

 

$0

$1

$2

$3

$4

$5

20
13

20
14

20
15

20
16

20
17

20
18

20
19

20
20

 
 



II-12 

B.5 Fuel and Emissions Outlook 

While customers will likely pay more for their electricity over time, they should expect to enjoy 
cleaner air in return.  Electricity production in New England will likely be very different in 2020 
than it is today, primarily because of new renewable generation built and operated to meet RPS 
requirements.  New renewable generation is projected to increase by more than 12,000 GWh 
between 2013 and 2020, which will more than offset load growth of approximately 10,000 GWh 
over the same period.  Because most of the renewable generation expected to be built is wind 
with zero variable generation costs, it will tend to displace fossil resources with higher variable 
costs.  In particular, wind will displace gas or coal-fired generation during off-peak periods when 
the wind blows the most, and it will displace some gas or oil-fired generation during on-peak 
periods.  Meanwhile, rising CO2 prices (combined with moderated gas prices) will shift the 
economic dispatch from coal-fired generation to cleaner gas-fired combined-cycle generation.  In 
addition, oil-fired generation will be limited by the retirement of 2,446 MW oil-fired steam 
capacity in 2013 and 2016.   
 
The combined effect on total generation by fuel type is shown in Figure 9 below, which shows 
2007 actual data and projections for 2013, 2015, and 2020.  This shows the increase in renewable 
generation from 6 percent of total regional supply in 2007 to 16 percent in 2020, a 40 percent 
reduction in coal generation, and a steep decline in oil generation.  On net, gas-fired generation 
increases only slightly, partly because of an interesting decrease in winter gas usage that is due to 
the increased level of wind generation during the winter. 
 
Figure 9 also shows the composition of supply in Connecticut.  Total generation in Connecticut 
in 2013 will be higher than in 2007, mostly because of the 2012 addition of Kleen, a relatively 
efficient 620 MW gas-fired combined cycle plant, and the incorporation of Lake Road (another 
gas-fired combined cycle plant) electrically into the Connecticut sub-area due to the NEEWS 
transmission project.  These changes turn Connecticut from an energy importer to a net exporter.  
Oil-fired generation decreases after 2007 partly because of increased availability of lower-cost 
gas-fired generation and renewables, but also because of changes in relative fuel prices – oil 
prices have risen dramatically relative to gas prices, and are expected to remain high.   
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Figure 9 
Base Case Projection of Annual Generation by Fuel Type 
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Notes: 2007 data derived from the EPA CEMS database.  Lake Road generation (approximately 4 TWh) is 
counted in Connecticut starting in 2015 after the New England East-West Solution (NEEWS) transmission 
project goes in service and brings Lake Road electrically into the Connecticut sub-area. 

 
 
Dispatch switching from fossil fuels to renewable generation, and from coal to gas (because of 
the CO2 price) will produce a dramatic reduction in regional CO2 emissions.  Regional emissions 
are projected to decrease by 8.6 million tons (18 percent) from 2007 levels by 2013 then 
continue to decrease another 2.9 million tons (6 percent) by 2020.  This will put New England 
below its RGGI targets, as shown in Figure 10.  However, it should be emphasized that this 
optimistic outlook is premised on the successful implementation of policy initiatives that are 
only in their early stages: RPS and federal climate legislation.  It also depends on continued 
funding of energy efficiency programs at least at their current levels as assumed in the load 
forecast.  For example, the Connecticut EDCs’ efficiency programs between 2010 and 2020 will 
save nearly 2,900 GWh annually by 2020; without that, Connecticut electricity consumption 
would be 8 percent higher in 2020. 
 
Connecticut’s in-state CO2 emissions will actually increase as Kleen and other gas-fired 
generation turn Connecticut into an energy exporter.  However, whether CO2 emissions occur in-
state is not particularly important since the environmental effects of CO2 occur globally, not 
locally or regionally like NOX and SO2. 
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Figure 10 
Annual CO2 Emissions 
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Notes: 2007 data from EPA CEMS database.  Lake Road’s emissions are counted in Connecticut in all 
years, based on its geographical location.  There is no RGGI target for 2020; the value shown is the 2018 
target. 

 
 
In-state emissions of NOX and SO2 do matter to Connecticut because the effects of those 
pollutants depend on local and regional concentrations.  Emissions from the dirtier, older coal 
and oil-fired steam units in-state can lead to violations of National Ambient Air Quality 
Standards.  Over time, these steam units are projected to generate less, due to displacement by 
regional renewables and gas-fired generation, and also because of the retirement of 1,504 MW of 
oil capacity by 2020.  As a result, emissions of NOX and SO2 are projected to decrease both in 
Connecticut and across New England, as shown in Figures 11 and 12.   
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Figure 11 
Annual SO2 Emissions 
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Figure 12 
Annual NOX Emissions 
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Conversely, NOX emissions during the hottest days do not decline over time.  From 2013 
through 2020, the non-retiring steam-oil units, and also combustion turbines, actually produce 
increasing amounts of energy and NOX emissions during the highest-load periods in July and 
August when wind generation is at its low point.  These units run more over time because load 
growth and unit retirements lead to declining reserve margins.  Thus, daily NOX emissions on the 
10 Highest Energy Demand Days (HEDD) do not decrease in spite of retirements and the 
installation of SCRs on non-retiring steam-oil units. 
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Figure 13 
HEDD NOX Emissions in Connecticut (tons per day) 
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Since natural gas is often the marginal short-term generation resource that is displaced by wind, 
and wind tends to blow more in the winter, growth in wind resources will actually reduce winter 
consumption of natural gas over time, as shown in Figure 14. 
 
 

Figure 14 
New England Winter Gas Usage (Bcf/day) 
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C. ALTERNATIVE SCENARIOS  

C.1 Scenario Definitions 

A long-range planning analysis such as this cannot avoid uncertainty.  Regardless of the effort 
and attention that goes into the analysis, key external factors over which utilities and regulators 
do not have direct control – such as gas price and demand growth – will necessarily remain 
uncertain.  This means that there will also be substantial uncertainty about important outcomes 
such as resource needs, customer cost, and pollutant emissions.  In addition, alternative strategies 
are likely to be affected differently by the external factors.  This implies that in order to 
understand the strengths and weaknesses of alternative resource strategies, it is imperative to 
characterize and evaluate the potential uncertainty in external factors.  Simply setting each factor 
to a single “likely” or “expected” value and assuming that will adequately characterize a 
strategy’s performance under alternative settings of those factors may not lead to good decisions.   
 
This study characterizes uncertainty explicitly with scenario analysis.  That is, it develops a set 
of internally consistent future scenarios, and evaluates alternative resource solutions against each 
of these scenarios.  First, we identified the key external factors that influence important outcome 
metrics such as resource needs, customer costs, and emissions.  The key external factors were 
determined to be:  
 

• Natural gas price;  
• Climate legislation (manifested in CO2 price); and  
• Electric load (energy and peak).2 

 
Gas-fired generation is the marginal, price-setting supply in the energy market most of the time, 
especially during the hours of the day when consumption is highest, as shown in Figure 15.  
Thus electricity prices tend to move in tandem with gas prices, and gas prices affect customer 
costs more than any other variable.  Across the scenarios analyzed, gas prices can change 
average customer costs by 3¢/kWh or more, as discussed below 

 
 

                                                 
2  There may be some control over loads through demand management programs, as discussed later. 
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Figure 15 
New England Marginal Generation by Fuel Type in 2020 

Based on DAYZER Simulations for the Base Case 
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Gas prices, as well as CO2 prices, will be driven largely by factors that are external to the New 
England power market.  Load is driven by economic growth, but to a significant extent it is also 
influenced by the price of power – higher prices tend to suppress load, and vice versa.  Power 
prices are in turn heavily affected by gas and CO2 prices, as well as other factors, such as the 
supply-demand balance, through a set of feedback relationships that evolve over time.   
 
For each of the scenario variables – gas price, CO2 price, and load – we characterized possible 
outcomes, capturing fairly extreme, yet plausible, values of the factors, and the relationships with 
other factors.  The development of Gas Price and CO2 price scenarios are discussed in Section 
III.9 (Natural Gas) and Section III.7 (Environmental Regulations Affecting Electricity), 
respectively.  To characterize demand, we begin with ISO New England’s current load forecast.  
This forecast is assumed to be consistent with current expectations for gas price and CO2 price, 
and this set of factors together makes up the “Current Trends” scenario – i.e., the outlook in 
which all factors tend to follow current expectations.  When considering other values of Gas 
Price and/or CO2 price, we developed a demand elasticity relationship to characterize the effect 
of power price on load, treating peak and energy load separately, and phasing in both short-term 
and long-term demand elasticity effects.  Independently, we also evaluate a case of high demand 
that may reflect demand growth independent of price influences (e.g., in response to high 
regional economic growth).   
 
Almost any combinations of the key factors could be considered a scenario, but only a limited 
number of scenarios can be evaluated.  To select the scenarios that will be most informative, we 
developed combinations of the external factors – Gas Price, CO2 Price, and Load – that are 
relatively likely and internally consistent, but that also stress the resource strategies being 
considered and help to distinguish between strategies.  The particular scenarios chosen are 
characterized in Table 1.  The constituent Low, Medium, and High trajectories of gas price and 
CO2 price are shown in Figure 16, and the load trajectories associated with the scenarios are in 
Figure 17. 
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Table 1 
Scenario Definitions 

 

Scenario Gas Price CO2 Price Load Growth 

“Current Trends” Medium: futures extrapolated  Medium: EIA “Basic Case” 
for Waxman-Markey 

CELT forecast 

“Lo Gas/Lo CO2” Low Low: EIA “High Offset Case” 
for Waxman-Markey 

CELT adjusted up by 
price elasticity  

“Med Gas/Hi CO2” Medium High: EIA “No International 
Case” for Waxman-Markey 

CELT adjusted down 
by price elasticity  

“Hi Load Growth” Medium Medium CELT High Economic 
Growth forecast 

“Hi Gas/Hi CO2” High High CELT adjusted down 
by price elasticity 

 
 

Figure 16 
Price Trajectories for Scenarios 
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Figure 17 
Load Trajectories for Scenarios (New England) 
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Note that the scenarios characterized here are more “persistent” than the actual future is likely to 
turn out to be.  For instance, even if the future gas prices turns out to be high on average, there 
will undoubtedly be volatility around that average.  Nonetheless, given the goals of the scenario 
analysis – to characterize potential future outcomes and illuminate differences among alternative 
strategies – scenarios characterized in this way are useful.   
 
 
C.2 Effects of Alternative Scenarios on Costs and Emissions 

The five scenarios described above were analyzed using the DAYZER model, as variations to 
the 2013, 2015, and 2020 Base Case described in Section B above.  In implementing the 
scenarios, the effects on resource adequacy, retirement, and new entry were also considered, as 
documented in Table 1.16 in Section III.1 (Resource Adequacy).  For example, higher loads 
decrease the amount of retirements, because a tighter resource balance leads to higher capacity 
prices, improving the economics of some capacity that might otherwise retire.     
 
For all scenarios, we produced the same set of metrics as in the Base Case, shown as Figures 18 
through 27, below.  Some of the most salient observations from these figures are as follows: 

 
• Total cost is driven strongly by gas price, and also by load levels. 

• Average cost (per kWh consumed) is also driven primarily by gas price, which causes 
cost to range by as much as 3 to 3.5¢/kWh; other scenario variables have a smaller effect.   

• CO2 emissions are driven by load, being much higher in scenarios with high load 
(including cases where high load is driven by low power prices).   

• Load levels can affect CO2 emissions nearly as much as CO2 price, in the ranges 
examined. 

• New England CO2 emissions are below the RGGI benchmark, primarily due to large 
renewable additions and a CO2 price well beyond expected RGGI price levels. 
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Figure 18 
Energy Prices Across Scenarios (2010 $/MWh) 
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Figure 19 
Capacity Prices in New England (2010 $/kW-Yr) 
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Figure 20 
Connecticut Customers’ Power Supply-Related Costs Across Scenarios 
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Figure 21 
Annual CO2 Emissions 
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Note: There is no RGGI target for 2020; the value shown is the 2018 target. 
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Figure 22 
Annual SO2 Emissions 
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Figure 23 
Annual NOX Emissions 
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Figure 24 
Connecticut HEDD NOX Emissions (Average Tons per Day) 
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Figure 25 
Connecticut HEDD NOX Emissions on Each of 10 HEDD Days (Daily Tons) 
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Figure 26 
Connecticut Generation by Fuel Type (TWh) 
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Figure 27 
ISO-NE Generation by Fuel Type (TWh) 
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D. EVALUATION OF RESOURCE STRATEGIES  

As discussed in Section B, and in more detail in Section III.1, there is no projected need for new 
resources in order to meet resource adequacy requirements over the study horizon.  However, 
energy needs must be met (whether through generation or energy efficiency) and renewables 
mandates must be met (through development of an unprecedented amount of new renewables 
and enabling transmission and/or paying alternative compliance payments).  How these needs are 
ultimately met will be determined largely by market forces, but also by future state-sponsored 
procurement and policy initiatives.   
 
The Brattle Group and the Companies developed six potential “resource strategies” for 
evaluation.3  These strategies span a range of factors the state and/or utilities may be able to 
influence through various procurement and policy initiatives: energy efficiency, development of 
renewable generation and enabling transmission, and development of traditional generation.  The 
six alternative strategies are evaluated, in combination with each of the five scenarios discussed 
above, in year 2020 using the cost and emissions metrics described in Sections B and C.   
 
Because the evaluation considers only one year, it is only an indicative screening analysis for 
informing the direction and general magnitude of the effects.  Further analysis of strategies and 
procurement/policy measures that may be required to pursue those strategies will be necessary 
before taking specific actions.  
 
 
D.1 Six Alternative Resource Strategies  

The six strategies evaluated are:  
 

• Reference Strategy:  This is the strategy embedded in the Base Case described in Section 
B.  It continues current funding for DSM, but no more.  It assumes regional development 
of renewables (primarily wind) and enabling transmission are sufficient to meet regional 
RPS requirements, as described in Section III.3. 

 
• Targeted DSM Expansion:  This strategy is constructed to achieve zero load growth in 

five years and a slight reduction thereafter by implementing four specific, high-potential 
new energy efficiency initiatives: C&I Chiller Retirement, Various High Potential C&I 
Measures, Residential New Construction “Zero Energy” Homes, and Residential 
Cooling, as described in Section III.2.  The combined effect of these initiatives would be 
to reduce Connecticut’s annual energy requirements relative to the Reference Strategy by 
646 GWh (2 percent) and peak loads by 178 MW (2 percent) by 2020. 

 
 

                                                 
3  A seventh resource strategy for nuclear energy was also developed, but is not discussed in this section 

because it would not be possible to develop and construct a new nuclear plant in Connecticut in the 10-
year scope of this report. However, the nuclear strategy is useful for illustrative reasons and is detailed in 
Section III.5 (Nuclear Energy). 
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• All Achievable Cost-Effective DSM:  This strategy assumes implementation of all 
achievable cost-effective DSM identified in the “Potential Study” commissioned by the 
ECMB, as described in Section III.2.  This reduces Connecticut’s energy requirements by 
3.4 TWh (10 percent) and peak loads by 561 MW (7.5 percent) relative to the Reference 
strategy.  Retirements are assumed to increase as the capacity market re-equilibrates. 

 
• Limited Renewables:  This strategy reflects limited renewable development and no 

transmission expansion to integrate remote and offshore wind resources.  Renewable 
supplies are assumed to grow to meet 2013 RPS requirements, but then to remain 
constant at that level thereafter, falling well short of later RPS requirements.  With the 
shortfall, Connecticut must pay the ACP for most of its 2020 RPS requirement.  New 
combined cycle generation enters the market to take advantage of high energy prices, and 
retirements commensurately increase. 

 
• In-State Renewables:  This strategy is based on the “Limited Renewables” strategy, but 

with Connecticut aggressively supporting in-state renewable development to meet its own 
RPS requirement.  Under such a strategy, out-of-market payments are required to support 
photovoltaics and fuel cells.  In addition, to ensure that the in-state resources are 
dedicated to satisfy the Connecticut’s Class I requirement (and not sold to EDCs in other 
states to satisfy their RPS requirements), the clearing price for all renewables would be 
close to the region’s ACP (which is greater than Connecticut’s ACP). 

 
• Efficient Gas Expansion:  This strategy assumes the development of 1,100 MW of new 

gas-fired combined cycle capacity in Connecticut, backed by power purchase agreements 
or other mechanisms to support capacity that might not otherwise be developed by the 
market (three of the scenarios already have 300 MW CCs, so only 800 MW of additional 
capacity is added under those scenarios).  The concept of this strategy was to examine the 
value to customers of paying the full cost of new conventional generation and, in return, 
receiving its full value, and doing so before such a resource would have been developed 
by merchant developers.  This could be achieved through long-term contracts that shift 
the cost responsibility, operational risks, and market risks and rewards to customers.  
Such an arrangement would allow a lower cost of capital – we assumed a 10.75 percent 
return on equity, resulting in a 7.1 percent after tax weighted-average cost of capital.  It is 
assumed that capacity prices and retirements will not be affected, partly because of ISO-
NE’s Alternative Price Rule that addresses out-of-market entry.  

 
Implementing these strategies in the modeling framework described in Sections B and C required 
adjustments to various other assumptions.  In particular, each strategy would affect the amount of 
capacity and renewable generation needed to satisfy resource adequacy and RPS requirements.  
Furthermore, each strategy’s effects on market prices of energy and capacity would indirectly 
affect retirement and investment decisions.  We used the capacity market model described in 
Section III.1 to estimate these effects.  The resulting supply impacts are summarized in Table 
1.18 in Section III.1 (Resource Adequacy). 
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D.2 Comparison of Strategies  

The metrics presented in Sections B and C above to describe the Reference strategy in several 
scenarios can also be used to compare alternative resource strategies across scenarios.  Beginning 
with the cost metrics, Figure 28 shows the components of customer costs under each of the 
resource strategies, in just the Current Trends scenario.  This figure illuminates the basic features 
of each strategy: the DSM strategies have higher DSM program costs but lower energy costs; the 
Limited Renewables and In-State Renewables avoid transmission costs but pay higher costs of 
RECs/ACP (including out-of-market subsidies in the In-State strategy); the Efficient Gas 
Expansion strategy does not significantly affect the RPS or DSM components but temporarily 
depresses energy prices and thus customer costs.  Figure 29 shows the same data for all five of 
the scenarios, but without showing the cost components (the details are provided in Appendix 1).  
The key observations relating to these results are presented in Section A, above.  Several 
additional observations about the strategies and their performance in the scenarios are below. 
 
Both of the expanded DSM strategies have lower costs and lower emissions across all scenarios, 
more so in the All Achievable Cost-Effective DSM strategy.  This is not surprising since only 
cost-effective efficiency measures are included in these strategies. The Targeted DSM strategy 
has lower average costs, even for non-participants, because energy price impacts offset higher 
system benefits charges that pay for incremental program costs (an increase from 3 mills to 3.7 
mills).  The All Achievable Cost-Effective DSM strategy reduces overall costs by more, but it 
could raise average costs for non-participants because the higher program costs (5.6 mills) are 
not fully offset by energy price impacts (which are greater than in the Targeted DSM strategy, 
but not proportionally).  Note that for strategies designed to reduce consumption, average costs 
alone may not be a good measure of overall strategy performance, since the volume is changing. 
 
The Limited Renewables strategy has costs similar to the Reference strategy (which has 
sufficient renewables) in the Current Trends scenario, but considerably higher variability across 
scenarios.  In the High Gas/High CO2 scenario, costs are $445 million higher than with the 
Reference strategy, but in the Low Gas/Low CO2 scenario, costs are $151 million lower than 
with the Reference strategy.  What is driving the greater variance is partly the loss of the hedging 
value of renewables on their share of energy requirements, and other related factors.  In the High 
Gas/High CO2 scenario, Limited Renewables has transmission savings ($254 million) that are 
more than offset by higher energy prices (adds $327 million) and higher RPS payments due to 
paying a $55/MWh ACP (adds $282 million) instead of a $0 REC price.  Capacity prices 
increase slightly because of the lack of new renewable capacity.   
 
In the Low Gas/Low CO2 scenario, Limited Renewables reduces net costs relative to the 
Reference strategy because $373 million in RPS transmission savings are only partially offset by 
higher energy and REC prices.  The transmission savings are greater than in the High Gas/High 
CO2 scenario because lower prices lead to higher loads, increasing the amount of remote wind 
resources that are avoided (and associated transmission).  The RPS cost increase of $108 million 
is relatively modest because the $55 ACP is not much higher than the REC price paid under the 
Reference strategy in the Low Gas/Low CO2 scenario.  The energy price increase due to 
insufficient renewables is less than in the High Gas/High CO2 scenario, largely because 
additional entry of combined cycle capacity (which is more economic at low gas prices) has an 
offsetting effect.  Finally, the capacity price in the Low Gas/Low CO2 scenario is actually lower 
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than with the Reference strategy because losing the renewables increases energy prices, which 
reduces the net cost of new entry for new combined cycles, which are setting the capacity price 
in this scenario. 
 
The In-State Renewables strategy has higher costs than Limited Renewables under every 
scenario.  This is because Connecticut customers pay $423-503 million more for RECs and out-
of-market subsidies for in-state resources than they would have to pay for RECs under the 
Reference strategy, more than offsetting the $254-373 million transmission savings.  In addition, 
energy market prices are $2-7/MWh higher than under the Reference strategy due to the absence 
of low-variable cost regional renewable generation. 
 
In the Efficient Gas Expansion strategy, costs are generally similar to the Reference strategy, but 
about $200 million lower.  This is primarily because the added capacity depresses LMPs, 
although this is a temporary effect that lasts only until the market would have built the same 
amount of capacity (between 2021 and 2024 in the Current Trends scenario, assuming no 
increase in retirements).  The lower cost of capital under the assumed contracting structure keeps 
the fixed cost sufficiently low that it does not outweigh this energy price effect.   
 
For all of these strategies, average costs show relationships that are similar to those seen with 
total costs, but average costs are even more sensitive to gas and CO2 prices.  This is because 
changes in quantities consumed – through the price elasticity of demand – tend to concentrate (or 
dilute) the cost effect onto less (or more) volume.  For example, Average Costs go up 
proportionally more than Total Costs in the High Gas/High CO2 scenario since load is depressed 
by the high prices.  They go down more in the Low Gas/Low CO2 scenario because load is 
higher in response to lower prices.  These effects are manifested in the greater heights of the 
scenario bands in Figure 30 (average costs) than in Figure 29 (total costs). 
 
Emissions vary substantially across strategies, as shown in Figures 31 through 37.  DSM reduces 
emissions of all types, with more DSM causing greater reductions.  The Targeted DSM 
Expansion strategy would reduce regional CO2 emissions and Connecticut NOX and SO2 
emissions each by approximately one percent, and it would reduce Connecticut NOX emissions 
on the top ten High Energy Demand Days (HEDD) by about five percent.  In the All Achievable 
Cost-Effective DSM strategy, regional CO2, NOX, and SO2 emissions would decrease by about 4 
percent (varying by scenario); Connecticut SO2 emissions would decrease by as much as 22 
percent while NOX emissions decrease about five percent. 
 
With the Limited Renewables strategy, CO2 emissions are higher regionally (14 to 17 percent) 
and in Connecticut (7 to 23 percent) because of the lack of low-carbon renewable generation.  
The In-State renewables strategy, which heavily relies on in-state, gas-fired fuel cells, has even 
higher CO2 emissions in Connecticut than Limited Renewables because fuel cells produce CO2.   
 
SO2 emissions are actually lower in the Limited Renewables strategy and the In-State 
Renewables strategy than in the Reference strategy with sufficient renewables, as shown in 
Figures 33 and 34.  This surprising result is caused by the economic retirement of additional 
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high-emitting, oil-fired steam generation in response to depressed capacity prices.4  Capacity 
prices are depressed by as much as $40/kW-year in the Limited and In-State Renewables 
strategies because the absence of plentiful regional renewable generation raises energy prices 
(especially off-peak, when wind output is greatest), which substantially increases the margins 
new combined cycles can earn.  This lowers their net cost of new entry, which reduces current 
and future capacity prices. 
 
Winter gas use in Connecticut and New England tracks both load and renewable additions.  In 
the cases with lower load (the DSM strategies, as well as the higher-price scenarios), gas use 
goes down.  It goes up in the high-load cases – the low-price, high demand scenarios such as the 
Low Gas/Low CO2 scenario, and also under the Limited Renewable and In-State Renewable 
strategies.  However, this reflects the economic use of natural gas, not necessarily reliance on it 
to meet load (see Section III.8 (Energy Security) for a detailed discussion). 
 

Figure 28 
Connecticut Customers’ Annual Average Power Supply-Related Costs (2010 ¢/kWh) 

All Resource Strategies in the Current Trends Scenario in 2020 
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4  Table 1.18 in Section III.1 (Resource Adequacy) documents the differences in retirements among 

strategies. 
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Figure 29 
Connecticut Customers’ Annual Power Supply-Related Costs in 2020 (2010 $Mill) 
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Figure 30 
 Connecticut Customers’ Annual Average Power Supply-Related Costs 

in 2020 (2010 ¢/kWh) 
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Figure 31 
Annual CO2 Emissions in Connecticut in 2020 (Tons 000) 
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Figure 32 
Annual CO2 Emissions in ISO-NE in 2020 (Tons 000) 
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Note: There is no RGGI target for 2020; the value shown is the 2018 target. 
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Figure 33 
Annual SO2 Emissions in Connecticut in 2020 (Tons) 
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Figure 34 
Annual SO2 Emissions in ISO-NE in 2020 (Tons) 
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Figure 35 
Annual NOX Emissions in Connecticut in 2020 (Tons) 
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Figure 36 
Annual NOX Emissions in ISO-NE in 2020 (Tons) 
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Figure 37 
Connecticut HEDD NOX Emissions in 2020 (Tons in Highest 10 Days) 
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Figure 38 
Winter Gas Use in Connecticut in 2020 (MMBtu 000) 
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Figure 39 
Winter Gas Use in ISO-NE in 2020 (MMBtu 000) 

 

30,000

40,000

50,000

60,000

70,000

80,000

90,000

Reference
Strategy

Targeted
DSM

Expansion

All
Achievable

Cost-Effective
DSM

Limited
Renewables

In-State
Renewables

Efficient Gas
Expansion

Med Gas, Hi CO2
High Load Growth
Lo Gas, Lo CO2
Hi Gas, Hi CO2
Current Trends

2007 Actual

 
 

Figure 40 
Connecticut Generation by Fuel Type in 2020 (TWh) 
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Figure 41 
ISO-NE Generation by Fuel Type in 2020 (TWh) 
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E. APPENDIX 1: DETAILED TABLES 

Table A.1 
Summary of Key Parameters in Connecticut 

Scenario Strategy Year Load LMP
Generation 

LMP
Load 

Factor

Peak 
Load net 

of EE

Energy 
Requirement 

net of EE

Generation In 
Connecticut 

Subarea

Net Energy 
Imports to 

Connecticut 
Subarea EE DR

CT LSEs' 
ICR (does 
not deduct 

EE)

CT Internal 
Installed 

Capacity incl. 
EE & DR

Capacity 
Price

Average 
Henry Hub 
Gas Price

CO2 
Price

Retired 
Capacity

Generic CCs 
(excl. 1,100 
in Efficient 

Gas strategy)

($/MWh) ($/MWh) (%) (MW) (MWh) (MWh) (MWh) (MW) (MW) (MW) (MW) ($/kW-
Mo) ($/MMBtu) ($/ton) (MW) (MW)

[1] [2] [3] [4] [5] [6] [7] [8] [9] [10] [11] [12] [13] [14] [15] [16]

Current Trends Reference Strategy 2013 78.4 74.6 51% 7,337 32,942,390 36,873,881 -3,931,491 388 436 8,526 8,493 2.7 6.7 18 696 0
Lo Gas/Lo CO2 Reference Strategy 2013 67.2 63.4 53% 7,553 34,893,579 38,433,283 -3,539,704 388 436 8,764 8,493 2.8 4.5 12 696 0
Med Gas/Hi CO2 Reference Strategy 2013 82.8 78.9 51% 7,279 32,434,428 36,407,144 -3,972,716 388 436 8,462 8,493 2.7 6.7 30 696 0
Hi Load Reference Strategy 2013 80.4 76.7 53% 7,393 34,062,162 38,090,115 -4,027,953 388 436 8,577 8,493 2.6 6.7 18 696 0
Hi Gas/Hi CO2 Reference Strategy 2013 94.4 90.2 49% 7,069 30,550,345 34,681,481 -4,131,136 388 436 8,231 8,493 2.6 9.1 30 696 0

Current Trends Reference Strategy 2015 80.3 77.1 52% 7,393 33,419,648 36,869,806 -3,450,158 477 436 8,721 9,368 2.6 6.8 21 696 0
Lo Gas/Lo CO2 Reference Strategy 2015 66.7 64.0 53% 7,637 35,625,533 38,753,656 -3,128,123 477 436 8,991 9,368 2.7 4.4 14 696 0
Med Gas/Hi CO2 Reference Strategy 2015 85.2 81.8 51% 7,326 32,838,748 36,330,105 -3,491,357 477 436 8,647 9,368 2.6 6.8 34 696 0
Hi Load Reference Strategy 2015 83.3 80.3 53% 7,479 34,773,069 38,390,836 -3,617,767 477 436 8,805 9,368 2.6 6.8 21 696 0
Hi Gas/Hi CO2 Reference Strategy 2015 98.9 94.9 49% 7,085 30,675,092 34,507,289 -3,832,197 477 436 8,380 9,368 2.5 9.7 34 696 0

Current Trends Reference Strategy 2020 85.2 82.1 53% 7,450 34,644,263 35,802,962 -1,158,699 681 436 9,049 8,808 4.1 6.8 30 1504 0
Lo Gas/Lo CO2 Reference Strategy 2020 68.3 66.1 55% 7,729 37,194,659 39,515,739 -2,321,080 681 436 9,371 9,108 1.1 4.1 19 1104 300
Med Gas/Hi CO2 Reference Strategy 2020 94.3 90.3 52% 7,357 33,814,811 35,313,058 -1,498,246 681 436 8,935 8,808 3.1 6.8 49 1952 0
Hi Load Reference Strategy 2020 88.6 86.0 55% 7,603 36,787,236 39,553,543 -2,766,307 681 436 9,261 9,108 3.2 6.8 30 1104 300
Hi Gas/Hi CO2 Reference Strategy 2020 108.5 104.3 50% 7,086 31,361,304 34,603,478 -3,242,174 681 436 8,625 9,108 2.3 10.1 49 2150 300

Current Trends Targeted DSM Expansion 2020 83.6 80.8 53% 7,272 33,997,732 35,644,222 -1,646,490 888 436 9,080 8,808 4.1 6.8 30
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 66.1 64.2 55% 7,523 36,542,542 39,396,332 -2,853,791 888 436 9,371 9,108 1.1 4.1 19 1104 300
Med Gas/Hi CO2 Targeted DSM Expansion 2020 92.5 88.9 53% 7,150 33,153,368 35,145,188 -1,991,820 888 436 8,935 8,808 3.1 6.8 49 1952 0
Hi Load Targeted DSM Expansion 2020 86.7 84.3 56% 7,397 36,122,871 39,339,937 -3,217,065 888 436 9,261 9,108 3.2 6.8 30 1104 300
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 108.9 104.8 51% 6,880 30,699,658 33,288,348 -2,588,690 888 436 8,625 8,808 2.3 10.1 49 2150 0

Current Trends All Achievable Cost-Effective DSM 2020 83.4 80.2 52% 6,888 31,218,234 34,683,801 -3,465,567 1,242 436 9,048 8,808 3.7 6.8 30 1952 0
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 69.5 66.8 53% 7,208 33,754,308 37,126,889 -3,372,581 1,242 436 9,414 8,808 0.7 4.1 19 1504 0
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 92.2 88.4 51% 6,795 30,375,549 34,425,578 -4,050,029 1,242 436 8,934 8,808 3.2 6.8 49 1952 0
Hi Load All Achievable Cost-Effective DSM 2020 90.1 86.9 53% 7,098 33,343,853 37,104,124 -3,760,272 1,242 436 9,323 8,808 2.2 6.8 30 1504 0
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 108.4 104.2 49% 6,525 27,921,866 32,394,601 -4,472,735 1,242 436 8,624 8,808 1.4 10.1 49 2150 0

Current Trends Limited Renewables 2020 93.8 89.6 53% 7,450 34,644,263 40,192,774 -5,548,510 681 436 9,049 9,708 0.8 6.8 30 2069 900
Lo Gas/Lo CO2 Limited Renewables 2020 73.7 70.0 55% 7,729 37,194,659 43,039,708 -5,845,049 681 436 9,371 9,708 0.1 4.1 19 1952 900
Med Gas/Hi CO2 Limited Renewables 2020 100.5 96.2 52% 7,357 33,814,811 39,809,020 -5,994,209 681 436 8,935 9,708 1.4 6.8 49 2069 900
Hi Load Limited Renewables 2020 96.1 92.2 55% 7,603 36,787,236 41,889,557 -5,102,321 681 436 9,261 9,708 0.1 6.8 30 2069 900
Hi Gas/Hi CO2 Limited Renewables 2020 119.9 115.2 50% 7,086 31,361,304 36,865,721 -5,504,416 681 436 8,625 9,108 2.6 10.1 49 1621 300

Current Trends In-State Renewables 2020 91.4 87.5 53% 7,450 34,644,263 42,035,013 -7,390,750 681 436 9,049 9,108 0.8 6.8 30 2069 300
Lo Gas/Lo CO2 In-State Renewables 2020 70.3 66.7 55% 7,729 37,194,659 45,096,969 -7,902,311 681 436 9,371 9,108 0.1 4.1 19 1952 300
Med Gas/Hi CO2 In-State Renewables 2020 97.9 93.6 52% 7,357 33,814,811 41,581,370 -7,766,559 681 436 8,935 9,108 1.4 6.8 49 2069 300
Hi Load In-State Renewables 2020 93.3 89.3 55% 7,603 36,787,236 44,003,036 -7,215,801 681 436 9,261 9,108 0.1 6.8 30 2069 300
Hi Gas/Hi CO2 In-State Renewables 2020 115.7 110.7 50% 7,086 31,361,304 39,370,216 -8,008,912 681 436 8,625 8,808 2.6 10.1 49 1621 0

Current Trends Efficient Gas Expansion 2020 78.4 76.1 53% 7,450 34,644,263 40,055,746 -5,411,483 681 436 9,049 9,908 4.1 6.8 30 1504 0
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 61.7 59.8 55% 7,729 37,194,659 43,047,491 -5,852,832 681 436 9,371 9,908 1.1 4.1 19 1104 0
Med Gas/Hi CO2 Efficient Gas Expansion 2020 87.1 83.9 52% 7,357 33,814,811 39,895,875 -6,081,063 681 436 8,935 9,908 3.1 6.8 49 1952 0
Hi Load Efficient Gas Expansion 2020 82.7 80.4 55% 7,603 36,787,236 42,738,674 -5,951,438 681 436 9,261 9,908 3.2 6.8 30 1104 0
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 103.7 100.3 50% 7,086 31,361,304 36,631,725 -5,270,421 681 436 8,625 9,908 2.3 10.1 49 2150 0

Current Trends Nuclear 2020 76.9 72.4 53% 7,450 34,644,263 41,678,836 -7,034,573 681 436 9,049 9,908 4.1 6.8 30 1504 0
Lo Gas/Lo CO2 Nuclear 2020 61.0 57.4 55% 7,729 37,194,659 44,298,946 -7,104,287 681 436 9,371 9,908 1.1 4.1 19 1104 0
Med Gas/Hi CO2 Nuclear 2020 85.1 79.8 52% 7,357 33,814,811 41,493,736 -7,678,925 681 436 8,935 9,908 3.1 6.8 49 1952 0
Hi Load Nuclear 2020 81.8 77.6 55% 7,603 36,787,236 44,066,528 -7,279,292 681 436 9,261 9,908 3.2 6.8 30 1104 0
Hi Gas/Hi CO2 Nuclear 2020 101.0 94.0 50% 7,086 31,361,304 39,158,114 -7,796,809 681 436 8,625 9,908 2.3 10.1 49 2150 0
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Table A.2 
Summary of Key Parameters in Connecticut 

(Differences, compared to Reference Strategy in the given scenario) 
 

Scenario Strategy Year Load LMP
Generation 

LMP
Load 

Factor

Peak 
Load net 

of EE

Energy 
Requirement 

net of EE

Generation In 
Connecticut 

Subarea

Net Energy 
Imports to 

Connecticut 
Subarea EE DR

CT LSEs' 
ICR (does 
not deduct 

EE)

CT Internal 
Installed 

Capacity incl. 
EE & DR

Capacity 
Price

Average 
Henry Hub 
Gas Price

CO2 
Price

Retired 
Capacity

Generic CCs 
(excl. 1,100 
in Efficient 

Gas strategy)

($/MWh) ($/MWh) (%) (MW) (MWh) (MWh) (MWh) (MW) (MW) (MW) (MW) ($/kW-
Mo) ($/MMBtu) ($/ton) (MW) (MW)

[1] [2] [3] [4] [5] [6] [7] [8] [9] [10] [11] [12] [13] [14] [15] [16]

(ABSOLUTE VALUES IN REFERENCE STRATEGY)
Current Trends Reference Strategy 2020 85.2 82.1 53% 7,450 34,644,263 35,802,962 (1,158,699) 681 436 9,049 8,808 4.1 6.8 30 1,504 0
Lo Gas/Lo CO2 Reference Strategy 2020 68.3 66.1 55% 7,729 37,194,659 39,515,739 (2,321,080) 681 436 9,371 9,108 1.1 4.1 19 1,104 300
Med Gas/Hi CO2 Reference Strategy 2020 94.3 90.3 52% 7,357 33,814,811 35,313,058 (1,498,246) 681 436 8,935 8,808 3.1 6.8 49 1,952 0
Hi Load Reference Strategy 2020 88.6 86.0 55% 7,603 36,787,236 39,553,543 (2,766,307) 681 436 9,261 9,108 3.2 6.8 30 1,104 300
Hi Gas/Hi CO2 Reference Strategy 2020 108.5 104.3 50% 7,086 31,361,304 34,603,478 (3,242,174) 681 436 8,625 9,108 2.3 10.1 49 2,150 300

(DIFFERENCES IN OTHER STRATEGIES, COMPARED TO REFERENCE STRATEGY)
Current Trends Targeted DSM Expansion 2020 (1.6) (1.3) 0% (178) (646,531) (158,740) (487,791) 207 0 31 0 0.0 0.0 0 (1,504) 0
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 (2.1) (1.9) 1% (206) (652,117) (119,407) (532,710) 207 0 0 0 0.0 0.0 0 0 0
Med Gas/Hi CO2 Targeted DSM Expansion 2020 (1.8) (1.4) 0% (206) (661,444) (167,870) (493,574) 207 0 0 0 0.0 0.0 0 0 0
Hi Load Targeted DSM Expansion 2020 (1.9) (1.6) 1% (206) (664,364) (213,606) (450,758) 207 0 0 0 0.0 0.0 0 0 0
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 0.4 0.5 0% (206) (661,646) (1,315,131) 653,484 207 0 0 (300) 0.0 0.0 0 0 (300)

Current Trends All Achievable Cost-Effective DSM 2020 (1.8) (1.9) -1% (561) (3,426,030) (1,119,161) (2,306,868) 561 0 (0) 0 (0.4) 0.0 0 448 0
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 1.2 0.7 -1% (522) (3,440,351) (2,388,850) (1,051,501) 561 0 44 (300) (0.4) 0.0 0 400 (300)
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 (2.1) (1.8) -1% (561) (3,439,263) (887,480) (2,551,783) 561 0 (0) 0 0.1 0.0 0 0 0
Hi Load All Achievable Cost-Effective DSM 2020 1.5 0.9 -2% (505) (3,443,383) (2,449,419) (993,964) 561 0 62 (300) (1.0) 0.0 0 400 (300)
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 (0.1) (0.1) -2% (561) (3,439,438) (2,208,877) (1,230,561) 561 0 (0) (300) (0.9) 0.0 0 0 (300)

Current Trends Limited Renewables 2020 8.6 7.5 0% 0 0 4,389,812 (4,389,812) 0 0 0 900 (3.3) 0.0 0 565 900
Lo Gas/Lo CO2 Limited Renewables 2020 5.4 3.9 0% 0 0 3,523,969 (3,523,969) 0 0 0 600 (1.0) 0.0 0 848 600
Med Gas/Hi CO2 Limited Renewables 2020 6.2 6.0 0% 0 0 4,495,962 (4,495,962) 0 0 0 900 (1.7) 0.0 0 117 900
Hi Load Limited Renewables 2020 7.5 6.2 0% 0 0 2,336,013 (2,336,013) 0 0 0 600 (3.1) 0.0 0 965 600
Hi Gas/Hi CO2 Limited Renewables 2020 11.3 11.0 0% 0 0 2,262,242 (2,262,242) 0 0 0 0 0.3 0.0 0 (529) 0

Current Trends In-State Renewables 2020 6.2 5.4 0% 0 0 6,232,051 (6,232,051) 0 0 0 300 (3.3) 0.0 0 565 300
Lo Gas/Lo CO2 In-State Renewables 2020 2.1 0.6 0% 0 0 5,581,230 (5,581,230) 0 0 0 0 (1.0) 0.0 0 848 0
Med Gas/Hi CO2 In-State Renewables 2020 3.6 3.4 0% 0 0 6,268,313 (6,268,313) 0 0 0 300 (1.7) 0.0 0 117 300
Hi Load In-State Renewables 2020 4.7 3.3 0% 0 0 4,449,493 (4,449,493) 0 0 0 0 (3.1) 0.0 0 965 0
Hi Gas/Hi CO2 In-State Renewables 2020 7.2 6.4 0% 0 0 4,766,738 (4,766,738) 0 0 0 (300) 0.3 0.0 0 (529) (300)

Current Trends Efficient Gas Expansion 2020 (6.8) (6.1) 0% 0 0 4,252,784 (4,252,784) 0 0 0 1,100 0.0 0.0 0 0 0
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 (6.5) (6.3) 0% 0 0 3,531,752 (3,531,752) 0 0 0 800 0.0 0.0 0 0 (300)
Med Gas/Hi CO2 Efficient Gas Expansion 2020 (7.2) (6.4) 0% 0 0 4,582,817 (4,582,817) 0 0 0 1,100 0.0 0.0 0 0 0
Hi Load Efficient Gas Expansion 2020 (5.9) (5.6) 0% 0 0 3,185,131 (3,185,131) 0 0 0 800 0.0 0.0 0 0 (300)
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 (4.8) (3.9) 0% 0 0 2,028,247 (2,028,247) 0 0 0 800 0.0 0.0 0 0 (300)

Current Trends Nuclear 2020 (8.3) (9.7) 0% 0 0 5,875,874 (5,875,874) 0 0 0 1,100 0.0 0.0 0 0 0
Lo Gas/Lo CO2 Nuclear 2020 (7.2) (8.7) 0% 0 0 4,783,207 (4,783,207) 0 0 0 800 0.0 0.0 0 0 (300)
Med Gas/Hi CO2 Nuclear 2020 (9.2) (10.5) 0% 0 0 6,180,678 (6,180,678) 0 0 0 1,100 0.0 0.0 0 0 0
Hi Load Nuclear 2020 (6.8) (8.3) 0% 0 0 4,512,985 (4,512,985) 0 0 0 800 0.0 0.0 0 0 (300)
Hi Gas/Hi CO2 Nuclear 2020 (7.6) (10.3) 0% 0 0 4,554,636 (4,554,636) 0 0 0 800 0.0 0.0 0 0 (300)
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Table A.3 
Power Supply-Related Costs 

 

Scenario Strategy Year LMP*Load

Marginal 
Loss 

Refund

Spin (26% 
of ISO 
cost)

Uplift 
(26% of 

ISO cost)

Capacity 
Price * 

ICR

RPS Cost 
(RECs/
ACPs)

15% Risk 
Premium

TOTAL 
GENERATION 

SVC COST

AVERAGE 
GENERATION 

SVC COST

3 Mill 
SBC 

Charge

Additional 
DSM 

Program 
Costs

FCM Credit 
for 

Additional 
DSM

TOTAL 
SYSTEM 

BENEFITS 
COST

AVERAGE 
SYSTEM 

BENEFITS 
COST

Out-Of-
Market  

Payments 
for RPS

Payments for 
New COS 
Generation

Tx cost for 
RPS

TOTAL 
COST

AVERAGE 
COST

($Mil) ($Mil) ($Mil) ($Mil) ($Mil) ($Mil) ($Mil) ($Mil) (¢/kWh) ($Mil) ($Mil) ($Mil) ($Mil) (¢/kWh) ($Mil) ($Mil) ($Mil) ($Mil) (¢/kWh)
[17] [18] [19] [20] [21] [22] [23] [24] [25] [26] [27] [28] [29] [30] [31] [32] [33] [34] [35]

Sum[17-23] [24]/([5]/1.08) Sum[26-28] [29]/([5]/1.08) [24]+[29]+[3
1]+[32]+[33] [34]/([5]/1.08) 

Current Trends Reference Strategy 2013 2,534 -76 19 17 275 64 424 3,247 10.65 92 0 0 92 0.30 18 0 0 3,357 11.01
Lo Gas/Lo CO2 Reference Strategy 2013 2,291 -72 31 10 291 107 397 3,043 9.42 97 0 0 97 0.30 18 0 0 3,158 9.77
Med Gas/Hi CO2 Reference Strategy 2013 2,636 -79 18 21 271 49 436 3,343 11.13 90 0 0 90 0.30 20 0 0 3,452 11.50
Hi Load Reference Strategy 2013 2,691 -82 22 14 272 59 445 3,414 10.82 95 0 0 95 0.30 18 0 0 3,527 11.18
Hi Gas/Hi CO2 Reference Strategy 2013 2,840 -82 13 34 254 11 460 3,525 12.46 85 0 0 85 0.30 20 0 0 3,630 12.83

Current Trends Reference Strategy 2015 2,643 -78 20 25 274 73 443 3,400 10.99 93 0 0 93 0.30 26 0 98 3,617 11.69
Lo Gas/Lo CO2 Reference Strategy 2015 2,337 -72 29 17 291 138 411 3,148 9.54 99 0 0 99 0.30 24 0 128 3,399 10.31
Med Gas/Hi CO2 Reference Strategy 2015 2,755 -81 18 30 269 52 456 3,499 11.51 91 0 0 91 0.30 28 0 91 3,709 12.20
Hi Load Reference Strategy 2015 2,857 -85 24 22 273 63 473 3,625 11.26 97 0 0 97 0.30 26 0 121 3,869 12.02
Hi Gas/Hi CO2 Reference Strategy 2015 2,994 -84 17 41 255 0 483 3,705 13.04 85 0 0 85 0.30 27 0 62 3,880 13.66

Current Trends Reference Strategy 2020 2,904 -90 26 51 451 81 513 3,936 12.27 96 0 0 96 0.30 42 0 321 4,395 13.70
Lo Gas/Lo CO2 Reference Strategy 2020 2,511 -74 35 30 120 227 427 3,276 9.51 103 0 0 103 0.30 41 0 373 3,793 11.01
Med Gas/Hi CO2 Reference Strategy 2020 3,130 -98 27 55 332 26 521 3,993 12.75 94 0 0 94 0.30 47 0 304 4,438 14.17
Hi Load Reference Strategy 2020 3,229 -93 31 44 355 64 545 4,175 12.26 102 0 0 102 0.30 42 0 373 4,692 13.78
Hi Gas/Hi CO2 Reference Strategy 2020 3,362 -91 24 75 235 0 541 4,146 14.28 87 0 0 87 0.30 42 0 254 4,528 15.59

Current Trends Targeted DSM Expansion 2020 2,803 -85 25 52 452 81 499 3,827 12.16 94 31 -10 115 0.37 42 0 321 4,305 13.68
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 2,398 -69 31 31 120 227 411 3,150 9.31 102 31 -3 130 0.38 41 0 373 3,693 10.91
Med Gas/Hi CO2 Targeted DSM Expansion 2020 3,017 -92 25 59 332 26 505 3,872 12.61 92 31 -8 115 0.38 47 0 304 4,338 14.13
Hi Load Targeted DSM Expansion 2020 3,110 -87 28 44 355 64 527 4,040 12.08 100 31 -8 123 0.37 42 0 373 4,579 13.69
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 3,296 -98 25 71 235 0 529 4,059 14.28 85 31 -6 111 0.39 42 0 254 4,466 15.71

Current Trends All Achievable Cost-Effective DSM 2020 2,578 -76 25 50 404 73 458 3,513 12.15 87 100 -25 162 0.56 42 0 276 3,993 13.81
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 2,322 -72 38 28 80 206 390 2,992 9.57 94 100 -5 189 0.60 41 0 326 3,547 11.35
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 2,768 -81 27 59 342 23 471 3,608 12.83 84 100 -21 163 0.58 47 0 260 4,078 14.50
Hi Load All Achievable Cost-Effective DSM 2020 2,982 -90 34 41 246 58 491 3,761 12.18 93 100 -15 178 0.58 42 0 326 4,307 13.95
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 3,007 -84 26 70 140 0 474 3,633 14.05 78 100 -9 168 0.65 42 0 213 4,056 15.69

Current Trends Limited Renewables 2020 3,252 -92 41 17 89 311 543 4,160 12.97 96 0 0 96 0.30 11 0 0 4,267 13.30
Lo Gas/Lo CO2 Limited Renewables 2020 2,738 -75 49 8 9 334 459 3,523 10.23 103 0 0 103 0.30 15 0 0 3,641 10.57
Med Gas/Hi CO2 Limited Renewables 2020 3,396 -85 37 21 155 304 574 4,401 14.06 94 0 0 94 0.30 11 0 0 4,506 14.39
Hi Load Limited Renewables 2020 3,527 -94 46 15 9 331 575 4,407 12.94 102 0 0 102 0.30 10 0 0 4,520 13.27
Hi Gas/Hi CO2 Limited Renewables 2020 3,732 -102 33 34 264 282 636 4,879 16.80 87 0 0 87 0.30 8 0 0 4,974 17.13

Current Trends In-State Renewables 2020 3,162 -75 37 73 89 424 557 4,267 13.30 96 0 0 96 0.30 157 0 0 4,520 14.09
Lo Gas/Lo CO2 In-State Renewables 2020 2,617 -68 43 63 9 456 468 3,588 10.42 103 0 0 103 0.30 276 0 0 3,967 11.52
Med Gas/Hi CO2 In-State Renewables 2020 3,310 -81 32 65 155 414 584 4,479 14.31 94 0 0 94 0.30 161 0 0 4,735 15.12
Hi Load In-State Renewables 2020 3,430 -91 41 72 9 451 587 4,497 13.20 102 0 0 102 0.30 154 0 0 4,754 13.96
Hi Gas/Hi CO2 In-State Renewables 2020 3,615 -96 29 85 264 384 642 4,924 16.96 87 0 0 87 0.30 80 0 0 5,091 17.53

Current Trends Efficient Gas Expansion 2020 2,707 -70 17 58 451 81 487 3,731 11.63 96 0 0 96 0.30 42 -8 321 4,182 13.04
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 2,301 -62 25 33 120 227 397 3,042 8.83 103 0 0 103 0.30 41 0 373 3,559 10.33
Med Gas/Hi CO2 Efficient Gas Expansion 2020 2,926 -75 18 63 332 26 494 3,785 12.09 94 0 0 94 0.30 47 0 304 4,230 13.51
Hi Load Efficient Gas Expansion 2020 3,045 -80 21 47 355 64 518 3,972 11.66 102 0 0 102 0.30 42 -16 373 4,473 13.13
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 3,233 -81 17 80 235 0 523 4,008 13.80 87 0 0 87 0.30 42 30 254 4,421 15.22

Current Trends Nuclear 2020 2,651 -101 18 60 451 81 474 3,633 11.33 96 0 0 96 0.30 42 43 321 4,135 12.89
Lo Gas/Lo CO2 Nuclear 2020 2,266 -88 24 34 120 227 386 2,963 8.60 103 0 0 103 0.30 41 208 373 3,688 10.71
Med Gas/Hi CO2 Nuclear 2020 2,856 -109 18 68 332 26 479 3,670 11.72 94 0 0 94 0.30 47 -4 304 4,111 13.13
Hi Load Nuclear 2020 3,005 -115 21 51 355 64 507 3,884 11.40 102 0 0 102 0.30 42 10 373 4,411 12.95
Hi Gas/Hi CO2 Nuclear 2020 3,143 -117 27 80 235 0 505 3,874 13.34 87 0 0 87 0.30 42 -100 254 4,157 14.32  
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Table A.4 
Power Supply-Related Costs 

(Differences, compared to Reference Strategy in the given scenario) 
 

Scenario Strategy Year LMP*Load

Marginal 
Loss 

Refund

Spin (26% 
of ISO 
cost)

Uplift 
(26% of 

ISO cost)

Capacity 
Price * 

ICR

RPS Cost 
(RECs/
ACPs)

15% Risk 
Premium

TOTAL 
GENERATION 

SVC COST

AVERAGE 
GENERATION 

SVC COST

3 Mill 
SBC 

Charge

Additional 
DSM 

Program 
Costs

FCM Credit 
for 

Additional 
DSM

TOTAL 
SYSTEM 

BENEFITS 
COST

AVERAGE 
SYSTEM 

BENEFITS 
COST

Out-Of-
Market  

Payments 
for RPS

Payments for 
New COS 
Generation

Tx cost for 
RPS

TOTAL 
COST

AVERAGE 
COST

($Mil) ($Mil) ($Mil) ($Mil) ($Mil) ($Mil) ($Mil) ($Mil) (¢/kWh) ($Mil) ($Mil) ($Mil) ($Mil) (¢/kWh) ($Mil) ($Mil) ($Mil) ($Mil) (¢/kWh)
[17] [18] [19] [20] [21] [22] [23] [24] [25] [26] [27] [28] [29] [30] [31] [32] [33] [34] [35]

(ABSOLUTE VALUES IN REFERENCE STRATEGY)
Current Trends Reference Strategy 2020 2,904 (90) 26 51 451 81 513 3,936 12.27 96 0 0 96 0.30 42 0 321 4,395 13.70
Lo Gas/Lo CO2 Reference Strategy 2020 2,511 (74) 35 30 120 227 427 3,276 9.51 103 0 0 103 0.30 41 0 373 3,793 11.01
Med Gas/Hi CO2 Reference Strategy 2020 3,130 (98) 27 55 332 26 521 3,993 12.75 94 0 0 94 0.30 47 0 304 4,438 14.17
Hi Load Reference Strategy 2020 3,229 (93) 31 44 355 64 545 4,175 12.26 102 0 0 102 0.30 42 0 373 4,692 13.78
Hi Gas/Hi CO2 Reference Strategy 2020 3,362 (91) 24 75 235 0 541 4,146 14.28 87 0 0 87 0.30 42 0 254 4,528 15.59

(DIFFERENCES IN OTHER STRATEGIES, COMPARED TO REFERENCE STRATEGY)
Current Trends Targeted DSM Expansion 2020 (101) 5 (2) 1 2 0 (14) (109) (0.11) (2) 31 (10) 19 0.07 0 0 0 (90) (0.03)
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 (113) 5 (3) 1 0 0 (16) (126) (0.20) (2) 31 (3) 27 0.08 0 0 0 (100) (0.10)
Med Gas/Hi CO2 Targeted DSM Expansion 2020 (113) 6 (2) 3 0 0 (16) (121) (0.14) (2) 31 (8) 22 0.08 0 0 0 (100) (0.04)
Hi Load Targeted DSM Expansion 2020 (119) 6 (3) (1) 0 0 (18) (135) (0.18) (2) 31 (8) 21 0.07 0 0 0 (113) (0.09)
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 (66) (7) 1 (4) 0 0 (11) (86) 0.00 (2) 31 (6) 24 0.09 0 0 0 (63) 0.12

Current Trends All Achievable Cost-Effective DSM 2020 (326) 14 (1) (1) (46) (8) (55) (423) (0.12) (10) 100 (25) 65 0.26 0 0 (44) (402) 0.11
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 (189) 2 3 (2) (41) (21) (37) (284) 0.06 (10) 100 (5) 86 0.30 0 0 (47) (245) 0.34
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 (363) 17 (0) 3 10 (3) (50) (385) 0.08 (10) 100 (21) 69 0.28 0 0 (44) (359) 0.33
Hi Load All Achievable Cost-Effective DSM 2020 (247) 3 3 (3) (110) (6) (54) (414) (0.07) (10) 100 (15) 76 0.28 0 0 (47) (385) 0.18
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 (354) 7 2 (5) (95) 0 (67) (512) (0.22) (10) 100 (9) 81 0.35 0 0 (41) (472) 0.09

Current Trends Limited Renewables 2020 348 (3) 15 (34) (361) 230 29 224 0.70 0 0 0 0 0.00 (31) 0 (321) (127) (0.40)
Lo Gas/Lo CO2 Limited Renewables 2020 227 (1) 15 (22) (111) 108 32 247 0.72 0 0 0 0 0.00 (25) 0 (373) (151) (0.44)
Med Gas/Hi CO2 Limited Renewables 2020 266 13 10 (35) (177) 278 53 408 1.30 0 0 0 0 0.00 (36) 0 (304) 69 0.22
Hi Load Limited Renewables 2020 297 (1) 15 (29) (346) 267 30 233 0.68 0 0 0 0 0.00 (32) 0 (373) (172) (0.51)
Hi Gas/Hi CO2 Limited Renewables 2020 370 (11) 9 (41) 29 282 96 733 2.52 0 0 0 0 0.00 (34) 0 (254) 445 1.53

Current Trends In-State Renewables 2020 258 15 11 22 (361) 343 43 331 1.03 0 0 0 0 0.00 116 0 (321) 126 0.39
Lo Gas/Lo CO2 In-State Renewables 2020 106 6 8 34 (111) 229 41 312 0.91 0 0 0 0 0.00 235 0 (373) 175 0.51
Med Gas/Hi CO2 In-State Renewables 2020 180 17 6 10 (177) 388 63 487 1.55 0 0 0 0 0.00 114 0 (304) 297 0.95
Hi Load In-State Renewables 2020 201 2 10 27 (346) 387 42 323 0.95 0 0 0 0 0.00 112 0 (373) 62 0.18
Hi Gas/Hi CO2 In-State Renewables 2020 253 (5) 5 10 29 384 101 778 2.68 0 0 0 0 0.00 38 0 (254) 562 1.94

Current Trends Efficient Gas Expansion 2020 (197) 20 (9) 6 0 0 (27) (205) (0.64) 0 0 0 0 0.00 0 (8) 0 (213) (0.66)
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 (210) 13 (10) 3 0 0 (30) (234) (0.68) 0 0 0 0 0.00 0 0 0 (233) (0.68)
Med Gas/Hi CO2 Efficient Gas Expansion 2020 (204) 23 (9) 8 0 0 (27) (208) (0.66) 0 0 0 0 0.00 0 0 0 (208) (0.66)
Hi Load Efficient Gas Expansion 2020 (184) 13 (9) 3 0 0 (27) (203) (0.60) 0 0 0 0 0.00 0 (16) 0 (219) (0.64)
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 (129) 11 (7) 5 0 0 (18) (137) (0.47) 0 0 0 0 0.00 0 30 0 (107) (0.37)

Current Trends Nuclear 2020 (253) (11) (9) 9 0 0 (40) (303) (0.94) 0 0 0 0 0.00 0 43 0 (260) (0.81)
Lo Gas/Lo CO2 Nuclear 2020 (245) (14) (11) 5 0 0 (41) (313) (0.91) 0 0 0 0 0.00 0 208 0 (105) (0.30)
Med Gas/Hi CO2 Nuclear 2020 (274) (11) (9) 13 0 0 (42) (323) (1.03) 0 0 0 0 0.00 0 (4) 0 (327) (1.04)
Hi Load Nuclear 2020 (224) (22) (10) 6 0 0 (38) (291) (0.85) 0 0 0 0 0.00 0 10 0 (281) (0.83)
Hi Gas/Hi CO2 Nuclear 2020 (218) (26) 3 5 0 0 (35) (272) (0.94) 0 0 0 0 0.00 0 (100) 0 (371) (1.28)  
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Table A.5 
Electric Sector Emissions 

 

Scenario Strategy Year
ISO-Wide 

CO2 Emissions
ISO-Wide 

SOx Emissions
ISO-Wide 

NOx Emissions
Connecticut 

CO2 Emissions
Connecticut 

SOx Emissions
Connecticut 

NOx Emissions

Connecticut 
Ozone Season NOx 

Emissions

Connecticut 
HEDD (10-Day) 
NOx Emissions

(Tons) (Tons) (Tons) (Tons) (Tons) (Tons) (Tons) (Tons/Day)
[36] [37] [38] [39] [40] [41] [42] [43]

Current Trends Reference Strategy 2013 39,515,485 48,681 17,232 10,051,048 4,707 3,499 1,609 24
Lo Gas/Lo CO2 Reference Strategy 2013 39,373,552 29,658 13,617 10,082,131 3,716 2,897 1,380 27
Med Gas/Hi CO2 Reference Strategy 2013 36,895,864 41,918 15,062 9,416,266 4,030 3,023 1,320 23
Hi Load Reference Strategy 2013 42,350,296 51,532 18,185 10,703,971 4,996 3,697 1,708 26
Hi Gas/Hi CO2 Reference Strategy 2013 37,345,489 61,854 19,061 9,554,299 5,415 3,863 1,872 22

Current Trends Reference Strategy 2015 38,701,140 47,285 17,181 10,044,090 4,606 3,505 1,667 29
Lo Gas/Lo CO2 Reference Strategy 2015 38,821,719 28,308 13,946 10,353,148 3,742 3,050 1,573 35
Med Gas/Hi CO2 Reference Strategy 2015 36,362,375 42,375 15,449 9,399,029 3,963 3,047 1,437 27
Hi Load Reference Strategy 2015 42,474,176 51,560 18,709 10,930,536 5,026 3,843 1,904 34
Hi Gas/Hi CO2 Reference Strategy 2015 36,925,030 62,783 19,573 9,578,504 5,477 3,961 1,957 25

Current Trends Reference Strategy 2020 36,562,107 44,275 16,689 8,551,076 2,506 2,922 1,424 26
Lo Gas/Lo CO2 Reference Strategy 2020 36,482,554 21,329 12,666 9,577,894 1,554 2,521 1,353 27
Med Gas/Hi CO2 Reference Strategy 2020 32,456,393 28,773 13,219 7,718,352 1,182 2,387 1,255 25
Hi Load Reference Strategy 2020 42,105,608 50,454 18,645 10,388,323 3,138 3,321 1,636 28
Hi Gas/Hi CO2 Reference Strategy 2020 33,655,282 54,090 18,473 8,610,220 3,324 3,515 1,735 26

Current Trends Targeted DSM Expansion 2020 36,263,271 44,056 16,631 8,477,812 2,488 2,898 1,396 25
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 36,111,216 20,481 12,460 9,516,314 1,521 2,506 1,321 26
Med Gas/Hi CO2 Targeted DSM Expansion 2020 32,031,803 28,050 12,935 7,625,737 1,149 2,343 1,193 24
Hi Load Targeted DSM Expansion 2020 41,678,904 49,664 18,483 10,267,256 3,043 3,292 1,589 27
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 33,537,821 54,676 18,610 8,137,983 3,418 3,484 1,713 25

Current Trends All Achievable Cost-Effective DSM 2020 35,084,502 42,571 16,219 7,917,997 1,954 2,778 1,351 25
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 35,184,051 20,213 12,382 8,544,795 1,388 2,382 1,277 27
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 30,868,254 26,248 12,526 7,255,879 1,046 2,275 1,173 24
Hi Load All Achievable Cost-Effective DSM 2020 40,823,967 49,789 18,424 9,293,809 2,888 3,154 1,542 27
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 32,446,180 53,723 18,343 7,675,781 3,269 3,379 1,670 26

Current Trends Limited Renewables 2020 42,020,658 45,028 17,035 10,270,603 2,029 3,275 1,584 33
Lo Gas/Lo CO2 Limited Renewables 2020 42,262,550 18,981 12,276 10,980,119 993 2,804 1,479 30
Med Gas/Hi CO2 Limited Renewables 2020 37,248,634 27,623 12,815 9,511,599 1,033 2,705 1,378 30
Hi Load Limited Renewables 2020 47,969,929 48,052 18,518 11,148,014 2,311 3,509 1,707 34
Hi Gas/Hi CO2 Limited Renewables 2020 39,297,851 60,273 19,217 10,065,439 4,484 3,918 1,938 31

Current Trends In-State Renewables 2020 41,686,255 43,944 16,976 10,891,654 2,023 3,621 1,688 32
Lo Gas/Lo CO2 In-State Renewables 2020 41,838,254 17,300 12,179 11,679,734 971 3,145 1,578 29
Med Gas/Hi CO2 In-State Renewables 2020 37,058,429 26,948 12,895 10,140,194 1,081 3,071 1,492 29
Hi Load In-State Renewables 2020 47,604,929 46,726 18,444 11,886,078 2,297 3,874 1,786 34
Hi Gas/Hi CO2 In-State Renewables 2020 38,806,228 58,411 19,060 10,831,134 4,244 4,237 2,027 28

Current Trends Efficient Gas Expansion 2020 35,665,136 40,544 15,828 10,001,745 2,037 3,006 1,400 22
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 35,645,451 17,584 11,826 10,855,473 1,271 2,684 1,368 24
Med Gas/Hi CO2 Efficient Gas Expansion 2020 31,513,154 24,009 12,144 9,406,163 946 2,570 1,270 21
Hi Load Efficient Gas Expansion 2020 41,223,145 46,763 17,795 11,395,084 2,596 3,346 1,571 25
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 33,333,849 52,855 18,207 9,306,026 3,108 3,575 1,755 23

Current Trends Nuclear 2020 31,984,815 38,784 14,917 7,131,383 1,987 2,527 1,169 20
Lo Gas/Lo CO2 Nuclear 2020 32,188,715 17,046 11,213 7,859,939 1,268 2,192 1,132 22
Med Gas/Hi CO2 Nuclear 2020 28,035,222 23,292 11,460 6,552,461 942 2,096 1,056 20
Hi Load Nuclear 2020 37,619,120 45,794 17,065 8,447,109 2,601 2,895 1,368 23
Hi Gas/Hi CO2 Nuclear 2020 29,521,005 50,468 17,058 6,616,893 2,724 2,976 1,423 22
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Table A.6 
Electric Sector Emissions 

 (Differences, compared to Reference Strategy in the given scenario) 
 

Scenario Strategy Year
ISO-Wide 

CO2 Emissions
ISO-Wide 

SOx Emissions
ISO-Wide 

NOx Emissions
Connecticut 

CO2 Emissions
Connecticut 

SOx Emissions
Connecticut 

NOx Emissions

Connecticut 
Ozone Season NOx 

Emissions

Connecticut 
HEDD (10-Day) 
NOx Emissions

(Tons) (Tons) (Tons) (Tons) (Tons) (Tons) (Tons) (Tons/Day)
[36] [37] [38] [39] [40] [41] [42] [43]

(ABSOLUTE VALUES IN REFERENCE STRATEGY)
Current Trends Reference Strategy 2020 36,562,107 44,275 16,689 8,551,076 2,506 2,922 1,424 26
Lo Gas/Lo CO2 Reference Strategy 2020 36,482,554 21,329 12,666 9,577,894 1,554 2,521 1,353 27
Med Gas/Hi CO2 Reference Strategy 2020 32,456,393 28,773 13,219 7,718,352 1,182 2,387 1,255 25
Hi Load Reference Strategy 2020 42,105,608 50,454 18,645 10,388,323 3,138 3,321 1,636 28
Hi Gas/Hi CO2 Reference Strategy 2020 33,655,282 54,090 18,473 8,610,220 3,324 3,515 1,735 26

(DIFFERENCES IN OTHER STRATEGIES, COMPARED TO REFERENCE STRATEGY)
Current Trends Targeted DSM Expansion 2020 (298,836) (218) (58) (73,264) (18) (24) (28) (1)
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 (371,338) (848) (206) (61,580) (33) (15) (33) (1)
Med Gas/Hi CO2 Targeted DSM Expansion 2020 (424,590) (722) (283) (92,614) (33) (44) (62) (1)
Hi Load Targeted DSM Expansion 2020 (426,704) (790) (163) (121,066) (96) (29) (47) (1)
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 (117,461) 586 137 (472,237) 94 (31) (22) (1)

Current Trends All Achievable Cost-Effective DSM 2020 (1,477,605) (1,703) (469) (633,079) (552) (144) (73) (1)
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 (1,298,503) (1,116) (284) (1,033,099) (166) (138) (77) (0)
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 (1,588,140) (2,525) (693) (462,473) (136) (112) (82) (1)
Hi Load All Achievable Cost-Effective DSM 2020 (1,281,641) (665) (221) (1,094,514) (250) (167) (94) (0)
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 (1,209,102) (367) (130) (934,439) (55) (136) (65) (0)

Current Trends Limited Renewables 2020 5,458,551 754 346 1,719,527 (477) 352 160 7
Lo Gas/Lo CO2 Limited Renewables 2020 5,779,996 (2,348) (390) 1,402,225 (561) 283 126 3
Med Gas/Hi CO2 Limited Renewables 2020 4,792,240 (1,149) (404) 1,793,247 (149) 318 124 5
Hi Load Limited Renewables 2020 5,864,321 (2,403) (127) 759,692 (827) 187 70 6
Hi Gas/Hi CO2 Limited Renewables 2020 5,642,569 6,184 744 1,455,219 1,160 403 203 4

Current Trends In-State Renewables 2020 5,124,148 (330) 287 2,340,578 (483) 699 264 6
Lo Gas/Lo CO2 In-State Renewables 2020 5,355,700 (4,029) (487) 2,101,840 (583) 624 224 2
Med Gas/Hi CO2 In-State Renewables 2020 4,602,036 (1,825) (324) 2,421,842 (101) 684 238 4
Hi Load In-State Renewables 2020 5,499,321 (3,729) (201) 1,497,755 (841) 552 150 6
Hi Gas/Hi CO2 In-State Renewables 2020 5,150,946 4,321 587 2,220,915 920 722 292 1

Current Trends Efficient Gas Expansion 2020 (896,971) (3,730) (860) 1,450,668 (469) 84 (24) (4)
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 (837,103) (3,745) (840) 1,277,579 (283) 163 15 (3)
Med Gas/Hi CO2 Efficient Gas Expansion 2020 (943,239) (4,764) (1,074) 1,687,811 (236) 183 16 (4)
Hi Load Efficient Gas Expansion 2020 (882,463) (3,691) (850) 1,006,762 (542) 25 (66) (3)
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 (321,433) (1,235) (266) 695,806 (216) 60 20 (3)

Current Trends Nuclear 2020 (4,577,292) (5,490) (1,772) (1,419,694) (519) (396) (255) (6)
Lo Gas/Lo CO2 Nuclear 2020 (4,293,840) (4,283) (1,453) (1,717,956) (286) (329) (222) (5)
Med Gas/Hi CO2 Nuclear 2020 (4,421,171) (5,481) (1,758) (1,165,891) (240) (291) (199) (6)
Hi Load Nuclear 2020 (4,486,488) (4,660) (1,580) (1,941,213) (537) (426) (268) (5)
Hi Gas/Hi CO2 Nuclear 2020 (4,134,276) (3,622) (1,415) (1,993,327) (600) (539) (312) (5)
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Table A.7 
Summary of Generation in Connecticut 

 

Scenario Strategy Year

Biomass and 
Refuse 

Generation
Hydro 

Generation
Wind 

Generation
Solar 

Generation
Nuclear 

Generation
Coal 

Generation
Natural Gas 
Generation

Distillate Fuel 
Oil 

Generation

Residual Fuel 
Oil 

Generation Other

Total Gas or 
Oil 

Generation

Total NOT 
Gas or Oil 
Generation Total Generation

(MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh)
[44] [45] [46] [47] [48] [49] [50] [51] [52] [53] [54] [55] [56]

Current Trends Reference Strategy 2013 2,024,516 330,603 0 34,610 16,601,698 3,287,419 14,404,316 7,382 178,147 5,190 14,589,845 22,278,846 36,873,881
Lo Gas/Lo CO2 Reference Strategy 2013 2,025,136 331,218 0 34,610 16,601,698 2,221,934 16,993,506 14,859 205,868 4,454 17,214,233 21,214,596 38,433,283
Med Gas/Hi CO2 Reference Strategy 2013 2,025,110 330,197 0 34,610 16,601,698 2,627,990 14,609,569 6,243 166,370 5,356 14,782,182 21,619,605 36,407,144
Hi Load Reference Strategy 2013 2,025,479 330,603 0 34,610 16,601,698 3,461,107 15,403,018 9,578 217,723 6,300 15,630,319 22,453,496 38,090,115
Hi Gas/Hi CO2 Reference Strategy 2013 2,023,324 329,939 0 34,610 16,601,698 3,995,746 11,499,817 2,175 180,872 13,300 11,682,864 22,985,317 34,681,481

Current Trends Reference Strategy 2015 2,009,211 329,678 0 39,007 16,601,698 3,199,832 14,482,619 21,511 179,495 6,754 14,683,625 22,179,427 36,869,806
Lo Gas/Lo CO2 Reference Strategy 2015 2,008,225 330,943 0 39,007 16,601,698 2,242,304 17,271,300 37,099 212,093 10,987 17,520,492 21,222,177 38,753,656
Med Gas/Hi CO2 Reference Strategy 2015 2,010,084 329,022 0 39,007 16,601,698 2,587,437 14,571,621 18,405 165,840 6,991 14,755,866 21,567,248 36,330,105
Hi Load Reference Strategy 2015 2,011,315 332,264 0 39,007 16,601,698 3,505,598 15,636,305 29,786 224,158 10,706 15,890,248 22,489,882 38,390,836
Hi Gas/Hi CO2 Reference Strategy 2015 2,006,868 331,801 0 39,007 16,601,698 4,084,090 11,229,088 11,999 183,450 19,289 11,424,537 23,063,463 34,507,289

Current Trends Reference Strategy 2020 2,082,773 325,038 0 50,071 16,652,420 1,660,722 14,857,050 40,516 113,784 20,587 15,011,351 20,771,025 35,802,962
Lo Gas/Lo CO2 Reference Strategy 2020 2,083,602 329,317 0 50,071 16,652,420 590,924 19,544,063 41,373 206,089 17,880 19,791,526 19,706,334 39,515,739
Med Gas/Hi CO2 Reference Strategy 2020 2,089,509 326,396 0 50,071 16,652,420 772,861 15,348,598 43,018 0 30,184 15,391,616 19,891,258 35,313,058
Hi Load Reference Strategy 2020 2,098,753 328,398 0 50,071 16,652,420 1,984,159 18,136,829 42,137 237,800 22,974 18,416,766 21,113,802 39,553,543
Hi Gas/Hi CO2 Reference Strategy 2020 2,087,678 328,179 0 50,071 16,652,420 2,731,523 12,662,405 43,066 0 48,136 12,705,471 21,849,871 34,603,478

Current Trends Targeted DSM Expansion 2020 2,082,665 326,024 0 50,071 16,652,420 1,665,071 14,707,011 35,364 108,323 17,272 14,850,698 20,776,252 35,644,222
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 2,083,244 327,936 0 50,071 16,652,420 602,904 19,444,352 36,805 188,316 10,284 19,669,473 19,716,575 39,396,332
Med Gas/Hi CO2 Targeted DSM Expansion 2020 2,085,992 323,672 0 50,071 16,652,420 748,150 15,221,583 37,245 0 26,054 15,258,828 19,860,306 35,145,188
Hi Load Targeted DSM Expansion 2020 2,098,753 326,693 0 50,071 16,652,420 1,958,891 17,984,410 39,080 215,308 14,310 18,238,798 21,086,829 39,339,937
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 2,091,237 326,825 0 50,071 16,652,420 2,835,049 11,234,269 42,275 0 56,201 11,276,544 21,955,603 33,288,348

Current Trends All Achievable Cost-Effective DSM 2020 2,082,260 322,317 0 50,071 16,652,420 1,499,998 14,020,916 37,795 0 18,024 14,058,710 20,607,067 34,683,801
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 2,083,130 329,122 0 50,071 16,652,420 598,585 17,229,992 47,116 110,116 26,336 17,387,224 19,713,329 37,126,889
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 2,085,642 323,630 0 50,071 16,652,420 654,892 14,593,047 40,517 0 25,359 14,633,564 19,766,655 34,425,578
Hi Load All Achievable Cost-Effective DSM 2020 2,099,025 329,550 0 50,071 16,652,420 1,941,518 15,822,384 48,800 129,527 30,829 16,000,711 21,072,584 37,104,124
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 2,092,013 324,769 0 50,071 16,652,420 2,693,897 10,489,783 46,150 0 45,498 10,535,933 21,813,170 32,394,601

Current Trends Limited Renewables 2020 1,934,763 336,870 0 34,659 16,652,420 1,557,823 19,572,567 80,377 0 23,295 19,652,943 20,516,535 40,192,774
Lo Gas/Lo CO2 Limited Renewables 2020 1,934,817 335,959 0 34,659 16,652,420 568,547 23,416,991 68,680 0 27,634 23,485,671 19,526,403 43,039,708
Med Gas/Hi CO2 Limited Renewables 2020 1,935,113 338,711 0 34,659 16,652,420 669,963 20,069,205 64,589 0 44,361 20,133,793 19,630,866 39,809,020
Hi Load Limited Renewables 2020 1,934,926 338,054 0 34,659 16,652,420 1,803,459 21,005,943 86,993 0 33,102 21,092,935 20,763,519 41,889,557
Hi Gas/Hi CO2 Limited Renewables 2020 1,934,918 340,022 0 34,659 16,652,420 3,309,456 14,277,860 62,628 194,780 58,977 14,535,269 22,271,475 36,865,721

Current Trends In-State Renewables 2020 2,331,632 335,607 101,453 367,401 16,652,420 1,479,343 20,673,733 69,119 0 24,305 20,742,852 21,267,855 42,035,013
Lo Gas/Lo CO2 In-State Renewables 2020 2,332,351 334,318 101,453 394,448 16,652,420 476,406 24,738,474 52,168 0 14,932 24,790,642 20,291,396 45,096,969
Med Gas/Hi CO2 In-State Renewables 2020 2,332,253 336,297 101,453 358,605 16,652,420 638,066 21,082,529 54,282 0 25,465 21,136,812 20,419,093 41,581,370
Hi Load In-State Renewables 2020 2,332,403 337,711 101,453 390,128 16,652,420 1,717,346 22,368,716 76,159 0 26,700 22,444,876 21,531,461 44,003,036
Hi Gas/Hi CO2 In-State Renewables 2020 2,328,588 340,352 101,453 332,586 16,652,420 3,097,079 16,254,074 44,621 166,421 52,623 16,465,116 22,852,477 39,370,216

Current Trends Efficient Gas Expansion 2020 2,079,304 319,823 0 50,071 16,652,420 1,316,803 19,530,431 19,627 81,860 5,406 19,631,918 20,418,422 40,055,746
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 2,077,787 327,417 0 50,071 16,652,420 483,004 23,287,266 24,482 140,734 4,309 23,452,483 19,590,700 43,047,491
Med Gas/Hi CO2 Efficient Gas Expansion 2020 2,083,441 320,594 0 50,071 16,652,420 557,216 20,202,269 21,416 0 8,447 20,223,685 19,663,743 39,895,875
Hi Load Efficient Gas Expansion 2020 2,097,849 324,040 0 50,071 16,652,420 1,648,646 21,765,124 25,564 167,470 7,490 21,958,158 20,773,026 42,738,674
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 2,087,281 322,418 0 50,071 16,652,420 2,560,105 14,901,689 26,299 0 31,441 14,927,988 21,672,296 36,631,725

Current Trends Nuclear 2020 2,055,587 320,383 0 50,071 25,258,820 1,299,127 12,585,712 19,837 83,525 5,775 12,689,073 28,983,988 41,678,836
Lo Gas/Lo CO2 Nuclear 2020 2,060,263 324,948 0 50,071 25,258,820 513,867 15,923,130 26,611 136,143 5,092 16,085,884 28,207,969 44,298,946
Med Gas/Hi CO2 Nuclear 2020 2,063,304 320,497 0 50,071 25,258,820 577,091 13,194,144 20,653 0 9,156 13,214,796 28,269,784 41,493,736
Hi Load Nuclear 2020 2,086,117 322,918 0 50,071 25,258,820 1,702,059 14,450,029 26,752 162,811 6,950 14,639,592 29,419,985 44,066,528
Hi Gas/Hi CO2 Nuclear 2020 2,052,724 319,264 0 50,071 25,232,420 2,228,389 9,212,956 26,499 0 35,790 9,239,455 29,882,868 39,158,114
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Table A.8 
Summary of Generation in ISO-NE 

 

Scenario Strategy Year

Biomass and 
Refuse 

Generation
Hydro 

Generation
Wind 

Generation
Solar 

Generation
Nuclear 

Generation
Coal 

Generation
Natural Gas 
Generation

Distillate Fuel 
Oil 

Generation

Residual Fuel 
Oil 

Generation Other

Total Gas or 
Oil 

Generation

Total NOT 
Gas or Oil 
Generation Total Generation

(MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh) (MWh)
[44] [45] [46] [47] [48] [49] [50] [51] [52] [53] [54] [55] [56]

Current Trends Reference Strategy 2013 8,366,164 6,804,688 2,576,589 195,857 37,133,029 14,787,935 57,529,739 17,900 398,310 49,714 57,945,948 69,864,261 127,859,923
Lo Gas/Lo CO2 Reference Strategy 2013 8,370,382 6,943,180 2,576,589 197,157 37,133,029 8,127,725 71,867,438 39,174 479,906 33,103 72,386,518 63,348,062 135,767,683
Med Gas/Hi CO2 Reference Strategy 2013 8,370,453 6,790,776 2,576,589 195,519 37,133,029 11,996,540 58,267,418 14,309 375,054 51,998 58,656,782 67,062,906 125,771,686
Hi Load Reference Strategy 2013 8,371,713 6,880,976 2,576,589 197,021 37,133,029 15,528,648 62,130,531 24,459 487,442 57,947 62,642,432 70,687,975 133,388,354
Hi Gas/Hi CO2 Reference Strategy 2013 8,362,257 6,669,327 2,576,589 194,263 37,133,029 18,010,369 44,621,156 4,606 405,870 131,820 45,031,632 72,945,835 118,109,287

Current Trends Reference Strategy 2015 9,044,918 6,634,661 6,128,838 254,916 37,133,029 14,137,139 56,890,490 42,455 453,734 49,289 57,386,679 73,333,501 130,769,469
Lo Gas/Lo CO2 Reference Strategy 2015 9,040,121 6,730,621 7,174,448 257,118 37,133,029 7,657,332 71,025,536 83,567 560,560 49,670 71,669,664 67,992,669 139,712,003
Med Gas/Hi CO2 Reference Strategy 2015 9,050,868 6,627,611 5,850,189 254,337 37,133,029 11,844,657 57,129,971 35,141 399,765 58,885 57,564,877 70,760,692 128,384,454
Hi Load Reference Strategy 2015 9,056,838 6,713,556 7,028,520 256,839 37,133,029 15,333,602 62,430,403 63,473 546,782 66,605 63,040,658 75,522,385 138,629,649
Hi Gas/Hi CO2 Reference Strategy 2015 9,028,925 6,554,196 4,821,599 252,174 37,133,029 18,183,803 42,863,496 20,446 534,778 192,755 43,418,720 75,973,726 119,585,201

Current Trends Reference Strategy 2020 10,037,884 6,294,445 14,376,112 410,631 37,245,147 11,930,548 56,971,099 96,441 374,450 99,290 57,441,990 80,294,768 137,836,047
Lo Gas/Lo CO2 Reference Strategy 2020 9,987,666 6,457,381 16,261,757 413,187 37,245,147 4,570,907 72,568,840 96,848 499,707 89,109 73,165,396 74,936,046 148,190,550
Med Gas/Hi CO2 Reference Strategy 2020 10,091,972 6,297,903 13,758,015 409,801 37,245,147 7,050,837 59,105,566 95,443 249,123 135,595 59,450,132 74,853,675 134,439,403
Hi Load Reference Strategy 2020 10,118,535 6,484,003 16,662,722 414,218 37,245,147 13,556,823 65,582,750 98,259 529,276 129,994 66,210,285 84,481,447 150,821,726
Hi Gas/Hi CO2 Reference Strategy 2020 10,094,866 6,189,147 11,940,582 407,340 37,245,147 15,329,361 42,300,779 100,560 494,794 362,645 42,896,133 81,206,444 124,465,222

Current Trends Targeted DSM Expansion 2020 10,034,034 6,310,906 14,376,112 410,631 37,245,147 11,978,353 56,321,784 82,504 355,522 89,610 56,759,810 80,355,184 137,204,604
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 9,986,370 6,454,358 16,261,757 413,187 37,245,147 4,411,802 72,235,836 93,989 475,773 71,336 72,805,598 74,772,621 147,649,555
Med Gas/Hi CO2 Targeted DSM Expansion 2020 10,066,537 6,268,982 13,758,015 409,801 37,245,147 6,830,512 58,754,305 83,845 236,279 124,085 59,074,429 74,578,993 133,777,507
Hi Load Targeted DSM Expansion 2020 10,128,611 6,516,754 16,662,722 414,218 37,245,147 13,426,241 65,059,154 98,855 487,574 109,883 65,645,583 84,393,693 150,149,159
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 10,120,422 6,210,409 11,940,582 407,340 37,245,147 15,602,012 41,305,349 96,506 500,939 376,714 41,902,793 81,525,912 123,805,419

Current Trends All Achievable Cost-Effective DSM 2020 10,039,059 6,290,982 13,592,701 410,646 37,245,147 11,547,604 54,868,367 90,093 251,281 91,249 55,209,741 79,126,138 134,427,128
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 9,999,317 6,491,054 15,471,093 413,188 37,245,147 4,428,492 70,094,173 110,461 382,712 106,803 70,587,345 74,048,291 144,742,439
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 10,069,525 6,276,965 12,968,591 409,801 37,245,147 6,472,633 57,105,966 91,436 238,067 123,788 57,435,469 73,442,661 131,001,919
Hi Load All Achievable Cost-Effective DSM 2020 10,147,287 6,537,023 15,871,036 414,213 37,245,147 13,480,496 62,995,081 107,969 421,287 150,491 63,524,337 83,695,203 147,370,030
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 10,128,548 6,233,883 11,151,495 407,342 37,245,147 15,314,433 39,696,821 109,709 373,923 362,295 40,180,452 80,480,848 121,023,596

Current Trends Limited Renewables 2020 8,353,778 6,834,740 2,587,555 196,451 37,245,147 12,657,633 69,298,646 209,504 282,340 169,429 69,790,490 67,875,305 137,835,224
Lo Gas/Lo CO2 Limited Renewables 2020 8,354,467 6,893,111 2,587,555 197,756 37,245,147 4,326,633 88,014,697 171,285 271,191 123,852 88,457,173 59,604,670 148,185,695
Med Gas/Hi CO2 Limited Renewables 2020 8,355,474 6,881,349 2,587,555 196,113 37,245,147 7,042,691 71,467,437 164,598 264,273 234,702 71,896,308 62,308,329 134,439,339
Hi Load Limited Renewables 2020 8,354,889 6,876,039 2,587,555 197,619 37,245,147 13,558,494 81,280,463 226,393 306,439 188,016 81,813,295 68,819,744 150,821,055
Hi Gas/Hi CO2 Limited Renewables 2020 8,354,583 6,827,879 2,587,555 194,853 37,245,147 17,207,704 50,649,130 155,574 760,812 477,553 51,565,516 72,417,721 124,460,790

Current Trends In-State Renewables 2020 8,750,617 6,810,270 2,689,008 529,193 37,245,147 12,277,919 68,935,793 178,184 277,750 141,342 69,391,727 68,302,154 137,835,224
Lo Gas/Lo CO2 In-State Renewables 2020 8,752,353 6,911,314 2,689,008 557,545 37,245,147 3,922,795 87,626,596 136,302 253,910 90,725 88,016,808 60,078,162 148,185,695
Med Gas/Hi CO2 In-State Renewables 2020 8,752,244 6,811,645 2,689,008 520,058 37,245,147 6,842,735 71,041,327 135,595 250,841 150,737 71,427,764 62,860,838 134,439,339
Hi Load In-State Renewables 2020 8,751,779 6,870,625 2,689,008 553,088 37,245,147 13,164,538 80,906,230 197,081 288,394 155,167 81,391,705 69,274,184 150,821,055
Hi Gas/Hi CO2 In-State Renewables 2020 8,738,339 6,727,170 2,689,008 492,779 37,245,147 16,639,999 50,707,231 106,471 674,486 440,160 51,488,187 72,532,442 124,460,790

Current Trends Efficient Gas Expansion 2020 10,014,546 6,271,420 14,376,112 410,631 37,245,147 10,959,908 58,193,806 51,087 258,827 54,064 58,503,720 79,277,764 137,835,549
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 9,943,420 6,501,371 16,261,757 413,187 37,245,147 3,727,068 73,603,971 65,827 377,560 49,851 74,047,357 74,091,951 148,189,159
Med Gas/Hi CO2 Efficient Gas Expansion 2020 10,045,656 6,240,335 13,758,015 409,801 37,245,147 5,819,566 60,625,198 55,189 168,164 72,340 60,848,551 73,518,521 134,439,412
Hi Load Efficient Gas Expansion 2020 10,118,598 6,523,059 16,662,722 414,218 37,245,147 12,623,883 66,686,413 68,035 397,281 82,370 67,151,729 83,587,626 150,821,726
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 10,091,990 6,164,372 11,940,582 407,340 37,245,147 14,987,439 42,858,351 67,264 392,719 308,223 43,318,334 80,836,870 124,463,426

Current Trends Nuclear 2020 9,865,569 6,109,158 14,376,112 410,631 45,851,547 10,442,168 50,440,520 49,603 242,267 53,250 50,732,389 87,055,186 137,840,824
Lo Gas/Lo CO2 Nuclear 2020 9,856,236 6,369,806 16,261,757 413,187 45,851,547 3,685,445 65,261,955 66,120 377,161 49,625 65,705,235 82,437,979 148,192,840
Med Gas/Hi CO2 Nuclear 2020 9,920,481 6,095,590 13,758,015 409,801 45,851,547 5,693,054 52,424,408 52,704 166,783 72,912 52,643,896 81,728,488 134,445,296
Hi Load Nuclear 2020 10,044,698 6,408,516 16,662,722 414,218 45,851,547 12,367,778 58,535,674 67,707 388,670 79,992 58,992,051 91,749,479 150,821,521
Hi Gas/Hi CO2 Nuclear 2020 9,861,980 5,877,201 11,940,582 407,340 45,825,147 14,161,854 35,682,506 66,219 369,244 309,499 36,117,970 88,074,104 124,501,572
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Table A.9 
Summary of Natural Gas Use for ISO-NE and Connecticut 

Scenario Strategy Year
ISO-Wide January 

and February 
ISO-Wide July 

and August 
ISO-Wide 

Annual  

Connecticut  
January and 

February 
Connecticut July 

and August 
Connecticut 

Annual 
(MMBtu) (MMBtu) (MMBtu) (MMBtu) (MMBtu) (MMBtu)

[57] [58] [59] [60] [61] [62]

Current Trends Reference Strategy 2013 59,463,795 106,413,698 410,130,394 14,897,008 25,423,228 105,042,656
Lo Gas/Lo CO2 Reference Strategy 2013 71,738,141 122,717,727 517,232,768 17,021,198 28,437,458 124,247,040
Med Gas/Hi CO2 Reference Strategy 2013 58,101,922 106,349,241 415,175,688 14,713,210 25,458,389 106,421,414
Hi Load Reference Strategy 2013 64,935,147 111,540,302 443,730,221 16,272,718 26,527,954 112,344,050
Hi Gas/Hi CO2 Reference Strategy 2013 48,270,023 88,521,749 315,937,329 12,475,513 21,973,424 83,934,987

Current Trends Reference Strategy 2015 53,095,116 105,765,950 406,708,192 13,891,648 26,394,921 106,309,891
Lo Gas/Lo CO2 Reference Strategy 2015 67,310,257 123,131,092 513,897,591 16,863,057 29,791,262 128,079,386
Med Gas/Hi CO2 Reference Strategy 2015 51,609,038 105,533,144 408,206,038 13,740,556 26,238,038 106,709,775
Hi Load Reference Strategy 2015 59,298,465 112,193,261 447,644,557 14,981,289 27,898,916 114,977,688
Hi Gas/Hi CO2 Reference Strategy 2015 40,518,557 86,417,213 304,112,797 10,303,554 22,656,905 82,610,628

Current Trends Reference Strategy 2020 49,407,469 108,450,836 409,223,914 13,728,088 27,503,062 109,318,731
Lo Gas/Lo CO2 Reference Strategy 2020 70,058,931 127,769,146 527,605,623 20,242,206 33,614,005 144,690,408
Med Gas/Hi CO2 Reference Strategy 2020 53,089,300 109,851,428 424,481,262 14,922,803 27,706,921 112,672,299
Hi Load Reference Strategy 2020 59,229,500 118,716,165 472,209,789 16,921,050 31,723,078 132,817,020
Hi Gas/Hi CO2 Reference Strategy 2020 35,037,712 86,880,023 299,685,560 10,791,681 25,109,662 92,695,614

Current Trends Targeted DSM Expansion 2020 48,562,866 107,466,550 404,037,309 13,270,973 27,163,692 108,154,967
Lo Gas/Lo CO2 Targeted DSM Expansion 2020 69,551,732 127,055,175 524,556,964 19,976,022 33,406,215 143,758,892
Med Gas/Hi CO2 Targeted DSM Expansion 2020 52,118,812 109,249,880 421,573,089 14,339,405 27,393,188 111,655,530
Hi Load Targeted DSM Expansion 2020 58,432,665 117,773,876 467,941,167 16,715,426 31,431,869 131,586,807
Hi Gas/Hi CO2 Targeted DSM Expansion 2020 33,844,088 85,237,258 292,790,706 9,173,213 22,882,460 82,715,310

Current Trends All Achievable Cost-Effective DSM 2020 46,133,258 105,221,447 393,028,240 11,667,866 26,437,288 103,067,200
Lo Gas/Lo CO2 All Achievable Cost-Effective DSM 2020 67,137,964 123,785,537 509,594,343 17,391,266 30,250,755 128,301,075
Med Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 50,213,291 106,196,994 408,681,606 13,449,986 26,704,170 107,034,326
Hi Load All Achievable Cost-Effective DSM 2020 56,290,747 115,179,001 453,408,092 14,362,776 28,631,022 116,457,357
Hi Gas/Hi CO2 All Achievable Cost-Effective DSM 2020 31,730,431 83,116,752 281,239,069 8,359,882 22,017,118 77,393,864

Current Trends Limited Renewables 2020 64,817,143 120,228,077 491,661,534 18,509,088 33,458,976 141,419,670
Lo Gas/Lo CO2 Limited Renewables 2020 89,522,000 143,758,239 633,220,038 24,419,152 38,268,157 171,461,542
Med Gas/Hi CO2 Limited Renewables 2020 68,483,583 121,044,641 507,157,821 19,856,605 33,265,921 144,811,112
Hi Load Limited Renewables 2020 78,521,428 133,172,916 576,581,392 20,551,391 34,661,657 151,753,292
Hi Gas/Hi CO2 Limited Renewables 2020 47,650,847 94,996,064 358,295,308 13,635,257 26,603,663 103,986,754

Current Trends In-State Renewables 2020 65,335,078 120,243,902 493,347,421 20,730,290 35,317,766 153,689,068
Lo Gas/Lo CO2 In-State Renewables 2020 90,030,906 144,020,634 634,134,197 26,712,196 40,381,273 185,400,266
Med Gas/Hi CO2 In-State Renewables 2020 68,450,526 122,027,053 508,271,673 21,769,220 35,241,221 156,332,413
Hi Load In-State Renewables 2020 78,656,141 133,910,026 578,263,609 23,079,688 37,023,607 166,140,487
Hi Gas/Hi CO2 In-State Renewables 2020 48,226,721 95,668,440 362,267,616 16,343,259 29,427,028 121,681,295

Current Trends Efficient Gas Expansion 2020 49,575,314 110,046,147 414,674,802 17,039,362 34,796,867 141,259,233
Lo Gas/Lo CO2 Efficient Gas Expansion 2020 70,285,235 129,157,541 531,096,307 23,448,796 39,101,134 169,786,143
Med Gas/Hi CO2 Efficient Gas Expansion 2020 53,985,985 111,928,931 432,165,130 18,631,337 35,155,746 145,911,085
Hi Load Efficient Gas Expansion 2020 59,338,172 119,952,510 477,093,851 19,281,434 37,503,368 157,471,373
Hi Gas/Hi CO2 Efficient Gas Expansion 2020 34,965,766 88,014,046 302,707,729 12,019,059 29,425,254 108,020,266

Current Trends Nuclear 2020 45,250,327 98,868,289 360,585,396 12,100,850 24,448,909 92,638,070
Lo Gas/Lo CO2 Nuclear 2020 65,523,881 117,471,804 472,559,915 16,973,884 28,536,020 118,173,764
Med Gas/Hi CO2 Nuclear 2020 49,057,516 100,415,639 374,790,745 13,276,493 24,859,981 96,906,320
Hi Load Nuclear 2020 54,412,030 108,238,652 419,894,172 13,820,264 26,623,614 106,256,359
Hi Gas/Hi CO2 Nuclear 2020 30,871,722 77,585,041 252,705,634 8,408,968 20,144,696 68,256,083
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1. RESOURCE ADEQUACY 

1.A SUMMARY AND KEY FINDINGS 

Summary 

The primary starting point for any IRP is a projection of available resources relative to resource 
adequacy requirements.  Shortfalls indicate the need for additional resources.  ISO-NE defines 
four separate resource adequacy requirements affecting Connecticut: the ISO-NE-wide Installed 
Capacity Requirement (ICR), the Connecticut Local Sourcing Requirement (CT LSR), the 
Connecticut requirement under the Transmission Security Analysis (CT TSA), and the 
Connecticut requirement in the Locational Forward Reserve Market (LFRM).1 
 
ISO-NE projects that the system-wide net ICR will increase from 31,823 MW in 2009 to 34,454 
MW in 2018,2 driven by its load forecast.3  It projects that the CT LSR will increase only slightly 
from 6,496 MW in 2010 to 7,325 MW in 2012.  We project that the CT LSR will continue to 
grow to 7,433 in 2013, and then fall to 6,341 in 2014 due to increased import capability from the 
assumed 2014 completion of the New England East-West Solution (NEEWS) largely offsetting 
the effects of a more stringent methodology and load growth.4  We project the CT LSR will 
reach 6,708 by 2020.  ISO-NE has not yet estimated future CT TSA requirements, so we have 
developed our own estimates based on the TSA methodology presented by the ISO in an 
informational filing with the FERC on auction results in the first Forward Capacity Auction and 
what is likely to come out of the FCM stakeholder discussions that have taken place in 2009.  
The LFRM requirement is primarily designed to ensure enough fast-start capacity in Connecticut 
to cover a sub-area’s second contingency. 
 
To estimate future resources available to meet these needs, we have gathered up-to-date data 
from ISO-NE, the EDCs, and other publicly available sources.  The data address existing and 
planned generation resources, renewable generation, demand response, energy efficiency, 
imports, and tie-line benefits.  Generally, we count new resources toward meeting future 
resource needs only if they are currently under construction, contracted, or have a capacity 
obligation in the ISO’s capacity market.  The exceptions to this rule are: new renewable 
generation, which is added based on projections of likely future development to meet Renewable 

                                                 
1  This analysis represents the transmission system's capability to serve sub-area load with available 

resources, including its capacity to import power across sub-area interfaces.  The analysis does not 
consider whether the transmission system within the sub-area complies with NERC, NPCC, and ISO-NE 
transmission security criteria. 

2  2009 Regional System Plan, ISO-NE, October 15, 2009, Page 33-36, Tables 4-1 and 4-2. 
3  Net ICR is the requirement net of tie-line benefits, or the portion of the requirement that must be satisfied 

in the capacity market. 
4  While this analysis counts the transmission import limit change in addition to crediting all the Lake Road 

units as Connecticut capacity resources, the ISO is assessing the interaction of the change in transfer limit 
and counting all the Lake Road units due to NEEWS. 
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Portfolio Standard (RPS) requirements; energy efficiency, which is added consistently with the 
EDCs’ plans based on current funding sources (and estimates for other states); and generation 
retirements, which we project based on economics and likely future environmental regulations.  
In addition, we assume imports will be reduced in response to low capacity market prices. 
 
To assess resource adequacy for both Connecticut and the ISO as a whole, a base case, several 
resource strategies, and several scenarios addressing the impact of other possible changes in key 
factors driving resources and resource needs were developed.  Strategies include variations on 
demand side resource amounts and renewable generation additions.  Scenarios include variations 
on fuel prices and climate legislation as well as high economic growth in peak demand.  These 
strategies and scenarios may change projected retirements and/or the need for future resources.  
The various strategies and scenarios are described in detail in Section II (Analytical Findings). 
 
By comparing resource needs to projected resources in a way that mimics ISO-NE’s accounting 
of all of the elements, we have estimated the amount of surplus or deficiency through 2020 that 
can be expected absent additional procurement.  Under the CT LSR calculation we find that 
Connecticut will likely have more than sufficient resources through 2020, even with 1,504 MW 
assumed economically and environmentally-driven retirements in Connecticut in the Base Case.  
Connecticut would even have sufficient resources through 2020 under the ISO-NE’s more 
stringent Transmission Security Analysis. 
 
The broader ISO-NE region is also expected to have sufficient resources through 2020.5  This 
includes the impact of an assumed 2,446 MW in economically and environmentally-driven 
retirements in New England in the Base Case.   

Key Findings 

• There will likely be a substantial surplus relative to Connecticut's local resource 
requirements through 2020, due to a lower load forecast than utilized in prior IRPs, 
planned generation additions in Connecticut, planned DSM, and increased Connecticut 
import capability, even after accounting for forecasted retirements (which are 
substantial).  Given this, Connecticut's access to adequate resources depends on resource 
adequacy in New England as a whole. 

• A capacity surplus is expected in New England through at least 2015, and likely through 
2020.  This region-wide surplus is due to a lower load forecast than in prior IRPs, the 
likely addition of renewable generation to meet RPS requirements, planned DSM, and 
planned generation additions in Connecticut even after accounting for forecasted 
retirements (which are substantial).  Some combinations of strategies and scenarios may 
lead to a need for additional resources after 2015 in cases that involve higher load, lower 
renewable additions, and/or higher retirements. 

• The prospect of capacity surpluses and consequently low capacity prices, combined with 
tighter environmental requirements, is likely to induce the retirement of substantial 

                                                 
5  Projected surpluses exceed those presented in the 2009 IRP because of a lower load forecast and updated 

information on planned new resources. 
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amounts of old, high emission, oil-fired steam units.  Retirements are estimated at 2,446 
MW in New England in the Base Case (1,504 MW in Connecticut).  There is substantial 
uncertainty around these estimates; retirements could exceed 4,000 MW under market 
conditions that induce earlier new entry and reduced capacity prices. 

1.B DEMAND 

All reliability requirements in the ISO are driven primarily by projections of peak demand.  
Connecticut and ISO-wide reliability requirements are based on ISO’s 2009-2018 Forecast 
Report of Capacity, Energy, Loads, and Transmission (2009 CELT), particularly the load 
forecast reflecting normal weather (“50/50”) and base economic growth conditions for the years 
2009 through 2018.6,7  To forecast peak loads over the entire study period through 2020, we have 
extrapolated the ISO’s forecast using 2017-2018 load growth rates. 
 
The ISO’s forecast is a busbar forecast, meaning that it reflects metered load grossed up by eight 
percent for transmission and distribution losses (i.e., the amount needed to be produced at 
generation sources to serve all load plus losses).  ISO-NE develops its forecasts using regression 
analyses of the historical weather-normalized load data and economic growth rates, projected 
forward with adjustments for expected future changes in economic growth.  The ISO’s 2009 load 
forecast is lower than its 2008 forecast primarily due to expected continuing economic decline in 
the short-run forecast.  By 2016, the 2009 CELT 50/50 peak load forecast is approximately two 
to three percent lower ISO-wide than the 2008 CELT 50/50 peak load forecast used in the 2009 
IRP.8  This results in a 555 MW lower 50/50 peak load forecast by 2017 for the ISO, and a 280 
MW lower 50/50 peak load forecast by 2017 for Connecticut in the 2009 CELT.  Figure 1.1 and 
Figure 1.2 show the ISO’s 2007, 2008, and 2009 CELT 50/50 peak load forecasts for 
Connecticut and the ISO, respectively.  
 
 

                                                 
6  “2009-2018 Forecast Report of Capacity, Energy, Loads, and Transmission,” ISO New England, April 

2009.  Available at http://www.iso-ne.com/trans/celt/index.html. 
7  All Connecticut peak load figures discussed in this section refer to the Connecticut sub-area (ISO zones 

Norwalk, SW Connecticut, and rest of Connecticut).  This excludes a small amount (approximately one 
percent) of state demand physically in Connecticut but electrically in Western Massachusetts. 

8  Differences between the 2008 and 2009 CELT forecasts are also due to recent refinements to the ISO’s 
forecasting methodology.  See the ISO’s 2009 RSP for further discussion: “2009 Regional System Plan,” 
ISO New England, October 15, 2009, Section 3.3, Pages 26-27. 
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Figure 1.1 
ISO-NE CELT Peak Load Forecast for the Connecticut Sub-Area: 2007, 2008, and 2009 
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Figure 1.2 
ISO-NE CELT Peak Load Forecast for the Entire ISO: 2007, 2008, and 2009 
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The 2009 CELT 50/50 peak load forecast also incorporates information on demand-side 
resources that receive capacity credit during the capacity market transition period, and those that 
have been committed in the first three Forward Capacity Auctions (corresponding to peak 
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reductions in 2010, 2011, and 2012).  Since these resources meet reliability requirements as 
“supply-side” resources, the ISO adds them back to the peak load forecast based on how they 
have reduced historic loads.  Other demand-side resources, such as voluntary demand response 
(DR) and older, existing energy efficiency (EE) that do not receive capacity credit are not added 
back to the forecast.  To the extent such resources have reduced historical loads on which the 
forecast is based, they may reduce the forecast.   
 
However, ensuring that both past and future energy efficiency measures are accounted for 
correctly can be difficult.  In particular, the peak load forecast does not define explicitly the 
amount of future EE that is embedded implicitly in the forecast, making it unclear whether the 
full amount of EE described in the DSM section of this report can be subtracted from the ISO’s 
load forecast to yield an accurate net peak load forecast (the forecast could include some new EE 
to the extent that past EE increases have tempered historical load growth rates that are used to 
extrapolate future loads).  However, through collaboration with ISO staff we have determined 
that (1) since historic EE peak impact did not change substantially from the period 2000 through 
2007, there is no extrapolated effect of EE on peak loads, hence no implicit new EE embedded in 
the ISO’s peak load forecast, and (2) the ISO does include reductions from the expected impact 
of a Federal mandate to phase out incandescent light bulbs.   
 
Based on this information, we have concluded that the effects of DR and future EE (except 
replacement of incandescent light bulbs with compact fluorescent bulbs) on future peak loads are 
not accounted for in the load forecast.  Thus, we include their effects as supply-side resources 
that help to meet peak demand.  This treatment is consistent with their treatment in the Forward 
Capacity Market.  However, the effect of EE on the energy forecast is quite different from its 
effect on the peak forecast, as described in Section 1.D. 
 

1.C CONNECTICUT AND ISO-WIDE RELIABILITY REQUIREMENTS 

The ISO-NE has developed several reliability requirements to ensure the procurement of 
sufficient capacity to meet expected load and to ensure system reliability.  The Installed Capacity 
Requirement (ICR) is an ISO-wide requirement to meet a one day in ten years loss-of-load 
expectation, which the ISO calculates using a probabilistic analysis of load uncertainty, resource 
availability, and tie-line benefits.  The resulting ICRs, when expressed in terms of “pool reserve 
margin,” or the percentage above and beyond the corresponding year’s 50/50 peak load forecast, 
varies from 10.1 percent to 14.2 percent for the years 2009 through 2018.9  An ICR for any given 
year is continuously updated by the ISO as it receives new information about expected load, 
resource availability, and system conditions.  In this report, we use the most updated information 
available, although ICR values will likely be adjusted by the ISO in the near future.  2009-2018 
ICR values are based on indicative values published in the ISO’s 2009 RSP.10  2019 and 2020 

                                                 
9  Resources to meet the ICR are procured through the ISO’s Forward Capacity Market (FCM), through 

auctions starting three years prior to the capacity delivery year. 
10  2009 Regional System Plan; Pages 34-35, Tables 4-1 & 4-2. 
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ICR values are extrapolated by applying the 2018 pool reserve margin of 11.3 percent to our 
extrapolated peak load forecast. 
 
All load serving entities (LSEs) must procure sufficient capacity to meet their peak load share of 
the ICR which results in the region as a whole meeting the ICR.  However, the ISO may also 
impose additional LSR to ensure that sufficient capacity is physically located in a sub-area to 
maintain local reliability.  If there is insufficient capacity physically located in a sub-area, the 
LSR could “bind” in the Forward Capacity Market, and the local clearing price would rise above 
the ISO-wide clearing price.  This would result in the sub-area’s consumers paying the higher 
local price on a portion of their ICR (equal to the LSR or TSA). 
 
The ISO calculates the CT LSR using a probabilistic analysis of expected Connecticut system 
conditions.  We use the ISO’s most recent CT LSR values from 2010 through 2012, which 
include updated load assumptions from the 2009 CELT, and extrapolate to 2020 using predicted 
values from a fitted line against expected load based on previously published CT LSR forecasts.  
As such, the CT LSR forecast beyond 2012 reflects a CT LSR calculation where the resources 
available to Connecticut are limited to the ICR of ISO-NE, i.e., the CT LSR is calculated under 
“At-Criterion” conditions.  Whether CT LSR will be calculated this way going forward is still 
the subject of ISO-NE stakeholder discussion. 
 
To determine the reliability impact of existing resources “delisting” from the FCM and not 
committing themselves as capacity resources in Connecticut, ISO may rely on an even more 
stringent Transmission Security Analysis.  The TSA, in part, results in a local requirement which 
is essentially the ISO’s 90/10 peak load forecast plus the capacity required to cover the area’s 
first-order generation contingency.  In Connecticut, that contingency is Millstone 3, or 1,235 
MW.  In the case of Norwalk Harbor’s dynamic delist bid in the first Forward Capacity Auction 
(FCA#1), the ISO required the plant to stay online because of its impact on Connecticut’s ability 
to meet its requirement under TSA.11  Based on the ISO’s methodology requirements, resources, 
and resource adequacy under the CT TSA is expressed in terms of unforced, or derated, capacity.  
For better comparison with ICR and CT LSR, which express requirements, resources, and 
resource adequacy in terms of installed capacity, we present the CT TSA requirement in a 
slightly different, but mathematically equivalent, format from those previously presented by the 
ISO and in the 2009 IRP.  Rather than derating the capacity of resources available to meet the 
CT TSA we have added the derate quantity to the requirement itself.  By doing this, all 
requirements, resources, and resource surpluses or gaps under the ICR, CT LSR, and CT TSA 
are consistently expressed in terms of installed capacity. 
 
Two of the reliability requirements considered in this report – Connecticut’s LSR and 
Connecticut’s requirement under TSA – are shown in Table 1.1 for each year 2009 through 
2020, along with their key components.  Table 1.2 shows the 2009 through 2020 ISO-wide ICR 
and its key components. 
 
                                                 
11  See the Testimony of Stephen J. Rourke in the ISO New England Forward Capacity Auction Results 

Filing with FERC, available at http://www.iso-ne.com/markets/othrmkts_data/fcm/filings/index.html.  We 
have also included subsequent changes to the TSA methodology resulting from stakeholder discussions, 
such as changing the derate on peaking generation from 33 percent to 20 percent. 
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As a result of ISO-NE stakeholder discussions in 2009, it is possible that starting in the 2014/15 
delivery year the amount of capacity needed locally will be driven by the greater of that area’s 
TSA or LSR values.  Since the issue is still in open discussion, and any proposed rule changes to 
this affect have yet to be filed at the FERC, the results under both metrics are presented in this 
report. 
 
 

Table 1.1 
Estimated Reliability Requirements in Connecticut 

2009-2020 
 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Local Sourc ing Requir ement in CT (MW) n/a 6,496 6,912 7,325 7,433 6,341 6,408 6,455 6,498 6,557 6,625 6,708
Pre -NEEWS LSR (MW) n/a 6,496 6,912 7,325 7,433 7,516 7,583 7,630 7,673 7,732 7,800 7,883
NEEWS Impact on LSR (MW) 0 0 0 0 0 (1,175) (1,175) (1,175) (1,175) (1,175) (1,175) (1,175)

Connecticut  R equirement under Transmission Se curity Analysis (MW) 7,273 7,464 7,631 7,637 7,683 6,706 6,782 6,803 6,863 6,913 6,964 7,015
Connecticut Sub-Area 90/10 Peak Load (MW) 7,940 8,010 8,105 8,205 8,285 8,370 8,445 8,505 8,565 8,615 8,665 8,716
Additional Required Rese rves (Millstone Unit 3) (MW) 1,137 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235
Additional Requirement for Installed Capacity De rate (MW) 696 719 791 697 663 701 702 663 663 663 664 664
Reduction per Connecticut Import L imit (MW) (2,500) (2,500) (2,500) (2,500) (2,500) (3,600) (3,600) (3,600) (3,600) (3,600) (3,600) (3,600)

Note: The TSA shown here adds back the insta lle d capacity derate, for better comparison with the ICR and LSR re quirements.  
 
 

Table 1.2 
ISO-NE Actual and Representative Installed Capacity Requirements 

2009-2020 
 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

ISO-NE 50/50 Peak Load (MW) 27,875 28,160 28,575 29,020 29,365 29,750 30,115 30,415 30,695 30,960 31,227 31,497

Net Installed Capacity Requirement (MW) 31,823 32,137 32,528 31,965 32,411 32,901 33,370 33,757 34,120 34,454 34,751 35,051
Installed Capacity Requirement (adds back HQICC) (MW) 33,023 33,321 33,439 32,879 33,325 33,815 34,284 34,671 35,034 35,368 35,665 35,965
HQICC (MW) 1,200 1,400 911 914 914 914 914 914 914 914 914 914
Other Tie-Line Benefits (NY & NB) (MW) 800 460 889 751 751 751 751 751 751 751 751 751
Pool reserve (%) 14.2% 14.1% 13.8% 10.1% 10.4% 10.6% 10.8% 11.0% 11.2% 11.3% 11.3% 11.3%

Note: The 2010 net ICR is inc reased by a 216 MW reserve margin gross-up for DR and NYPA imports, per ISO practices.  
 
 
To meet the fourth reliability requirement considered in this report – Connecticut’s LFRM 
requirement – both Southwest Connecticut and Connecticut overall must provide local second 
contingency coverage in the form of non-spinning thirty minute reserves.  The ISO’s 2009 
Regional System Plan (RSP09) indicates that through 2013 Southwest Connecticut may have a 
need of between zero and 180 MW in the summer (June - September) and no requirement in the 
winter (October - May).12  Greater Connecticut may have a need of 1,100 to 1,250 MW the 
summer, and 700 to 1,250 in the winter.13  Since no new generation is planned that would exceed 
Connecticut’s current second contingency (Millstone 3), Connecticut’s requirement under LFRM 
is expected to remain constant at up to 1,250 MW through 2013.  In terms of summer capacity 
there are currently 990 MW of existing Connecticut peaking resources participating in LFRM, 

                                                 
12  “2009 Regional System Plan,” ISO New England, October 15, 2009, Page 55, Table 5-1. 
13  Ibid. 
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and an additional 504 MW of planned new Connecticut peaking resources to meet and exceed 
the requirement have recently been contracted.14,15 

 

While no definitive studies have been preformed to date by ISO-NE, based on LFRM 
requirement changes experienced in NEMA/Boston and Southwest Connecticut after transfer 
capabilities were increased there is a basis to forecast that Connecticut LFRM requirements will 
decline once NEEWS is in-service.  Connecticut LFRM requirements could also be reduced as a 
result of increased economic generation being counted inside Connecticut when determining 
local reserve requirements (e.g., Kleen or Lake Road once NEEWS is in-service).  ISO-NE is 
expected to provide the impact on LFRM sometime after the current review of the NEEWS 
Interstate and Central Connecticut Reliability Projects is completed. 
 
Table 1.3 shows the existing and planned seasonally rated MW available to meet each area’s 
requirement under LFRM, assuming only internal combustion units are likely to participate.  
Resources in Southwest Connecticut can meet both Southwest Connecticut’s requirement while 
also meeting the greater Connecticut requirement.  Absent significant retirements, both areas are 
forecast have sufficient resources to meet LFRM requirements. 
 

                                                 
14  See Table 1.3. 
15  Includes 504 MW new peaking capacity contracted in DPUC Docket No. 08-01-01. 
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Table 1.3 
Expected Resources Available to Meet Southwest Connecticut and Greater Connecticut 

LFRM Requirements 
 

Unit Name Unit Status RSP Area

Winter 
Claimed 

Capability

Summer 
Claimed 

Capability Unit Type
In-Service

Date Notes
(MW) (MW)

BRIDGEPORT HARBOR 4 Existing SWCT 20 15 GT 1-Oct-67
BRANFORD 10 Existing SWCT 21 16 GT 1-Jan-69
COS COB 10 Existing NOR 24 19 GT 1-Sep-69
COS COB 11 Existing NOR 22 17 GT 1-Jan-69
COS COB 12 Existing NOR 23 18 GT 1-Jan-69
DEVON 10 Existing SWCT 19 14 GT 1-Apr-88
DEVON 11 Existing SWCT 39 29 GT 1-Oct-96
DEVON 12 Existing SWCT 38 29 GT 1-Oct-96
DEVON 13 Existing SWCT 39 30 GT 1-Oct-96
DEVON 14 Existing SWCT 40 30 GT 1-Oct-96
NORWALK HARBOR 10 (3) Existing NOR 17 12 GT 1-Oct-96
PPL WALLINGFORD UNIT 1 Existing SWCT 48 43 GT 31-Dec-01
PPL WALLINGFORD UNIT 2 Existing SWCT 51 40 GT 7-Feb-02
PPL WALLINGFORD UNIT 3 Existing SWCT 48 43 GT 31-Dec-01
PPL WALLINGFORD UNIT 4 Existing SWCT 48 42 GT 23-Jan-02
PPL WALLINGFORD UNIT 5 Existing SWCT 52 41 GT 7-Feb-02
WATERSIDE POWER Existing NOR 73 71 GT 1-May-04
PIERCE STATION Existing SWCT 95 75 GT 1-Oct-07
COS COB 13 Existing NOR 24 19 GT 29-May-08
COS COB 14 Existing NOR 23 20 GT 29-May-08
ROCKY RIVER Existing SWCT 29 29 PS 1-Jan-28
JOHN STREET #3 Existing SWCT 2 2 IC 26-Sep-07
JOHN STREET #4 Existing SWCT 2 2 IC 26-Sep-07
JOHN STREET 5 Existing SWCT 2 2 IC 1-Nov-07

WATERBURY GENERATION New SWCT 96 96 GT 1-Jul-09 [1]
DEVON 15 - 18 Planned SWCT 197 188 GT 1-Jun-10 [2]

SW Connecticut (including Norwalk) Subtotal: 1,094 944

FRANKLIN DRIVE 10 Existing CT 21 15 GT 1-Nov-68
MIDDLETOWN 10 Existing CT 22 17 GT 1-Jan-66
NORWICH JET Existing CT 19 15 GT 1-Sep-72
SO. MEADOW 11 Existing CT 47 36 GT 1-Aug-70
SO. MEADOW 12 Existing CT 48 38 GT 1-Aug-70
SO. MEADOW 13 Existing CT 48 38 GT 1-Aug-70
SO. MEADOW 14 Existing CT 46 37 GT 1-Aug-70
TORRINGTON TERMINAL 10Existing CT 21 16 GT 1-Aug-67
TUNNEL 10 Existing CT 22 17 GT 1-Jan-69
MONTVILLE 10 and 11 Existing CT 5 5 IC 1-Jan-67

PSEG NEW HAVEN Planned CT 146 130 GT 1-Jun-12 [2]
MIDDLETOWN 12 and 13 Planned CT 197 186 GT 1-Jun-11 [2]

Rest-of-Connecticut Subtotal: 642 550

Available for SW Connecticut LFRM: 1,094 944
Available for Greater Connecticut LFRM: 1,736 1,494

Sources and Notes:
Source: 2009 CELT; excludes a small amount of new capacity (16 MW) with no resource name.
[1]: Capacity CfD winner, Winter value not in 2009 CELT so conservatively assumed equal to summer value.
[2]: Peaking generation RFP winner; values based on executed contracts filed at CT DPUC.  

 



 1-10

1.D ENERGY NEEDS 

In addition to resources needing to reliably meet demand during peak hours, the ISO needs 
resources to meet total demand for energy in all hours.  These needs can be met by any 
combination of resources, but they are primarily met by low variable cost, baseload generation 
such as renewable, nuclear, and coal resources, and some efficient gas combined cycle resources. 
 
In the 2009 CELT report, the ISO projects significantly lower energy needs compared to the 
2008 CELT report.  This is consistent with the recent economic downturn and corresponding 
decline in actual energy use from 2007 through 2009.  For the system as a whole, the ISO 
projects that energy needs will reach 2007 levels again by 2012, and for Connecticut by 2017.  
Although projected energy needs have declined, the development of future resources such as new 
renewables for RPS, new energy efficiency, and other baseload will play a key role in meeting 
future energy needs, particularly if energy needs increase due to higher than expected economic 
growth or lower than expected energy prices.  Figure 1.3 and Figure 1.4 show the ISO’s 2007, 
2008, and 2009 CELT 50/50 energy forecasts for Connecticut and the ISO, respectively.  The 
figures also include lines indicating actual energy use in 2007 and 2008. 
 
The 2009 CELT 50/50 energy forecast also incorporates information on energy efficiency.  The 
energy forecast is explicitly reduced to account for the impact of CFLs.  Implicitly, the forecast 
also reflects a continuation of “business-as-usual” efficiency improvements, since the forecast is 
based on an extrapolation of historical growth rates that were tempered by past efficiency 
improvements.  The ISO has not quantified this implicit effect on the CELT energy forecast.  We 
had to estimate it in order to determine how much of the EDCs’ planned and proposed DSM 
programs described in Section III.2 (DSM) are already accounted for in the CELT energy 
forecast, and how much of their effect should be subtracted from the CELT forecast to estimate 
net energy for load in Connecticut.  We compared the EDC EE projections to historic EE levels 
and determined that the Reference-level EE projections are consistent with business-as-usual 
efficiency improvements.  Thus, we concluded that the future effects of the Reference-level EE 
are already accounted for in the CELT energy forecast, so no adjustments were necessary in 
Connecticut.  However, a similar analysis of efficiency programs in Massachusetts indicated that 
planned EE (through 2011) exceeds our estimated business-as-usual baseline by 651 GWh, so we 
subtracted that amount from the CELT energy forecast. 
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Figure 1.3 
ISO-NE CELT Energy Forecast for the Connecticut Sub-Area: 2007, 2008, and 2009 
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Figure 1.4 
ISO-NE CELT Energy Forecast for the Entire ISO: 2007, 2008, and 2009 
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1.E GENERATION RESOURCES 

Generation online as of January 1, 2009 is documented in the 2009 CELT.  The amount of 
planned new generation is estimated using information from several sources, including results 
from the ISO’s FCAs, projects listed in the ISO generation interconnection queue, state docket 
and RFP information, publicly-available information on generation development and contracting, 
and other third-party data.  Only projects cleared in FCM, under construction, or contracted have 
been counted in this IRP for meeting future reliability needs, with the exception of additional 
assumed new renewable generation to meet RPS requirements.  Table 1.4 and Table 1.5 list all 
planned generation projects considered, including those that we do not count toward future 
reliability needs.  The MW by type and state of additional new renewable generation assumed in 
each year is listed separately in Table 1.6.  150 MW of new renewable resources has already 
been contracted in Connecticut through the state’s “Project 150” RFP.  An additional 103 MW of 
new renewable generation is assumed to be developed in Connecticut and 4,712 MW for ISO-
NE by 2020, corresponding to 83 MW and 1,467 MW in capacity value, respectively.16  The 
derivation of these values is based on the analysis presented in the Renewables section of this 
IRP, with the assumption that renewable portfolio standard requirements are met region-wide 
and not exceeded. 

                                                 
16  Reflects the capacity value of these units, with onshore wind derated to 20 percent, offshore wind derated 

to 26 percent, and solar resources derated to 40 percent. 
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Table 1.4 
Planned New Units Included as Available Future Resources 

(Includes Traditional Generation Only) 
 
Unit Name Unit Type Zone Installation 

Date
Summer 
Capacity Note

(MW)

PLANNED NEW UNITS
Kleen Energy Project NCC Rest of CT 6/1/2010 620 DPUC PA 05-01 Contract[1]; summer MW increased per FCM auction results
New Haven Harbor GT Rest of CT 6/1/2012 130 Connecticut Peaking Generation Contract
Devon 15 - 18 NGT South Western CT 6/1/2010 188 Connecticut Peaking Generation Contract
Middletown 12 & 13 NGT Rest of CT 6/1/2011 186 Connecticut Peaking Generation Contract
Thomas A. Watson NGT NE MA Boston 6/1/2010 105 Cleared in FCA#1
Ansonia Generating Facili ty NGT South Western CT 6/1/2010 60 Cleared in FCA#1
Swanton Gas Turbine 1 NGT Vermont 6/1/2010 20 Cleared in FCA#1
Swanton Gas Turbine 2 NGT Vermont 6/1/2010 20 Cleared in FCA#1

EXPANSIONS AT EXISTING SITES
Millstone Point 3 expansion NU Rest of CT 6/1/2010 80 Cleared in FCA#1
Lake Road 1 expansion NCC Rhode Island 6/1/2010 6 Cleared in FCA#1
Lake Road 2 expansion NCC Rhode Island 6/1/2010 15 Cleared in FCA#1

Total 1,430

Notes:
Excludes all  planned new renewables.
[1]: Ameresco (5 MW) wil l be counted demand-side; Waterbury (96 MW) is already online.  
 
 

Table 1.5 
Units Contracted under Connecticut Project 150 Contracts  

(Renewable Generation Only) 
 
Unit 
Name

RFP 
Round # Unit Type

Nameplate 
Capacity Location

Installat ion 
Date

Development 
Status

Assumed 
Probability of 
Development

Expected 
Capacity 
(Derated)

(MW) (%) (MW)
[1] [2] [3] [4] [5] [6] [7] [8] [9]

Watertown Renewable Power 1 Biomass/Biofuels 15 Watertown, CT 12/31/11 Proposed 55% 8
Plainfield Renewable Energy 2 Biomass/Biofuels 30 Plainfield, CT 11/1/11 Permitted 70% 21
DFC-ERG Milford 2 Fuel Cells 9 Milford, CT 5/29/10 Proposed 55% 5
Clearview Renewable Energy 2 Biomass/Biofuels 30 Bozrah, CT 12/1/11 App Pending 60% 18
Clearview East Canaan Energy 2 Biomass/Biofuels 3 North Canaan, CT 6/1/10 Proposed 55% 2
Hospital Energy Development (Waterbury Hospital) 2 Fuel Cells 2 Waterbury, CT 12/31/10 Proposed 55% 1
Hospital Energy Development (Stamford Hospital) 2 Fuel Cells 5 Stamford, CT 12/31/10 Proposed 55% 3
South Norwalk Renewable Generat ion 2 Landfil l Gas 30 South Norwalk, CT 6/1/11 Proposed 55% 17
Cube Fuel Cell 3 Fuel Cells 3 Danbury, CT 7/1/11 Proposed 55% 2
DFC-ERG Glastonbury 3 Fuel Cells 3 Glastonbury, CT 7/1/11 Proposed 55% 2
DFC-ERG Trumbull 3 Fuel Cells 3 Trumbull, CT 6/1/11 Proposed 55% 2
DFC-ERG Bloomfield 3 Fuel Cells 4 Bloomfield, CT 5/1/11 Proposed 55% 2
Bridgeport Fuel Cell Park 3 Fuel Cells 15 Bridgeport, CT 1/1/11 Proposed 55% 8

Total 153 90

Sources and Notes:
[1]-[6]: Data on renewables contracted under DPUC docket no. 07-06-61.

[7]: Status based on data compiled by Ventyx Energy, The Velocity Suite.
[8]: The derating is based on both technology and progress toward completion.
[9]: =[4]*[8].  
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Table 1.6 
Additional New Renewable Generation Assumed to Meet RPS 

 
Technology 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

NEW ENGLAND
Biomass/Biofuels 0 36 72 109 145 183 221 253 286 318 350 382
Fuel Cells 0 8 15 23 30 36 42 47 52 57 61 66
Landfill Gas 0 9 18 27 36 37 38 39 40 41 42 43
Small Hydro 0 1 2 2 3 8 12 16 19 23 27 31
Solar PV 0 33 66 99 131 151 171 192 213 234 254 275
Wind

w/ existing transmission 0 60 120 180 239 239 239 239 239 239 239 239
incremental w/ transmission 0 0 0 0 0 257 514 751 988 1,225 1,462 1,699
base case total 0 60 120 180 239 497 754 991 1,228 1,465 1,702 1,939

Offshore Wind
w/ existing transmission 0 92 184 275 367 367 367 367 367 367 367 367
incremental w/ transmission 0 0 0 0 0 257 514 751 988 1,225 1,462 1,699
base case total 0 92 184 275 367 624 881 1,118 1,355 1,592 1,829 2,066

New England: Total Supply with New Transmission
Nameplate capacity 0 238 476 714 952 1,536 2,120 2,656 3,193 3,729 4,266 4,802

Project 150 0 11 90 90 90 90 90 90 90 90 90 90
Nameplate capacity, excluding p.150 0 227 386 624 862 1,446 2,030 2,566 3,103 3,639 4,176 4,712
Capacity value, excluding p.150 0 80 160 240 320 496 672 831 990 1,149 1,308 1,467

New England: Adjustment to Supply Assuming No New Transmission
Nameplate, compared to with Tx 0 0 0 0 0 (514) (1,029) (1,503) (1,977) (2,451) (2,925) (3,399)
Capacity value, excluding p.150 0 0 0 0 0 (118) (237) (346) (455) (564) (673) (782)

CONNECTICUT
Biomass/Biofuels 0 13 25 38 51 53 55 57 60 62 64 66
Fuel Cells 0 8 15 23 30 36 42 47 52 57 61 66
Landfill Gas 0 5 10 15 20 21 22 23 24 25 26 27
Small Hydro 0 0 0 0 0 0 0 0 0 0 0 0
Solar PV 0 6 12 18 24 25 27 28 30 31 33 34

Connecticut: Total Supply
Nameplate capacity 0 31 62 93 124 135 146 156 165 174 184 193

Project 150 0 11 90 90 90 90 90 90 90 90 90 90
Nameplate capacity, excluding p.150 0 21 (28) 3 34 45 56 65 75 84 94 103
Capacity value, excluding p.150 0 5 10 15 20 30 40 49 57 66 74 83

Sources and Notes:
Solar PV values include 28 MW of existing solar ISO-wide that is not included as existing in this section of this IRP.
For further discussion on the derivation of these values see the Renewables section of this IRP.
Unless noted otherwise all values are nameplate capacity, and include project 150 capacity.  
 
 

1.F UNIT RETIREMENTS   

Projected capacity surpluses and likely environmental requirements may cause some of the older 
oil- and gas-fired steam units to retire.  We have analyzed potential retirements under all 
resource strategies and scenarios by evaluating unit costs and revenues, where the costs include 
primarily fixed O&M and capital expenditures necessary to comply with likely environmental 
regulations, and the revenues include capacity and energy margins.  The capacity revenues are 
solved jointly with the retirement (and mothball) decisions by letting prices descend until 
sufficient capacity delists for the market to clear or reach a price floor.  At the “optimum,” each 
unit should be making profit-maximizing short-term decisions (operate versus mothball) and 
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long-term decisions (invest in environmental controls versus retire).  The assumptions and 
interdependent components of this multi-period analysis are described below, followed by an 
explanation of results and sensitivity analyses. 
 

1.F.1 Assumptions 

Potential Environmental Regulations Requiring Major Capital Expenditure 

All units are assumed to be required to meet region-wide NOX emission rate limits of 0.125 
lbs/MMBtu by 2013 and 0.07 lbs/MMBtu by 2017 to facilitate region-wide Federal National 
Ambient Air Quality Standards (NAAQS) compliance, including Connecticut compliance under 
Clean Air Interstate Rule (CAIR).  These rate limits were developed in consultation from the 
Connecticut Department of Environmental Protection (CT DEP, or DEP), and are based on 
Ozone Transport Commission (OTC) studies and recommendations on achievable NOX rate 
targets.  Non-compliant units with NOX emission rates of 0.25 lbs/MMBtu or below are assumed 
to be able to meet the 2013 limit with temporary measures at relatively little cost, such as with a 
selective non-catalytic reducer (SNCR) or through adjustments to fuel or operations.  These units 
must install a selective catalytic reducer (SCR) to meet the 2017 emission rate limit.  All other 
non-compliant units must install a SCR to meet the 2013 and 2017 emission rate limits.  To meet 
these emission rate requirements we also assume the following: 

• SCR capital costs: Estimates of the overnight capital cost of SCR installation at 
Middletown 4, Montville 6, and Norwalk Harbor 1 & 2 have been provided by DEP staff.  
At Middletown 4 a SCR is assumed to cost $113/kW, $110/kW at Montville 6, $123/kW 
at Norwalk Harbor 1, and $119 at Norwalk Harbor 2.  A capacity-weighted average of 
these values, $114/kW, is assumed for all other units. 

• SCR revenue requirement: The SCR capital cost is expressed in terms of a 10-year 
annuitized revenue requirement.  This is derived using a capital charge rate of 22.5 
percent, assuming 50/50 debt-to-equity ratio, a debt rate of 7 percent, and a 15 percent 
return on equity reflecting risk associated with merchant generation.  There are also 
relatively small fixed O&M costs. 

• SCR emission rate reduction: 90 percent. 

• Newington 1 exemption: Newington 1, a 400 MW steam oil/gas unit in New Hampshire, 
is supported through Public Service New Hampshire’s (PSNH) Energy Service (ES) rate, 
and is assumed to provide sufficient value to ES customers to warrant investing in an 
SCR in 2017 and operate in all year. 

Fixed O&M While Operating or Mothballed 

Data on unit-specific Fixed O&M (FOM) are based on reliability agreements with the ISO and 
data compiled by Ventyx.  If either (1) unit-specific data are unavailable, or (2) the unit-specific 
FOM value is inconsistent with FCA de-list bids or lack thereof, then we assume generic FOM 
values of $30-34/kW-year. Rather than retiring permanently, a unit may choose to temporarily 
go offline (“mothball”) during poor market conditions, and then return online when market 
prices are more favorable. The annual cost to mothball a unit is assumed to be one-half of FOM 
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cost. Depending on a unit's energy margins, capacity payments, and investment requirements, it 
may be more favorable to operate with a small loss in some years rather than incur a mothball 
cost, or retire permanently and forego future net revenues.  

Energy Market Revenues 

Unit-specific energy margins are based on market simulation results for each of the study years 
2013, 2015, and 2020.  Energy margins are interpolated between study years, and are assumed to 
stay constant in real terms after 2020. 

Capacity Prices 

Capacity prices are determined using an iterative calculation in each year 2013-2030, using each 
unit’s economics (capital cost, operating cost, energy margins).  Capacity prices are initially set 
to high values, and then are lowered to clear the capacity market of its surplus in each year.  
Figure 1.5 shows projected capacity prices for the period 2013-2030 for the Base Case.   
 
 

Figure 1.5 
Projected Capacity Prices (prorated) 

2013-2030 
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Due to the large projected market surplus in the next ten years, prices drop to low levels in the 
near term.  A price floor of $3/kW-month is enforced through May 2016 based on recent ISO 
discussions with market participants.  After the price floor capacity prices drop to very low 
levels, then make a slow recovery over the next five years.  In later years, prices must be higher 
to clear the market and eventually approach the net cost of new entry (CONE).  The 2013-2030 
capacity price trajectory is roughly optimized such that a resource deficit begins in the same year 
price reaches CONE of a new combined cycle unit.  The market is assumed to reach a long-term 
equilibrium with prices at net CONE of a new combustion turbine unit approximately 4-5 years 
later.  Values for net CONE are based on PJM capital cost estimates, adjusted downward for the 
recent downturn in construction costs, and preliminary market simulation results.  Net CONE 
values are shown in Table 1.7.  Capacity prices were developed in the same manner as the Base 
Case for all strategies and scenarios. 
 
 

Table 1.7 
Estimates of Net CONE for New Combustion Turbine and Combined Cycle Units 

Combustion
Turbine

Combined
Cycle

Overnight cost (2008 $/kW) [1] $720 $1,131
Economic downturn multiplier from CERA [2] 79% 79%
Adjusted cost (2010 $/kW) $576 $906

Annual capital carrying charge rate (%) [3] 13.10% 10.65%
Annual capital carrying charge (2010 $/kW-Yr) [4] $75 $96

FOM (2008 $/kW-Yr) [5] $27 $30
(2010 $/kW-Yr) $27 $30

Energy Margin (incl. spin + uplift) (2010 $/kW-Yr) [6] $38 $77

Cost of New Entry (CONE) (2010 $/kW-Yr) [7] $65 $50
(2010 $/kW-Mo) $5.4 $4.2

Sources and Notes:
[1]: Combined Cycle: PJM updated net cone assumptions for CC; 

PJM CMEC meeting materials Sept 4, 2008; see 
See http://www.pjm.com/committees/cmec/downloads/20080904-item-04a-pasteris-cone-cc-update.pdf.
Combustion Turbine: "Proposed Update to CONE" Excel file to accompany 2011/12 capacity 
market auction assumptions.
See http://www.pjm.com/markets-and-operations/rpm/rpm-auction-user-info.aspx#Item05.

[2]: Based on CERA Power Capital Costs Index.
See http://www.cera.com/aspx/cda/public1/news/pressReleases/pressReleaseDetails.aspx?CID=10429.

[3]: 2008 IRP, Tables C1 & C.2.
[4]: = [1]*[3].
[5]: 2008 IRP, Tables C1 & C.2.
[6]: Based on preliminary market simulation results for representative units.
[7]: = [4]+[5]-[6].  

 
 
1.F.2 Methodology 

For each resource strategy and scenario retirements and mothballing are determined iteratively, 
along with capacity prices.  Both are roughly optimized such that the capacity market clears in 
the initial years, and the capacity market reaches equilibrium such that the capacity price reaches 
net CONE in the year an ISO-wide resource deficit begins. 
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Each unit faces a two-part decision:  (1) in each year would it be better to operate and incur any 
required expenses or mothball, and (2) given the long-term outlook would it be better to 
permanently retire? 

Mothball Versus Operate 

Prior to making a decision on permanent retirement, some units may find it more economic to 
mothball in a given year in order to either delay incurring major capital costs or to avoid losses in 
years with extremely low capacity prices.  The retirement analysis includes as an initial step a 
year-by-year assessment of unit decisions to either mothball or operate.  In each year, a unit is 
assumed to mothball if its required SCR capital cost, expressed as the portion of the 10-year 
annuitized SCR revenue requirement over and above its cost to mothball, plus net operating 
expenses, exceed its cost to mothball (½ FOM).  Once the SCR capital cost is incurred it is 
considered “sunk” and is not included in the decision to mothball versus retire in subsequent 
years.  For example, a unit that must install a SCR in 2013 in order to operate will mothball if its 
cost to mothball is less than SCR capital cost plus net operating expenses.  If it is more economic 
to install the SCR and operate, then in 2014 it will mothball only if its net operating expenses 
exceed its cost to mothball. 
 
In the next step of the retirement analysis these year-by-year decisions to mothball versus operate 
are used to develop long-term net revenue projections for each unit, which are then used to 
determine which units will likely retire.  Key factors for the next step are (1) the year of SCR 
installation, if needed, and (2) cumulative net revenues, including SCR capital costs, over time. 

Permanent Retirement 

Using the results of the annual mothball versus operate decision, we calculate each unit’s annual 
net revenue including only the cost to mothball in a mothball year, and during operations the 
capital cost of SCR installation (again, expressed as a 10-year annuitized revenue requirement, 
over the full 10 years after SCR investment) if required, plus net operating costs.  If a unit cannot 
recover all of its costs, including any cumulative losses prior to the SCR investment, in 
cumulative 2013 PV terms within 8 years after SCR investment, then it is assumed to retire.  A 
given unit will retire in either 2013 or, if it does not need to install a SCR to meet the 2013 limit, 
may retire in a later year to capture net revenues before 2017. 

1.F.3 Results 

Unit-level results are provided in Table 1.8 and Table 1.9 for the Base Case.  Table 1.9 includes 
an explanation by unit of unit-level economics including SCR investment and retirement. 
 
This analysis results in 2,446 MW existing steam oil and gas capacity retired ISO-wide, as 
follows: 

• Permanently retired units in Connecticut (1,504 MW): Bridgeport Harbor 2, 
Middletown 3, Middletown 4 (marginal),17 Montville 6 (marginal), Norwalk Harbor 1-2. 

                                                 
17  These units may not retire given slightly different assumptions. 
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• Permanently retired units in other states (942 MW): Cleary 8, West Springfield 3, 
Yarmouth 1-4.  

• Mothballed units: none. 

 
Table 1.10 shows the resulting impact on ICR resource adequacy.  With 2,446 in unit retirements 
the ISO still has sufficient resources through 2020, although the resource surplus drops from 
2,686 to 240.  Connecticut would also have sufficient resources through 2020 to meet 
requirements under both CT LSR and CT TSA. 
 
In addition for the Base Case, several sensitivities to address some uncertainties in this analysis 
that could have significant impacts on the results were performed: 

• No emission rate limit: This sensitivity tests for potential economic retirements without 
additional capital cost requirements.  Prices reach the 2013-2015 price floor, drop to 
extremely low levels (about $1/kW-month) after the price floor is removed, and do not 
recover until 2024.  Capacity prices increase thereafter and reach net CONE by 2027.  In 
this sensitivity there are only 459 MW in permanent retirements ISO-wide, and 330 MW 
in Connecticut.   

• High mothball cost: This sensitivity increases the cost to mothball from 50 percent of 
FOM to 75 percent of FOM, testing the impact of lower cost savings for mothballed 
units.  With this cost increase there are 410 MW in additional retired capacity, including 
Middletown 4 (CT) and Cabot 8 (MA).  Both units are marginal, and retire due to much 
lower capacity prices in 2016-19, which causes them to carry cumulative net losses even 
eight years after SCR installation in 2017.  Prices are lower initially (then higher) than the 
original case.  This is because the high mothball cost allows prices to drop a lot before 
there would be scarcity.  The lower prices in turn cause slightly higher retirements.  

• No emission rate limit and extended price floor: This sensitivity tests for potential 
retirements under continued surplus conditions.  Capacity permanently retired is the same 
as under the no emission rate limit sensitivity, but capacity prices remain at the price 
floor through 2026, before reaching net CONE in 2027. 

• High merchant cost of equity: This sensitivity examines merchant risk associated with 
uncertain SCR capital cost values by raising return on equity (ROE).  Assumed merchant 
ROE is increased from 15 percent to 20 percent.  This increases the total capital cost of a 
SCR by increasing the levelized annual revenue requirement from 19.4 percent to 22.5 
percent.  It also increases the value of short-term net revenues by increasing the real 
discount rate on cash flows from 7.3 percent to 9.7 percent. 
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Table 1.8 
Base Case Cumulative NPV of Net Revenues, Assuming No Retirement (after-tax $/kW-yr) 

Includes 10-year annuitized revenue requirement of SCR of approx. $22/kW-yr, (indicated with bold text) 
The data used to determine retirements are shaded 

 

Unit Capacity State FOM 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 2027 2028 2029 2030
(MW) ($/kW-Yr)

(2010 $)

BRIDGEPORT HARBOR 2 130 CT 30 (12) (22) (31) (47) (58) (61) (62) (62) (60) (58) (49) (40) (31) (23) (15) (8) (1) 5
MIDDLETOWN 2 117 CT 30 2 4 7 3 (7) (9) (9) (8) (6) (3) 1 6 10 14 22 29 36 43
MIDDLETOWN 3 236 CT 30 (10) (19) (27) (41) (51) (53) (53) (52) (50) (47) (38) (28) (19) (10) (2) 5 12 19
MIDDLETOWN 4 400 CT 30 0 1 2 (4) (15) (18) (19) (19) (18) (16) (13) (9) (6) (3) 5 12 18 24
MONTVILLE 5 81 CT 30 3 7 12 9 1 1 3 6 10 15 20 26 32 37 46 55 63 71
MONTVILLE 6 407 CT 30 (0) (1) (1) (8) (20) (23) (25) (25) (24) (22) (19) (16) (13) (9) (2) 5 11 17
NEW HAVEN HARBOR 448 CT 30 1 2 3 (3) (14) (17) (18) (17) (15) (12) (8) (4) 0 4 12 19 26 33
NORWALK HARBOR 1 162 CT 66 (18) (34) (50) (64) (78) (95) (109) (121) (130) (138) (145) (150) (155) (159) (163) (162) (162) (161)
NORWALK HARBOR 2 168 CT 66 (18) (34) (50) (64) (78) (95) (109) (122) (132) (140) (147) (153) (158) (162) (167) (167) (167) (166)
BRAYTON PT 4 435 MA 30 1 3 5 0 (10) (12) (13) (12) (10) (7) (3) 2 6 9 17 25 32 38
CANAL 1 573 MA 30 0 1 1 (5) (7) (1) 6 14 23 33 42 53 62 71 79 86 93 100
CANAL 2 545 MA 30 1 3 5 (0) (10) (13) (13) (12) (10) (7) (3) 1 6 10 18 25 32 39
CLEARY 8 26 MA 34 (15) (29) (42) (59) (73) (79) (82) (85) (85) (85) (78) (71) (64) (57) (51) (45) (40) (35)
HOLYOKE 6/CABOT 6 10 MA 34 (1) (1) 1 (5) (15) (17) (17) (15) (13) (10) (6) (1) 4 8 16 24 31 38
HOLYOKE 8/CABOT 8 10 MA 34 (1) (1) (1) (7) (18) (21) (21) (19) (17) (13) (9) (4) 0 5 13 21 28 35
KENDALL STEAM 1 2 3 53 MA 34 0 1 3 (2) (12) (14) (13) (10) (7) (3) 2 8 13 18 26 35 43 50
MYSTIC 7 578 MA 30 3 7 12 11 5 7 12 18 25 32 40 48 56 63 74 85 95 104
SALEM HARBOR 4 437 MA 30 2 4 6 1 (7) (7) (5) (0) 5 11 17 25 31 37 47 57 66 74
WEST SPRINGFIELD 3 94 MA 30 0 1 3 (3) (14) (17) (18) (18) (17) (14) (11) (7) (4) (0) 7 14 21 27
YARMOUTH 1 52 ME 34 (2) (5) (8) (15) (22) (28) (32) (34) (35) (35) (34) (32) (30) (29) (27) (21) (16) (11)
YARMOUTH 2 51 ME 34 (2) (5) (7) (15) (22) (28) (32) (34) (34) (34) (33) (31) (29) (27) (25) (20) (14) (9)
YARMOUTH 3 116 ME 30 0 0 0 (6) (12) (16) (19) (19) (19) (17) (15) (12) (9) (6) (3) 3 9 15
YARMOUTH 4 603 ME 30 (0) (0) (1) (7) (13) (17) (20) (20) (20) (18) (16) (12) (9) (7) (4) 3 9 15
NEWINGTON 1 400 NH 30 2 4 5 (1) (12) (16) (17) (18) (17) (15) (12) (9) (6) (3) 5 12 18 24

ISO-NE Net Installed Capacity Requirement (MW) 32,411 32,901 33,370 33,757 34,120 34,454 34,751 35,051 35,354 35,659 35,967 36,278 36,591 36,907 37,225 37,547 37,871 38,198
Resource Surplus (Deficit) without Retirements (MW) 4,175 3,925 3,622 3,262 3,027 2,890 2,790 2,686 2,383 2,078 1,770 1,459 1,146 830 512 190 (134) (461)

Final Retired/MB Capacity (MW) 825 825 825 2,446 2,446 2,446 2,446 2,446 2,446 2,446 2,446 2,446 2,446 2,446 2,446 2,446 2,446 2,446
Connecticut Only 696 696 696 1,504 1,504 1,504 1,504 1,504 1,504 1,504 1,504 1,504 1,504 1,504 1,504 1,504 1,504 1,504

All Mothballed Capacity 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0
Resource Surplus (Deficit) with Retirements (MW) 3,350 3,100 2,797 816 581 444 344 240 (63) (368) (676) (987) (1,300) (1,616) (1,934) (2,256) (2,580) (2,907)
Capacity Price with Retirements (2010$/kW-Year, prorated) 32 32 31 11 21 41 45 50 54 58 61 65 65 65 65 65 65 65

Floor In balance Supply deficit
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Table 1.9 
Base Case Final Unit Retirement Analysis Results, by Unit 

 

Unit Name 
Summer 
Capacity 

(MW) 
State 

Pre- 
Investme
nt NOX 

Rate 
(Reflects 

gas if 
available) 

Final 
Retirement 

Decision 
Notes and Observations 

BRIDGEPORT 
HARBOR 2 130 CT 0.43 Retire in 2013 Must install SCR in 2013 to operate.  In 2013 PV terms, its net revenues in later years when capacity prices are high do not 

offset its early investment cost. 
MIDDLETOWN 2 117 CT 0.15 Operate Can operate and wait until 2017 to install SCR; sees cumulative net gains 5 years after installing SCR. 

MIDDLETOWN 3 236 CT 0.31 Retire in 2013 Must install SCR in 2013 to operate.  In 2013 PV terms, its market gains in later years when capacity prices are high do not 
offset its early investment cost. 

MIDDLETOWN 4 400 CT 0.25 Retire in 2016 Can meet 2013 requirements without a SCR; sees very marginal cumulative net losses 8 years after installing SCR. 
MONTVILLE 5 81 CT 0.10 Operate Can operate and wait until 2017 to install SCR; has relatively high energy margins and sees cumulative net gains in all years. 

MONTVILLE 6 407 CT 0.20 Retire in 2016 Can meet 2013 requirements without a SCR, but has very low energy margins.  It sees marginal net losses in early years due 
to low capacity prices; with SCR investment it would not see cumulative net gains until 2026. 

NEW HAVEN 
HARBOR 448 CT 0.15 Operate Can operate and wait until 2017 to install SCR; sees cumulative net gains 8 years after installing SCR. 

NORWALK HARBOR 1 162 CT 0.21 Retire in 2013 Has extremely high FOM (even with $25 adjustment for Connecticut former “RMR” units). 
NORWALK HARBOR 2 168 CT 0.20 Retire in 2013 Has extremely high FOM (even with $25 adjustment for Connecticut former “RMR” units). 
BRAYTON PT 4 435 MA 0.24 Operate Can operate and wait until 2017 to install SCR; sees cumulative net gains 5 years after installing SCR. 
CANAL 1 573 MA 0.05 Operate Is not required to install a SCR in any year.  [maybe it already has one?] 
CANAL 2 545 MA 0.20 Operate Can operate and wait until 2017 to install SCR; sees cumulative net gains 5 years after installing SCR. 

CLEARY 8 26 MA 0.26 Retire in 2013 Must install SCR in 2013 to operate.  In 2013 PV terms, its market gains in later years when capacity prices are high do not 
offset its early investment cost. 

HOLYOKE 6/CABOT 6 10 MA 0.20 Operate Can operate and wait until 2017 to install SCR; sees cumulative net gains 8 years after installing SCR. 
HOLYOKE 8/CABOT 8 10 MA 0.20 Operate Can operate and wait until 2017 to install SCR; sees cumulative net gains 8 years after installing SCR. 
KENDALL STEAM 53 MA 0.20 Operate Can operate and wait until 2017 to install SCR; sees cumulative net gains 5 years after installing SCR. 
MYSTIC 7 578 MA 0.11 Operate Can operate and wait until 2017 to install SCR; has relatively high energy margins and sees cumulative net gains in all years. 
SALEM HARBOR 4 437 MA 0.22 Operate Can operate and wait until 2017 to install SCR; has relatively high energy margins and sees cumulative net gains in all years. 

WEST SPRINGFIELD 3 94 MA 0.14 Retire in 2016 Can meet 2013 requirements without a SCR, but has very low energy margins.  Slight net gains in early years due to low 
capacity prices; with SCR investment, it would not see cumulative gains until 2026 or later. 

YARMOUTH 1 52 ME 0.23 Retire in 2013 Can meet 2013 requirements without a SCR, but has very low energy margins.  Loses money in early years due to low 
capacity prices; with SCR investment, it would not see cumulative gains until 2026 or later. 

YARMOUTH 2 51 ME 0.25 Retire in 2013 Can meet 2013 requirements without a SCR, but has very low energy margins.  Loses money in early years due to low 
capacity prices; with SCR investment, it would not see cumulative gains until 2026 or later. 

YARMOUTH 3 116 ME 0.14 Retire in 2016 Can meet 2013 requirements without a SCR, but has very low energy margins.  No gains in early years due to low capacity 
prices; with SCR investment, it would not see cumulative gains until 2026 or later. 

YARMOUTH 4 603 ME 0.15 Retire in 2016 Can meet 2013 requirements without a SCR, but has very low energy margins.  Slight net losses in early years due to low 
capacity prices; with SCR investment, it would not see cumulative gains until 2026 or later. 

NEWINGTON 1 400 NH 0.17 Operate Unit is supported by customers through a cost based rate and is assumed to operate. 
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Table 1.10 
Base Case Impact of Retirements on Net ICR  

 

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Net Installed Capacity Requirement, no retirements (MW) 31,823 32,137 32,528 31,965 32,411 32,901 33,370 33,757 34,120 34,454 34,751 35,051
Total Installed Capacity (MW) 33,714 35,803 38,006 38,002 36,586 36,826 36,992 37,019 37,147 37,344 37,541 37,737
Retired Capacity (MW) 0 0 0 0 825 825 825 2,446 2,446 2,446 2,446 2,446

ISO-NE Surplus (Shortfall), no retirements (MW) 1,891 3,666 5,478 6,037 4,175 3,925 3,622 3,262 3,027 2,890 2,790 2,686
ISO-NE Surplus (Shortfall), with retirements (MW) 1,891 3,666 5,478 6,037 3,350 3,100 2,797 816 581 444 344 240
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1.G DEMAND-SIDE RESOURCES 

Demand-side resources, which include demand response (DR) and energy efficiency (EE), are 
widely heralded as low-cost resources, and energy efficiency reduces environmental emissions.18  
However, forecasting demand-side resources’ contributions to meeting reliability requirements 
presents a unique set of challenges.  The amount of demand-side resources depends strongly on 
year-to-year implementation of utility-based programs and marketing by third-party curtailment 
service providers, and these resources can be developed (or simply registered) with the ISO 
much more quickly than it takes new generation to be developed.  Other than being committed in 
the FCM, it is unclear with what certainty a planned demand-side resource will come online, 
since it does not typically meet publicly-known milestones in development like a new generator 
going into construction does. 
 
Another challenge is in estimating the responsiveness and availability of DR.  Responsiveness at 
a customer site can vary a great deal depending on day or time of day, site conditions, and 
weather conditions.  At the start of FCM, the ISO had assumed 100 percent availability of 
demand-side resources and recognized the additional capacity value of that availability by 
grossing-up demand reduction values by the delivery year’s reserve margin.  The ISO has since 
recognized that audits and other performance statistics indicate that the availability of these 
resources can be much lower than 100 percent.  Revisions to the ISO-NE Tariff to remove the 
reserve margin gross-up have been implemented, and these revisions apply to EE as well as 
DR.19  
 
To address these challenges we have attempted to recognize the potential for development of 
new demand-side resources, while being conservative about how much can be expected to meet 
reliability requirements.  We have: 

• Counted the EDC’s planned Reference Strategy EE20; 

• Counted all non-EDC EE resources committed in FCA#1 (assumed to be online by 
2010), FCA#2 (assumed to be online by 2011), and FCA#3 (assumed to be online by 
2012); 

• Counted all DR (“active demand-side resources”) committed in FCAs#1-3, but limited 
real-time emergency generation to 600 MW in accordance with ISO rules; 

                                                 
18  Demand response refers to resources that can be actively dispatched during peak hours or system 

emergencies (e.g., direct load control, distributed generation), and energy efficiency refers to passive 
resources that cannot be dispatched but reduce load during pre-specified times and days (e.g., efficient 
commercial lighting, efficient home appliances).  

19  “Reserve Margin ‘Gross-Up’ for Demand Resources,” ISO New England presentation by Bob Ethier and 
Henry Yoshimura, August 27, 2008.  Available at http://www.iso-ne.com/committees/comm_wkgrps/ 
mrkts_comm/mrkts/mtrls/2008/sep24252008/a6_iso_presentation_09_17_08.ppt. 

20  See the DSM Section of this report for further discussion. 
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• Counted a small amount (81 MW ISO-wide) of economic DR currently participating in 
the ISO markets; 

• Assumed additional EE resources developed in Massachusetts to meet the state’s short-
term EE goals; and 

• Removed the reserve margin gross-up from the capacity value of all demand-side 
resources starting in 2012, consistent with current ISO-NE capacity market rules. 

 
Table 1.11 and Table 1.12 summarize Reference Strategy DR and EE for Connecticut and total 
ISO, respectively.21  As discussed previously the ISO’s 2009 CELT peak load forecast already 
includes the impact of CFLs, so all EE values are reduced by an estimate of retail products to 
prevent double-counting of these measures. 
 
 

Table 1.11 
Reference Strategy DSM in Connecticut 

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Gross-up Factor for Losses (MW) [1] 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08
Gross-up Factor for Reserves (MW) [2] 1.15 1.14 1.16 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00

Total DR and EE Cleared in FCA#1-3 (at capacity value) [3]
DR, excluding RTEG (MW) [4] 288 313 273
DR - RTEG (MW) [5] 342 269 203
EE (MW) [6] 218 370 365
Total (MW) [7] 848 952 841

Reference Level DR (at capacity value) [8]
DR cleared in FCA#1-3, net of RTEG cap (MW) [9] 446 444 469 429 429 429 429 429 429 429 429 429
Additional economic DR (MW) [10] 7 7 7 7 7 7 7 7 7 7 7 7
Total DR (MW) [11] 453 451 476 436 436 436 436 436 436 436 436 436

Reference Level EE (at capacity value) [12]
DR cleared in FCA#1-3, net of CFLs (MW) [13] 226 185 314 336 345 353 353 353 365 365 365 365
Additional planned EE (MW) [14] 0 0 0 0 43 85 125 164 204 242 280 317
Total EE (MW) [15] 226 185 314 336 388 437 477 517 568 607 644 681

Total Reference Level DR and EE (at capacity value) (MW) [16] 678 636 790 771 824 873 913 952 1,004 1,043 1,080 1,117

Sources and Notes:
[3]: Reflects values reported by the ISO; see http://www.iso-ne.com/markets/othrmkts_data/fcm/index.html.  All values include gross-up factors in [1] & [2].
[4]: All "active" demand resources, excluding real-time emergency generation.
[5]: All "active" real-time emergency generation resources; values may exceed Connecticut's share of the ISO-wide RTEG cap of 600 MW.
[6]: All "passive" demand resources.
[9]: Sum of [4] & [5], with RTEG limited to Connecticut's share of the ISO-wide RTEG cap of 600 MW.
10]: Includes Real-Time Price Response DR (economic DR) as of 7/1/2009.  See ISO-NE presentation "Demand Response" NPC Meeting - July 7, 2009 Posting COO report, page 4.
13]: Values are grossed down by estimated share of Retail Products already included in the ISO's load forecast.
14]: Additional EE planned by EDCs in 2013-2020.
16]: Sum of [11] and [15].  
 
 

                                                 
21  Note that for production cost modeling purposes EE is treated on the demand side as a load reducer, and 

DR is treated on the supply side as resources dispatchable at certain prices. 
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Table 1.12 
Reference Strategy DSM ISO-Wide 

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Gross-up Factor for Losses (MW) [1] 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08
Gross-up Factor for Reserves (MW) [2] 1.15 1.14 1.16 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00

Total DR and EE Cleared in FCA#1-3 (at capacity value) [3]
DR, excluding RTEG (MW) [4] 979 1,200 1,194
DR - RTEG [5] 875 759 630
EE (MW) [6] 700 978 1,073
Total (MW) [7] 2,554 2,937 2,898

Reference Level DR (at capacity value) [8]
DR cleared in FCA#1-3, net of RTEG cap (MW) [9] 1,585 1,579 1,800 1,794 1,794 1,794 1,794 1,794 1,794 1,794 1,794 1,794
Additional economic DR (MW) [10] 81 81 81 81 81 81 81 81 81 81 81 81
Total DR (MW) [11] 1,666 1,660 1,881 1,876 1,876 1,876 1,876 1,876 1,876 1,876 1,876 1,876

Reference Level EE (at capacity value) [12]
DR cleared in FCA#1-3, net of CFLs (MW) [13] 608 594 830 987 1,014 1,037 1,037 1,037 1,073 1,073 1,073 1,073
Additional planned EE (MW) [14] 0 34 119 103 146 187 227 267 306 345 382 419
Total EE (MW) [15] 608 628 949 1,090 1,160 1,224 1,264 1,304 1,379 1,417 1,455 1,492

Total Reference Level DR and EE (at capacity value) (MW) [16] 2,274 2,288 2,830 2,965 3,036 3,100 3,140 3,179 3,255 3,293 3,331 3,368

Sources and Notes:
[3]: Reflects values reported by the ISO; see http://www.iso-ne.com/markets/othrmkts_data/fcm/index.html.  All values include gross-up factors in [1] & [2].
[4]: All "active" demand resources, excluding real-time emergency generation.
[5]: All "active" real-time emergency generation resources; values may exceed the ISO-wide RTEG cap of 600 MW.
[6]: All "passive" demand resources.
[9]: Sum of [4] & [5], with RTEG limited to the ISO-wide RTEG cap of 600 MW.
10]: Includes Real-Time Price Response DR (economic DR) as of 7/1/2009.  See ISO-NE presentation "Demand Response" NPC Meeting - July 7, 2009 Posting COO report, page 4.
13]: Values are grossed down by estimated share of Retail Products already included in the ISO's load forecast.
14]: Additional EE planned by EDCs in 2013-2020, plus an additional amount is assumed in MA to meet 2010 and 2011 short-term goals beyond business-as-usual levels.
16]: Sum of [11] and [15].  
 
 
A concern for the ISO and market participants is the impact of increased levels of active 
demand-side resources, DR in Tables 1.11 and 1.12 above, on system reliability during shortage 
hours.  As DR are committed for reliability in larger amounts, they will be called more often 
during critical peak hours, including hours during shoulder months and off-peak periods.  Since 
DR are limited in what hours in the year they can perform, it is unclear at what amount of 
concentration they will start to be called during times when they are unable to perform.  In 
addition, customers enrolled in programs committed in FCM may not have a tolerance for an 
increased frequency of dispatch, and may drop out of programs to avoid undesired interruption 
of processes.  We have not analyzed the impact of the above concerns on resource needs, which 
is being discussed in the ISO stakeholder process. 
 

1.H NET IMPORTS AND TIE-LINE BENEFITS 

Net imports to the ISO-NE system in 2009 (58 MW), and 2013-2018 (334 MW in 2013, reduced 
to 6 MW by 2018) are consistent with those assumed in the 2009 CELT.  2019 and 2020 net 
imports are held constant at the 2018 value of 6 MW.  Net imports in 2010, 2011, and 2012 are 
consistent with those cleared in the ISO’s Forward Capacity Market auctions. 
 
Tie-line benefits are consistent with those assumed by the ISO in calculating system-wide ICR, 
and contribute 1,665 to 2,000 MW per year. 
 
Connecticut import capability cannot be used as a supply resource in meeting its LSR, but has a 
direct impact on the CT LSR itself.  The New England East-West Solution (NEEWS) is a 
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planned transmission project assumed to be online by 2014, and reduces Connecticut’s LSR by 
approximately 1,175 MW while also making Lake Road available to meet the CT LSR (760 
MW).  The ISO is assessing the interaction of the change in transfer limit and counting the Lake 
Road units as Connecticut capacity resources. 
 

1.I RESOURCE ADEQUACY OUTLOOK 

Table 1.13, Table 1.14, and Table 1.15 below show for the Base Case the 2009 through 2020 
supply/demand balance for Connecticut and the ISO, respectively, including resource needs 
under each requirement considered.  Both are expected to have sufficient resources through 2020 
to meet reliability requirements. 
 
 

Table 1.13 
Resource Adequacy under Connecticut Local Sourcing Requirement, CT LSR (MW) 

Base Case 
Reference Case 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

CT Local Sourcing Requirement* n/a 6,496 6,912 7,325 7,433 6,341 6,408 6,455 6,498 6,557 6,625 6,708

Existing Capacity 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001
Inclusion of Lake Road Units in Connecticut 0 0 0 0 0 766 766 766 766 766 766 766
Planned New Capacity 96 1,049 1,266 1,444 1,444 1,444 1,444 1,444 1,444 1,444 1,444 1,444
Assumed New Renewable Generation for RPS (excl. P.150) 0 5 10 15 20 30 40 49 57 66 74 83
Demand Response 453 451 476 436 436 436 436 436 436 436 436 436
Energy Efficiency 226 185 314 336 388 437 477 517 568 607 644 681
Firm Purchases and Sales (100) (100) (100) (100) (100) (100) (100) (100) (100) (100) (100) (100)
Assumed Retirements, Cancellations, or Delays 0 0 0 0 (696) (696) (696) (1,504) (1,504) (1,504) (1,504) (1,504)
Total Available Resources 7,675 8,591 8,967 9,132 8,493 9,318 9,368 8,609 8,669 8,716 8,762 8,808

Connecticut LSR Surplus (Shortfall) n/a 2,095 2,055 1,807 1,060 2,978 2,960 2,154 2,171 2,159 2,137 2,099

Note:  The ISO is continuing to assess the interaction of the change in transfer limit and counting the Lake Road units as Connecticut capacity resources due to NEEWS.
* 2010-11 uses "as-is" methodology from current ISO rules; 2012 and beyond assume proposed "at-criterion" methodology; LSR assumes NEEWS impact starting in 2014.  
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Table 1.14 
Resource Adequacy under Connecticut Transmission Security Analysis (TSA) 

Requirement (MW) 
Base Case 

Reference Case 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

CT Requirement under Transmission Security Analysis* 7,273 7,464 7,631 7,637 7,683 6,706 6,782 6,803 6,863 6,913 6,964 7,015
Connecticut Subarea 90/10 Peak Load 7,940 8,010 8,105 8,205 8,285 8,370 8,445 8,505 8,565 8,615 8,665 8,716
Required Reserves (Millstone Unit 3) 1,137 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235

Connecticut Import Limit 2,500 2,500 2,500 2,500 2,500 3,600 3,600 3,600 3,600 3,600 3,600 3,600
Installed capacity derate 696 719 791 697 663 701 702 663 663 663 664 664

Existing Capacity 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001
Inclusion of Lake Road Units in Connecticut 0 0 0 0 0 766 766 766 766 766 766 766
Planned New Capacity 96 1,049 1,266 1,444 1,444 1,444 1,444 1,444 1,444 1,444 1,444 1,444
Assumed New Renewable Generation for RPS (excl. P.150) 0 5 10 15 20 30 40 49 57 66 74 83
Demand Response 453 451 476 436 436 436 436 436 436 436 436 436
Energy Efficiency 226 185 314 336 388 437 477 517 568 607 644 681
Assumed Retirements, Cancellations, or Delays 0 0 0 0 (696) (696) (696) (1,504) (1,504) (1,504) (1,504) (1,504)
Firm Purchases & Sales (100) (100) (100) (100) (100) (100) (100) (100) (100) (100) (100) (100)
Total Available Resources 7,675 8,591 8,967 9,132 8,493 9,318 9,368 8,609 8,669 8,716 8,762 8,808

Connecticut TSA Surplus (Shortfall) 402 1,128 1,336 1,495 809 2,612 2,587 1,806 1,806 1,802 1,798 1,792

Note:  The ISO is continuing to assess the interaction of the change in transfer limit and counting the Lake Road units as Connecticut capacity resources due to NEEWS.
* This analysis  represents the transmission system's capability to serve sub-area load with available resources, including its capacity to import power across 
   subarea interfaces.  The analysis does not consider whether the  transmission system within the subarea complies with NERC, NPCC and ISO-NE transmission
   security criteria.  TSA assumes NEEWS impact starting in 2014.
** Millstone 3 is not derated but forced outage rates are applied to remaining capacity; demand-side resources exclude real-time emergency generation and are not
   grossed up for reserves.  This methodology is consistent with the ISO methodology used to assess Norwalk Harbor’s dynamic delist bid in FCM  
 
 

Table 1.15 
Resource Adequacy Outlook under ISO-NE Net Installed Capacity Requirement (MW) 

Base Case 
Reference Case 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Net Installed Capacity Requirement 31,823 32,137 32,528 31,965 32,411 32,901 33,370 33,757 34,120 34,454 34,751 35,051

Existing Capacity 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286
Planned New Capacity 96 1,216 1,432 1,610 1,610 1,610 1,610 1,610 1,610 1,610 1,610 1,610
Assumed New Renewable Generation for RPS (excl. P.150) 0 80 160 240 320 496 672 831 990 1,149 1,308 1,467
Demand Response* 1,666 1,660 1,881 1,876 1,876 1,876 1,876 1,876 1,876 1,876 1,876 1,876
Energy Efficiency** 608 628 949 1,090 1,160 1,224 1,264 1,304 1,379 1,417 1,455 1,492
Firm Purchases and Sales 58 934 2,298 1,900 334 334 284 112 6 6 6 6
Assumed Retirements, Cancellations, or Delays 0 0 0 0 (825) (825) (825) (2,446) (2,446) (2,446) (2,446) (2,446)
Total Available Resources 33,714 35,803 38,006 38,002 35,761 36,001 36,167 34,573 34,701 34,898 35,095 35,291

ISO-NE Surplus (Shortfall) 1,891 3,666 5,478 6,037 3,350 3,100 2,797 816 581 444 344 240

* Demand response values are based on market results from the Forward Capacity Market, plus a small amount (81 MW) of economic DR based on historic values.
** Energy efficiency values are based on market results from the Forward Capacity Market, plus additional new EE needed to meet MA short-term goals.  
 
 

1.J SCENARIOS AND STRATEGIES 

In addition to analyzing resource adequacy under the Base Case (Current Trends scenario with 
Reference resource strategy), resource adequacy was also analyzed under combinations of four 
alternative scenarios and six alternative strategies.  The scenarios examine different 
combinations of natural gas price, CO2 price, and load, and the strategies examine alternative 
resource outlooks (generation, transmission, demand-side).  These alternative scenarios and 
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strategies are described in detail in Section II (Analytical Findings).  Tables 1.16, 1.17, and 1.18 
summarize the resource adequacy impacts of each of the scenarios and strategies on the 
Connecticut LSR, the Connecticut TSA, and the ISO-wide ICR, respectively. 
 
 

Table 1.16 
Potential Impact of Scenarios and Strategies on Resource Adequacy under CT LSR  

Reference Strategy, All Scenarios, 2010- 2020 
 

2009 2010 2011 2012 2013 2014 201 5 2 016 2017 2018 2019 2 020

Base Case LSR 6,496 6,912 7,325 7,433 6,341 6,408 6,455 6,498 6,557 6,625 6,708
Peak Load 7,480 7,565 7,650 7,725 7,800 7,870 7,920 7,965 8,020 8,075 8,131
LSR/MW Load 0.9 0.9 1.0 1 .0 0.8 0.8 0.8 0 .8 0.8 0.8 0.8

Retired Capacity 0 0 0 696 696 696 1,504 1,504 1,504 1,504 1,504
Additional  new renewab le generation for RPS 5 10 15 2 0 30 40 49 5 7 66 74 83
Total generic CC capacity added 0
Base Case LSR Surplus (Shortfall ) 2,095 2,055 1,807 1,060 2,978 2,960 2,154 2,171 2,159 2,137 2,099

(01) HIGH GAS AND HIGH CO2

Approximate incremental peak load impact* 31 65 103 244 220 235 243 251 259 268 277
Incremental retirement impact 0 0 0 0 0 0 (117) (646) (646) (646 ) (646)

Incremental renewables impact 0 0 0 0 0 0 0 0 0 0 0
Total generic CC capacity added 300

Resul ting LSR Surplus (Shortfall) 2,126 2,120 1,910 1,303 3,198 3,195 2,280 1,776 1,772 1,759 2,031

(02) LOW  GAS AND LOW CO2

Approximate incremental peak load impact* (25) (52) (83) (196) (176) (186 ) (192) (196) (202) (207 ) (213)
Incremental retirement impact 0 0 0 0 0 0 400 400 400 400 400

Incremental renewables impact 0 0 0 0 0 0 0 0 0 0 0
Total generic CC capacity added 300 300

Resul ting LSR Surplus (Shortfall) 2,071 2,003 1,724 864 2,802 2,774 2,363 2,374 2,358 2,629 2,586

(03) HIGH LOAD GROWTH

Approximate incremental peak load impact* (21) (31) (51) (54) (57) (70 ) (89) (105) (112) (119 ) (126)
Incremental retirement impact 0 0 0 0 0 0 400 400 400 400 400

Incremental renewables impact 0 0 0 0 0 0 0 0 0 0 0
Total generic CC capacity added 300 300

Resul ting LSR Surplus (Shortfall) 2,075 2,024 1,756 1,006 2,921 2,890 2,465 2,466 2,447 2,718 2,673

(04) MEDIUM GAS AND HIGH CO2

Approximate incremental peak load impact* 7 14 22 5 3 48 51 55 5 8 62 67 71
Incremental retirement impact 0 0 0 0 0 0 (448) (448) (448) (448 ) (448)

Incremental renewables impact 0 0 0 0 0 0 0 0 0 0 0
Total generic CC capacity added 0

Resul ting LSR Surplus (Shortfall) 2,102 2,069 1,829 1,113 3,025 3,011 1,761 1,781 1,774 1,755 1,722

*Impact based on approximate LSR/MW ratio of 0.8-1.  



 1-29

All Strategies, All Scenarios, 2020 
 

Targeted DSM 
Expansion

All Achievable 
Cost-Effective 

DSM
Limited 

Renewables
In-State 

Renewables

Efficient Gas 
Expansion 

(+1100 MW 
CCs)

(00) CURRENT TRENDS
Surplus with Reference Stra tegy [a] 2,099 2,099 2,099 2,099 2,099

Incremental DSM impact [b] 206 561 0 0 0
Incremental retirement impact [c] 0 (448) (565) (565) 0

Incremental renewables impact [d] 0 (0) (0) 699 0
Change in CC Additions (from 0 MW) [e] 0 0 900 300 1,100

Resulting LSR Surplus (Shortfall) [f] 2,306 2,213 2,434 2,533 3,199

(01) HIGH GAS AND HIGH CO2

Surplus with Reference Stra tegy [a] 2,031 2,031 2,031 2,031 2,031
Incremental DSM impact [b] 206 561 0 0 0

Incremental retirement impact [c] 0 0 529 529 0
Incremental renewables impact [d] 0 0 0 614 0

Change in CC Additions (from 300 MW) [e] (300) (300) 0 (300) 800
Resulting LSR Surplus (Shortfall) [f] 1,937 2,292 2,560 2,874 2,831

(02) LOW GAS AND LOW CO2

Surplus with Reference Stra tegy [a] 2,586 2,586 2,586 2,586 2,586
Incremental DSM impact [b] 206 561 0 0 0

Incremental retirement impact [c] 1,046 646 198 198 1,046
Incremental renewables impact [d] 0 0 0 764 0

Change in CC Additions (from 300 MW) [e] 0 (300) 600 0 800
Resulting LSR Surplus (Shortfall) [f] 3,838 3,493 3,384 3,548 4,432

(03) HIGH LOAD GROWTH
Surplus with Reference Stra tegy [a] 2,673 2,673 2,673 2,673 2,673

Incremental DSM impact [b] 206 561 0 0 0
Incremental retirement impact [c] 0 (400) (965) (965) 0

Incremental renewables impact [d] 0 0 0 754 0
Change in CC Additions (from 300 MW) [e] 0 (300) 600 0 800

Resulting LSR Surplus (Shortfall) [f] 2,879 2,534 2,308 2,462 3,473

(04) MEDIUM GAS AND HIGH CO 2

Surplus with Reference Stra tegy [a] 1,722 1,722 1,722 1,722 1,722
Incremental DSM impact [b] 206 561 0 0 0

Incremental retirement impact [c] 0 0 (117) (117) 0
Incremental renewables impact [d] 0 0 0 677 0

Change in CC Additions (from 0 MW) [e] 0 0 0 0 1,100
Resulting LSR Surplus (Shortfall) [f] 1,929 2,284 1,605 2,283 2,822

Sources and Notes:
[a]: See  2020 va lue in previous table with Reference Strategy.
[b]: Incrementa l supply-side impact of diffe rence  in EE on surplus; compared to EE assumed in Reference Strategy.
[c]: Incrementa l r etirements, compared to retirements in Reference Strategy.  Negative indicates more capacity retired.
[d]: Incrementa l r enewable capac ity (in capacity value) added for RPS, compared to renewables in Reference Strategy.  Positive indicates

more capac ity added.
[e]: Incrementa l generic CC capacity added to meet resource deficit,  plus 1,100 MW built in Efficient Gas Expansion Strategy, relative 

to CC capacity built in Reference Case.
Note that generic CCs are built to meet approximate  resource balance and total MW do not exactly equal MW deficit.

[f]: Resulting ICR surplus (shortfall) in the given scenario and strategy.  
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Table 1.17 
Potential Impact of Scenarios and Strategies on Resource Adequacy under  

CT TSA Requirement 
Reference Strategy, All Scenarios, 2009 – 2020 

 

2009 2010 2011 2012 2013 2014 201 5 2 016 2017 2018 2019 2 020

Base Case TSA Requirement 7,273 7,464 7,631 7,637 7,683 6,706 6,782 6,803 6,863 6,913 6,964 7,015
90/10 Lo ad 7,940 8,010 8,105 8,205 8,285 8,370 8,445 8,505 8,565 8,615 8,665 8,716
50/50 Lo ad 7,415 7,480 7,565 7,650 7,725 7,800 7,870 7,920 7,965 8,020 8,075 8,131

Retired Capacity 0 0 0 0 696 696 696 1,504 1,504 1,504 1,504 1,504
Additional  new renewab le generation for RPS 0 5 10 15 2 0 30 40 49 5 7 66 74 83
Total generic CC capacity added 0
Base Case TSA Surplus (Shortfall ) 402 1,128 1,336 1,495 809 2,612 2,587 1,806 1,806 1,802 1,798 1,792

(01) HIGH GAS AND HIGH CO2

Approximate incremental peak load impact* 0 38 76 115 271 290 310 320 331 340 350 360
Incremental retirement impact 0 0 0 0 0 0 0 (111) (614) (614) (614 ) (614)

Incremental renewables impact 0 0 0 0 0 0 0 0 0 0 0 0
Total generic CC capacity added 285

Resul ting TSA Surplus (Shortfall) 402 1,166 1,412 1,610 1,081 2,903 2,896 2,015 1,522 1,529 1,534 1,824

(02) LOW  GAS AND LOW CO2

Approximate incremental peak load impact* 0 (31) (61) (93) (219) (232) (246 ) (252) (259) (265) (271 ) (277)
Incremental retirement impact 0 0 0 0 0 0 0 380 380 380 380 380

Incremental renewables impact 0 0 0 0 0 0 0 0 0 0 0 0
Total generic CC capacity added 285 285

Resul ting TSA Surplus (Shortfall) 402 1,097 1,275 1,402 591 2,380 2,341 1,934 1,928 1,918 2,193 2,181

(03) HIGH LOAD GROWTH

Approximate incremental peak load impact* (17) (26) (36) (57) (60) (75) (92 ) (117) (139) (147) (156 ) (164)
Incremental retirement impact 0 0 0 0 0 0 0 380 380 380 380 380

Incremental renewables impact 0 0 0 0 0 0 0 0 0 0 0 0
Total generic CC capacity added 285 285

Resul ting TSA Surplus (Shortfall) 385 1,102 1,300 1,438 749 2,537 2,494 2,070 2,048 2,036 2,308 2,294

(04) MEDIUM GAS AND HIGH CO 2

Approximate incremental peak load impact* 0 8 17 25 5 9 63 67 72 7 7 82 87 92
Incremental retirement impact 0 0 0 0 0 0 0 (426) (426) (426) (426 ) (426)

Incremental renewables impact 0 0 0 0 0 0 0 0 0 0 0 0
Total generic CC capacity added 0

Resul ting TSA Surplus (Shortfall) 402 1,136 1,353 1,520 868 2,675 2,653 1,452 1,457 1,459 1,459 1,459

*Impact based on % difference between 90/10 and 50/50 forecasts in Current  Trends scenario.
  The shortfal l would increase (decrease) by one MW for every one MW increase (decrease) in load.  
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All Strategies, All Scenarios, 2020 
 

Targeted DSM 
Expansion

All Achievable 
Cost-Effective 

DSM
Limited 

Renewables
In-State  

Renewables

Efficient Gas 
Expansion 

(+1100 MW 
CCs)

(00) CURRENT TRENDS
Surplus with Reference S tra tegy [a] 1,792 1,792 1,792 1,792 1,792

Incremental DSM impact [b] 206 561 0 0 0
Incremental re tirement impact [c] 0 (426) (537) (537) 0

Incrementa l renewables impact [d] 0 (0) (0) 665 0
Change in CC Additions (from 0 MW) [e] 0 0 856 285 1,046

Resulting TSA Surplus (Shortfall) [f] 1,999 1,928 2,111 2,205 2,838

(01) HIGH GAS AND HIGH CO2

Surplus with Reference S tra tegy [a] 1,824 1,824 1,824 1,824 1,824
Incremental DSM impact [b] 206 561 0 0 0

Incremental re tirement impact [c] 0 0 503 503 0
Incrementa l renewables impact [d] 0 0 0 584 0

Change in CC Additions (from 285 MW) [e] (285) (285) 0 (285) 761
Resulting TSA Surplus (Shortfall) [f ] 1,745 2,100 2,327 2,626 2,585

(02) LOW GAS AND LOW CO 2

Surplus with Reference S tra tegy [a] 2,181 2,181 2,181 2,181 2,181
Incremental DSM impact [b] 206 561 0 0 0

Incremental re tirement impact [c] 0 (380) (806) (806) 0
Incrementa l renewables impact [d] 0 0 0 727 0

Change in CC Additions (from 285 MW) [e] 0 (285) 571 0 761
Resulting TSA Surplus (Shortfall) [f ] 2,387 2,077 1,945 2,101 2,942

(03) HIGH LOAD GROWTH
Surplus with Reference S tra tegy [a] 2,294 2,294 2,294 2,294 2,294

Incremental DSM impact [b] 206 561 0 0 0
Incremental re tirement impact [c] 0 (380) (918) (918) 0

Incrementa l renewables impact [d] 0 0 0 717 0
Change in CC Additions (from 285 MW) [e] 0 (285) 571 0 761

Resulting TSA Surplus (Shortfall) [f ] 2,500 2,189 1,947 2,093 3,055

(04) MEDIUM GAS AND HIGH CO2

Surplus with Reference S tra tegy [a] 1,459 1,459 1,459 1,459 1,459
Incremental DSM impact [b] 206 561 0 0 0

Incremental re tirement impact [c] 0 0 (111) (111) 0
Incrementa l renewables impact [d] 0 0 0 644 0

Change in CC Additions (from 0 MW) [e] 0 0 856 285 1,046
Resulting TSA Surplus (Shortfall) [f ] 1,665 2,020 2,203 2,277 2,505

Sources and Notes:
[a]: See 2020 value  in previous table with Refe rence S tra tegy.
[b]: Incremental supply-side impact of difference in EE on surplus; compared to EE assumed in Reference Strategy.
[c]: Incremental retirements, compared to re tirements in Reference  Strategy.  Negative indica tes more  capac ity retired.
[d]: Incremental renewable  capacity (in capacity value)  added for RPS, compared to renewables in Reference  Strategy.  Positive  indicates

more capacity added.
[e]: Incremental generic  CC capacity added to meet resource deficit,  plus 1,100 MW built in Effic ient Gas Expansion Strategy, relative 

to CC capacity built in Reference Case.
Note that generic  CCs are built to meet approximate resource balance and total MW do not exactly equa l MW deficit.

[f] : Resulting ICR surplus (shortfall) in the  given scenario and stra tegy.  
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Table 1.18 
Potential Impact of Scenarios and Strategies on Resource Adequacy under  

ISO-NE Net ICR  
Reference Strategy, All Scenarios, 2009 – 2020 

 

2009 2010 20 11 2012 2013 2014 2015 2016 2017 2018 2019 2020

Base Case ICR 31,823 32,137 32,528 31,965 32,411 32,901 33, 370 33, 757 34 ,120 34 ,454 34 ,751 35,051
Peak Load 27,875 28,160 28,575 29,020 29,365 29,750 30, 115 30, 415 30 ,695 30 ,960 31 ,227 31,497

Retired  Capacity 0 0 0 0 825 82 5 825 2,4 46 2, 446 2 ,446 2 ,446 2 ,446
Addi tion al  new renewab le generation for RPS 0 80 160 240 320 49 6 672 831 990 1 ,149 1 ,308 1 ,467
Total  generic CC capacity added 0
Base Case ISO-NE Surplus  (Shortfa ll) 1,891 3,66 6 5,478 6,037 3,350 3,100 2,797 816 581 444 344 240

(01) HIGH GAS AND HIGH CO2

Incremental peak lo ad impact 0 164 329 481 1,136 1,222 1,309 1,3 59 1, 408 1 ,457 1 ,505 1 ,555
Incremental retirement impact 0 0 0 0 (19) (19) (19) (1,170 ) (1,699 ) (1,699 ) (1,699) (1,699)

Incremental renewables impact 0 (0) (0) (0) (0) (44) (88) (103) (118) (133) (147 ) (162 )
Total g eneric CC capaci ty added 300

Resul ting ICR Surplus (Shortfall) 1,891 3,83 1 5,807 6,518 4,466 4,258 3,999 902 172 70 3 233

(02) LOW GAS AND LOW C O2

Incremental peak lo ad impact 0 (1 32) (265) (387) (914) (976) (1,039) (1,072 ) (1,103 ) (1,134 ) (1,165) (1,196)
Incremental retirement impact 0 0 0 0 0 0 0 610 610 610 610 610

Incremental renewables impact 0 0 0 0 0 35 70 81 92 104 115 126
Total g eneric CC capaci ty added 300 300

Resul ting ICR Surplus (Shortfall) 1,891 3,53 4 5,213 5,650 2,436 2,159 1,828 435 181 24 203 79

(03) HIGH LOAD GROWTH

Incremental peak lo ad impact (80) (1 71) (250) (336) (425) (520) (621) (727) (845) (957) (1,071) (1,186)
Incremental retirement impact 0 0 0 0 0 0 0 494 494 494 494 494

Incremental renewables impact 0 0 0 0 0 30 60 79 97 116 134 153
Total g eneric CC capaci ty added 300 300

Resul ting ICR Surplus (Shortfall) 1,811 3,49 5 5,228 5,701 2,925 2,611 2,237 662 328 97 202 0

(04) MEDIUM GAS AND HIGH CO2

Incremental peak lo ad impact 0 36 71 104 246 26 4 282 305 328 351 374 397
Incremental retirement impact 0 0 0 0 0 0 0 (467) (467) (467) (467 ) (467 )

Incremental renewables impact 0 (0) (0) (0) (0) (9) (19) (23) (28) (32) (37) (41)
Total g eneric CC capaci ty added 0

Resul ting ICR Surplus (Shortfall) 1,891 3,70 2 5,549 6,141 3,596 3,355 3,060 630 414 296 214 129
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All Strategies, All Scenarios, 2020 
 

Targeted DSM 
Expansion

All Achievable 
Cost-Effective 

DSM
Limited 

Renewables
In-State 

Renewables

Efficient Gas 
Expansion 

(+1100 MW 
CCs)

(00)  CURRENT TRENDS
Surplus with Reference  Strategy [a] 240 240 240 240 240

Incremental DSM impact [b] 206 561 0 0 0
Incrementa l retirement impact [c] 0 (467) (1,618) (1,618) 0

Incremental renewables impact [d] 0 (52) (782) (89) 0
Change in CC Additions (from 0 MW) [e] 0 0 1,800 1,200 1,100

Resulting ICR Surplus (Shortfall) [f] 446 282 (360) (267) 1,340

(01)  HIGH GAS AND HIGH CO2

Surplus with Reference  Strategy [a] 233 233 233 233 233
Incremental DSM impact [b] 206 561 0 0 0

Incrementa l retirement impact [c] 0 (437) 529 529 0
Incremental renewables impact [d] 0 (52) (620) (12) 0

Change in CC Additions (from 300 MW) [e] (300) (300) 0 (300) 800
Resulting ICR Surplus (Shortfall) [f] 140 5 142 450 1,033

(02)  LOW GAS AND LOW CO 2

Surplus with Reference  Strategy [a] 79 79 79 79 79
Incremental DSM impact [b] 206 561 0 0 0

Incrementa l retirement impact [c] 0 (516) (1,017) (1,017) 0
Incremental renewables impact [d] 0 (52) (907) (148) 0

Change in CC Additions (from 300 MW) [e] 0 (300) 1,800 1,200 800
Resulting ICR Surplus (Shortfall) [f] 286 (227) (45) 114 879

(03)  HIGH LOAD GROWTH
Surplus with Reference  Strategy [a] 0 0 0 0 0

Incremental DSM impact [b] 206 561 0 0 0
Incrementa l retirement impact [c] 0 (494) (2,112) (2,112) 0

Incremental renewables impact [d] 0 (52) (933) (185) 0
Change in CC Additions (from 300 MW) [e] 0 (300) 2,400 1,800 800

Resulting ICR Surplus (Shortfall) [f] 207 (285) (645) (497) 800

(04)  MEDIUM GAS AND HIGH CO2

Surplus with Reference  Strategy [a] 129 129 129 129 129
Incremental DSM impact [b] 206 561 0 0 0

Incrementa l retirement impact [c] 0 (435) (1,151) (1,151) 0
Incremental renewables impact [d] 0 (52) (741) (69) 0

Change in CC Additions (from 0 MW) [e] 0 0 1,800 1,200 1,100
Resulting ICR Surplus (Shortfall) [f] 335 203 37 109 1,229

Sources and Notes:
[a]: See 2020 value  in previous table with Reference Strategy.
[b]: Incremental supply-side impact of difference in EE on surplus; compared to EE assumed in Reference Strategy.
[c]: Incremental retirements,  compared to retirements in Reference S trategy.  Negative indicates more capacity retired.
[d]: Incremental renewable capacity (in capacity value) added for RPS, compared to renewables in Reference S trategy.  Positive indicates

more capacity added.
[e]: Incremental gener ic CC capacity added to meet resource deficit, plus 1,100 MW built in Efficient Gas Expansion Strategy, relative 

to CC capacity built in Reference Case.
Note that generic CCs are built to meet approximate resource ba lance and total MW do not exactly equal MW deficit.

[f]: Resulting ICR surplus (shortfall)  in the given scenario and strategy.  
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1.K APPENDIX 

 
Table 1.A-1 

Resource Adequacy Outlook under Connecticut Local Sourcing Requirement (MW) 
Base Case  

Local Sourcing Requirement in Connecticut

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Connecticut Sub-Area 50/50 Peak Load [1] 7,415 7,480 7,565 7,650 7,725 7,800 7,870 7,920 7,965 8,020 8,075 8,131
Local Sourcing Requirement in CT [2] n/a 6,496 6,912 7,325 7,433 6,341 6,408 6,455 6,498 6,557 6,625 6,708

CT Sub-Area Internal Installed Capacity as of 1/1/2009 per ISO-NE [3] 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001
Additional Planned Capacity

Inclusion of Lake Road Units in CT [4] 766 766 766 766 766 766 766
Connecticut peaking generation contracts [5] 0 188 374 504 504 504 504 504 504 504 504 504
DPUC Public Act 05-01 contracts [6] 96 716 716 716 716 716 716 716 716 716 716 716
Additional new capacity cleared in FCA#1, FCA#2, FCA#3 [7] 0 140 140 140 140 140 140 140 140 140 140 140
Connecticut Project 150 contracts not in FCM [8] 0 6 37 85 85 85 85 85 85 85 85 85
Assumed new renewable generation [9] 0 5 10 15 20 30 40 49 57 66 74 83
Assumed delists, retirements [10] 0 0 0 0 (696) (696) (696) (1,504) (1,504) (1,504) (1,504) (1,504)
Net Planned Capacity Additions [11] 96 1,054 1,276 1,459 768 1,544 1,554 755 764 772 781 789

Demand-Side Management [12]
"Active" demand resources cleared in FCA#1, FCA#2, FCA#3 [13] 446 444 469 429 429 429 429 429 429 429 429 429
Incremental (decremental) expected DR [14] 7 7 7 7 7 7 7 7 7 7 7 7

"Passive" demand resources cleared in FCA#1, FCA#2, FCA#3 [15] 226 185 314 336 345 353 353 353 365 365 365 365
Additional Connecticut planned EE not in FCAs [16] 0 0 0 0 43 85 125 164 204 242 280 317
Total Demand Resources [17] 678 636 790 771 824 873 913 952 1,004 1,043 1,080 1,117

Purchases & Sales [18] (100) (100) (100) (100) (100) (100) (100) (100) (100) (100) (100) (100)

Total Installed Capacity in CT [19] 7,675 8,591 8,967 9,132 8,493 9,318 9,368 8,609 8,669 8,716 8,762 8,808

CT LSR Surplus (Shortfall) [20] n/a 2,095 2,055 1,807 1,060 2,978 2,960 2,154 2,171 2,159 2,137 2,099

Sources and Notes:
[1]: 2009 CELT 50/50 base economic growth peak load forecast through 2018 then extrapolated at 2017-18 growth rate.

Sum of three electrically-defined Connecticut sub-areas: Norwalk, SW Connecticut, and rest of Connecticut.
[2]: 2010: 2010/11 reconfiguration auction #3 LSR value shown in the PSPC meeting 267 presentation on Oct 13, 2009, slide 21.  The LSR includes a reserve margin adjustment.

          This LSR is consistent with the 2009 CELT load forecast.
2011: 2011/12 reconfiguration auction #2 LSR value shown in the PSPC Meeting 270, December 1, 2009, slide 6.  The LSR includes a reserve margin adjustment on slide 9.
          This LSR is consistent with the 2009 CELT load forecast.
2012: 2012/13 LSR value using "at criterion" assumptions, shown in the in PSPC meeting 262 presentation on Jul 9, 2009, slide 14.
          This LSR is consistent with the 2009 CELT load forecast.
2013-2020: "at criterion" LSR estimated with a fitted line, based on historic published values.

[3]: Value from 2009 CELT report workbook, tab "Section 2.1 Existing Cap by LP;" sum of all capacity online as of 1/1/2009 in column "SECTION 3.2 EXPECTED SUMMER SCC AUG 1, 2009."
[4]: Assumes NEEWS in 2014, which would bring these Lake Road units electrically into Connecticut.
[5]: Includes peaking generation contracted in Docket 08-01-01: Devon 15-18 online by June, 2010 (188 MW); Middletown 12-13 online by June, 2011 (188 MW); and New Haven Harbor online by 

June, 2012 (130 MW).
[6]: Includes Kleen online by June, 2011 (620 MW) and Waterbury online by June, 2009 (96 MW); Waterside is already included as existing in [6]; Amaresco is counted as a demand resource.
[7]: Includes fossil-fired units only.  Due to the timeline of this study a small amount of new fossil generation (4 MW) cleared in FCA#3 has been excluded.
[8]: Uses data on projects as of July, 2009, with capacity derated for probability of operation; Milford (8 MW, probability derated to 5 MW) is already counted in the FCA data.
[9]: Assumed new renewable generation developed in the Renewables section of this IRP.  Excludes Project 150.

[10]: Assumed environmentally-driven retirements in 2013 consistent with NRG comments in 2008 IRP (environmental analysis indicates these units would retire as early as 2011, although no static
or permanent delist bids were submitted in FCA #2).

[11]: Sum of [4] through [10].
[12]: All demand resource capacity values reflect the removal of the reserve margin gross-up in the years 2012 through 2020, consistent with ISO practices.
[13]: 2009: Assumes 2010 value, with 2009 RM gross-up, and excluding emergency generation in excess of assumed 26% share of the ISO's 600 MW capacity value limit.

2010-2020: "active" resources cleared in FCAs, excluding emergency generation in excess of assumed 26% share of the ISO's 600 MW capacity value limit.
All years assume emergency generation remains at 26% of the ISO's 600 MW capacity value limit.

[14]: Includes Real-Time Price Response DR (economic DR) as of 7/1/2009.  See ISO-NE presentation "Demand Response" NPC Meeting - July 7, 2009 Posting COO report, page 4.
[15]: 2009: Registered ODR average on-peak reduction as of June, 2009, grossed up for losses and reserves.  DR working group intro presentation for October 7, 2009.

See http://www.iso-ne.com/committees/comm_wkgrps/mrkts_comm/dr_wkgrp/mtrls/2009/oct72009/index.html.
2010-2020: "passive" demand resources cleared in FCAs.
Values are grossed down by estimated share of Retail Products.

[16]: Additional EE planned by EDCs, beyond business-as-usual levels embedded in the ISO's load forecast
Values are grossed down by estimated share of Retail Products.

[17]: Sum of [13] through [16].
[18]: Reflects the LIPA contract for 100 MW capacity over Cross Sound Cable through 2018.  Assumed in place in 2019 and 2020.
[19]: Sum of [3], [11], [17], and [18].
[20]: Equals [2] minus [19].  
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Table 1.A-2 
Resource Adequacy Outlook under  

Connecticut Transmission Security Analysis Requirement (MW) 
Base Case  

Connecticut Requirement Under Transmission Security Analysis

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Connecticut Requirement under Transmission Security Analysis [1] 7,273 7,464 7,631 7,637 7,683 6,706 6,782 6,803 6,863 6,913 6,964 7,015
Connecticut Sub-Area 90/10 Peak Load [2] 7,940 8,010 8,105 8,205 8,285 8,370 8,445 8,505 8,565 8,615 8,665 8,716
Required Reserves (Millstone Unit 3) [3] 1,137 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235 1,235
Connecticut Import Limit [4] 2,500 2,500 2,500 2,500 2,500 3,600 3,600 3,600 3,600 3,600 3,600 3,600
Installed capacity derate [5] 696 719 791 697 663 701 702 663 663 663 664 664

CT Sub-Area Internal Installed Capacity as of 1/1/2009 per ISO-NE [6] 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001 7,001
Additional Planned Capacity

Inclusion of Lake Road Units in CT [7] 0 0 0 0 0 766 766 766 766 766 766 766
Connecticut peaking generation contracts [8] 0 188 374 504 504 504 504 504 504 504 504 504
DPUC Public Act 05-01 contracts [9] 96 716 716 716 716 716 716 716 716 716 716 716
Additional new capacity cleared in FCA#1, FCA#2, FCA#3 [10] 0 140 140 140 140 140 140 140 140 140 140 140
Connecticut Project 150 contracts not in FCM [11] 0 6 37 85 85 85 85 85 85 85 85 85
Assumed new renewable generation [12] 0 5 10 15 20 30 40 49 57 66 74 83
Assumed delists, retirements [13] 0 0 0 0 (696) (696) (696) (1,504) (1,504) (1,504) (1,504) (1,504)
Net Planned Capacity Additions [14] 96 1,054 1,276 1,459 768 1,544 1,554 755 764 772 781 789

Demand-Side Management [15]
"Active" demand resources cleared in FCA#1, FCA#2, FCA#3 [16] 446 444 469 429 429 429 429 429 429 429 429 429
Incremental (decremental) expected DR [17] 7 7 7 7 7 7 7 7 7 7 7 7

"Passive" demand resources cleared in FCA#1, FCA#2, FCA#3 [18] 226 185 314 336 345 353 353 353 365 365 365 365
Additional Connecticut planned EE not in FCAs [19] 0 0 0 0 43 85 125 164 204 242 280 317
Total Demand Resources [20] 678 636 790 771 824 873 913 952 1,004 1,043 1,080 1,117
Firm Purchases & Sales [21] (100) (100) (100) (100) (100) (100) (100) (100) (100) (100) (100) (100)

Total Installed Capacity in CT [22] 7,675 8,591 8,967 9,132 8,493 9,318 9,368 8,609 8,669 8,716 8,762 8,808

CT TSA Surplus (Shortfall) [23] 402 1,128 1,336 1,495 809 2,612 2,587 1,806 1,806 1,802 1,798 1,792

Sources and Notes:
[1]: Equals [2] + [3] - [4] + [5].
[2]: 2009 CELT 90/10 base economic growth peak load forecast through 2018 then extrapolated at 2017-18 growth rate.
[3]: 2009: summer expected capacity of Millstone 3 in 2009 CELT.

2010-19 represents commitment in FCA#1 and includes an 80 MW uprate.
[4]: NEEWS is assumed in 2014, and  increases the Connecticut import limit from 2,500 MW to 3,600 MW.
[5]: Demand resources exclude real-time emergency generation and the reserve margin gross-up, then are derated based on ICR assumptions.

Millstone 3 is not derated; all other generating resources are derated based on ICR assumptions.
[6]: Value from 2009 CELT report workbook, tab "Section 2.1 Existing Cap by LP;" sum of all capacity online as of 1/1/2009 in column "SECTION 3.2 EXPECTED SUMMER SCC AUG 1, 2009."
[7]: Assumes NEEWS in 2014, which would bring these Lake Road units electrically into Connecticut.
[8]: Includes peaking generation contracted in Docket 08-01-01: Devon 15-18 online by June, 2010 (188 MW); Middletown 12-13 online by June, 2011 (188 MW); and New Haven Harbor online by 

June, 2012 (130 MW).
[9]: Includes Kleen online by June, 2011 (620 MW) and Waterbury online by June, 2010 (96 MW); Waterside is already included as existing in [6]; Amaresco is counted as a demand resource.

[10]: Includes fossil-fired units only.  Due to the timeline of this study a small amount of new fossil generation (4 MW) cleared in FCA#3 has been excluded.
[11]: Uses data on projects as of July, 2009, with capacity derated for probability of operation; Milford (8 MW, probability derated to 5 MW) is already counted in the FCA data.
[12]: Assumed new renewable generation developed in the Renewables section of this IRP.  Excludes Project 150.
[13]: Assumed environmentally-driven retirements in 2013 consistent with NRG comments in 2008 IRP (environmental analysis indicates these units would retire as early as 2011, although no static

or permanent delist bids were submitted in FCA #2).
[14]: Sum of [7] through [13].
[15]: All demand resource capacity values reflect the removal of the reserve margin gross-up in the years 2012 through 2020, consistent with ISO practices.
[16]: 2009: Assumes 2010 value, with 2009 RM gross-up, and excluding emergency generation in excess of assumed 26% share of the ISO's 600 MW capacity value limit.

All years assume emergency generation remains at 26% of the ISO's 600 MW capacity value limit.
[17]: Includes Real-Time Price Response DR (economic DR) as of 7/1/2009.  See ISO-NE presentation "Demand Response" NPC Meeting - July 7, 2009 Posting COO report, page 4.
[18]: 2009: Registered ODR average on-peak reduction as of June, 2009, grossed up for losses and reserves.  DR working group intro presentation for October 7, 2009.

See http://www.iso-ne.com/committees/comm_wkgrps/mrkts_comm/dr_wkgrp/mtrls/2009/oct72009/index.html.
2010-2020: "passive" demand resources cleared in FCAs.

[19]: Additional EE planned by EDCs, beyond business-as-usual levels embedded in the ISO's load forecast
[20]: Sum of [16] through [19].
[21]: Reflects the LIPA contract for 100 MW capacity over Cross Sound Cable through 2018.  Assumed in place in 2019 and 2020.
[22]: Sum of [6], [14], [20], and [21].
[23]: Equals [22] minus [1].  
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Table 1.A-3 
Resource Adequacy Outlook under  

ISO-NE Net Installed Capacity Requirement (MW) 
Base Case  

ISO-NE Zone

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

ISO-NE 50/50 Peak Load [1] 27,875 28,160 28,575 29,020 29,365 29,750 30,115 30,415 30,695 30,960 31,227 31,497
Net Installed Capacity Requirement (all tie-line benefits removed) [2] 31,823 32,137 32,528 31,965 32,411 32,901 33,370 33,757 34,120 34,454 34,751 35,051

HQICC [3] 1,200 1,400 911 914 914 914 914 914 914 914 914 914
Other Tie-Line Benefits (NY & NB) [4] 800 460 889 751 751 751 751 751 751 751 751 751
Pool reserve [5] 14.2% 14.1% 13.8% 10.1% 10.4% 10.6% 10.8% 11.0% 11.2% 11.3% 11.3% 11.3%

Internal Installed Generating Capacity as of 1/1/2009 (excl. RTEG) [6] 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286 31,286
Additional Planned Capacity

Connecticut peaking generation contracts [7] 0 188 374 504 504 504 504 504 504 504 504 504
DPUC Public Act 05-01 contracts [8] 96 716 716 716 716 716 716 716 716 716 716 716
Additional new capacity cleared in FCA#1, FCA#2, FCA#3 [9] 0 306 306 306 306 306 306 306 306 306 306 306
Connecticut Project 150 contracts not in FCM [10] 0 6 37 85 85 85 85 85 85 85 85 85
Additional assumed new renewable generation for RPS [11] 0 80 160 240 320 496 672 831 990 1,149 1,308 1,467
Assumed delists, retirements [12] 0 0 0 0 (825) (825) (825) (2,446) (2,446) (2,446) (2,446) (2,446)
Net Planned Capacity Additions [13] 96 1,295 1,592 1,850 1,105 1,281 1,457 (5) 154 313 472 631

Demand Resources [14]
"Active" demand resources cleared in FCA#1, FCA#2, FCA#3 [15] 1,585 1,579 1,800 1,794 1,794 1,794 1,794 1,794 1,794 1,794 1,794 1,794
Incremental (decremental) expected DR [16] 81 81 81 81 81 81 81 81 81 81 81 81

"Passive" demand resources cleared in FCA#1, FCA#2, FCA#3 [17] 608 594 830 987 1,014 1,037 1,037 1,037 1,073 1,073 1,073 1,073
Incremental (decremental) expected EE [18] 0 34 119 103 146 187 227 267 306 345 382 419
Total Demand Resources [19] 2,274 2,288 2,830 2,965 3,036 3,100 3,140 3,179 3,255 3,293 3,331 3,368

Existing Purchases & Sales per ISO-NE [20] 58 934 2,298 1,900 334 334 284 112 6 6 6 6

Total Installed Capacity [21] 33,714 35,803 38,006 38,002 35,761 36,001 36,167 34,573 34,701 34,898 35,095 35,291

ISO-NE Surplus (Shortfall) [22] 1,891 3,666 5,478 6,037 3,350 3,100 2,797 816 581 444 344 240

Sources and Notes:
[1]: 2009 CELT 50/50 base economic growth peak load forecast through 2018 then extrapolated at 2017-18 growth rate.
[2]: 2009: 2009 Regional System Plan, ISO-NE, October 15, 2009, Page 34, Table 4-1.  Note that using the ISO's values for peak load and net ICR results in a pool reserve of 14.2%, not 14.1%.

2010-2018: 2009 Regional System Plan, ISO-NE, October 15, 2009, Page 35, Table 4-2; note that 2010 value reflects a reserve margin gross-up for DR/NYPA imports of 216 MW.
2019-2020: assumes the 2018 pool reserve of 11.3%

[3]-[4]: ISO-NE assumptions used to calculate the ICR in [2].
[5]: Net ICR (with tie-line benefits excluded), over peak load in [1].
[6]: Value from 2009 CELT report workbook, tab "Section 2.1 Existing Cap by LP;" sum of all capacity online as of 1/1/2009 in column "SECTION 3.2 EXPECTED SUMMER SCC AUG 1, 2009."
[7]: Includes peaking generation contracted in Docket 08-01-01: Devon 15-18 online by June, 2010 (188 MW); Middletown 12-13 online by June, 2011 (188 MW); and New Haven Harbor online by 

June, 2012 (130 MW).
[8]: Includes Kleen online by June, 2011 (620 MW) and Waterbury online by June, 2009 (96 MW); Waterside is already included as existing in [6]; Amaresco is counted as a demand resource.
[9]: Includes fossil-fired units only.  Due to the timeline of this study a small amount of new fossil generation (25 MW) cleared in FCA#3, mostly expansions at existing sites, has been excluded.

[10]: Uses data on projects as of July, 2009, with capacity derated for probability of operation; Milford (8 MW, probability derated to 5 MW) is already counted in the FCA data.
[11]: Assumed new renewable generation developed in the Renewables section of this IRP.  Excludes Project 150.
[12]: Assumed environmentally-driven retirements in 2013 consistent with NRG comments in 2008 IRP (environmental analysis indicates these units would retire as early as 2011, although no static

or permanent delist bids were submitted in FCA #2).
[13]: Sum of [7] through [12].
[14]: All demand resource capacity values reflect the removal of the reserve margin gross-up in the years 2012 through 2020, consistent with ISO practices.
[15]: 2009: Assumes 2010 value, with 2009 RM gross-up, and excluding emergency generation in excess of the ISO's 600 MW capacity value limit.

2010-2020: "active" resources cleared in FCAs, excluding emergency generation in excess of the ISO's 600 MW capacity value limit.
All years assume emergency generation remains at the ISO's 600 MW capacity value limit.

[16]: Includes Real-Time Price Response DR (economic DR) as of 7/1/2009.  See ISO-NE presentation "Demand Response" NPC Meeting - July 7, 2009 Posting COO report, page 4.
[17]: 2009: Registered ODR average on-peak reduction as of June, 2009, grossed up for losses and reserves.  DR working group intro presentation for October 7, 2009.

See http://www.iso-ne.com/committees/comm_wkgrps/mrkts_comm/dr_wkgrp/mtrls/2009/oct72009/index.html.
2010-2020: "passive" demand resources cleared in FCAs.
Values are grossed down by estimated share of Retail Products.

[18]: Additional EE planned by EDCs in 2013-2020, plus an additional amount is assumed in MA to meet 2010 and 2011 short-term goals beyond business-as-usual levels.
Values are grossed down by estimated share of Retail Products.

[19]: Sum of [15] through [18].
[20]: 2009, and 2013-2018: 2009 CELT, page 1.

2010, 2011, and 2012: Based on FCA#1-3 results.
2019-2020: Assumes 2018 value.

[21]: Sum of [6], [13], [19], and [20].
[22]: Equals [2] minus [21].  
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2. DEMAND-SIDE MANAGEMENT 

2.A SUMMARY AND KEY FINDINGS 

This section of the IRP describes the DSM assumed in the Reference resource strategy, which 
reflects a continuation of the Connecticut EDCs’ current energy efficiency programs at current 
funding levels, and the resulting effects on resource adequacy.  Connecticut’s energy efficiency 
programs are also compared to those in other states. 
 
In addition, this section develops the two expanded energy efficiency resource strategies1 -- 
“Targeted DSM Expansion” and “All Achievable Cost-Effective DSM”-- that are evaluated in 
this IRP.  Targeted DSM Expansion is comprised of four high potential initiatives that would 
require additional funding and would achieve a net reduction in customer costs while eliminating 
load increases over the next five years.  All Achievable Cost-Effective DSM reflects a major 
expansion of cost-effective programs, similar to the Expanded EE case presented in the 2009 
IRP.  This strategy was constructed based on a draft Connecticut energy efficiency potential 
study completed in 2009 by the Energy Conservation Management Board (ECMB).2  Both the 
Targeted DSM Expansion and the All Achievable Cost-Effective DSM resource strategies are 
compared to the Reference resource strategy based on customer costs and emissions. 
 
The end of this section describes funding mechanisms that could be considered for expanding 
DSM beyond what the Connecticut Energy Efficiency Fund (CEEF) provides to support the 
Reference level.  This section also discusses how DSM programs and codes and standards 
complement each other. 
 
Key Findings 

• Although Connecticut is a leader in DSM, with established programs and demonstrated 
results, there is much unrealized, cost-effective, emissions-reducing potential remaining. 

• The Targeted DSM Expansion Strategy meets the criteria established by the DPUC in its 
decision in Docket No. 08-07-01 for procurement absent an immediate reliability need by 
reducing total customer costs and CO2 and NOx emissions in all 5 scenarios tested, and 
by slightly reducing rates in all but one scenario.  Funding this strategy through the 
system benefit charge (SBC) would require increasing the SBC rate from 3 mills to 3.7 
mills, but based on the 2020 analysis, reduced generation service charge (GSC) costs and 
rates would more than offset the increase. 

• The All-Achievable Cost Effective DSM Strategy also meets the criteria set forth in the 
Docket No. 08-07-01 decision; but while it reduces total customer costs and CO2 and 

                                                 
1  This IRP focuses on the energy efficiency component of DSM.  The other traditional component, demand 

response (DR), is de-emphasized since there will no longer be planned funding beyond what would pay for 
itself through participation in the forward capacity market (FCM).  The quantity of cost-effective DR is 
forecasted in this IRP by using cleared offers from the forward capacity auctions with no growth or 
attrition assumed over time nor variation across resource strategies evaluated. 

2  “Potential for Energy Efficiency in Connecticut,” KEMA, Inc., May 2009. 
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NOx emissions in all 5 scenarios, it also raise average rates per kWh consumed.  The 
SBC rate would increase to 5.6 mills, and the 2020 analysis indicates that the GSC rate 
impacts would not fully offset the SBC rate increase.  Hence, costs for non-participants 
would increase while costs for participants would decrease (by a larger amount). 

• In summary, funding the Targeted DSM Expansion strategy would require an additional 
outlay of approximately $19 million per year (2010 dollars), and the All Cost-Effective 
DSM Strategy would require an outlay of approximately $65 million per year through 
2020.  Although both strategies would create cost savings in excess of the program costs 
(thus providing emissions reductions at a negative net cost), only the Targeted DSM 
strategy would result in lower rates for non-participants over time. 

• Codes and standards are critical components of public policy complementing utility DSM 
programs, but they are not a substitute for such programs and do not effectively address 
existing structures. 

 
Given that the Targeted DSM Expansion strategy would reduce customer costs and emissions 
while even reducing rates for non-participants, we recommend that this strategy be funded.  It 
will be necessary to identify the best sources to fund increased program costs and also to provide 
financing options to help customers pay for out-of-pocket costs, as discussed in Section 2.F. 
 
The All Achievable Cost-Effective DSM resource strategy is also worth considering because it 
provides positive economic benefit to Connecticut while reducing emissions substantially (at a 
negative net cost).  However, because of potential rate impacts for non-participants, the initial 
expansion should focus on the Targeted DSM strategy.  The All Achievable Cost-Effective DSM 
Strategy can be revisited in the future, with additional effort to identify the highest-potential 
opportunities.  This recommendation also recognizes that the DSM delivery infrastructure takes 
time to build (or to rebuild if programs are cut). 
 
This is a recommendation for a policy direction, not an application for approval of a specific 
program plan.  The energy efficiency programs administered by the Companies would still have 
to go through rigorous planning, approval, and evaluation process that is currently in existence.  
Specific Conservation and Load Management (C&LM) program plans and the corresponding 
Program Savings Documentation are drafted by the Companies annually with program design 
advice and recommendations by the Energy Conservation Management Board and their 
consultants.  Once completed, the plan is reviewed and approved by the Connecticut Department 
of Public Utility Control.  This approval process is a public process and various interested 
stakeholders intervene.  At the conclusion of this process, a final budget and plan is approved for 
the delivery of cost-effective energy efficiency programs.  As a follow-up to this process, the 
Companies and the ECMB hire third party evaluation firms to periodically evaluate the programs 
savings, and other pertinent assumptions that impact program savings and cost effectiveness.  
The results of these evaluations are used to refine and adjust subsequent C&LM Plans and 
savings assumptions. 
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2.B INTRODUCTION: CHARACTERISTICS OF DSM AS A RESOURCE 

There are two main types of utility DSM programs: load response programs (also called demand 
response, or DR) and energy efficiency programs.  This IRP focuses on energy efficiency 
because its primary benefits are from energy savings and reduced emissions, which have 
significant value under all market conditions.  DR’s benefit lies in its capacity value, which will 
have relatively little value over the next 5-10 years, given the projected surplus of capacity 
documented in Section III.1 (Resource Adequacy).  Nor will DR receive funding beyond the 
payments it receives in the forward capacity market, as discussed in subsection 2.C.2 below.   
 
In resource planning, energy efficiency must be recognized for its energy, capacity, and 
emissions value, comparable to generation resources.  However, there are also some special 
characteristics of EE resources that must be considered in constructing a resource strategy.  EE 
programs rely heavily on skilled and experienced engineers and technicians to identify savings 
opportunities, recommend saving strategies and then implement those strategies.  Although there 
are some solutions that can be applied to mass markets through generic approaches, the vast 
majority of savings opportunities must be customized to the specific application.  EE specialists 
must have the technical skill identify energy savings opportunities and the sales skill to convince 
the customer to invest in the savings approach.  In Connecticut, these staff resources are found 
partly within the utility program administrators and more so in the energy services companies 
who implement the savings measures in customer facilities.   
 
The need for skilled staff to implement the programs impacts the ability of the programs to 
rapidly change size and scope.  If the current programs are curtailed from the current levels, 
these staff resources would likely move to other regions or industries.  When the programs were 
restored, time would be required to develop additional resources to implement the goals of the 
program.  Likewise, if funding were to be increased beyond current levels, time would be 
required to fully implement the expanded funding. Because of this constraint, the Companies 
recommend a deliberate, consistent approach to delivering efficiency programs be maintained. 

2.C REFERENCE-LEVEL DSM 

2.C.1 Reference-Level EE in Connecticut 

The Reference level of energy efficiency reflects “business-as-usual” DSM, with continuation of 
the program structures and designs currently deployed in Connecticut within state approved 
program budgets.  The 2010 Electric and Natural Gas Conservation and Load Management Plan 
provide the foundation on which the ten year forecast is based.  
 
In addition to the EE achieved through the Companies’ programs, there is a much smaller 
amount of EE being implemented within the state by other parties.  In the first Forward Capacity 
Auction (FCA#1), additional demand resources of 22 MW (at customer meter) cleared as 
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“passive” demand resources.3  In FCA#2 and FCA#3 another 14 MW and 9 MW cleared, 
respectively. 
 
In comparison to the Reference level presented in the 2009 IRP, the 2010 Reference-level energy 
efficiency includes load reductions due to the inclusion of American Recovery and Reinvestment 
Act (ARRA) funded programs.  The end-of-year impacts on peak load, annual energy, and 
annual budgets are shown in Figure 2.1, along with dotted lines representing the Reference level 
of EE in the 2009 IRP, for comparison.   

 
The Companies’ Reference level EE projections represent what is achievable through the 
following existing funding sources: 
 

• Funding received through the 3 mill charge on customer bills provided for in the 
Connecticut General Statute 16-245m; 

• Revenues received from ISO-NE for EE capacity entered into ISO-NE’s Transition 
Period and Forward Capacity Market;  

• Revenues resulting from the sale of Class III Renewable Energy Credits (RECs) provided 
for under Docket No. 05-07-19RE01 and PA 07-242;  

• Revenues from the Regional Greenhouse Gas Initiative (RGGI); and  

• Funding provided to the Companies from the American Recovery and Reinvestment Act 
(ARRA). 

 

                                                 
3  In its Forward Capacity Market, the ISO characterizes demand resources as “active” or “passive.”  Active 

resources are dispatchable resources (demand response and some distributed generation) that must respond 
during shortage events, and passive resources are non-dispatchable resources (energy efficiency, plus a 
small amount of distributed generation) that reduce load during pre-defined hours and periods. 
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Figure 2.1 
Summary of Reference Level EE Programs: 2008, 2009, and 2010 IRPs 

Projected Levels Since 2009 and Annual Budget 
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2.C.2 Demand Response 

The Companies and other third-party vendors promote customer enrollment in ISO-NE-operated 
load response programs.  The Companies’ program provides enrolling customers with the ISO-
NE-required internet-based communications system.  The Demand Response program mandates 
load curtailments from customers who enroll and provides enhanced system reliability during 
peak system load conditions.  Utilizing a current Department of Environmental Protection (CT 
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DEP) Permit, customers may run emergency generators to reduce load on the grid under 
emergency conditions for participation in the Demand Response program.  CL&P and UI 
provide periodic customer orientation regarding performing in the Demand Response program 
and on operating emergency generators in compliance with Connecticut air quality requirements 
during Demand Response events. 
 
The Companies have provided customers who participate in the Demand Response program with 
Supplemental Payments (funded by the 3 mill charge on customer bills provided for in 
Connecticut General Statutes 16-245m and from Non-Bypassable Federally Mandated 
Congestion Charges) in addition to the capacity payments from ISO-NE.  However, based on the 
Final Decision in Docket No. 07-10-03, the Companies are not offering Supplemental payments 
to any new demand response customers and the phasing out of these Supplemental payments will 
be complete by May 31, 2010.  This will result in a program that is operated based solely on 
funding from ISO-NE capacity payments.   
 
As a result, the amount of DR in the Reference strategy is based solely on projected FCM 
outcomes.  This IRP assumes that amount of DR that cleared the third Forward Capacity Auction 
(FCA#3) persists over time (in Connecticut as well as the rest of New England), as discussed in 
Section III.1 (Resource Adequacy).  This assumption does not vary across scenarios or resource 
strategies considered. 

2.C.3 Impact of Reference Level DSM on Resource Adequacy 

For resource adequacy, this IRP counts EE and DR as supply-side resources rather than 
reductions to the load forecast, consistent with the ISO-NE methodology in its Forward Capacity 
Market.  Three distinct adjustments to metered load reductions are required: 

• Summer reduction value adjustment: In its Forward Capacity Market, the ISO must 
procure resources to meet its Installed Capacity Requirement (ICR), which is based on 
the ISO’s summer peak load forecast.4  Each resource’s potential contribution to the ICR 
is therefore based on the capacity it can provide during the summer of any given delivery 
year.  The Companies’ EE and DR projections are based on reductions achievable by the 
end of each calendar year.  To convert to summer reduction values the Companies’ 
projections are assumed to achieve 1/3 of its annual calendar-year reductions by the 
summer.  So, an annual mid-year projection of 2012 EE, for example, would include 1/3 
of the Companies’ 2012 calendar year projected level, plus 2/3 of the Companies’ 2011 
calendar year projected level. 

• Adjustment for losses: The ISO’s ICR is based on its load forecast at the generation 
busbar.  Any at-meter EE and DR values are grossed up by eight percent to reflect 
savings in transmission and distribution losses, consistent with ISO treatment of demand 
resources. 

• Adjustment for reserves: In the delivery years 2009/10 through 2011/12 the ISO will 
provide additional capacity credit to demand resources to reflect assumed high 

                                                 
4  See Section III.1 (Resource Adequacy) for more discussion on ISO reliability requirements. 
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availability factors of demand resources and the subsequent reduction in reserves needed 
to meet reliability requirements. 

 
The capacity value of Reference-level EE and DR in Connecticut is tabulated in Table 1.11 in 
Section III.1 (Resource Adequacy) and reproduced here as Table 2.1.  
 
 

Table 2.1 
Connecticut DR and EE Savings at Customer Meter and Capacity Value 

 
2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Gross-up Factor for Losses (MW) [1] 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08 1.08
Gross-up Factor for Reserves (MW) [2] 1.15 1.14 1.16 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00 1.00

Total DR and EE Cleared in FCA#1-3 (at capacity value) [3]
DR, excluding RTEG (MW) [4] 288 313 273
DR - RTEG (MW) [5] 342 269 203
EE (MW) [6] 218 370 365
Total (MW) [7] 848 952 841

Reference Level DR (at capacity value) [8]
DR cleared in FCA#1-3, net of RTEG cap (MW) [9] 446 444 469 429 429 429 429 429 429 429 429 429
Additional economic DR (MW) [10] 7 7 7 7 7 7 7 7 7 7 7 7
Total DR (MW) [11] 453 451 476 436 436 436 436 436 436 436 436 436

Reference Level EE (at capacity value) [12]
DR cleared in FCA#1-3, net of CFLs (MW) [13] 226 185 314 336 345 353 353 353 365 365 365 365
Additional planned EE (MW) [14] 0 0 0 0 43 85 125 164 204 242 280 317
Total EE (MW) [15] 226 185 314 336 388 437 477 517 568 607 644 681

Total Reference Level DR and EE (at capacity value) (MW) [16] 678 636 790 771 824 873 913 952 1,004 1,043 1,080 1,117

Sources and Notes:
[3]: Reflects values reported by the ISO; see http://www.iso-ne.com/markets/othrmkts_data/fcm/index.html.  All values include gross-up factors in [1] & [2].
[4]: All "active" demand resources, excluding real-time emergency generation.
[5]: All "active" real-time emergency generation resources; values may exceed Connecticut's share of the ISO-wide RTEG cap of 600 MW.
[6]: All "passive" demand resources.
[9]: Sum of [4] & [5], with RTEG limited to Connecticut's share of the ISO-wide RTEG cap of 600 MW.
10]: Includes Real-Time Price Response DR (economic DR) as of 7/1/2009.  See ISO-NE presentation "Demand Response" NPC Meeting - July 7, 2009 Posting COO report, page 4.
13]: Values are grossed down by estimated share of Retail Products already included in the ISO's load forecast.
14]: Additional EE planned by EDCs in 2013-2020.
16]: Sum of [11] and [15].  
 
 

2.C.4 Comparison of Connecticut’s DSM Programs to Other States 

Connecticut already leads most other states in the implementation of energy efficiency.  In 
October 2009, the American Council for an Energy-Efficient Economy (ACEEE) published its 
assessment of each state’s 2007 achievements and activities in developing energy efficiency.5  
The report evaluates each state based on its program spending, energy savings, targets, and 
development of incentives and removal of disincentives.6  Vermont continues to rank highest 
overall for its achievements in utility and public programs while Connecticut fell one spot from 
second to a tie for third.  Table 2.2 summarizes the ACEEE rankings and levels of achievements 
in four categories within the state rankings for utility and public programs, plus overall rankings 
in all categories for the New England states. 
                                                 
5  Eldridge, Maggie, et al., “The 2009 State Energy Efficiency Scorecard,” American Council for an Energy-

Efficient Economy Report Number E097, October 2009. 
6  Each state is also evaluated on gas program spending under utility and public benefits programs and 

policies, which is not directly relevant to this discussion. 
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Table 2.2 
ACEEE New England State Rankings for Utility and Public EE Programs and Policies  

Relative to all 50 States7 
 

State Program Spending Electricity Savings Current Annual Savings Target Utility Incentives/ Removal of 
Disincentives

State Ranking 
for Utility and 

Public 
Programs

Overall 
State 

Ranking

% of 
Revenues Rank % of Total 

Sales Rank Decoupling or 
Related Mechanism

Performance 
Incentives

2008 2009 2008 2009 2008 2009 2008 2009 2008 2009 2008 2009 2008 2009 2008 2009 2008 2009

Connecticut 1.5% 2.0% 7 5 1.04% 1.10% 3 4 1.0%, binding 1.0%, binding Yes Yes Yes Yes 2 3 (tied) 3 3
Vermont 2.4% 3.4% 1 1 1.23% 1.80% 2 1 1.8%, binding 2.0%, binding Yes Yes Yes Yes 1 1 4 6
Massachusetts 1.5% 1.4% 8 10 0.82% 0.86% 4 7 none 2.4%, binding Yes Pending Yes Yes 6 3 (tied) 7 2
Rhode Island 1.6% 1.9% 6 6 1.23% 0.81% 1 8 none none No No Yes Yes 10 9 (tied) 11 9
New Hampshire 1.1% 1.3% 10 11 0.67% 0.70% 9 11 none none Pending No Yes Yes 17 15 18 13
Maine 0.8% 1.0% 17 15 0.61% 0.91% 13 5 none none No Pending No Pending 18 18 (tied) 19 10
Sources: 
Eldridge, Maggie, et al., “The 2008 State Energy Efficiency Scorecard,” American Council for an Energy-Efficiency Economy Report Number E086, October 2008.
Eldridge, Maggie, et al., “The 2009 State Energy Efficiency Scorecard,” American Council for an Energy-Efficiency Economy Report Number E097, October 2009.   

 
 
Connecticut continues to rank third nationally in overall state scoring, which also considers non-
utility programs and policies such as building codes, combined heat and power, appliance 
standards, and Research, Development and Deployment.  The only New England state that did 
not rank in the top 10 this year was New Hampshire (13).   
 
Though Connecticut is both a regional and national leader in its achievements with efficiency 
according to the ACEEE scorecard, the majority of data used in the most recent (October 2009) 
report is slightly outdated (based on 2007 information). Since that time, other New England 
states have been aggressively pursuing energy efficiency targets.  This fact is partly reflected in 
Table 2.2’s “Current Annual Savings Target” column, as this data set uses current, not 2007, 
information. As described in this column, Connecticut’s annual savings target between 2008 and 
2009 has stayed constant while Vermont’s target has slightly increased and Massachusetts has 
recently created the highest target in New England. Comparing only across 2009 values in Table 
2.2, both Vermont’s and Massachusetts’s annual savings targets (two and 2.4 percent, 
respectively) are at least twice that of Connecticut’s (one percent). 
 
Connecticut can continue to be a leader in efficiency even while other states pursue efficiency 
more aggressively.  In 2007, Connecticut utilities reported a 1.35 percent reduction in total retail 
electricity sales due to its efficiency programs,8 and the ECMB’s 2009 Energy Efficiency 
Potential study indicates that Connecticut could capture an additional 20 percent of cost-effective 
efficiency by 2018.9  The 2008 Connecticut Energy Excellence Plan (Excellence Plan), 
developed by the Connecticut Energy Efficiency Fund (CEEF) pursuant to Section 97 of PA 07-
242, describes how EE programs can improve Connecticut’s business environment by increasing 
efficiency and lowering costs, how Connecticut can remain a national leader in EE, and how to 
                                                 
7  The 2008 report is based on 2006 data, and the 2009 report based on 2007 data.  Data does not reflect 

current expansion plans. 
8  American Council for an Energy-Efficient Economy. “Connecticut.” 

http://www.aceee.org/energy/state/connecticut/ct_utility.htm.  Last accessed December 18, 2009. 
9  “Potential for Energy Efficiency in Connecticut,” KEMA, Inc., May 2009.  
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reduce peak demand by at least ten percent by 2010.10  The Excellence Plan recommends a 
number of initiatives that would have the potential to flatten peak load growth by 2010, and to 
reduce peak loads in later years.  Other states are identified as having similar strong EE 
initiatives, including California, Texas, New York, New Jersey, Florida, and Maryland. 
 
Within the New England states, Massachusetts and Vermont have recognized the opportunity for 
substantial increases in cost-effective energy efficiency and have aggressive plans that are more 
comparable to our All Achievable Cost-Effective DSM resource strategy than our Reference 
strategy.  Massachusetts recently enacted its Green Communities Act, which creates substantial 
opportunities for EE.  The Green Communities Act: 

• Mandates utility EE plans every three years, and requires all utilities to secure cost-
effective EE as a resource of first recourse; 

• Applies strict building codes; and 

• Allocates 80 percent of RGGI proceeds to utility EE programs. 

 
Vermont has also recently dramatically increased its EE efforts, particularly evidenced by 
Efficiency Vermont.  Efficiency Vermont refers to 2006-2008 contracts for EE services between 
Vermont Energy Investment Corporation and the Vermont Public Service Board.  Efficiency 
Vermont publishes annual plans that outline contract goals, historic performance, and projected 
progress towards meeting contract goals.  The 2007-2008 annual plan reflects a 46 percent 
increase in EE funding over the previous plan, and projects an additional 50 GWh of EE savings 
in 2008 over the original contract savings goals.11 
 
Other states have recognized the value of EE resources.  Rhode Island has recently approved 
least-cost procurement.  The Public Utilities Commission in New Hampshire recently ordered 
Public Service of New Hampshire (PSNH) to conduct a “systematic evaluation of reasonably 
available DSM programs.”12  As part of an integrated resource plan completed in 2007, PSNH 
addresses this directive and conducts an assessment of the available demand side potential.  This 
assessment is followed up with an examination of the programs currently offered by PSNH as 
well as some programs the Company has analyzed as possible future offerings, and several 
different expanded DSM scenarios are considered. 
 
This IRP must account for EE in other states because it affects resource adequacy and energy use 
in New England.  However, the EDCs were not able to obtain detailed EE plans from EDCs in 
other states.  We can only estimate the amount of EE based on publicly available data, including 
FCM results, surveys, and announced plans.  EE and DR levels assumed in other states are 
explained in the Section III.1 (Resource Adequacy). 

                                                 
10  “2008 Connecticut Energy Excellence Plan,” The Connecticut Energy Efficiency Fund c/o Office of 

Consumer Counsel, May 27, 2008. 
11  “Efficiency Vermont Annual Plan 2007-2008,” Prepared for the Vermont Public Service Board by 

Vermont Energy Investment Corporation, June 1, 2007. 
12  Public Service of New Hampshire, Least Cost Integrated Resource Plan, September 30, 2007. 
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2.D CONNECTICUT “TARGETED DSM EXPANSION” RESOURCE STRATEGY 

2.D.1 Description 

This IRP evaluates additional EE in a “Targeted DSM Expansion” resource strategy, which is 
constructed as an intermediate step between the Reference level and the All Achievable Cost-
Effective DSM level of EE presented below in Section 2.D.  The Targeted DSM Expansion 
strategy produces significant energy savings while also eliminating growth in peak demand in 
five years and a slight reduction thereafter.  The Targeted DSM Expansion strategy is comprised 
of four high potential initiatives addressing residential new construction “zero energy homes,” 
residential cooling, various commercial and industrial (C&I) applications, and C&I chiller 
retirement, as described in more detail below. 
 

2.D.2 Components of the Targeted DSM Expansion Resource Strategy 

Residential New Construction (RNC) – “Zero Energy Homes” Initiative 

The ZEH would build on a Zero Energy Home Pilot that was started in 2009.  The 2009 ZEH 
pilot is a statewide competition which provides cash prizes to participants for building zero 
energy homes.  Eighteen builders representing over 100 homes are participating in the pilot. The 
initial results of the pilot suggest that there is a significant untapped potential for Zero Energy 
Homes in Connecticut.   The Zero Energy Homes initiative would build on the initial pilot and 
would greatly expand the number of Zero Energy Homes in Connecticut to approximately 600 
units per year in ten years at which time the residential new construction market would be 
transformed to the point where incentives and support can be reduced or eliminated altogether.   
 
The Companies would start the Zero Energy Homes initiative that involves moving builders and 
consumers beyond the existing ENERGY STAR homes to near Zero Energy Homes by 
incorporating EE and renewable features. Other technologies such as ductless and geothermal 
heat pumps, combined heat and power systems, LED lights, time-of-use rate structures, and real 
time feedback mechanisms may be incorporated.  The ZEH would be a joint natural gas and 
electric initiative and would leverage CEEF funding from the natural gas and electric distribution 
companies.  If available, federal and state tax credits would be leveraged as well as the CCEF 
Solar Photovoltaics and solar thermal rebate programs with the Zero Energy Homes initiative 
offering. Program efforts would focus on working with market leaders to demonstrate the 
approach and benefits of building homes that minimize the peak load growth on the electric and 
natural gas systems.  
 
Incentives from multiple parties would be packaged and offered to high-performance projects 
meeting prescribed levels of efficiency and incorporating renewable features to approach Zero 
Energy Home performance. The same HVAC incentives offered through the Home Energy 
Solutions program would be available to all RNC projects. Similarly, RNC would offer the same 
natural gas domestic hot water rebate as the stand alone program. 
 
Table 2.3 below shows the costs and cumulative savings this initiative would achieve.  The 
customer benefits are calculated using the difference in customers’ power supply-related costs 
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between the Targeted DSM Expansion resource strategy and the Reference resource strategy, as 
estimated in Section II (Analytical Findings) for the 2020 Current Trends Scenario.  
Approximately half of the estimated $109 million annual reduction in generation service costs 
reflects the value of energy (and capacity) not consumed, and half is attributed to impacts on 
energy market prices.  This customer cost savings is divided by approximately 600 GWh annual 
savings (measured at the customer meter) that the entire package of Targeted DSM Expansion 
initiatives would achieve by 2020.  It is assumed that the resulting $202/MWh benefit would be 
constant in real terms and would apply to all savings over the lifetime of each initiative.  This 
analysis differs from the ones typically submitted with C&LM filings because it uses the IRP 
modeling platform instead of market price projections provided by Synapse, and because it 
extrapolates benefits from only one study year. 
 
 

Table 2.3 
Cumulative Savings from RNC Zero Energy Homes Initiative 

 
Targeted DSM -- Zero Energy Homes
Cumulative Annual peak load reduction achieved by year 10 (MW) 32                     
Cumulative Annual energy savings achieved by year 10 (GWh) 67                     
Lifetime energy savings from all measures installed in 10 years (GWh) 1,664                
NPV of program costs over 10 years (2010 $) $34,293,139
NPV of participant out-of-pocket costs over 10 years (2010 $) $34,293,139
Customer benefits measured in 2020 IRP analysis (2010 $/MWh saved) $202
NPV of customer benefits from all measures installed in 10 years, assuming 
the benefits are always $202/MWh (2010 $) $140,720,409
Benefit to Program Cost ratio 4.1                    
Benefit to Total Cost ratio 2.1                    

 
 
Residential Cooling 

The residential cooling initiative is a set of measures offering savings above and beyond the 
“business as usual” residential reference level EE.  These measures and savings potential were 
identified in the 2009 study “Potential for Energy Efficiency in Connecticut, KEMA, Inc.”  The 
measures that are included in this initiative represent measures with a high level of cost effective 
savings potential which may not be fully realized under the base funding scenario.  The 
following table shows the total potential energy savings and summer demand savings from the 
top residential cooling measures from the 2009 study. Residential measures include high 
efficiency central AC (15 SEER and above), high efficiency room air conditioners (CEE Tier 1), 
ENERGY STAR dehumidifiers, high performance ceiling and wall insulation, ENERGY STAR 
phase-2 windows and attic venting. 
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Table 2.4 
Cumulative Savings from Residential Cooling Initiative 

 
Targeted DSM  -- Residential Cooling
Cumulative Annual peak load reduction achieved by year 10 (MW) 28                     
Cumulative Annual energy savings achieved by year 10 (GWh) 35                     
Lifetime energy savings from all measures installed in 10 years (GWh) 624                   
NPV of program costs over 10 years (2010 $) $34,292,654
NPV of participant out-of-pocket costs over 10 years (2010 $) $17,146,327
Customer benefits measured in 2020 IRP analysis (2010 $/MWh saved) $202
NPV of customer benefits from all measures installed in 10 years, assuming 
the benefits are always $202/MWh (2010 $) $71,525,790
Benefit to Program Cost ratio 2.1                    
Benefit to Total Cost ratio 1.4                    

 
 

High Potential C&I Measures 

This initiative is comprised of a set of measures selected from the recent study, “Potential for 
Energy Efficiency in Connecticut, KEMA, Inc., 2009.”  They were selected from the top twenty 
demand savings measures listed in the potential study and consist of new or enhanced measures. 
The measures listed below would be new offerings or have only been recently explored:   

• DX Tune-up/Advanced Diagnostics – the savings from testing/tune-up of commercial 
direct expansion cooling systems comprise 70 percent (53 MW) of the total estimated 
peak demand savings from all High Potential C&I Measures. 

• Fluorescent Fixtures Continuous Dimming 

• Compressed Air - System Optimization 

• Efficient Refrigeration Operations 

 
The following measures are currently offered but could be enhanced to achieve greater savings: 

• High Performance HVAC 

• More Efficient Design of Refrigeration Systems 

 
The following table shows the total potential energy savings and summer demand savings for the 
C&I measures selected from the 2009 potential study.   
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Table 2.5 
Cumulative Savings from High Potential C&I Measures 

 
Targeted DSM  -- High Potential C&I Measures 
Cumulative Annual peak load reduction achieved by year 10 (MW) 76                  
Cumulative Annual energy savings achieved by year 10 (GWh) 317                
Lifetime energy savings from all measures installed in 10 years (GWh) 3,174             
NPV of program costs over 10 years (2010 $) $82,923,018
NPV of participant out-of-pocket costs over 10 years (2010 $) $41,461,509
Customer benefits measured in 2020 IRP analysis (2010 $/MWh saved) $202
NPV of customer benefits from all measures installed in 10 years, 
assuming the benefits are always $202/MWh (2010 $) $398,567,603
Benefit to Program Cost ratio 4.8                 
Benefit to Total Cost ratio 3.2                 

 
 

C&I Chiller Retirement Initiative 

The 2007 & 2008 Energy Opportunities (EO) Accelerated Chiller Retirement initiative to impact 
summer peak demand by identifying and removing old, inefficient chillers from the system was 
successful in achieving its goal of reducing summer peak demand.  This initiative specifically 
targeted chillers that operated coincident with the summer peak and, in order to manage demand 
on program budgets, was restricted to equipment greater than 23 years old.  Reducing the age 
limit to qualify additional equipment was envisioned to address additional market opportunity 
but was never enacted due to funding limitations.  The initiative was successful in identifying 
and replacing several large chiller installations.  Not all identified projects proceeded forward at 
that time and the initiative was subsequently suspended due to funding constraints.  Chiller loads 
are one of the largest contributors to the summer peak demand and reinstating and expanding this 
initiative would target this market opportunity.  Accelerating chiller replacements is one of the 
best ways to reduce summer peak kW demand and also offer substantial energy savings to the 
customer. 
 
The Companies would be offering this initiative to target old inefficient chillers and replace them 
with high efficient air-cooled or water-cooled equipment.  This effort would further enhance the 
Companies’ C&I programs to assist Connecticut businesses in mitigating energy and demand 
cost increases.  
 
The following table shows the cumulative energy and demand savings projection for the high 
efficiency chiller replacement initiative.  These savings potential are estimated based on the 
actual program data from 2007 & 2008 EO Accelerated Chiller Retirement Initiative. 
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Table 2.6 
Cumulative Savings for C&I Chiller Initiative 

 
Targeted DSM  -- C&I Chillers
Cumulative Annual peak load reduction achieved by year 10 (MW) 55                  
Cumulative Annual energy savings achieved by year 10 (GWh) 194                
Lifetime energy savings from all measures installed in 10 years (GWh) 3,874             
NPV of program costs over 10 years (2010 $) $84,050,606
NPV of participant out-of-pocket costs over 10 years (2010 $) $84,050,606
Customer benefits measured in 2020 IRP analysis (2010 $/MWh saved) $202
NPV of customer benefits from all measures installed in 10 years, 
assuming the benefits are always $202/MWh (2010 $) $397,531,571
Benefit to Program Cost ratio 4.7                 
Benefit to Total Cost ratio 2.4                 

 
 

2.D.3 Combined Impacts of the Targeted DSM Expansion 

Table 2.7 below summarizes the costs and benefits of the entire package of initiatives in the 
Targeted DSM Expansion resource strategy as compared to the Reference resource strategy. 
 

Table 2.7 
Total Incremental Effects of Targeted DSM Expansion 

 
Targeted DSM -- All Initiatives TOTAL
Cumulative Annual peak load reduction achieved by year 10 (MW) 191                   
Cumulative Annual energy savings achieved by year 10 (GWh) 612                   
Lifetime energy savings from all measures installed in 10 years (GWh) 9,336                
NPV of program costs over 10 years (2010 $) $235,559,417
NPV of participant out-of-pocket costs over 10 years (2010 $) $176,951,581
Customer benefits measured in 2020 IRP analysis (2010 $/MWh saved) $202
NPV of customer benefits from all measures installed in 10 years, assuming 
the benefits are always $202/MWh (2010 $) $1,008,345,373
Benefit to Program Cost ratio 4.3                    
Benefit to Total Cost ratio 2.4                    

 
 
The Targeted DSM Expansion strategy would reduce generation service costs by $109 million in 
2020 in the Current Trends scenario, a savings that far exceeds the $19 million annual program 
cost (net of $10 million FCM funding).  The generation cost savings is approximately half from 
the value of energy not consumed, and about half from a slight reduction in market energy 
prices.  Although average costs (per kWh consumed) are not a good measure of overall program 
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performance when the quantity consumed is changing, average costs do decrease under this 
strategy due to the market energy price effect.  Hence, overall rates would likely decrease even 
for non-participants in the additional DSM programs, in spite of a 0.7 mill increase in the system 
benefit charge (SBC) to fund the programs.   
 
The Targeted DSM Expansion resource strategy would not only reduce customer costs, but it 
would also reduce CO2 and NOx emissions in all 5 scenarios and reduce SO2 emissions in 4 of 
the scenarios.  Hence, this strategy may present an opportunity to reduce emissions at a negative 
net cost. 
 

2.E ALL ACHIEVABLE COST-EFFECTIVE DSM RESOURCE STRATEGY 

The “DSM-Focus” and “Expanded EE” cases in the 2008 and 2009 IRP relied on the ECMB’s 
2004 Energy Efficiency Potential Study.  The 2004 study estimated the maximum achievable 
potential for all cost effective energy efficiency measures that could be implemented in 
Connecticut with unlimited conservation program funding.  The ECMB has completed a new 
potential study in 2009 which estimated the maximum achievable cost effective energy 
efficiency potential based on several conservation program funding scenarios.  The Integrated 
Resource Plan Funding Scenario in the 2009 potential study is the basis for the All Achievable 
Cost-Effective DSM resource strategy evaluated in this IRP.  It is based on the maximum 
funding levels that the conservation program would expect to receive as a result of the IRP and 
would produce approximately 20 percent less peak demand and 10 percent less energy savings 
than programs with unlimited funding.  
 
The IRP Funding Scenario in the 2009 potential study estimates that cost effective cumulative 
annual savings of 1,095 MW and 5,910 GWh by 2018, with an expected average annual program 
cost of $206 million.13  For the period 2004 through 2018 the Potential Study estimates the 
corresponding total program and customer costs at $3.75 billion ($1.9 billion in program costs 
plus $1.8 billion in customer costs), and total program benefits at $9.9 billion.14  This yields an 
overall benefit/cost ratio of 2.65.15   
 
However, this IRP includes a different approach to estimating benefits, by comparing customer 
costs between the All Achievable Cost-Effective DSM Expansion resource strategy and the 
Reference resource strategy.  Relative to the Reference resource strategy, we estimate that the 
All Achievable Cost-Effective DSM resource strategy produces an incremental 561 MW and 

                                                 
13  KEMA study, tables 1-1 and 1-2; MW and GWh values at customer meter. 
14  KEMA study, table 3-1. 
15  Ibid. 
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3,439 GWh in cumulative annual savings by 2018.16  This reduces customer costs by $402 
million annually (in the Current Trends scenario) after accounting for the $90 million in 
incremental annual program costs.  Most of the benefit is due to reduced energy and associated 
RPS needs, and approximately a quarter from market price impacts.   
 
Although average costs (per kWh consumed) are not a good measure of overall program 
performance when the quantity consumed is changing, average costs increase under this strategy 
because a slight reduction in GSC rates would not fully offset the SBC rate increase to 5.6 mills 
from 3 mills in the Reference strategy.  Hence, costs for non-participants could increase while 
costs for participants would decrease (by a larger total amount). 
 
In addition, regional CO2, NOX, and SO2 emissions would decrease by about 4 percent; 
Connecticut SO2 emissions would decrease by as much as 22 percent while annual and HEDD 
NOX emissions would decrease by up to five percent, depending on the scenario.  The results are 
presented in Figure 2.2 and Table 2.9 below. 
 

                                                 
16  The achievable savings identified in the KEMA Potential study of 16 percent peak load and 20 percent 

total energy by 2018 include the effects of “business-as-usual” levels of EE, which are already included in 
our Reference-level DSM (approximately 9 percent peak and 11 percent energy by 2018), plus incremental 
savings from expanded programs (incremental 7 percent peak and 9 percent energy savings by 2018).  
These percentages can be found in Tables 1.1 and 1.2 of the KEMA study.  Business-as-usual savings was 
verified against our Reference-level DSM, and the incremental savings of 7 percent peak and 9 percent 
energy savings by 2018 was translated into GW and GWh savings using gross load levels assumed in this 
IRP, not gross load levels assumed in the KEMA study.  In our 2020 analysis, we held incremental savings 
(relative to Reference-level DSM) constant at 2018 levels. 
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Figure 2.2 
 

Average Customer GSC Costs     CO2 Emissions 
      in Connecticut in 2020         in New England in 2020 
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Table 2.8 
Average Customer Power Supply-Related Cost in Connecticut in 2020 

 
Scenario

Reference
Strategy

Targeted 
DSM

Expansion 

All Achievable 
Cost-Effective

DSM 
 (¢/kWh)  (¢/kWh)  (¢/kWh)

Current Trends 13.70 13.68 13.81
Lo Gas/Lo CO2 11.01 10.91 11.35
Med Gas/Hi CO2 14.17 14.13 14.50
Hi Load 13.78 13.69 13.95
Hi Gas/Hi CO2 15.59 15.71 15.69

Strategy
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Table 2.9 
Summary of CO2, NOx, and SO2 Emissions  

in Connecticut and New England (2020) 
 

Connecticut Emissions ISO-NE Emissions

Reference
Strategy

Targeted 
DSM

Expansion 

All Achievable
Cost-Effective

DSM 

Reference
Strategy

Targeted 
DSM

Expansion 

All Achievable
Cost-Effective

DSM 

Current Trends 8,551 8,478 7,918 36,562 36,263 35,085
Lo Gas/Lo CO2 9,578 9,516 8,545 36,483 36,111 35,184
Med Gas/Hi CO2 7,718 7,626 7,256 32,456 32,032 30,868
Hi Load 10,388 10,267 9,294 42,106 41,679 40,824
Hi Gas/Hi CO2 8,610 8,138 7,676 33,655 33,538 32,446

Current Trends 2,506 2,488 1,954 44,275 44,056 42,571
Lo Gas/Lo CO2 1,554 1,521 1,388 21,329 20,481 20,213
Med Gas/Hi CO2 1,182 1,149 1,046 28,773 28,050 26,248
Hi Load 3,138 3,043 2,888 50,454 49,664 49,789
Hi Gas/Hi CO2 3,324 3,418 3,269 54,090 54,676 53,723

Current Trends 2,922 2,898 2,778 16,689 16,631 16,219
Lo Gas/Lo CO2 2,521 2,506 2,382 12,666 12,460 12,382
Med Gas/Hi CO2 2,387 2,343 2,275 13,219 12,935 12,526
Hi Load 3,321 3,292 3,154 18,645 18,483 18,424
Hi Gas/Hi CO2 3,515 3,484 3,379 18,473 18,610 18,343

Current Trends 26.3 24.9 25.1 - - -
Lo Gas/Lo CO2 27.1 25.8 26.8 - - -
Med Gas/Hi CO2 25.3 24.0 24.4 - - -
Hi Load 27.9 26.9 27.4 - - -
Hi Gas/Hi CO2 26.4 25.1 26.3 - - -

SOx (tons)

CO2  (thousands of tons)

NOx (tons)

NOx HEDD (tons/day)

 
 
 

2.F FUNDING OPTIONS FOR EXPANDED EE PROGRAMS IN CONNECTICUT 

In order to fully capture the potential benefits of expanded DSM programs, funding for the 
programs as well as funding for the customer costs associated with the programs will need to be 
put in place.   

2.F.1 Options for Funding Expanded Program Costs 

The funding for the program costs has changed over the last few years, shifting from almost 
complete reliance on the charge on customer electric bills to include other sources of revenues.  
These additional sources of revenues include funding from the ISO-NE Forward Capacity 
Market, the Class III REC program, funding from the Regional Greenhouse Gas Initiative 
(RGGI), and most recently funding through the American Recovery and Reinvestment Act 
(ARRA).  Identifying new sources of funding could include strategies such as increasing the 
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conservation charge on customers’ bills, allowing the EDCs to include funding for energy 
efficiency in distribution rates, or finding other new sources of funding.  All of these options 
would help customers to save money while also reducing emissions.  A few examples of these 
funding sources are provided below.    
 
Funding program costs directly from ratepayers is one option to increase program funding.  The 
Connecticut Legislature could adjust the current 3 mill charge.  The 3 mill charge has been in 
place since the year 2000.  Since that time the per kWh cost of electricity has nearly doubled, 
while the overall size of the total C&LM collection has remained fairly flat due to decreasing 
energy sales. 
 
DSM Program costs could also be included in rate base.  This allows the benefits of energy 
efficiency, which accrue over the life of the efficiency installations, to match the costs associated 
with those installations.  This concept also treats DSM more like traditional resources where 
investments are made and those costs are recovered through rates over a period of time.  The 
state of Nevada has allowed utilities to put energy efficiency costs in the rate base (as a 
regulatory asset).  This asset is then depreciated over five years and the asset is allowed to earn a 
return during the period.  As an incentive, Nevada allows the utility to earn its standard allowed 
ROE plus up to five percent on the equity portion of the capitalized energy efficiency costs.  The 
debt portion earns the embedded cost of debt.  This provides the utility with an incentive to 
engage in energy efficiency initiatives.17  
 
DSM programs can also be recovered through rates using other recovery mechanisms.  The gas 
programs in Connecticut use a Conservation Adjustment Mechanism (CAM) to fund programs 
through gas rates.  This approach is another means to increase ratepayer funding for DSM 
programs.   
 
The newer sources of program funding in Connecticut such as the Forward Capacity Market, the 
Class III REC program, RGGI, or ARRA funding have been important contributors of 
incremental dollars in recent years.  Those sources of funding should be maximized to the extent 
possible, but there may be limited potential to increase those funding sources to the levels 
envisioned in the IRP scenarios. 

2.F.2 Options for Financing Participants’ Increased Out-of-Pocket Costs  

In addition to program funding, customers need to be able to provide the customer cost share of 
installations of energy efficiency technology.  Customer contributions to overall project costs 
typically are in the range of 50 percent to 70 percent (or more) of the overall project cost.  The 
Companies have developed a number of financing options as part of the current battery of 
program offerings to assist customers in obtaining the required funding to implement efficiency 
measures.   
 

                                                 
17  See Chapter 704-9522 to 704-9523 of Nevada Administrative Code. See also “Nevada Energy Efficiency 

Strategy,” by Howard Geller, Cynthia Mitchell and Jeff Schlegel of the Southwest Energy Efficiency 
Program January 2005. 
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Financing options for the commercial and industrial programs have been segmented to meet the 
needs of the various customer classes.  For the smallest commercial customers, the Companies 
have developed their award winning Small Business Program.  This Program features interest 
free financing that is repaid on the customer’s electric bill every month.  This approach allows 
smaller customers to use the savings from the efficiency installations to at least offset the cost of 
the loan payment resulting in no increase in the customer’s electricity costs even when repaying 
the loan.  Larger and more sophisticated customers have access to lenders associated with the 
programs and can choose between an option of reduced financing rates or higher incentive 
payments. 
 
The residential class of customers also has financing needs as part of many residential efficiency 
installations.  When a customer installs more efficient air conditioning or more insulation, the 
rebates provided cover only a portion of the cost.  The current programs provide financing 
options as a tool to assist customers in completing these installations.  The Companies have 
begun to work with both national energy efficiency financing companies as well as local credit 
unions to offer flexible packages of financing options to assist the residential customer in 
installing more efficient equipment. 
 
There are currently many financing options associated with the programs, but increased program 
activity will carry with it a need for more capital investments on the customer’s part.  Financing 
packages are not a replacement for a comprehensive energy efficiency program.  There are 
however some new approaches to financing energy efficiency measures that would be worthy of 
further examination as part of any expanded program offerings. 
 
One of the approaches for financing is for municipalities to offer property assessments as a 
means of repayment.  Palm Desert, California, and Berkeley, California, are examples of cities 
that have decided to provide financing for energy efficiency and renewable energy.  These 
approaches seem to have merit, but may require legislative changes to allow their adoption in 
Connecticut. 
 
In Palm Desert, the Energy Independence Program (EIP) offers residents affordable financing for 
major energy-saving home improvements, such as high-efficiency air conditioners, dual-pane 
windows, and solar panels.  The long-term payback of these home improvements are linked to 
the owner’s property taxes.18  The EIP has made loans totaling $7.5 million in its first two 
phases.  The first $2.5 million of funding came from the city’s general fund for Phase I, while 
Phase II funding of $5 million came from a bond issued by the city’s Redevelopment Agency.19 
 
The City of Berkeley also offers financing to its residents through its Financing Initiative for 
Renewable and Solar Technology (FIRST) program.  This program allows residents to finance 
projects through a 20-year special tax on the property.  Because the investment stays with the 
house, so does the tax obligation; if the house is transferred or sold, the new owners pay the 

                                                 
18  http://www.cityofpalmdesert.org/Index.aspx?page=484. Last accessed November 25, 2009. 
19  Fuller, Merrian C., Cathy Kunkel, and Daniel M. Kammen. “Guide to Energy Efficiency & Renewable 

Energy Financing Districts for Local Governments,” September 2009. 
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remaining tax obligation.20  While the pilot of the FIRST program only allowed for solar 
photovoltaics, the City is currently evaluating the pilot results and assessing the ability to launch 
energy efficiency programs.21   
 
Other approaches to creating repayment mechanisms include loan pools, energy efficient 
mortgages, and other repayment mechanisms.  Each of these must be explored for their 
applicability to the program they are intended to complement.  Financing is an important tool to 
implement energy efficiency, but there is no universal solution that causes efficiency investments 
to magically occur. 
 

2.G STATE AND REGIONAL EFFORTS VIA CODES AND STANDARDS  

In parallel to utility DSM programs, state and federal governments play an important role in EE 
by setting codes and standards. Codes and standards have historically stimulated a significant 
amount of EE savings that likely would not have been achieved otherwise by setting a minimum 
level of EE.  For example, studies on the effectiveness of appliance standards have estimated 
tens of billions of dollars nationally for past savings, and over a hundred billion dollars, in 
present value terms, through the next 20 to 40 years.22   
 
Because codes and standards are implemented in parallel with utility DSM programs, it is 
important to understand how they differ, including their effectiveness at overcoming barriers to 
various types of cost-effective EE.  Codes and standards work by preventing new investment in 
inefficient equipment (but without subsidizing purchases).  However, appliance standards are set 
federally, usually at a minimum level that is broadly acceptable politically, not necessarily at the 
level that is most economic for Connecticut.  Codes are set by the state, but they address only 
new buildings and major renovations (the development of which is quite low in the current 
economy), and they are effective only to the extent that local building inspectors enforce them.   
 
In contrast, utility DSM programs can promote efficiency investments in both new and retrofit 
applications, and they can target technologies and applications that are cost-effective for 
Connecticut.  Utility DSM programs also help to reduce the upfront cost of purchasing efficient 
equipment.  A perceived disadvantage is that, if the program is funded through rates, customers 
not able to participate in the program must pay for other customers’ purchases.  Each of these 
differences is described in more detail below.   
 
First, consider the scope of codes and standards versus utility DSM programs. Codes and 
standards have been particularly effective in achieving EE savings with new construction and 
new appliances, respectively, by eliminating the option to purchase inefficient equipment.  
                                                 
20  http://www.ci.berkeley.ca.us/ContentDisplay.aspx?id=26580. Last accessed November 25, 2009. 
21  Fuller, Merrian C., Cathy Kunkel, and Daniel M. Kammen. “Guide to Energy Efficiency & Renewable 

Energy Financing Districts for Local Governments,” September 2009. 
22  “Energy Efficiency Policies: A Retrospective Examination,” Gillingham, K., R. Newell, and K. Palmer, 

Annual Review of Environment and Resources, Vol 31:161–92. 
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Mandating that manufacturers produce, and that developers or consumers buy, more efficient 
equipment avoids the market barriers cited in a study by ACEEE: split incentives between those 
who purchase the equipment versus those who benefit from the EE savings, low-price “panic 
purchases” for replacement equipment, and the bundling of EE features only as high-cost 
“extras” on equipment.23 However, utility DSM programs have a broader scope than codes and 
standards because they are not limited to only new construction and purchases. Utility DSM 
programs can also accelerate the replacement of old, inefficient equipment.  
 
A barrier to EE is access to and the understanding of information.24  Many consumers neither 
have detailed information about the full range of energy-savings options, the ability to decipher 
the option that best suites their particular circumstances, nor detailed knowledge of specific 
technologies available.  Both utility DSM programs and codes and standards provide information 
to consumers, though in different ways.  Codes and standards narrow the available technologies 
to only ones that meet a certain minimum level of EE (because they limit choices, they are 
generally set conservatively).  Utility DSM programs can provide information to consumers by 
promoting certain energy-saving options and/or devices (without excluding others).  
Furthermore, utility DSM programs can provide tools and/or access to specialized professionals 
that assist consumers by making information more accessible and understandable. 
 
Another barrier to EE is the initial installation cost,25 even if expected future savings are more 
than sufficient to pay for the investment.  The capital expenditure for an energy efficient 
technology has to be paid in full before a consumer receives any savings, often making EE 
investments unappealing to consumers.  Codes and standards are unable to address this timing 
issue directly.  In fact, codes and standards can increase the installation cost of new equipment 
(sometimes acting as a barrier to retrofitting) if they limit customer choice to more expensive 
technologies.  Utility DSM programs, however, are able to lessen the up front cost of EE by 
providing customers with financing or including EE costs as a part of the rate.  The latter EE 
funding option has the disadvantage, compared to codes and standards, that all consumers must 
pay for the EE program, regardless of their EE efforts.26  A mitigating factor is that all customers 
benefit from the environmental externalities and market price impacts from EE. 
 
Because appliance standards are set by the federal government, an individual state does not have 
jurisdiction or much influence in the resulting standards.  Building codes are currently set by 
states and implemented locally, but the American Clean Energy and Security Act passed by the 
House of Representatives27 includes language to require a mandatory nationwide building 

                                                 
23  “Energy Efficiency Resource Standards: Experience and Recommendations,” Steven Nadel, ACEEE 

Report E063, March 2006. 
24  United States Department of Energy and United States Environmental Protection Agency.  “National 

Action Plan for Energy Efficiency,” July 2006. 
25  Ibid. 24. 
26  For example, consumers who never participate in an EE program pay even though they do not receive any 

benefit. Similarly, consumers who have already maximized their individual EE before the utility’s DSM 
program begins will pay even though they are unable to receive further EE benefit. 

27  H.R. 2454 – 111th Congress: American Clean Energy and Security Act of 2009, June 2009. 
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efficiency code.  Furthermore, the revision of codes and standards take multiple years; building 
codes in Connecticut change no more than every four years28 and federal appliance standards can 
go as long as seven years before an update.29  When codes and standards are updated, they must 
meet a level of efficiency that is broadly acceptable regionally and politically (and that survives 
industry lobbying).30  On the other hand, states have much more control over utility DSM 
programs as these are determined by the public utilities commission.  Additionally, utility DSM 
programs are more flexible because they can be revised each year.  
 
Finally, compared to utility DSM programs, building codes can be difficult to enforce.  For 
example, because building codes are implemented locally, changes to them can require 
significant training for both builders and inspectors.  Lack of training and sometimes lax 
enforcement can lead to poor compliance with building codes.  California estimates that the 30-
50 percent of HVAC systems are not being installed properly and that has led to an estimated 20-
30 percent increase in the peak energy needed on hot summer afternoons.31  Furthermore, 
according to a recent study, approximately 80 percent of EE savings are derived from standards, 
compared to 20 percent from codes.32  
 
Examples of how codes and standards are used in Connecticut are described below. 
 
Codes  

In addition to the savings contemplated in the Reference, Targeted DSM Expansion, and All 
Achievable Cost-Effective DSM strategies, codes and standards can provide further savings.  To 
that end, continued support for adoption of International Energy Conservation Codes and 
ASHRAE/IESNA Standards into the State Building Code will be needed. 
 
As administrators and supporters of the CEEF programs, the Companies will remain actively 
involved in the code adoption process for the State of Connecticut.  The Companies have 
representation on the Coalition for the Adoption of a Unified Code that works to promote the 
adoption of a single family of codes that are consistent and coordinated in form and language, 
sharing common definitions and requirements.  Effective and consistent enforcement of 
requirements leading to better, not more, regulation is the goal of the Coalition.  The Coalition is 
comprised of representatives of design, enforcement, construction, and owner organizations.   
                                                 
28  http://bcap-energy.org/node/58#adoption. Last accessed November 30, 2009. 
29  United States Department of Energy. “Seventh Semi-Annual Report to Congress on Appliance Energy 

Efficiency Rulemakings – Implementation Report: Energy Conservation Standards Activities.” August 
2009. 

30  Krauss, Clifford. “A New Enforcer in Buildings, the Energy Inspector.” The New York Times. July 17, 
2009. http://www.nytimes.com/2009/07/18/business/energy-environment/18codes.html. Last accessed 
November 30, 2009. 

31  California Public Utilities Commission. “California Long Term Energy Efficiency Strategic Plan.” 
September 2008. 

32  Rohmund, Ingrid et al., “Assessment of Electricity Savings in the U.S. Achievable through New 
Appliance/Equipment Efficiency Standards and Building Efficiency Codes (2010 – 2020).” December 
2009. 
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While code improvements are necessary, changes to the energy section of the code often create 
adoption and enforcement challenges which need to be addressed in order to realize the full 
benefit of energy code improvements.  Resources will be allocated to support the needs, as they 
relate to code change issues, of the design, construction and enforcement communities.   
 
To that end, new training opportunities will be developed to educate building developers, 
designers, owners, and building officials regarding new building codes and their implications on 
design strategies and energy efficiency program designs.  The Companies will continue to 
develop and deploy a broad training/outreach schedule that incorporates topics including but not 
limited to the amendments to the Connecticut State Building Code adopting the International 
Energy Conservation Code (“IECC”), Connecticut Energy Regulations, Energy Policy Act of 
2005, and new technologies and design processes that can be used to achieve or go beyond new 
code requirements.   
 
Standards 

As administrators and supporters of the CEEF programs, the Companies must stay actively 
involved with regional efforts to promote the efficient use of energy in homes, buildings, and 
industry.  For example, Northeast Energy Efficiency Partnership (NEEP) has established the 
Northeast States Minimum Efficiency Standards Project.  This project is a regional coalition of 
consumer, environmental and energy efficiency groups advocating for the enactment of state 
energy efficiency standards for a range of commercial and residential products including 
appliances. 
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3. RENEWABLE ENERGY 

3.A SUMMARY AND KEY FINDINGS 

This section of the IRP is focused on the supply, demand, and future development of renewable 
energy resources.  Since the 2009 IRP was completed, there has been significant activity 
surrounding renewable energy in New England.  On September 15, 2009, the New England 
Governors adopted the New England Governors’ Renewable Energy Blueprint (the “Governors’ 
Renewable Blueprint”), which was prepared by the New England States Committee on 
Electricity (“NESCOE”).  In developing the Governors’ Renewable Blueprint, NESCOE enlisted 
ISO New England (“ISO-NE”) to perform an analysis of the economics of various development 
scenarios for the year 2030 (the “ISO-NE Renewable Scenario Analysis”1).  The Governors’ 
Renewable Blueprint and ISO-NE’s analysis have informed the development of this IRP and are 
discussed in more detail below.  On April 8, 2009, KEMA, Inc. released a study on solar power 
in Connecticut for the Long-Term Sustainable Solar Strategy Work Group and the Connecticut 
Clean Energy Fund (“CCEF”) (the “KEMA Solar Study”).   
 
From the regional perspective, additional work will continue to be done in analyzing the 
renewable development in New England.  ISO-NE is in the midst of performing a study of the 
physical impact of integrating large scale renewables onto the regional grid, the CCEF has 
commenced a study to assess Connecticut in-state renewable resource potential, and the 
Massachusetts Renewable Energy Trust is conducting additional analyses on potential regulatory 
strategies for building transmission used to interconnect offshore wind onto the New England 
grid.  As such, this IRP is not intended to be the final word on renewable energy strategy for 
Connecticut, but is instead a way marker along the road to a comprehensive state and regional 
strategy on renewable energy.  Analysis performed to date shows that the cost of new renewables 
and associated transmission could be substantial, and further analysis needs to be performed.   
 
The Renewable Energy section of the 2009 IRP laid the groundwork for the analysis that was 
conducted for this IRP.  For this IRP, simulation of the dispatch of the New England bulk power 
system was performed by The Brattle Group using the DAYZER model.  This simulation 
modeling allowed for the comparison of resource development strategies using a variety of 
economic, reliability and environmental metrics.  Three “Strategies” were selected and analyzed 
using DAYZER. Here is a summary of the Strategies which are discussed in more detail in 
Section 3.C below: 
 
1. Reference Strategy:  The Reference Renewable Strategy assumes that all of the New England 
states meet their respective Renewable Portfolio Standard (“RPS”) requirements through the 
procurement of renewable energy certificates (“RECs”) from resources located in New England 
with some imports.  This strategy is consistent with the vision of the Governors’ Renewable 
                                                 
1  As used herein, the ISO-NE Renewable Scenario Analysis is comprised of two August 14, 2009 Planning 

Advisory Committee public documents: 1) Preliminary Results for New England Governors’ 2009 
Economic Study; and 2) New England 2030 Power System Study: Preliminary Maps and Cost Estimates 
for Potential Transmission. 
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Blueprint, and includes an estimation of the cost of transmission needed (based on the ISO-NE 
Renewable Scenario Analysis) to integrate the substantial development of renewables needed to 
meet the RPS into the regional grid.  
 
2. In-State Renewables Strategy:  This strategy assumes that Connecticut would meet the 
Connecticut RPS requirement through aggressive development of in-state renewable resources.   
 
3. Limited Renewable Strategy:  This strategy examines the potential for insufficient renewable 
resource development, such that Connecticut and possibly other New England states would not 
meet their respective RPS requirements.  Under such situation, Connecticut customers may need 
to pay the Alternative Compliance Payment (“ACP”) for RECs.   
 
The analysis contained herein interacts with other aspects of the overall IRP, most notably 
Resource Adequacy, DSM and Transmission.  In addition, this section also includes the RPS as 
its own adequacy measure.  As Connecticut is part of an integrated electric grid, external supply 
and demand have a substantial impact on the ability of load serving entities in Connecticut to 
meet the RPS requirements.  Therefore, the analysis contained herein is generally regional in 
scope, with the exception of the analysis performed for the In-State Renewable Development 
Strategy. 
 
The findings, recommendations, and analysis presented in this section of the IRP are primarily 
focused on renewables that qualify as Class I resources under Connecticut statute.  Class I 
resources generally include premium, non-emitting, or low-emitting resources such as wind, 
solar, landfill gas, small hydro, and sustainable biomass. Therefore, unless otherwise stated 
herein, the context of this discussion of renewables and RECs is primarily directed toward Class 
I resources. 
 
The analysis conducted for this IRP has resulted in the following key findings: 

• The optimal strategy for meeting the State’s RPS requirement is to procure renewable 
energy as part of a New England regional market. 

• Renewable potential in New England is substantially larger than needed to meet RPS. 

• Connecticut has limited cost-effective renewable potential in-state. 

• The RPS requirements of the New England states are likely to be met through 2012.  
There is significant uncertainty regarding the overall supply and demand balance and the 
likely REC prices beyond 2012. 

• Substantial transmission investment will be needed to connect sufficient renewables to 
meet regional RPS requirements.  The cost of such transmission is likely to be large, but 
much less than the cost of building renewables in-state, and not significantly larger than 
the cost of failing to meet the RPS entirely. 

• An in-state renewable strategy would rely heavily on natural gas powered fuel cells, and 
would not significantly abate CO2 emissions. 

• Based on current cost and price projections, landfill gas, biomass, small hydro, and 
onshore wind require REC prices that are below the Connecticut’s ACP.  However, fuel 
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cells, offshore wind and solar PV would require payments greater than the ACP and 
would require support from additional subsidies or out-of-market instruments to be 
developed. 

• Investing in new renewable generation provides significant environmental benefits to 
New England. 

• Constructing sufficient new renewable generation in New England would require a major 
capital investment, in the range of about $20 billion for the generation plus about $10 
billion for associated transmission by 2020.  Much of the capital investment in generation 
would be paid for by revenues from the energy and capacity markets, but REC payments 
and out-of-market payments would also be required for some resources.   

• Connecticut policy makers need to engage with other New England states to develop a 
comprehensive regional renewable energy policy.  The New England states should work 
to define the best and most cost-effective means to expand renewable energy 
development in New England and the surrounding regions while meeting environmental 
goals. 

3.B BACKGROUND AND CURRENT EVENTS AFFECTING RENEWABLE ENERGY 

3.B.1 New England Governors’ Renewable Energy Blueprint 

The Governors’ Renewable Blueprint promotes the development of significant renewable and 
other low or non-carbon emitting resources in and adjacent to New England, as well as 
associated transmission.  While the Governors’ Renewable Blueprint does not identify specific 
solutions, it does set forth a set of conclusions to support the Governors’ collective vision, 
including: 

• Development of New England’s renewable potential can easily meet the region’s 
renewable energy goals and could reduce both emissions and marginal clearing prices for 
energy;  

• New England has recent experience in siting and building new transmission in densely 
populated areas, and is capable of siting and developing the transmission necessary to 
integrate a substantial quantity of renewable energy; 

• Each New England state has the necessary authority and ability to approve contracts for 
capacity, energy and/or RECs to meet the renewable energy goals and such contracts are 
typically sought through competitive solicitations; and 

• The development of renewables and associated transmission in New England and 
neighboring control areas would require less capital investment than importing 
renewables from remote (Midwestern) resources over new high voltage transmission 
lines.  

 
The Governors’ Renewable Blueprint advocates for a state-federal partnership to achieve the 
region’s renewable energy development goals along with federal emissions reduction goals.  The 
document concludes that the region has a multitude of options for meeting its renewable energy 
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goals through the development of renewables within and near New England, and that the 
selection of these options can be informed by cost considerations, particularly with respect to 
transmission.  As is discussed in more detail below, the ISO-NE Renewable Scenario Analysis 
shows that the potential cost of transmission for integrating new wind resources is significant.   
 
While the Governors’ Renewable Blueprint is not specific in how to achieve the Governors’ 
vision, it does clearly demonstrate that renewable energy is a cornerstone of the Governors’ 
plans for New England’s energy future.  It also demonstrates that the Governors are committed 
to using competition as a means to achieve their vision, be it through reliance on organized 
markets or reliance on long-term contracts obtained via competitive solicitations.   

3.B.2 ISO New England Renewable Development Scenario Analysis 

ISO-NE supported the development of the Governors’ Renewable Blueprint by producing ISO-
NE Renewable Scenario Analysis.  This analysis is similar in many ways to the modeling effort 
performed for this IRP, and some results are similar.  However, whereas this IRP specifically 
provides analysis for three, five, and ten years into the future, the ISO-NE Renewable Scenario 
Analysis was focused on the year 2030.  Also, in evaluating the economics of renewable energy 
ISO-NE did not fully consider all of the potential customer costs, but rather only considered the 
price impact of various development strategies on ISO-NE administered markets and (in a 
separate study) the cost of incremental transmission.  While this information is valuable, there 
are other costs that customers may face, particularly the costs of RECs and any state-provided 
subsidies or long-term contracts that are not economic.  This IRP estimates these additional cost 
drivers. 
 
The ISO-NE Renewable Scenario Analysis compared the performance of 34 scenarios under a 
variety of economic and environmental measures.  While there is a wealth of interesting 
information in the analysis, there are two interesting comparisons that we will note here.  First, 
ISO-NE’s Base Case included 4,000 of on and offshore wind.  An alternative base case was run 
that substituted 1,500 MW of new combined cycle for the 4,000 MW of wind (001a_Base).  
Second, ISO-NE analyzed a case that added a combined total of 12,000 MW (4,000 MW from 
Base Case plus 8,000 incremental MW) of onshore and offshore wind energy (the “12,000 
Wind” case), and a case where existing resources 50 years and older were retired and replaced 
with new, efficient gas combined cycle generation (The “Retire 50” case, which also included 
the 4,000 MW of wind from the Base Case).  Table 3.1 below summarizes how these cases 
compare under certain cost and environmental metrics: 
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Table 3.1 
Summary of Selected ISO-NE’s Renewable Energy Scenario Analysis 

(2009 Dollars) 
 

 Base 001a_Base Retire 50 12,000 Wind 

LMP (no transmission constraints) $75.76/MWh $75.60/MWh $67.36/MWh $68.78/MWh 

LMP (existing transmission 
constraints) 

$75.70/MWh $75.60/MWh $67.26/MWh $71.80/MWh 

LMP (high fuel prices) $144.34/MWh $144.16/MWh $128.35/MWh $124.72/MWh 

SO2 (ktons) 73.6 73.6 2.9 66.9 

NO2 (ktons) 32.4 32.7 18.7 29.3 

CO2 (Mtons) 53.7 58.9 40 42.2 

Incremental Transmission 
Investment 

$10.7-$14.3 billion2 N/A (likely low) $10.7-$14.3 billion $19.3-$25.2 billion 

 
 
The first comparison that we would note is that, in terms of economics, there is a minimal 
difference between the Base and 001a_Base cases other than the cost of transmission required to 
connect the 4,000 MW of new wind in the Base Case.3  The 001a_Base case also resulted in CO2 
emissions that were about 10 percent higher than the Base Case.  The Base and 001a_Base case 
resource additions were consistent in scale with the resource additions contemplated in this IRP, 
and as discussed in more detail below, our modeling results under similar assumptions are also 
consistent with ISO-NE’s results.   
 
The second comparison that we would note is the comparison between the Retire 50 and 12,000 
Wind cases.  A comparison of these two aggressive resource development cases shows that the 
replacement of ~9,000 MW of older fossil generation with new gas-fired combined cycle 
generation may abate emissions more economically than an aggressive build-out of 8,000 
additional MW of wind (both cases include 4,000 of new wind).  Our IRP analysis does not test 
or confirm this result for three reasons.  First, the IRP analyzes the year 2020 where new 
resource requirements are less than they are likely to be in 2030.  Second, the IRP is focused on 
Connecticut which limits the scale of resource development that Connecticut policy will drive.  
Finally, we could not economically justify the retirement of all older fossil resources in New 
England.  However, we find that this comparison is very informative for long-run regional policy 
and should be considered.     
 
ISO-NE is in the midst of assessing the physical impact of integrating (largely intermittent) 
renewables into the regional grid on a large scale.  The EDCs understand that this new analysis 
will provide better specificity than the ISO-NE Renewable Scenario Analysis with regard to the 

                                                 
2  Transmission cost associated with 4,000 MW of onshore and offshore wind in the base assumptions 
3  We assume that transmissions costs for the 001a_Base case are minimal because, unlike wind, the gas 

combined cycle units can be built close to load. 
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additional resources that would be needed, possibly including transmission and associated 
equipment, and fast start generation for balancing intermittent energy production with load.  We 
anticipate that the ISO’s new analysis will help to further inform policy makers and future IRPs.  
As for now, this IRP considers the cost of transmission based on the latest information available, 
but does not consider the cost of additional fast start generation because the need has not yet 
been quantified. 

3.B.3 Potential for Federal RPS  

Renewable energy policy at a national level is a major uncertainty that could have an impact on 
RPS policies in New England and the customer costs of meeting renewable energy goals.  For 
example, the House Climate Change (Waxman-Markey) bill requires retail electricity suppliers 
with annual sales over 4 million MWhs (roughly 1,000 MW peak load with 45 percent load 
factor) to serve 20 percent of their electric energy load with qualified renewable energy sources 
or electricity efficiency savings by 2020.4  The requirement starts at 6 percent in 2012, reaches 
9.5 percent in 2015, and 20 percent in 2020.  It is also proposed that at least 75 percent of the 
requirement must be provided by qualified renewable energy sources, and the remaining can be 
achieved through electric efficiency savings.5  The proposed bill has a national ACP of 
$25/MWh (indexed to inflation) as penalty for non-compliance.  One of the unresolved issues 
around having a federal RPS is how such a program would interact with the existing state-
specific RPS policies that govern the retail suppliers’ renewable energy obligations today.  It is 
generally understood that the national RPS would not supplant the state policies, but rather, 
would set the minimum renewable requirement for all retail electric suppliers such that those 
states with more stringent requirements would not incur additional costs associated with meeting 
the federal RPS requirements.  In other words, a federal RPS would set a minimum renewable 
energy target, allowing states to be more aggressive in requiring more renewable energy 
deployment than the national standard.  In that sense, Connecticut already has a more stringent 
requirement than the proposed House Bill.  However, the details regarding how the RECs 
markets would function is yet to be determined.  For instance, a resource that qualifies 
simultaneously as a state and a national renewable resource may prove to have two values, one 
under the federal RECs market and another under the state or regional RECs market.  It is not yet 
clear whether such a resource may receive two payments, or if not, how REC payments 
associated with the same MWh produced would be tracked to avoid double-counting.  In 
addition, it is not yet clear if having a federal REC market might mean that Connecticut might 
not need to purchase RECs from resources that deliver power to New England.  These are just 
some examples of the uncertainties around the renewable regulatory policies. 
 

                                                 
4  It is not clear how the 4 million MWh in the Waxman-Markey bill would be counted or if it is only 

applicable to certain load-serving entities, because the specifics in the proposed legislation are still 
uncertain.  Currently, UI’s combined standard and default service sales are less than 4,000,000 MWhs per 
year, but we doubt that UI would be exempt from a national RPS.  Thus, the ambiguity in the proposed 
federal legislations demonstrates the uncertainties in the overall renewable energy regulation and 
associated markets. 

5  The bill allows states to petition to increase the portion of electric efficiency savings from 25 percent up to 
40 percent. 
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3.B.4 KEMA Sustainable Solar Strategy for Connecticut Study  

The KEMA Solar Study recommended that Connecticut add a “carve-out” for solar energy to its 
RPS legislation, and target 300 MW of solar installations by 2025.  The In-State Renewables 
Strategy in this IRP assumes a similar approach by including 237 MW of solar PV (which 
produces energy equal to approximately 1 percent of Connecticut load) in the State by 2020.  
The KEMA Solar Study discusses several complimentary approaches to achieving the 300 MW 
by 2025 goal including solar incentive/rebate and lease programs, grants for new zero-energy 
homes, solar RECs, installation of solar PV on government buildings, and utility development of 
solar projects.  The analysis contained herein is not specific with regards to program, or to 
whether or not the solar PV developed is added to the grid or behind customer meters and similar 
results would be expected independent of the means of achieving that goal.  The KEMA Solar 
Study also goes beyond the scope of this IRP by evaluating indirect benefits such as spin-off 
economic activity. 
 
One key point in the KEMA Solar Study is that consistent funding is needed to avoid the “boom 
and bust” cycles that can occur under traditional funding mechanisms.  Whatever level of solar 
development the State ultimately adopts, it is important that funding be established in a manner 
that allows for the sustainability of the local solar industry.  The KEMA Solar Study suggests 
alternative funding mechanisms such as feed-in tariffs (used widely in Europe), a solar REC 
carve-out in the Connecticut RPS, state or local loans, utility financing and reduced interest rate 
programs.   

3.B.5 CCEF Study on Connecticut Renewables 

As part of its Renewable Energy/Energy Efficiency Economy Baseline Study for the State of 
Connecticut, the CCEF has initiated a study of renewable energy potential in Connecticut with a 
focus that delves deeper into the availability of renewable energy resources in the state of 
Connecticut.  This work is on-going and CCEF anticipates that the results will help inform the 
public about the likelihood of Connecticut meeting its RPS requirements with mostly 
Connecticut-based renewable resources.  

3.B.6 Referring Back to the 2009 IRP 

The 2009 IRP concluded that New England has more than adequate renewable potential to meet 
the combined New England states’ RPS throughout the planning horizon, but that there is 
substantial uncertainty whether that renewable potential will be developed to the extent 
necessary to meet the aggressive renewable targets in the region.6  In addition, the 2009 IRP 
assessed the likely supply and demand balance in the near-term years through 2013 and 
concluded that it is likely that supply will be sufficient to meet demand through 2013. These 
conclusions from the 2009 IRP remain valid.  The analysis in this IRP goes beyond the 2009 
analysis by thoroughly examining three different renewable resource strategies and providing 
economic, environmental and reliability metrics on them.  The Reference Strategy assumption 
that the 2020 RPS is met in New England was made to support the analysis, and is not a forecast. 
 
                                                 
6  January 1, 2009 Integrated Resource Plan for Connecticut, page ES-2. 
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3.B.7 What the Analysis is Telling us about Current Policy Goals 

Our analysis aligns with the conclusion that the development of substantial renewables in New 
England would likely reduce both emissions and energy clearing prices.  However, this is only 
part of the economic picture.  First, the ISO-NE Renewable Scenario Analysis shows that the 
cost of transmission needed to integrate wind resources could be very high, or even prohibitive.  
Second, the anticipated clearing prices alone may be insufficient to result in the large scale 
development of enough renewable energy to meet the region’s RPS targets.  To the extent that 
load serving entities are required to support the development of renewable facilities, they may 
have to do so via long-term contracts that could be uneconomic for customers, and could impair 
the financial health of the buyers.  At modest levels of resource development, both the ISO-NE 
Renewable Scenario Analysis and this IRP show that the development of renewables is likely to 
be beneficial for customers and the environment.  However, ISO-NE’s analysis of more 
aggressive development shows that an alternative strategy of replacing older fossil units with 
new gas combined cycle generation may have the potential to reduce emissions more cost 
effectively than an aggressive renewable buildout.  
 
Extensive development of renewables in New England may very well be the optimal strategy for 
emissions abatement and cost reduction, but it is not yet clear that this is the case.  The EDCs 
suggest that further regional analysis be conducted to compare the potential effects of new 
natural gas combined cycle generation to new renewable generation on a regional scale, and 
under a variety of retirement scenarios.  Since the potential emissions and customer cost 
reductions could benefit the region, the EDCs believe such an analysis is best conducted at the 
regional level, not just in the Connecticut IRP.7  When considering policy uncertainties (mostly 
at the federal level) and potential customer costs, caution should be exercised before embarking 
on a large scale development of renewables.  
 
More specific to Connecticut, the IRP analysis demonstrates that a regional strategy for 
renewable energy development is the most effective way for Connecticut to meet its RPS 
requirements.  As is discussed in more detail below, aggressive in-state renewable development 
is not likely to be cost-effective, and will likely increase emissions compared to the Reference 
Strategy.  It is important for Connecticut to work with other New England states to analyze 
options for the region to meet its renewable energy needs. 

3.C MODELING AND TESTING OF RENEWABLE SUPPLY STRATEGIES  

The Brattle Group and the EDCs utilized the DAYZER model to test and compare three distinct 
resource strategies for regional renewable energy development.  DAYZER simulates the dispatch 
of resources in the New England grid and produces outputs that can be used to measure 
economic performance and emissions levels.  The Reference Strategy was run in DAYZER for 
2013, 2015, and 2020.  As with all other alternative strategies in this IRP, the two alternative 
renewable strategies were simulated for 2020 to provide the basis for conducting the economic 
analysis of the three renewable strategies for Connecticut. 

                                                 
7  UI also believes that a nuclear development alternative should be examined. 
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3.C.1 Reference Strategy 

The Reference Strategy for the 2010 IRP includes an assumption that the development of 
renewable energy in New England (and including some imports) is sufficient to meet the 
collective RPS requirements of the region.  The Reference Strategy does not determine whether 
such development would take place in response to market signals or other mechanisms such as 
long-term contracting or a combination of both.  The EDCs’ assessment of transmission costs 
was based on the ISO-NE Renewable Scenario Analysis, and formed a substantial part of the 
costs associated with the Reference Strategy. 

3.C.2 In-State Renewables Strategy 

In the 2009 IRP, the EDCs concluded that most renewable potential in New England is outside 
of Connecticut, and that Connecticut will have to rely on out-of-state resources to meet its RPS.  
The EDCs decided to test a Connecticut in-state renewable resource development strategy to 
compare the costs relative to the Reference Strategy and the Limited Renewable Strategy.  Under 
the In-State Renewables Strategy, in-state biomass, landfill gas and wind are assumed to be built 
close to their potential.  Solar PV also is assumed to be built to meet an aggressive penetration 
rate of one percent of Connecticut’s load.  Any shortfall relative to Connecticut’s RPS 
requirement is then met by the addition of natural gas powered fuel cells.  The In-State 
Renewables Strategy assumes that the rest of the region does not develop sufficient renewables 
to meet their RPS requirements.  It is important to note that this strategy could result in the 
EDCs’ customers paying twice, once for their full share of the cost of development of the in-state 
renewable resources, and a second time for their proportionate share of the cost of new 
transmission that would be used to move renewable power to other New England states if the 
other New England states pursue a strategy of developing renewables on a regional basis.  The 
In-State Renewables Strategy does not include the cost impact of paying twice.   

3.C.3 Limited Renewable Development Strategy 

While the Reference Strategy includes the assumption that the New England states will meet 
their respective RPS requirements through the development of new renewable resources, there is 
no assurance that this will actually occur.  Thus, from the perspective of testing the potential 
outcomes, this IRP examines the possibility that Connecticut fails to meet the state’s renewable 
energy mandate (and New England as a whole also fails to meet the region’s renewable 
requirement).  Under such a situation, the load serving entities in Connecticut would have to 
meet the RPS requirement through a mix of ACP payments and the procurement of Connecticut 
Class I Only RECs purchased at or near the ACP rate.  Under the Limited Renewable 
Development Strategy, renewable development was arbitrarily halted at 2013 Reference Strategy 
levels to test the impact of a substantial shortfall of renewables on cost and environmental 
metrics in the year 2020.8  Any resulting resource shortfalls in the region were assumed to be 
filled by new gas combined cycle generation.   
 
                                                 
8  We have chosen to freeze the renewable development at the 2013 levels because most of the planned 

renewable projects have an expected in-service date of 2013 or earlier.  Thus renewable project 
development for years beyond 2013 are based on our assumptions of the pace at which each resource 
would likely be developed.   
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3.C.4 Comparison of the Three Strategies 

Table 3.2 below shows a breakdown of the quantity of each type of renewable energy source in 
MW, both in Connecticut and in New England as a whole.   
 
 

Table 3.2 
Summary of Renewables Buildout in Connecticut and New England 

(Nameplate Capacity MW, Current Trends Scenario) 
 

New Renewable Capacity Additions
Reference
Strategy

In-State 
Renewables

Limited 
Renewables

2009 2013 2015 2020 2020 2020
(MW) (MW) (MW) (MW) (MW) (MW)

Connecticut
Biomass/Biofuels 0 51 55 66 100 51
Fuel Cells 3 30 42 66 693 30
Landfill Gas 8 20 22 27 20 20
Small Hydro 5 0 0 0 0 0
Solar PV 13 10 13 21 237 10
Wind 0 0 0 0 40 0
Offshore Wind 0 0 0 0 0 0

CT Total 31 111 133 180 1,090 111

ISO New England
Biomass/Biofuels 457 145 221 382 194 145
Fuel Cells 4 30 42 66 693 30
Landfill Gas 111 36 38 43 36 36
Small Hydro 87 3 12 31 3 3
Solar PV 28 103 143 247 330 103
Wind 97 239 754 1,939 279 239
Offshore Wind 0 367 881 2,066 367 367

ISO-NE Total 785 924 2,092 4,774 1,903 924

Existing 
Renewable 
Capacity

Renewable 
Technology

 
 
 
Table 3.3 below compares the customer cost (in $2010 ¢/kWh) of the three renewable strategies.  
Of the three renewable resource strategies, the Reference Strategy exhibits much less cost 
variability under the five scenarios tested than the other two strategies.  What this means is that 
customer rates would likely be more stable under the Reference Strategy.  The In-State 
Renewables Strategy is more expensive than the Reference Strategy in all scenarios.  The 
Limited Renewable Strategy is more expensive than the Reference Strategy under the Medium 
Gas/High CO2 and High Gas/Hi CO2 scenarios.  These results are intuitive because these 
alternatives Strategies rely more heavily on natural gas in lieu of renewable sources compared to 
the Reference Strategy.   
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Table 3.3 
Comparison of Average Customer Costs in Connecticut (2020) 

 

Scenario

Reference Strategy In-State Renewables Limited Renewables
 (¢/kWh)  (¢/kWh)  (¢/kWh)

Current Trends 13.70 14.09 13.30
Lo Gas/Lo CO2 11.01 11.52 10.57
Med Gas/Hi CO2 14.17 15.12 14.39
Hi Load 13.78 13.96 13.27
Hi Gas/Hi CO2 15.59 17.53 17.13

Strategy

 
 
 
Table 3.4 below compares the total emissions in Connecticut and New England under the 3 
renewable resource strategies.  As would be expected, the two alternatives to the Reference 
Strategy result in substantially higher CO2 emissions due to additional reliance on natural gas, 
and both strategies would push CO2 emissions in Connecticut above the State’s share of the 
RGGI cap.  NOX and SO2 emissions for the two alternative strategies are either higher or lower 
than those of the Reference Strategy depending on gas price, CO2 price and load growth, with 
NOX emissions being generally higher in Connecticut, and SO2 emissions being generally lower.   
 
 

Table 3.4 
Summary of CO2, NOX, and SO2 Emissions  

in Connecticut and New England 
 

CONNECTICUT EMISSIONS IN 2020

Scenario

Reference
Strategy

In-State
Renewables

Limited
Renewables

Reference
Strategy

In-State
Renewables

Limited
Renewables

Reference
Strategy

In-State
Renewables

Limited
Renewables

Current Trends 8,551 10,892 10,271 2,506 2,023 2,029 3,060 3,639 3,293
Low CO2 and Low Gas 9,578 11,680 10,980 1,554 971 993 2,808 3,215 2,878
Reference Gas and High CO2 7,718 10,140 9,512 1,182 1,081 1,033 2,447 3,087 2,722
High Load Growth 10,388 11,886 11,148 3,138 2,297 2,311 3,609 3,892 3,528
High Gas and High CO2 8,610 10,831 10,065 3,324 4,244 4,484 3,515 4,342 4,040

ISO-WIDE EMISSIONS IN 2020

Scenario

Reference
Strategy

In-State
Renewables

Limited
Renewables

Reference
Strategy

In-State
Renewables

Limited
Renewables

Reference
Strategy

In-State
Renewables

Limited
Renewables

Current Trends 36,562 41,686 42,021 44,275 43,944 45,028 17,520 17,329 17,407
Low CO2 and Low Gas 36,483 41,838 42,263 21,329 17,300 18,981 13,910 13,024 13,236
Reference Gas and High CO2 32,456 37,058 37,249 28,773 26,948 27,623 13,908 13,206 13,150
High Load Growth 42,106 47,605 47,970 50,454 46,726 48,052 19,750 18,809 18,912
High Gas and High CO2 33,655 38,806 39,298 54,090 58,411 60,273 18,731 19,428 19,632

NOx (tons)SOx (tons)CO2  (thousands of tons)

CO2  (thousands of tons) SOx (tons) NOx (tons)
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Figure 3.1 
Summary of Customer Cost and CO2 Emission Comparison (2020) 
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Figure 3.1 shows the same results in graphical form.  These results suggest that, of the three 
renewable strategies, the Reference Strategy is likely to be less costly than the cost of building 
renewables in-state, and not significantly more costly than unable to meet the RPS.  The two 
alternative strategies have costs that vary more greatly with natural gas and CO2 prices than in 
the Reference Strategy, and do not provide substantial emissions benefits relative to their costs.  
It should be noted for clarity that the presence of the high CO2 emissions (from sources within 
Connecticut) in the In-State Renewables Strategy are mostly driven by the inclusion of 693 MW 
of fuel cells.  While 237 MW of solar PV is also included in that strategy, solar does not 
contribute to the higher emissions results.  However, solar is a key contributor to the 
exceptionally high cost of the In-State Renewables Strategy.   
 
The results in Table 3.4 show that as an incremental 627 MW of fuel cells (relative to the 
Reference Case in 2020) are added to Connecticut’s supply mix, the Connecticut's CO2 
emissions increases relative to the Reference Strategy and the Limited Renewable Strategy.  This 
is due to the fact that the fuel cell units will be operated at a high capacity factor for the purpose 
of meeting Connecticut RPS requirement, which increases the in-state energy production (and 
the associated CO2 emissions from natural gas usage).  Such fuel cell addition also reduces the 
out-of-state energy imports into Connecticut.  Thus, relative to the Limited Renewable Strategy, 
the In-State Renewables Strategy also shows slightly higher CO2 emission because more energy 
and therefore more CO2 emissions are produced from the fuel cells in Connecticut than would in 
the Limited Renewable Strategy (where Connecticut meets its RPS by paying the ACP for at 
least a portion of its renewable requirement). 
 
As was mentioned above, the Limited Renewable Strategy is similar to the alternative base case 
(the 001a_Base case) in the ISO-NE Renewable Scenario Analysis.  The ISO-NE 001a_Base 
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case replaced 4,000 MW of wind with 1,500 MW of gas combined cycle in the year 2030.  Our 
Limited Renewable Development Strategy replaces around 3,400 MW of wind with sufficient 
gas combined cycle generation additions to meet reliability requirements (quantity varies by 
scenario) in the year 2020.  Both the ISO-NE and IRP analysis show similar results: a marginal 
cost benefit, but significant (5 Mtons/year) increase in CO2 emissions for the limited renewables 
cases.  Due to the similarity of results from independent credible analyses, the numbers should 
be viewed with a fair level of confidence. 

3.D RENEWABLE ENERGY REGULATIONS 

3.D.1 Renewable Energy Regulations in Connecticut 

The Connecticut RPS regulation has a tiered structure with three classes of resources.  To 
reiterate 2009 IRP, on the resource supply side, following are the class definitions in the 
Connecticut RPS regulation: 

• Class I resources include energy derived from solar, wind, fuel cell, methane gas from 
landfills, ocean thermal, wave, tidal, run-of-river hydropower (<5MW, began operation 
after July 1, 2003), and sustainable biomass (NOX emission <0.075 lbs/MMBtu of heat 
input). 

• Class II resources include biomass (NOX emission <0.2 lbs/MMBtu of heat input, began 
operation before July 1, 1998), small run-of-river hydroelectric (<5MW, began operation 
before July 1, 2003), and trash-to-energy facilities.  

• Class III resources include customer-sited combined heat and power (with operating 
efficiency >50 percent of facilities installed after January 1, 2006), waste heat recovery 
systems (installed on or after April 1, 2007), electricity savings from conservation, and 
load management programs (began on or after January 1, 2006). 

 
In setting the standards for renewable energy usage, the Connecticut RPS regulation sets the 
percentage of Connecticut retail load that must be met by each class of renewable energy 
resource through 2020.  Table 3.5 below shows the summary of those percentages: 
 
 



3-14 

Table 3.5 
Connecticut RPS Requirements 

(Percentage of Retail Load) 
 

  

Year Class I
Class II or 

Class I 
(add'l)

Class III Total

2008 5.0% 3.0% 2.0% 10.0%
2009 6.0% 3.0% 3.0% 12.0%
2010 7.0% 3.0% 4.0% 14.0%
2011 8.0% 3.0% 4.0% 15.0%
2012 9.0% 3.0% 4.0% 16.0%
2013 10.0% 3.0% 4.0% 17.0%
2014 11.0% 3.0% 4.0% 18.0%
2015 12.5% 3.0% 4.0% 19.5%
2016 14.0% 3.0% 4.0% 21.0%
2017 15.5% 3.0% 4.0% 22.5%
2018 17.0% 3.0% 4.0% 24.0%
2019 19.5% 3.0% 4.0% 26.5%
2020 20.0% 3.0% 4.0% 27.0%

 
Source: Conn. Gen. Stat § 16-245a et seq. and Public Act No. 07-242, § 40-44. 

 
 
As discussed in the 2009 IRP, the analysis of renewables for long-term planning purposes is 
focused primarily on Class I requirements, because it is expected that the demand for Class I 
resources will drive the development of new renewable energy resources.  Connecticut’s Class II 
requirement is relatively static at three percent of retail usage, and only grows at the rate of retail 
load growth.  It is anticipated that the existing supply will continue to exceed the Class II 
purchase requirement over the foreseeable future, particularly if DSM programs reduce or 
eliminate load growth as anticipated.  Class III requirements focus on energy efficiency, other 
demand side measures, and combined heat and power resources that are necessary and important, 
but are not necessarily driving the demand for new renewable energy resources. 
 
Connecticut’s RPS regulations have some unique characteristics that create disparity between 
Connecticut and other New England states, and effectively create a subclass of Class I RECs that 
are only eligible in Connecticut.  First, aside from small hydro facilities, the definition of Class I 
“new” renewable resources in Connecticut does not specify a “vintage” requirement, unlike 
Massachusetts and Rhode Island, where Class I renewables must have entered service after 
December 31, 1997 to be eligible to meet RPS requirements.9,10  Due to the lack of vintage 
requirement, existing resources that were built before 1998, such as existing landfill gas, wind, 
                                                 
9  Run-of-river hydropower facilities less than 5 MW, do not cause an appreciable change in river flow, and 

began operation after July 1, 2003 are qualified Connecticut Class I resources.  Section 16-1(a)(26) of 
Connecticut State Statute. 

10  New Hampshire’s Class I Renewables must have begun operation after January 1, 2006; Maine’s vintage 
requirement is September 1, 2005; Vermont’s is December 31, 2004. 
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and low emission biomass plants can qualify as Class I renewable resources in Connecticut, but 
not in other New England states.  Second, Connecticut has included natural gas-powered fuel 
cells as Class I resources.  Finally, Connecticut allows the generation of Class I RECs by some 
natural gas fired generators that import landfill gas from outside of the state via interstate natural 
gas pipeline.11  Due to these distinctions, some resources are effectively Connecticut Class I 
Only resources because they do not qualify as Class I renewable resources in other New England 
states.   
 
Another distinction between the Connecticut RPS and those of other New England states is that 
the ACP for Connecticut is fixed at $55/MWh for Class I, with no escalation.  To the extent that 
the ACPs in other states escalate to above $55 during periods of shortage, Connecticut EDCs 
would likely be unable to procure Class I RECs from sources other than Connecticut Class I 
Only resources.12  Under such a scenario, if the New England REC prices exceed the 
Connecticut’s ACP, the EDCs would procure RECs from the Connecticut Class I Only resources 
(to the extent that their REC prices are lower than the ACP), and meet the remainder of the RPS 
through ACP payments.   
 
For the In-State Renewables Strategy, we have assumed that if the necessary REC payment for a 
Connecticut-based resource is above the Connecticut’s ACP, those REC payments would need to 
be made outside of the conventional REC market.  Those payments are considered “out-of-
market” payments that represent premiums above the conventional REC market.  Also relevant is 
the fact that if the rest of New England is short relative to their RPS requirements (as we have 
assumed in the In-State Renewables Strategy), the regional REC market price would rise above 
the Connecticut ACP, closer to the regional ACP.  Thus, if we were to assume that all in-state 
resources are willing to “stay” within the state (or used to satisfy Connecticut’s RPS 
requirements), they will need to be paid a REC price that is akin to the regional ACP.   
 
The Connecticut RPS was established to provide a threshold quantity requirement and thereby 
support for the development of renewable projects.  In a market-based environment, such 
quantity-based regulation should provide the price necessary to support project developers and to 
help them secure financing for their projects.  In fact, the RPS and the market that is based on the 
RPS (including qualifying renewable projects from facilities that were built prior to the 
establishment of the RPS), has resulted in a near-term surplus of Class I RECs in New England.  
However, due to the 2008-2009 economic downturn, some project developers have had 
significant difficulties in obtaining the necessary financing for the development of the additional 
renewable facilities that may be necessary in the future to meet increasing RPS requirements.   
 

                                                 
11  The allowance of landfill gas delivered via interstate gas pipeline is a wild card in the assessment of the 

supply of Connecticut Class I Only RECs because it would be necessary to evaluate the supply of landfill 
gas and demand for landfill gas as a renewable fuel source for all states connected to interstate gas 
pipelines either directly or indirectly connected to New England in order to perform a comprehensive 
analysis of the supply of such landfill gas.  Such analysis is beyond the scope of this IRP.  

12  Since all of the cost analysis is based on 2010 constant dollars, the Connecticut ACP is effectively 
decreasing over time in terms of 2010 constant dollars.  In contrast, because the ACPs in other New 
England states increase nominally with inflation, those ACPs remain constant in 2010 constant dollars. 
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Absent market-based development, long-term contracts with credit-worthy entities are another 
means to support the development of renewable projects.  However, in Connecticut, load serving 
entities (“LSEs”) are responsible for meeting the state’s RPS requirements.  The EDCs currently 
meet their share of the RPS by shifting the obligations to wholesale suppliers of full 
requirements service under contracts ranging from three months to three years in duration.  This 
business model provides limited support for the development of renewable energy because 
suppliers generally have no known load serving obligation beyond three years in the future and 
therefore limits the LSEs’ interest and abilities to enter into long-term contracts with any 
suppliers.  This limitation on long-term contracting does little to help developers finance new 
projects.  

3.D.2 Renewable Energy Regulations in New England  

All six New England states have set explicit renewable energy usage targets through state 
legislative and regulatory processes.  Since the 2009 IRP filing, some additional regulations have 
been set by the New England states.  Specifically, Massachusetts, in implementing the Clean 
Communities Act, has approved a regulation that requires the local electric distribution company 
to enter into cost-effective long-term contracts (of 10-15 years) with renewable energy providers 
for at least three percent of the retail load.  The Massachusetts distribution companies must do so 
by conducting at least two contract solicitations over a five year period.13  In addition, 
Massachusetts has began to increase its focus on growing the use of solar PV and is in the midst 
of developing a solar-REC support mechanism to encourage solar deployment in Massachusetts, 
starting with approximately 20 MW in 2010, increasing at 30 percent per year (adjusted to 
market conditions).14  Since the Massachusetts solar carve-out has not yet been implemented, we 
also have not incorporated the full scale of the solar targets for Massachusetts into our analysis.  
In Rhode Island, new legislation enacted in June 2009 requires the local electric distribution 
company to enter into long-term contracts for at least 90 MW (of dependable capacity) in Rhode 
Island or surrounding waters–based resources by 2014.  Of the 90 MW long-term contract 
requirement, at least 3 MW must be solar or photovoltaic projects.15  While these new 
regulations in Massachusetts and Rhode Island do not change the total quantity targets in their 
respective RPS, they increase the likelihood that the renewable projects located in Massachusetts 
and Rhode Island and the surrounding waters would obtain the necessary off-take contract, 
financing, ultimately be constructed.   
 
Aside from the changes described for Massachusetts and Rhode Island, the Class I renewable 
requirement, in terms of percentage of load, has remained substantially unchanged from analysis 
contained in the 2009 IRP. 
 

                                                 
13  Massachusetts Department of Public Utility, Order to Docket 08-88-A, and Regulation in Appendix A, 

220 CMR 17.00: Long-term Contracts for Renewable Energy.  
14  Solar RPS Carve-Out: S-REC Price Support Mechanism, Public Stakeholder Meeting, Boston, 

Massachusetts, October 23, 2009. 
15  Rhode Island H5002, as enacted on June 26, 2009. 
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3.D.3 Uncertainties in Renewable Energy Regulations and the REC Market 

While in this Renewable Section we present an in-depth analysis of the renewable energy 
regulations in New England, the projected supply and demand balance of resources in the region, 
the REC market dynamics and the necessary out-of-market payments for certain resources, we 
also want to point out that there are significant uncertainties around several dimensions.  These 
uncertainties include, but are not limited to: a) the potential implementation of a federal 
renewable energy policy and how a federal REC market might interact with the state REC 
markets; b) the potential for dramatic changes in future load growth, including the effects of 
demand-side resources; c) the magnitude of transmission additions and the associated costs 
necessary to support a renewable build-out; d) the potential operational effects and therefore 
resource needs and costs for compensating variable generation such as wind on the grid; and e) 
the potential for changes in the economics of renewable resources and other low-emissions 
technologies.    

3.E REGIONAL DEMAND FOR RENEWABLE ENERGY 

Although the qualification requirements for Class I renewable resources are similar in all New 
England states, there are some differences in vintage and emissions requirements.  In addition, 
the in-state resource requirements in Massachusetts and Rhode Island have somewhat segregated 
a small portion of the market to be state-specific markets.  Likewise, since some of the 
Connecticut resource requirements differ slightly from those of other New England states, there 
are some short term effects.  However, since the total amount of Connecticut Class I Only 
resources is limited, as renewable targets in all of the New England states increase over time, the 
various in-state requirements and the differences between resource qualifications are likely to 
become less significant.  As a result, the demand for Connecticut Class I RECs and their 
counterparts from other states are expected to behave as a single New England market over the 
long-run.  Since virtually all of the New England states have set their renewable targets as 
annually ascending percentages of load, the region’s renewable demand is expected to grow over 
the planning horizon even as energy conservation and efficiency programs can reduce the 
expected load growth.  Below in Table 3.6 and Figure 3.2, we estimate the magnitude of demand 
for Class I renewable energy in the six-state region through 2020 after considering energy 
conservation and efficiency increases relative to current levels.   
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Table 3.6 
New England RPS Requirements 

(Percentage of Retail Load) 
 

State Class 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

CT Class I 6.0% 7.0% 8.0% 9.0% 10.0% 11.0% 12.5% 14.0% 15.5% 17.0% 19.5% 20.0%
ME Class I 2.0% 3.0% 4.0% 5.0% 6.0% 7.0% 8.0% 9.0% 10.0% 10.0% 10.0% 10.0%
MA Class I 4.0% 5.0% 6.0% 7.0% 8.0% 9.0% 10.0% 11.0% 12.0% 13.0% 14.0% 15.0%
NH I + II 0.5% 1.0% 2.1% 3.2% 4.2% 5.3% 6.3% 7.3% 8.3% 9.3% 10.3% 11.3%
RI All 2.0% 2.5% 3.5% 4.5% 5.5% 6.5% 8.0% 9.5% 11.0% 12.5% 14.0% 14.0%
VT All 0.0% 2.5% 5.0% 7.5% 10.0% 12.5% 15.0% 17.5% 20.0% 20.6% 21.9% 23.8%

Total 3.7% 4.7% 5.7% 6.8% 7.9% 9.0% 10.2% 11.5% 12.7% 13.8% 15.1% 15.9%
 

 
 

Figure 3.2 
New England RPS Requirements 

(Annual GWh) 
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Sources and Notes: 2009 CELT Report Forecast for “Base Case.”  Growth rate for years 
beyond 2018 is based on average growth rate between 2017 and 2018.  Demand accounts for 
estimated reductions from 2009 IRP Reference DSM forecast.  Massachusetts demand 
incorporates the increased Class 1 RPS requirement from the 2008 Green Communities Act. 
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3.F RENEWABLE ENERGY SUPPLY IN NEW ENGLAND 

The prospects for renewable energy development in New England are generally good, but do 
vary based on the cost and subsidies for each specific technology.  Section 3.G below discusses 
the economics for each technology in detail. Technical potential in the region is substantial, and 
the political climate is highly favorable for renewable development (as shown in the Governors’ 
Renewable Blueprint).  While the prospects for development are good, there is still uncertainty 
whether sufficient amount of renewables will be developed to meet the RPS of the region. This 
section examines existing generation and projects the development of new renewables.  

3.F.1 Existing Renewable Generation in New England 

In 2008, the EDCs met their Class I RPS requirements through a mix of wood biomass (80 
percent), landfill gas (14 percent), small hydro (3 percent), wind (1 percent), and fuel cells (1 
percent).  Therefore, while future supply sources are diverse and include significant wind 
potential, the current supply makeup for Connecticut is nearly 95 percent biomass and landfill 
gas, consistent with the assessment of Connecticut Class I Only qualification.  Of the existing 
generating resources in New England, approximately 166 MW of biomass and landfill gas plants 
currently qualify for Connecticut’s Class I requirement.16  In addition, there are approximately 
another 402 MW of biomass and landfill projects that have qualified to meet Class I requirement 
in at least one of the New England states.  Together, there are approximately 568 MW of 
biomass and landfill gas projects that are currently used to satisfy New England’s Class I RPS 
requirements.  
 
Onshore wind makes up approximately 97 MW of existing renewable resources in New England 
today.  This is over 90 MW increase from last year’s IRP.  Wind resources from outside of New 
England that have qualified to meet New England’s RPS also have increased from 396 MW17 to 
862 MW.  Out of the wind energy imported from outside of the ISO-NE system, approximately 
463 MW is from New York, 357 from Canada (including Quebec, New Brunswick, and Prince 
Edward Island), and 42 MW from Northern Maine (the portion of Maine that is outside of ISO-
NE).  
 
Table 3.7 below depicts current renewable energy supply that has qualified as Class I resources 
in New England (categorized by location of the facilities and technologies).  These qualified 
resources include those physically located in New England and imports from neighboring 
regions.  We compiled this information from the renewable qualification databases of 
Connecticut, Massachusetts, Maine, New Hampshire, and Rhode Island.  At the time of the 
report preparation, Vermont does not yet publish qualified resources. 
 
 

                                                 
16  Some of the information included in the state databases for qualified renewable facilities is not up-to-date 

or accurate.  Where updated information has become available, we have updated the database accordingly.     
17  January 1, 2009 Integrated Resource Plan for Connecticut page, 3-9, Table 3.2. 
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Table 3.7 
Existing Class I Renewable Energy Resources by State, by Technology 

(Nameplate Capacity in MW) 
 

Technology Regional Supply by State Imports by Origin TOTAL

CT MA ME NH RI VT TOTAL
New 

Brunswick NY NMISA OH PEI Quebec TOTAL
Regional Supply

& Imports

Landfill Gas 8 39 6 26 21 10 111 0 95 0 4 0 0 99 210
Wind 0 9 62 25 1 0 97 150 463 42 0 99 108 862 959
Small Hydro 5 5 13 34 1 28 87 0 0 0 0 0 0 0 87
Biomass/Biofuels 0 1 250 153 0 54 457 0 6 0 0 0 0 6 463
Offshore Wind 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0
Fuel Cells 3 0 0 0 0 0 4 0 0 0 0 0 0 0 4
Solar PV 13 15 0 0 0 0 28 0 0 0 0 0 0 0 28
TOTAL MW 31 69 331 239 23 92 785 150 564 42 4 99 108 966 1,751  
 
 

3.F.2 Supply Under Development  

According to the 2009 Regional System Plan, approximately 4,300 MW of renewable energy 
projects are in the ISO-NE’s interconnection queue.18  This is a significant drop from the 5,800 
MW of renewable energy projects in the queue as of November 7, 200819 without a comparable 
amount being completed, indicating that there is a significant attrition rate for the queued 
projects.  In general, ISO-NE has estimated an attrition rate of about 45-60 percent for all queue 
projects, and 38-64 percent for wind projects in particular.20  Since ISO-NE does not provide 
sufficient information regarding the identity or the status of specific projects in the queue, 
additional information is necessary to assess the overall status of supply under development.  We 
have used Ventyx Energy’s Velocity Suite Generating Unit Capacity database to provide the 
most updated project status information.  Using Ventyx Energy’s data, state qualifying 
renewable databases and our projections of solar PV penetration rate, we estimate that 
approximately 3,600 MW of new renewable resources are under development in New England 
(including the Project 150 projects in Connecticut). While we use Ventyx Energy data in 
analyzing each proposed project, the ISO queue attrition rate is a useful benchmark against our 
supply estimates (to be described in more detail below).  
 
The Ventyx Energy information provides the cumulative MW of renewable energy projects 
under development, broken down by state and by technology, including offshore wind adjacent 
to each of the coastal states.  This information is summarized in Table 3.8 below.  This table 
shows that most of the projects currently in various stages of development are projected to be in-
service by 2013.  While there is a substantial amount of supply under development that has been 
publicly announced, there are likely other projects on the horizon that are not captured by this 
snapshot.   
                                                 
18  2009 Regional System Plan, pages 6 and 90. 
19  January 1, 2009 Integrated Resource Plan for Connecticut, page 3-9. 
20  For ISO-NE’s queue attrition rate, the first numbers (i.e. 45 percent and 38 percent) are based on number 

of projects whereas the second numbers are based on MWh of attrition. Source: 2009 Regional System 
Plan, page 91. 
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Table 3.8 
Proposed Class I Renewable Capacity 

(Cumulative Nameplate Capacity in MW) 
 

Technology 2010 2011 2012 2013

Landfill Gas 44 74 74 74
Wind 734 1,017 1,417 1,417
Small Hydro 3 11 14 28
Biomass/Biofuels 136 411 531 615
Offshore Wind 468 912 912 1,273
Fuel Cells 67 96 96 96
Solar PV 30 60 81 103

TOTAL MW 1,482 2,582 3,125 3,606
 

Sources and Notes:  The nameplate capacities do not depict the level of 
capacity contribution for Resource Adequacy purposes.  Onshore and 
offshore wind resources are estimated to have a capacity contribution of 20 
percent of nameplate capacities. 
These numbers include solar photovoltaic facilities that are expected be 
behind-the-meter.   

 
 
In addition to the supply resources obtained from the state-specific renewable qualifying 
databases, proposed projects from Ventyx Energy, and Connecticut’s Project 150 projects, we 
have also included a solar supply projection based on our analysis of each state’s policy 
objectives with a qualitative consideration for costs as a potential barrier for achieving some of 
the more aggressive targets.  Table 3.9 below shows the details of our solar projection. 
 
 

Table 3.9 
Projected Solar Photovoltaic Capacity in New England  

(Cumulative Nameplate Capacity in MW) 
State 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

CT 19 21 22 24 25 27 28 30 31 33 34
ME 0 0 0 0 0 0 0 0 0 0 0
MA 29 44 47 53 59 66 74 83 93 104 116
RI 6 13 19 25 28 31 34 37 41 45 50
NH 3 6 11 15 22 23 23 23 24 24 24
VT 1 6 11 16 21 25 30 35 40 45 50

Total 58 89 109 131 154 171 189 208 229 251 275
 

 
 
Supplementing Table 3.8 and Table 3.9 with the amount of resources currently in service (from 
Table 3.7), we show in Table 3.10 the cumulative amount of Class I renewable resources that 
could become available, if proposed projects are all developed as planned.   
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Table 3.10 
Cumulative Existing and Planned Class I Capacity in New England and from Imports 

(Nameplate Capacity in MW) 
 

Technology 2009 2010 2011 2012 2013

Landfill Gas 111 155 185 185 185
Wind 97 831 1,114 1,514 1,514
Small Hydro 87 91 99 101 115
Biomass/Biofuels 457 593 868 988 1,072
Offshore Wind 0 468 912 912 1,273
Fuel Cells 4 71 99 99 99
Solar PV 28 58 89 109 131

Imports 966 966 966 966 966

TOTAL 1,751 3,233 4,333 4,876 5,357

 
 
 
As indicated in the 2009 IRP, while the amount of planned renewable generation in the region is 
significant, not all of the planned projects will be built.  Every power generation project under 
development faces risks associated with obtaining environmental and regulatory permits, 
interconnection agreements, and financing.  New projects also face varying levels of local 
opposition, generally known as the “not in my back yard” or “NIMBY” risk.  As an attempt to 
predict the number of MW likely to be built, we developed a probability matrix to estimate each 
project’s likelihood of being built based on information available at the time of the report 
preparation.21  The analysis assigns increasing probability to each project achieving milestones 
toward commercial operation.  Table 3.11 below shows the probabilities that we assign to 
projects at various stages of development for purposes of developing a reasonable projection of 
renewable supply.22  These probabilities have been updated since the submittal of the 2009 IRP.   
    

                                                 
21  This probability matrix used in this analysis has been shared with the CCEF when we were developing the 

analysis. 
22  In addition to assigning a probability to proposed projects, we have also assigned a 50 percent probability 

to existing imports that have qualified as Class I resources in Connecticut, Massachusetts, Maine, and 
Rhode Island.  Empirical data from Massachusetts 2007 RPS Report has been examined and in 2007, 
qualified imports only delivered about 41 percent of their estimated energy output potential into New 
England.  41 percent is derived from adding up all the qualified renewable energy (MWh) imported into 
Massachusetts divided by the MW qualified for Massachusetts accounting for each resource’s estimated 
capacity factor and the date from which each resource began importing into Massachusetts. 
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Table 3.11 
Probability Assignment for Projects Under Development 

 

Project Status Probability 
Assignment

Feasibility Study 5%
Proposed Project 15%
Application Filed for Permit 20%
Two or More Permits Approved, or Contract Signed 30%
Preparing for Construction 60%
Under Construction 75%
Testing Generator 95%
Operating 100%
Postponed 5%

 
 
 
In addition to the probability assignment shown in Table 3.11 above, we also increase the 
probability of Connecticut Project 150 by 40 percent and those for Massachusetts and Rhode 
Island-based projects by 12 percent.  These supplemental probability increases are intended to 
indicate that those projects have strong state support and therefore may have a stronger 
probability of project completion.23   
 
After we assign the probabilities to each project based on the information that we have gathered, 
we estimate the cumulative amount of new renewable generation that could be available in the 
market.24  As in the 2009 IRP, the probability assignments help us to quantitatively assess the 
likelihood of each project reaching completion.  While this approach is not intended to predict 
the outcome of specific projects, it provides a reasonable estimate of the likely MWs of new 
renewable resources entering the system each year.  If some projects drop out of the development 
process, other new ones may take their places, and thus the total MWs after applying the 
probability assignment will still represent a reasonable approximation.  Below in Table 3.12, we 
estimate that the amount of supply resources that are likely to be in service between 2010 and 
2013 are likely to be sufficient to meet the region’s demand.  As indicated before, the actual 
project completion rate will depend on many other factors outside of the EDC’s purview.  Thus, 
our expectation is not meant to provide a definitive projection of supply quantity. 

                                                 
23  The 12 percent for Massachusetts is set to achieve serving approximately 3 percent of Massachusetts retail 

load with Massachusetts-based renewable resources by 2013. 
24  The probability assignment does not help inform the likelihood of project delays, thus the timing of the 

projects can shift the annual supply quantity depending on the ultimate timing project in service dates. 
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Table 3.12 
Cumulative Existing and Planned Class I Capacity 
(Probability Weighted Nameplate Capacity in MW) 

 

Technology 2009 2010 2011 2012 2013

Landfill Gas 111 131 147 147 147
Wind 97 284 316 336 336
Small Hydro 87 88 89 89 91
Biomass/Biofuels 457 479 565 584 602
Offshore Wind 0 150 270 270 367
Fuel Cells 4 18 34 34 34
Solar PV 28 58 89 109 131

Imports 483 483 483 483 483

TOTAL 1,268 1,691 1,993 2,053 2,192

 
 
 

3.F.3 Renewable Potential in New England  

The most abundant renewable energy resource in New England is wind.  Wind resources are 
most plentiful in Northern Maine, New Hampshire, Vermont, and off the coast of Massachusetts 
and Rhode Island.  Wind resources are also abundant in New York and in the Eastern Canadian 
Provinces.  Next to wind potential, biomass and landfill gas resources are second in magnitude.  
Table 3.13 below shows a summary of the renewable resource potential in each New England 
state, including the potential for offshore wind development.   
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Table 3.13 
New England Renewable Resource Potential 

(Cumulative Nameplate Capacity in MW) 
 

Technology Capacity (MW)
CT MA ME NH RI VT TOTAL

Landfill Gas 52 39 6 27 37 10 171
Wind 40 901 5,320 1,224 1 1,947 9,433
Offshore Wind 0 6,566 1,211 0 431 0 8,208
Small Hydro 6 11 97 34 5 28 181
Biomass/Biofuels 100 298 446 328 35 182 1,388

TOTAL 351 7,815 7,080 1,613 509 2,168 19,535  
* Small hydro and landfill gas potential levels are updated to be at least as great as the MW projected 
for 2013. 
Sources:   
Onshore Wind: “Report Of The Governor’s Task Force On Wind Power Development: Finding 
Common Ground For A Common Purpose, Final Report,” State of Maine, February 2008 
Onshore Wind for Connecticut: Discussion with CCEF 
Offshore Wind: “Development of a Wind Power Resource Deployment Framework for Maine & New 
England,” Bob Grace, October 30, 2007; based on NREL data 
Biomass/biofuel: “Securing A Place For Biomass In The Northeast United States: A Review Of 
Renewable Energy And Related Policies,” Xenergy, March 31, 2003; we a assumed capacity factor of 
85 percent for converting MWh to MW potential. 
Biomass for Connecticut: CCEF Report, Prepared by Antares Group, April 21, 2005 and discussion 
with CCEF 
Note: The level of supply does not yet consider higher cost resources are more unlikely to be 
needed/built. 

 
 
Table 3.13 above does not include provide resource potential for solar and fuel cells because 
those resources are more economic dependent than fuel resource dependent.  Solar PV in theory 
can be installed on most rooftops, however the cost of the equipment is currently still too high 
for most commercial and residential electric consumers.  Likewise, the cost of fuel cell 
generation is still too high for broad adoption. 
 
Relative to the 2009 IRP report, the only significant changes are revisions to the resource 
potential for wind energy in Connecticut from 25 MW to 40 MW25 and biomass potential in 
Connecticut from 235 MW to 100 MW.26  As shown in Table 3.13, the potential for renewable 
development in New England is substantially larger than needed to meet the region’s RPS 
requirements.  Different potential analyses and studies may show different results, but all studies 
show a large potential.  Thus, it is clear that the key issue in considering the amount of renewable 

                                                 
25  This change is based on input provided by CCEF. 
26  The biomass potential has been revised after reviewing the Report commissioned by CCEF, authored by 

Antares and conversation with CCEF.  
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energy available in future years for New England is not the magnitude of the resource potential, 
but instead, is how much of that potential will be realized given the uncertainties around policies, 
economics, and market drivers for energy costs from conventional resources. 

3.F.4 Supply Growth for Years Beyond 2013  

In the 2009 IRP, we had taken a qualitative approach to illustrate that there are significant 
uncertainties about renewable supply growth for the outer years.  Since then, we have improved 
our analytical approach and this report focuses on three future scenarios of renewable energy 
deployment in New England.  While the details of each scenario will be described in more detail 
in the price curve discussion in Section 3.H, here, we provide an overview of the approach used 
to estimate our Reference Strategy renewable resources. 
 
As our Reference Strategy, we show a scenario in which New England will deploy sufficient 
renewable energy projects to meet the region’s renewable energy demand.  Given the results of 
the ISO-NE Renewable Scenario Analysis, we expect that a significant amount of transmission 
upgrades will be needed to reach the region’s RPS goals in years beyond 2013.  To quantitatively 
estimate the amount of renewable energy supply in the outer years, we make three assumptions.  
First, we assume the deployment of biomass resources would grow toward the resource potential 
in each state.  Second, since very limited amount of new landfill gas and small hydro are 
available, and because fuel cell resources would likely require explicit out-of-market support on 
top of REC market prices, we assume that they grow very modestly beyond the amount assumed 
to be developed by 2013.  Third, to meet the region’s aggregate RPS requirement, a significant 
amount of wind generation will need to be developed.  Effectively, we assume that wind 
resources will be the “marginal” resources that fill the gap between the New England’s demand 
and supply of renewable energy.  Fourth, half of the wind projects to be built will be onshore and 
the other half will be deployed offshore.   
 
Below in Figure 3.3, we show the estimated GWh of renewable resource expected to be in-
service between 2010 through 2013, compared to the amount needed to satisfy the region’s RPS.  
As indicated before, through 2013, the supply resources are estimated by weighing each 
proposed project by a probability of completion.  For years beyond 2013, we assume that supply 
will be built to meet the region’s overall Class I RPS requirement in the Reference Strategy.  The 
same figure also depicts the level of renewable energy deployment and production for the In-
state Renewables Strategy and the Limited Renewable Strategy.  For the Limited Renewable 
Strategy, we freeze the renewable deployment at the 2013 level of the Reference Strategy.  For 
the In-State Renewables Strategy, we assume all renewable deployment freezes at the 2013 level 
except for Connecticut-based projects, which expands to meet the Connecticut RPS 
requirements, yielding an increase in the overall supply level for New England.  
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Figure 3.3  
New England Class I Renewable Resource Supply and Demand Balance 

Including Qualified Imports 
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3.F.5 Supply External to New England 

As in the 2009 IRP, we expect that the New England RPS can also be met through the purchase 
of RECs from external control areas, primarily New York and Canada.  As indicated in Table 3.7 
above, some renewable resources from New York and the Canadian Provinces have already 
qualified to meet the Class I renewable demand of various New England states.  The potential 
exists for much of the New England RPS to be met with out-of-region resources if such 
resources can be developed and delivered more cost-effectively than New England resources.  
However, for this potential to be developed and its RECs used in New England, it is likely that 
significant transmission upgrades will have to be developed.  The ISO-NE Renewable Scenario 
Analysis considered imports from Quebec and New Brunswick, and estimated the cost of 1,500 
MW interconnections to each province (Quebec $2 billion, New Brunswick $1.6 billion).  
However, the analysis did not consider the cost and cost allocation for transmission that may be 
required on the Canadian side of the border, or the cost of Canadian generation.  Our general 
conclusion is that, if added in large quantities, wind energy developed within New England, 
including off the shores of New England, or imported from Canada and New York will likely 
require substantive transmission upgrades in New England and the supplying control area(s).    
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3.G RENEWABLE ENERGY TECHNOLOGIES 

In this section, we describe each of the renewable energy technologies available to meet New 
England’s Class I RPS.  We also discuss generally about the potential economic benefits that 
investments in renewable energy may provide, and compare the costs of each technology.   

3.G.1 Renewable Energy Technology  

Below in Table 3.14 is a summary of the operating characteristics of renewable energy 
technologies.     
 
 

Table 3.14 
Operating Characteristics of Various Renewable Technologies 

 
Technology Fuel Description Air Emissions Operational 

Features
Typical Capacity 

Factor
(in New England)

Estimated Overnight 
Development Cost

Landfill Gas Methane from 
landfills

Similar to natural gas, 
but is considered 

carbon neutral

Can be limited by the 
methane produced by 

the landfills

85% $2,000 – $2,700

Biomass Primarily wood waste 
and paper mill waste

Closed loop biomass 
are considered carbon 
neutral, but emit SO2 

and NOx

Can be limited by 
biomass availability

85% $2,500 – $3,500

Small Hydro Run-of-river None Weather-dependent 48% $3,000 –  $4,000

On-shore Wind Wind None Intermittent 32% $2,000 – $2,550

Off-shore Wind Wind None Intermittent 37% $4,500 – $5,500

Fuel Cells Mostly natural gas in 
Connecticut, but can 

be biomass

CO2 emissions are 
similar to conventional 

natural gas 

Not likely to be 
limited by fuel, unless 

using biomass

90% $3,500 – $4,600

Solar PV Solar energy None Intermittent 14% - 16% $5,200 – $6,200
 

 
 
We anticipate that the largest renewable energy investment for the region is wind (both onshore 
and offshore).  As assumed in the Reference Strategy, (and shown on Table 3.2), we anticipate 
about 4,000 MW of wind will be added by 2020 to meet the region’s Class I renewable 
requirement.  Adding about 4,000 MW of wind is a significant change to the resource mix in the 
region.  Wind energy is variable in nature and with significant forecast errors in the day-ahead 
time frame.  The variable nature of wind is shown in the following graphs.  The top two graphs 
in Figure 3.4 show the hourly profile of the onshore and offshore wind energy production on an 
average day.  The general hourly trend shows that the onshore wind produces the greatest energy 
in the night.  Offshore wind seems to perform better, producing more during the afternoon peak 
hours.   
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Figure 3.4 
Hourly and Monthly Wind Generation Profiles in New England (from NREL) 
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(b) Hourly Off-Shore
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(c) Monthly On-Shore
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(d) Monthly Off-Shore
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The bottom graphs in the same figure shows the monthly profile of the wind production.  
Onshore and offshore wind have the greatest production in the winter months with offshore 
performing relatively better than onshore wind in the spring and fall seasons.  Operationally, 
having wind at its greatest production during off-peak hours can create or amplify over-
generation conditions if existing and/or new baseload generation cannot back down in a cost-
effective manner.  In addition, lack of accurate forecast of the wind generation in the day-ahead 
time-frame could create inefficient generation commitment decisions, increase the need for 
regulation and load-following capabilities, and thereby raise the operational cost of the system.  
Some of these costs have not been quantified to date.   
 
Natural gas fuel cells have been included as Class I renewable resources because they qualify as 
such under Connecticut’s RPS.  However, they do not offer the environmental benefits that other 
renewable resources provide.  First, when natural gas is used, the CO2 emissions from fuel cell 
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power generation are similar to that from conventional natural gas power plants.  Also, natural 
gas powered fuel cells do not reduce the region’s dependency on fossil fuels.  

3.G.2 Cost Comparison for Renewable Energy Technologies 

Renewable energy is perceived by some as an inexpensive alternative to burning fossil fuels.  In 
some cases, this may be true.  However, there is substantial variability in the cost of renewable 
energy based on technology and location.  Table 3.15 below shows the projected levelized cost 
of various renewable technologies under development or consideration in New England, ranked 
from the least to the most expensive REC price requirement.  In this table, in column [a], we 
estimate the levelized all-in cost of electricity production for each technology in 2010$ per MWh 
of energy produced.  Column [b] shows the estimated market energy revenue in 2013 (in $2010), 
column [c] is the estimated capacity market revenue, column [d] is the estimated levelized 
production or investment tax credit each technology is expected to receive, and column [e] is the 
sum of [b] through [d], and this is the amount of revenues that developers can expect to receive.  
Column [f] is the difference between [a] and [e], or the net amount of revenues needed that 
provide developers an opportunity to earn a reasonable return.  The amount in column [f] is then 
the estimated REC price or other financial subsidies necessary to support each technology.  The 
supporting input assumptions are included in Section 3.M (Appendices to the Renewable Energy 
Section).       
 
 

Table 3.15 
Estimated Cost of Energy, Revenues and REC Price (or Other Financial Incentives) 

for New Renewable Resources in New England 
(2013 Current Trend Scenario) 

 
Technology Estimated Levelized Revenues

Energy Capacity PTC/ITC TOTAL
($/MWh) ($/MWh) ($/MWh) ($/MWh) ($/MWh) ($/MWh)

[a] [b] [c] [d] [e]=[b]+[c]+[d] [f] = max{[a]-[e],0}

Landfill Gas 56.6 76.6 4.3 7.2 88.0 0.0
Biomass/Biofuels 110.1 76.6 4.3 14.3 95.2 14.9
Hydro 110.0 76.6 7.6 7.2 91.3 18.6
Wind 112.5 76.6 2.2 14.3 93.1 19.4
Fuel Cells 174.4 76.6 4.1 15.6 96.3 78.1
Offshore Wind 199.2 76.6 2.6 14.3 93.5 105.7
Solar PV 520.2 76.6 9.3 120.7 206.5 313.7

Estimated REC 
Price Needed

Estimated 
Levelized Costs

 
 
 
Because the relative economics of each technology vary, one would expect that as the market 
prices for electricity increases, more renewable energy supplies will become economical and 
therefore more likely to be developed.  While some renewable energy projects may be fully 
capable of operating profitably in the existing energy and capacity markets, others will require 
one or more additional financial incentives or subsidies to ensure their build-out, such as RECs, 
in addition to the Production Tax Credits (“PTCs”) or Investment Tax Credits (“ITCs”) that 
developers already receive from the federal government.       
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3.H REC PRICES 

The 2009 IRP highlighted numerous uncertainties associated with the development of new 
renewable projects, and their potential effect on REC prices.  The analysis conducted herein goes 
a step further by estimating the cost of RECs and associated RPS compliance through the use of 
supply curve analysis.  This estimation is achieved by estimating the REC demand and supply 
balance for each year, under alternative assumptions, and setting the estimated market REC price 
equal to the required REC payment for the marginal technology.  A key requirement of 
projecting the likely REC prices is to determine whether certain technologies should be 
considered ineligible to set the marginal REC price because they would be developed through the 
use of subsidies or targeted development irrespective of their required REC prices.  A prime 
example is solar PV.  With a required REC price of $314/MWh, solar PV would not be 
developed if energy and Class I REC markets were its primary sources of revenue.  However, it 
appears likely that some quantity (possibly a large quantity) of solar PV will be developed over 
the next 10 years irrespective of the cost of development versus potential market revenues.  
While not perfect, this methodology does provide a reasonable estimate of the cost of RPS 
compliance under the resource strategies modeled. 

3.H.1 Supply Curve Analysis: Reference Strategy 

In Figure 3.5 through Figure 3.7 below, we show the Reference Strategy supply and demand 
balances for 2013, 2015, and 2020.  In each of the graphs, the grey lines mark the ACPs in the 
region.  The vertical line at which the ACP line ends marks the total demand for Class I 
renewable requirement for the region for each year graphed.  The first graph is the supply and 
demand balance for Class I renewable resources for New England for the year 2013.  For 2013, 
as described earlier, the magnitude of supply that we assume would materialize is based on 
weighing each proposed renewable project with an assumed probability of success based on the 
project status shown in the Ventyx database.  We assume that the resulting resources would be 
built without a substantial infrastructure upgrade.  Beyond 2013, we assume that for renewable 
projects (particularly wind) to continue to grow to meet the region’s RPS, significant 
transmission upgrades will be necessary.   
 
In Figure 3.5 below, the supply of each resource is shown by the colored steps.  Starting from the 
left hand side of the graph, we first mark the renewable import amount to be approximately 
1,600 GWh.  Following imports, we show the price and the quantity of three resources that 
require out-of-market support from the states.  Since we have already witnessed political 
pressures to encourage resources that require either REC prices above the ACP or require a 
higher ACP for specific technologies, we depict solar PV, offshore wind, and fuel cells as out-of-
market resources.  We mark these three resources on the left side of a traditional supply curve to 
signify that they require out-of-market support to be made available.  Specifically, solar PV 
supply is shown as 182 GWh requiring $314/MWh of REC payment.  To the right of the solar 
PV, we show offshore wind with approximately 1,190 GWh requiring $106/MWh of REC 
payment.  To the right of offshore wind, we show fuel cells with 266 GWh requiring $78/MWh 
of REC payment.   
 
As an example of policies that seem to support some of the out-of-market resources to be built, 
the Rhode Island legislation requires the local distribution company to procure at least 90MW 
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(capacity factor weighted) of renewable resources from Rhode Island and nearby waters.  The 
published cost for offshore wind near Rhode Island is between $200 and $300/MWh, which 
implies a REC payment that would be well above the current ACPs in New England.  The latest 
cost for offshore wind for Rhode Island is approximately $240/MWh.  While this cost is for a 
relatively small project and lower costs are expected for larger offshore project, it supports the 
notion that the regional ACP would not be sufficient to pay for offshore wind RECs.   
 
Similarly, the implementation of Massachusetts’ Green Communities Act is requiring 
Massachusetts electric distribution companies to procure renewable resources from within the 
state or nearby waters for three percent of Massachusetts’ load.  To meet that requirement, it is 
possible that offshore wind, even with REC payments above the ACPs would be procured and 
built.  Thus, Figure 3.5 shows offshore wind REC supplies at payments above the ACP. 
 
To the right of the resources that require out-of-market support, we then show the four other 
resources that are likely to provide RECs at prices below the region’s ACPs.  In increasing REC 
prices, we show landfill gas, biomass, small hydro, and onshore wind.   
 
 

Figure 3.5 
Supply Curve analysis for New England 

(Current Trend Scenario, Reference Strategy) 
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As shown in Figure 3.5 above, after accounting for the resources likely to require out-of-market 
support, the remaining supply curve consists of landfill gas, biomass, small hydro, and onshore 
wind, with onshore wind at the margin.  This means that if supply meets demand in 2013, the 
marginal resource, onshore wind would likely set the market price for RECs in New England.  In 
our analysis, supply resources may be slightly short of demand in 2013.  As indicated in Section 
3.F above, since the supply mix for 2013 is based on our probability assessment for projects 
under development, we would not be completely accurate in our assessment.  However, if 
onshore wind is the marginal resource, as we expect, the REC price under our market 
assumptions would be approximately $19/MWh. 
 
Next, in the following graphs, we show the supply and demand balance for the years 2015 and 
2020 under the Reference Strategy.  Since in our Reference Strategy, we assume that supply will 
meet demand for Class I renewables in the region as a whole, we have shown the amount of each 
resource supply necessary to reach that assumption.  In 2015, we show that, again the solar PV, 
offshore wind and fuel cells require out-of-market treatment, and therefore they are graphed on 
the left-hand side of the graphs.  The rest of the renewable resources are graphed by their REC 
prices, showing that, once again, we anticipate onshore wind to be the marginal resource that is 
likely to set the region’s REC price at approximately $18/MWh.  The decrease in the marginal 
REC price is due to increases in energy and capacity revenues that renewables are expected to 
receive from the market, thus reducing the REC price required to pay for the renewable 
resources.  Likewise, for 2020, under the Reference Strategy, we estimate the marginal resource, 
onshore wind, to set the REC price as approximately $12/MWh under our Reference Strategy, 
Current Trend Scenario. 
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Figure 3.6 
Supply Curve analysis for New England 

(Current Trend Scenario, Reference Strategy) 
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Figure 3.7 
Supply Curve analysis for New England 

(Current Trend Scenario, Reference Strategy) 
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According to the Governors’ Renewable Blueprint and the supporting ISO-NE documents, 
significant amount of transmission upgrades will be necessary to integrate thousands of MW of 
wind resources.  Thus beyond the REC costs shown in the above figures, transmission costs 
would add to the customer costs.  In Section 3.K below, we provide a rough estimate of the 
incremental transmission cost necessary to meet the region RPS, under the scenarios we have 
assumed in the Reference Strategy. 

3.H.2 Supply Curve Analysis: In-State Renewables Strategy  

Given the assumption that transmission upgrade costs will be significant, we analyzed an 
alternative renewable strategy where Connecticut would meet its Class I RPS with in-state 
resources without relying on renewable development elsewhere in New England (thus avoiding 
additional transmission costs).  Below in Figure 3.8, we show the supply and demand balance for 
Connecticut’s Class I renewable resources.   
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Figure 3.8 
Supply Curve Analysis for RECs in Connecticut 

(Current Trend Scenario, In-State Renewables Strategy) 
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For the In-State Renewables Strategy, we made several assumptions about Connecticut’s 
renewable resource build-out.  First, we assume the build-out of solar PV would be expanded 
aggressively.  As an approximation, we assume that one percent of Connecticut’s load in 2020 
would be met by solar PV.  Next, we assume that in-state biomass and wind close to the 
estimated potential will be developed.  Third, we assume that the wind resources off the shore of 
Connecticut are not attractive enough for developers to be built.27  Fourth, we assume that no 
more additional landfill gas and small hydro resources relative to the 2013 levels could be added.  
After maximizing the build-out of solar PV, biomass and onshore wind, the only other resource 
left to meet Connecticut’s needs is fuel cells.  Figure 3.8 shows that the remaining demand would 
require approximately 693 MW of fuel cells to be built in Connecticut by 2020.  In addition to 
these resource supply assumptions, we also assume that while Connecticut decides to build in-
state renewable resources to meet its RPS, the rest of New England is short of meeting the 
region’s renewable requirement and no large incremental transmission upgrade is developed.  
This also means that to ensure that Connecticut-based renewables would be willing to be used as 

                                                 
27  This is information gathered from a developer at the 2010 CEAB Procurement Plan Review: 2010 IRP 

Work Session, Session on Renewable Energy, conducted on November 5, 2009 (presentation materials are 
available at http://www.ctenergy.org/2010ProcurementPlan.html). 
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Connecticut REC, instead of selling to other states that would be willing to pay up to the other 
states’ ACP, the market clearing price for RECs would be at least the regional ACP.   

3.H.3 Supply Curve Analysis: Limited Renewable Development Strategy  

In the third renewable strategy, we explore the scenario in which insufficient renewable 
resources are constructed in New England.  In Figure 3.9, we show that the region is short of the 
region’s Class I Renewable Energy demand by approximately 12,690 GWh in 2020.  More 
specifically, as depicted by Figure 3.9 below, we have assumed the same amount of resources 
would be built as in the year 2013 in the Reference Strategy.  While it is likely that some 
resources may continue to grow slightly, we use this scenario to depict the cases in which New 
England would be significantly short of the region’s renewable demand.  Under such a situation, 
Connecticut utilities turn to paying the ACP for the portion of the RPS requirement that is not 
met with out-of-market resources.  Under this case, any regional shortfall in energy and capacity 
supply is met by new combine cycle gas generation.  

 
 

Figure 3.9 
Supply Curve Analysis for New England 

(Current Trend Scenario, Limited Renewable Strategy) 
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3.H.4 Potential Effects of Natural Gas, CO2 Prices and Load Growth on REC 
Prices 

Two other factors that are very likely to influence the development of renewables are the future 
cost of natural gas and carbon emissions allowances and impact of that cost on energy market 
prices.  Specifically, the impact of gas and CO2 prices on the energy price in the wholesale 
market would affect the energy margin that renewable resources would receive from the 
wholesale market, which in turn would reduce the REC prices necessary to pay for the all-in 
costs of the renewable energy.28  In general, high gas and CO2 prices allow renewables to be 
more competitive and would require lower REC prices from the market.  Likewise, capacity 
payments that renewable resources receive from the capacity market also affect REC prices.  In 
our simulation, as load grows, we anticipate that capacity prices increase, and thereby decrease 
the REC prices needed by the renewable resources.   
 
Table 3.16 below is a modified form of Table 3.15 that demonstrates the impact of varying gas, 
CO2 prices, and load growth assumptions on the REC payments necessary for each renewable 
technology.  As this table shows, we estimate that increasing gas and CO2 prices would increase 
the average energy price in New England which in turn reduces the necessary REC payment for 
each technology.  To clarify, Table 3.16 does not show the market-clearing prices for RECs.  
Instead, the table summarizes the REC payments necessary for each technology (under each 
scenario and year) to pay for the return on and of capital of the investors and the on-going costs 
to operate those generating resources.  Under the High Load Scenarios, REC payments required 
are lower than those in the Current Trends because capacity prices have increased to reduce the 
REC payment needed for each technology.   
 

                                                 
28  Fuel cell fired by natural gas may need to purchase emissions allowances which would increase their 

operating costs. 
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Table 3.16 
Estimated Required REC Payments for New Renewable Resources in New England 

(Across Scenarios for 2013, 2015 and 2020) 
 

Technology Year Current Trends Lo Gas/Lo CO2 Med Gas/Hi CO2 Hi Load Hi Gas/Hi CO2
(2010$/MWh) (2010$/MWh) (2010$/MWh) (2010$/MWh) (2010$/MWh)

Landfill Gas 2013 0.0 0.0 0.0 0.0 0.0
Landfill Gas 2015 0.0 0.0 0.0 0.0 0.0
Landfill Gas 2020 0.0 0.0 0.0 0.0 0.0
Biomass/Biofuels 2013 14.9 26.2 9.7 12.9 0.0
Biomass/Biofuels 2015 13.1 26.8 7.3 10.2 0.0
Biomass/Biofuels 2020 5.0 21.9 0.0 3.0 0.0
Hydro 2013 18.6 29.7 14.4 16.7 3.2
Hydro 2015 16.8 30.2 12.1 14.0 0.0
Hydro 2020 8.0 23.1 0.7 7.2 0.0
Wind 2013 19.4 30.6 15.1 17.4 3.7
Wind 2015 17.5 31.0 12.7 14.6 0.0
Wind 2020 11.7 27.6 3.4 8.8 0.0
Fuel Cells 2013 78.1 86.5 78.7 76.1 67.3
Fuel Cells 2015 77.4 87.8 78.3 74.5 64.7
Fuel Cells 2020 74.3 85.6 74.5 72.1 60.9
Offshore Wind 2013 105.7 116.9 101.5 103.7 90.0
Offshore Wind 2015 103.8 117.3 99.0 100.9 85.4
Offshore Wind 2020 97.8 113.7 89.6 95.0 75.6
Solar PV 2013 313.7 324.6 309.4 311.7 298.2
Solar PV 2015 311.9 325.2 307.2 309.1 293.7
Solar PV 2020 302.1 317.0 295.1 302.0 282.8

 
 
 
As Table 3.16 shows, landfill gas, biomass, small hydro, and wind resources are expected to 
require REC payments below the Connecticut ACP, and therefore do not require additional 
subsidies from the EDCs or the states.  However, fuel cells, offshore wind, and solar PV require 
payments above the Connecticut ACP across all Scenarios.  This suggests that out-of-market 
payments are required to induce the development of the latter three resources.  In fact, we 
already witness some out-of-market arrangements for fuel cells, offshore wind, and solar PV in 
the form of long-term contracts outside of the REC market and RPS “carve-outs” for solar 
(which require a certain amount of solar build-out).   

3.I RENEWABLE ENERGY DEVELOPMENT MECHANISMS 

There are many mechanisms that could be used to encourage the development of renewable 
facilities.  The four mechanisms listed below are listed in a general order of preference, although 
it would likely be appropriate to blend these mechanisms to ensure the most efficient and certain 
expansion of renewables, and to avoid scenarios where renewable development deviates from 
demand to the point where there is either a shortage or glut of RECs. 
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3.I.1 Market-Based Renewable Expansion 

There are organized markets that are designed to encourage the development of renewable 
energy.  In addition to the ISO-NE administered energy and capacity markets, each state has an 
RPS with ACPs exceeding $50/MWh for Class I resources.  Ideally, in a market-based 
environment, these markets should produce the price support necessary to allow for the financing 
and development of renewable facilities.  The EDCs believe that market development of new 
renewables is the optimal way to meet state and regional RPS targets.  For the market to achieve 
this goal, it is essential that the RPS requirements of the New England states remain consistent 
and viable.  Developers would likely shy away from building renewable generation in New 
England if there were a lack of confidence in the continuation of regional RPS laws and 
regulations (including the continued allowance of REC banking to help balance supply and 
demand).   
 
Despite the presence of these markets, there is substantial uncertainty regarding whether the 
market will build enough renewable resources to meet regional RPS targets.  Many believe that 
reliance on markets alone will not result in renewable targets being met, and thus additional 
measures must be taken.   
 
The 2009 IRP discussed the risks and uncertainties associated with obtaining environmental and 
regulatory permits, interconnection agreements and “NIMBY” risk for renewable energy 
developers.  These risks and uncertainties remain valid today, however the development of 
renewables on New England soil appears to be very favorable in the political arena, and the 
development of additional subsidies to encourage development is possible. 

3.I.2 State Financing of Renewable Energy 

An approach that has not been discussed in previous IRPs is to increase the level of state 
assistance in the development of both in-state and out-of-state renewables.  This action could be 
taken by some or all of the states in the region.  This assistance could be funded either directly 
from the state or through charges to electric customers.  Connecticut currently provides a level of 
this support by utilizing funds collected through the renewables charge currently included in 
electric rates and used for the many programs supported by the CCEF.  Opportunities for state 
investment include: 

• Increasing the renewable charge to electric customers to provide additional funds; 

• Using ACP payments to provide additional support (please note that ACP payments 
could increase substantially if renewable development lags behind that envisioned in the 
RPS); 

• Providing grants of state funds to support the economic development that may result from 
renewable construction and operation; 

• Providing loans at the lower interest rates available to state agencies; 

• Providing loan guarantees to project developers: 

• Purchasing RECs; or 
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• Facilitation of a REC trading markets in a manner that provides a floor price.  

 
These options all have the advantage that the EDCs may not be required to enter into long-term 
contracts, which could avoid some of the potential adverse impacts discussed in Section 3.I.3 
below.  The EDCs suggest that any process of this nature be subject to approval by the 
Connecticut Department of Public Utility Control to be sure that they are vetted in a public 
process. 

3.I.3 Long-Term Contracts  

The 2009 IRP discussed the use of long-term contracts at length and presented two primary 
recommendations: first, the EDCs should conduct periodic market solicitations to procure RECs, 
and/or bundled RECs, energy and capacity under long-term contracts; and second, to ensure that 
consumers benefit from cost-effective renewable supplies, there should not be a mandate for 
EDCs to enter into long-term contracts.  Long-term contracts for bundled energy, capacity and 
RECs have the potential to assist in compliance with the RPS at a price lower than the ACP.  
However, for long-term contracts to provide these benefits they must be cost-effective.  
Mandatory contracting tends to raise prices because sellers know that the buyer does not have the 
option of rejecting all offers if they are uneconomic, and as such it should be avoided when it is 
not driven by a clear reliability need.    
 
The EDCs are generally looked to as the “default” buyers under long-term contracts by virtue of 
their status as the entities connected to load.  EDCs in Connecticut have been required to sign 
long-term contracts as the result of three separate legislative initiatives, including Project 150.  
The resulting contracts from these three programs are priced significantly above the market on a 
cumulative basis.  One aspect of long-term contracting that should be considered is the potential 
adverse financial impact on the buyer.  Accounting rules governing long-term contractual 
commitments include: (i) the need to disclose projected payments under these contracts, (ii) 
under certain circumstances, the need to record a capital lease or a derivative or to consolidate 
the supplier on the EDCs’ balance sheets.  Absent legislative and regulatory protections, 
requiring EDCs in Connecticut to procure long-term power under contracts could require on-
balance-sheet accounting treatment or create a risk that rating agencies impute the present value 
of these purchases as debt when they conduct the next credit review of the EDC.  It is also 
conceivable that rating agencies could treat a tariff in similar context to that of a contract.  The 
presence of additional debt at the EDC through accounting guidance or rating agency imputation 
would likely place downward pressure on the EDCs’ financial ratios and credit ratings that 
would potentially affect the EDCs’ ability to meet bond covenants and raise new capital for 
infrastructure improvements, and which as a result could raise customer rates over the long-run. 

3.I.4 The EDCs as Developers of Renewable Energy 

The 2009 IRP concluded that the EDCs should be considered as alternate developers of 
renewable energy facilities if the market does not respond with cost-effective contracts at prices 
that approximate a renewable generator’s costs.  This conclusion remains valid in that allowing 
the EDCs to be the developers of last resort will help to ensure the development of renewable 
facilities if neither of the options discussed above are successful. 
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There are other reasons to consider the EDCs as potential developers and owners of renewable 
energy facilities.  First, the facilities can be used for the benefit of customers throughout its 
operating life.  Conversely, facilities that are financed by virtue of a long-term contract will 
operate for the benefit of the owner for any remaining operating life after the contract terminates.  
These benefits to the owner may be substantial, since debt associated with the original financing 
for the project may be paid off during the contract term.  Second, as is discussed above, long-
term contracts have the potential to adversely impact the financial health of the EDCs, 
particularly as long-term contractual commitments increase relative to the EDCs’ size.  EDCs do 
not face the same issues with resources that are developed and owned in rate base.  Third, the 
development of smaller renewables within EDC service territories (typically sited at customer or 
EDC owned facilities) can be achieved with economies of scale by the EDCs, as well as cost 
savings associated with rate basing and cost of service pricing.  This is particularly true with 
respect to resources that are out-of-market and require subsidies to be cost-competitive (e.g., 
solar PV or fuel cells).  On the flip side, the EDCs would need to bear the risks associated with 
construction and long-term operations, which could be substantial.  Thus, the EDCs are not 
advocating EDC development of renewables as a primary strategy, but if it becomes evident that 
the market is not developing renewables without the extensive use of long-term contracts, it 
should be considered as an option. 

3.J RENEWABLE ENERGY AND ECONOMIC DEVELOPMENT  

One of the policy goals commonly associated with renewable energy is economic development. 
Adding renewable energy facilities in the state and region could create jobs both for construction 
and for ongoing operation and maintenance of facilities. While economic development is 
obviously good, the economic benefit of adding “green” jobs in the renewable energy sector 
could be outweighed by the adverse impact of higher energy rates for all other businesses if the 
subsidies or investments are too costly and cause a financial burden in the form of higher rates or 
taxes to subsidize renewable development.  These unintended consequences could result in net 
negative economic development.  This is a tightrope challenge that policy-makers face, and it is 
important that the tightrope be traversed carefully, particularly given the already high electric 
rates in Connecticut.  The EDCs recommend that caution be exercised before establishing further 
renewable development policies under the auspices of economic development. 

3.K CAPITAL COST FOR RENEWABLE RESOURCES AND ASSOCIATED TRANSMISSION  

Adding renewable resources provide significant benefits, particularly environmental benefits 
discussed in Section Table 3.17.  Above in Section 3.C.4, we have already discussed the 
potential customer costs associated with each strategy.  Those customer cost metrics incorporate 
the full impact of wholesale energy, capacity and REC market dynamics, plus out-of-market 
payments for fuel cells and solar PV, and Connecticut’s portion of the transmission upgrades 
necessary in the Reference Strategy.  In this section, we estimate the total capital needed to 
support the renewable build-out in the Reference Strategy.     
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Table 3.17 
Estimated Capital Costs 

Associated with Incremental Renewables Additions in New England,  
Excluding Transmission 

(Reference Strategy) 
 

Scenario
Overnight Cost for 

Incremental
Renewable Supply

Capital
Charge

Rate

Annualized
Capital

Cost
($Million) (%) ($Million/year)

[a] [b] [c] = [a]×[b]
2015
Current Trends 8,624 11.2% 967
Lo Gas/Lo CO2 9,848 11.2% 1,104
Med Gas/Hi CO2 8,298 11.2% 930
Hi Load 9,678 11.2% 1,085
Hi Gas/Hi CO2 7,093 11.2% 795

2020
Current Trends 19,445 11.2% 2,180
Lo Gas/Lo CO2 21,638 11.2% 2,425
Med Gas/Hi CO2 18,727 11.2% 2,099
Hi Load 22,106 11.2% 2,478
Hi Gas/Hi CO2 16,613 11.2% 1,862

 
 
 
Table 3.17 above shows an estimate of the annual capital cost associated with developing the 
amount of renewables needed in New England under the Reference Strategy.  Specifically shown 
in the table, we estimate the total capital needed under each scenario by adding up the installed 
cost of each technology by the cumulative MW amount installed by year 2015 and 2020 (shown 
in column [a]).  Next, we estimate the annual capital charge rate of private developers to be 
approximately 11.2 percent (shown in column [b]).  Overall, by year 2020, we estimate that the 
total capital necessary to support the new Class I renewable resources in New England is in the 
range of $17 to $22 billion, with an annual capital carrying cost of about $1.9 to $2.5 billion (in 
column [c]).  The numbers in Table 3.17 are only the capital costs associated with the renewable 
generation assumed in the Reference Strategy.  Much of this cost would be paid for through 
revenues from the energy and capacity markets, with the rest paid for through REC payments 
and/or out-of-market instruments.  As pointed out before, these capital investments would bring 
about significant environmental benefits.  Nevertheless, it is still important to take note the large 
estimated upfront capital investment necessary to meet the region’s RPS. 
 
As was noted in the 2009 IRP, while some biomass, landfill gas, and small hydro resources are 
available in New England, the greatest renewable potential in New England is from wind.  
Currently, more than 1,400 MW of onshore wind and about 1,300 MW of offshore wind projects 
are in the development phase in New England.  The onshore wind projects are located mostly in 
Northern New England.  As ISO-NE indicated in its 2009 Regional System Plan, “Interregional 
planning activities will become increasingly important to ensure the coordination of studies of 
the widespread growth in the use of renewable resources throughout the United States and 
Canada and the transmission projects that may be needed to access the remote development of 
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these resources.”29  While we cannot be certain at this point exactly how much of the regional 
renewable targets can be met without significant transmission investments, it is safe to say that at 
least a portion of the proposed renewable projects will not be built if cost-effective and adequate 
transmission solution cannot be provided.  For this IRP, we have assumed the transmission cost 
associated with accommodating renewable build-out (particularly wind) to be $3,125/kW of 
wind installed beyond the 2013 amount.  The $3,125/kW cost is the midpoint of the estimated 
transmission cost associated with a 2,000 MW of onshore and 2,000 MW of offshore wind build-
out case (in 2009$) from the ISO-NE’s Renewable Scenario Analysis.30  We understand that 
ISO-NE’s high transmission cost is likely to be associated with a relatively robust transmission 
over-lay system and perhaps an incremental transmission expansion plan for integrating 
renewables may cost significantly less than those estimates.  Furthermore, we have made a 
simple assumption that the magnitude of transmission upgrade is dependent on the nameplate 
capacity of wind resources added to the system, without considering the time of transmission 
usage from wind resources or the economic tradeoff between curtailing some wind output as 
opposed to sizing the transmission to accommodate the peak wind generation output.  While the 
cost of new transmission is dependent on the amount of new renewables in this IRP, the 
transmission of course would be available to transmit any other energy as well, and would 
improve overall reliability.  For the reasons discussed above, we believe that the customer costs 
for the Reference Strategy are slightly more conservative (higher than they would be if a lower 
transmission cost is assumed) than the customer costs for the two alternative renewable 
strategies. 
 
Since we have not conducted a full transmission engineering analysis for renewables, we do not 
know precisely how much renewable energy can be integrated onto the ISO-NE’s system 
without significant transmission upgrades.  However, we make the assumption that any 
incremental transmission upgrades associated with the renewable growth to meet the region’s 
2013 RPS does not significantly change between the scenarios.  Thus, we did not incorporate any 
incremental transmission cost associated with meeting RPS through 2013 in any of the cases.  
For years beyond 2013, the transmission costs in the Reference Strategy are estimated using a 
levelized annual fixed cost equivalent to the $3,125/kW of wind added.  Below in Table 3.17, the 
annual transmission cost and associated calculations are shown. 

                                                 
29  2009 Regional System Plan, ISO-NE, page 160. 
30  The midpoint between $10.7 billion and 414.3 billion is $12.5 billion.  These transmission cost estimates 

are shown in ISO-NE’s Renewable Scenario Analysis with 2,000 MW on-shore and 2,000 offshore wind 
build-out scenario.  $12.5 billion divided by 4,000 MW of new wind installed is $3,125/kW of wind.  We 
then escalate this cost from 2009$ to 2010$ in the quantitative analysis. 
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Table 3.18 
Estimated Transmission Costs 

Associated with New Wind Installations in Reference Strategy Scenarios 
 

Scenario Incremental 
Wind Capacity

Unit
Transmission

Cost

Total 
Transmission Cost

Capital
Charge

Rate

Annualized
Transmission

Cost

Connecticut's
Load
Share

Transmission Cost
Allocated to Connecticut

(MW) ($/kW) ($Million) (%) ($Million/year) (%) ($Million/year)
[a] [b] [c]=[a]×[b]/1000 [d] [e] = [c]×[d] [f] [g] = [e]×[f]

2015
Current Trends 1,029 3,137 3,227 12.5% 403 24.4% 98
Lo Gas/Lo CO2 1,331 3,137 4,177 12.5% 522 24.4% 128
Med Gas/Hi CO2 948 3,137 2,974 12.5% 372 24.4% 91
Hi Load 1,289 3,137 4,044 12.5% 505 24.0% 121
Hi Gas/Hi CO2 650 3,137 2,039 12.5% 255 24.4% 62

2020
Current Trends 3,399 3,137 10,662 12.5% 1,333 24.1% 321
Lo Gas/Lo CO2 3,942 3,137 12,367 12.5% 1,546 24.1% 373
Med Gas/Hi CO2 3,220 3,137 10,103 12.5% 1,263 24.1% 304
Hi Load 4,058 3,137 12,730 12.5% 1,591 23.4% 373
Hi Gas/Hi CO2 2,696 3,137 8,459 12.5% 1,057 24.0% 254

 
 
Note: The High Load scenarios use the annual GWh for each state specified in ISO-NE’s CELT Report.  The 
change in Connecticut’s load share is then derived from the Connecticut’s annual GWh load relative to ISO-
NE’s total.  We use this metric as a proxy for the 12-Coincident Peak portion that is typically used in cost 
allocations for pool transmission resources. 
 
 
As Table 3.18 shows, we estimate the transmission cost based on the incremental amount of 
wind resources (including onshore and offshore) added to the system beyond the 2013 levels 
(shown in column [a]).  We use the escalated transmission cost of $3,137 per kW (from 2009$ to 
2010$) of wind added (in column [b]).  Column [c] shows that the total estimated transmission 
cost is about $2.0 to $4.2 billion by 2015 and $8.5 to $12.7 billion by 2020.  The annual capital 
charge rate of 12.5 percent (in column [d]) is estimated based on the EDCs’ cost of capital, with 
a property taxes and fixed maintenance costs adder necessary for transmission.  In column [e], 
we estimate the annual capital carrying charge required for the transmission upgrades to be in the 
range of $1.1 to $1.6 billion per year by 2020, to support the renewable development Reference 
Strategy.  Columns [f] and [g] estimates the amount of transmission cost that could be allocated 
to Connecticut customers if the cost were allocated on a load-share basis.   
 
While the environmental benefits of renewables are substantial and of the three renewable 
strategies examined, pursuing the Reference Strategy is the best, we anticipate that the capital 
necessary to support such a strategy is also significant.  Thus, again, the EDCs suggest that 
policy makers think comprehensively about setting renewable policies and Connecticut should 
work with the other New England states to define the best means to expand renewable energy 
development in New England and the surrounding regions. 

3.L ENVIRONMENTAL BENEFITS OF RENEWABLE ENERGY 

The development of renewable energy generation is largely driven by concern for the 
environment.  The use of renewable energy can help reduce the overall air pollution resulting 
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from the burning of fossil fuels and thereby reduce climate change and other major adverse 
environmental impacts.   
 
As shown in previously in Table 3.4, the environmental benefit associated with building 
sufficient renewables to meet the region’s RPS is significant.   In all scenarios, the estimated CO2 
emission is between 10 to 20 percent less in the Reference Strategy than in the alternative 
renewable strategies.  Comparing the Reference with the Limited Renewable Buildout Current 
Trend Scenarios, we can attribute the change in CO2 emission primarily to the amount of 
renewable energy added.  A simple calculation shows that for every incremental MWh of 
renewable energy generated, approximately 0.43 tons of CO2 emission is avoided.  Below in 
Table 3.19, the average amount of CO2 emissions avoided under each scenario is estimated. 
 
 

Table 3.19 
Impact of Renewables Additions on System CO2 Emissions (2020) 

 
Scenario Total Renewable Generation CO2 Emissions

Reference 
Strategy

Limited 
Renewables Difference Reference 

Strategy
Limited 

Renewables Difference

(GWh/yr) (GWh/yr) (GWh/yr) ('000 tons/yr) ('000 tons/yr) ('000 tons/yr) (tons/MWh)
[a] [b] [c]=[a]-[b] [d] [e] [f]=[d]-[e] [g]=[f]/[c]

Current Trends 22,830.7 10,140.2 12,690 36,562 42,021 -5,459 -0.43
Low CO2 and Low Gas 24,476.0 10,141.4 14,335 36,483 42,263 -5,780 -0.40
Reference Gas and High CO2 22,291.4 10,139.9 12,151 32,456 37,249 -4,792 -0.39
High Load Growth 24,826.3 10,141.3 14,685 42,106 47,970 -5,864 -0.40
High Gas and High CO2 20,705.6 10,138.7 10,567 33,655 39,298 -5,643 -0.53

Avoided CO2 
Emission per MWh 

of Renewables 
Added

 
 
 
While the costs of emissions are incorporated in estimating the overall customer costs in the 
three renewable strategies, Table 3.3 above in Section 3.C also shows that a change in those 
costs can significantly alter the customer costs.  This means that if the CO2 price becomes higher 
than that is assumed in the High CO2 scenarios, the potential customer costs associated with 
building the non-emitting renewable technologies may be less than anticipated. 
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3.M APPENDICES TO THE RENEWABLE ENERGY SECTION 

Table 3-A.1 
Cost Assumptions for Renewable Technologies 
(Used in support of Tables 3.15, 3.16, and 3.17) 

Technology Installed Cost
Fixed O&M

Cost

Variable O&M
Cost, Excluding Fuel 

Cost Heat Rate
(2010$/kW) (2010$/kW-yr) (2010$/MWh) (Btu/kWh)

Landfill Gas 2,639 118.6 0.0 10,500
Biomass/Biofuels 2,931 66.9 7.0 14,000
Hydro 3,730 24.4 5.6 N/A
Wind 2,540 30.5 0.0 N/A
Fuel Cells 4,573 2.2 37.3 8,000
Offshore Wind 5,487 30.5 0.0 N/A
Solar PV 6,200 25.0 0.0 N/A  

Cost Data Sources: 
Landfill Gas:

Biomass:

Small Hydro:

On-shore Wind:

Off-shore Wind:

Fuel Cell:

Solar PV:

Installed Cost: EPG Fuel Cell, LLC Comments on CCEF Motion for Refreshed Project Bids," Connecticut DPUC 
Docket No. 08-03-03.  Fixed O&M:  Cost of Electricity Generation, June 12, 2007, Navigant; page 81, $2.1/kW-yr in 
2006$.  Variable O&M:  Cost of Electricity Generation, June 12, 2007, Navigant; page 81, $35/MWh in 2006$.  Heat 
Rate: ISO-NE Final Scenario Analysis Assumptions, May 21, 2007 Page 8; 8,000Btu/kWh.

Installed capital cost, Fixed O&M: National Renewable Laboratory's Solar Advisor Model, Version 2009.10.13, set to 
Massachusetts, Commercial PV system.

Assume Overnight Cost as Installed Cost; Overnight Cost: Energy Information Administration, Annual Energy Outlook 
2009, New Generation Assumptions, Table 8.2, escalated from 2007$ to 2010$.  Fixed O&M, Variable O&M, and 
Heat Rate: ISO-NE Final Scenario Analysis Assumptions, May 21, 2007 Page 8, in 2006$.

Installed Cost: ISO-NE Final Scenario Analysis Assumptions, May 21, 2007 Page 8; range of $2500-$3500/kW in 
2006$.  Fixed O&M, Variable O&M, Heat Rate: Energy Information Administration, Annual Energy Outlook 2009, 
New Generation Assumption, Table 8.2, escalated from 2007$ to 2010$.

Installed Cost: ISO-NE Final Scenario Analysis Assumptions, May 21, 2007 Page 8; mid-point of $3000-$4000/kW in 
2006$.  Fixed O&M, Variable O&M: Massachusetts Renewable Energy Potential, Final Report," Prepared for 
Massachusetts Department of Energy Resources (DOER) and Massachusetts Technology Collaborative (MTC), August 
6, 2008, page 96, in 2008$.

Installed Cost, Fixed O&M, Variable O&M: Massachusetts Renewable Energy Potential, Final Report," Prepared for 
Massachusetts Department of Energy Resources (DOER) and Massachusetts Technology Collaborative (MTC), August 
6, 2008, page 68, $2500/kW in 2008$.

Installed Cost: Massachusetts Renewable Energy Potential, Final Report," Prepared for Massachusetts Department of 
Energy Resources (DOER) and Massachusetts Technology Collaborative (MTC), August 6, 2008, page 75, $5400/kW 
in 2008$.  Fixed O&M and Variable O&M assumed to be the same as Fixed O&M and Variable O&M for On-shore 
Wind, in 2008$.
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Table 3-A.2 
Capital Charge Estimation Assumptions for Renewable Technologies 

(Used in support of Tables 3.15, 3.16, and 3.17) 

Operating Life (Years) 20
Tax Depreciation Schedule 5yr SLD
Debt Rate 7.0%
Equity Rate 15.00%
Debt Fraction 50.0%
Effective Tax Rate 42.5%
Inflation Rate 2.1%
ATWACC 9.5%
ATWACC Real 7.3%
Resulting Capital Charge Rate 11.21%
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Table 3-A.3 
Solar Build-Out Assumption and Related References 

(Used in support of Table 3.9) 
State 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

CT 13 19 21 22 24 25 27 28 30 31 33 34
ME 0 0 0 0 0 0 0 0 0 0 0 0
MA 15 29 44 47 53 59 66 74 83 93 104 116
RI 0 6 13 19 25 28 31 34 37 41 45 50
NH 0 3 6 11 15 22 23 23 23 24 24 24
VT 0 1 6 11 16 21 25 30 35 40 45 50

Total 28 58 89 109 131 154 171 189 208 229 251 275
 

Sources and Notes: 
CT:  MW in 2010 is equal to 19.11 MW of installed and in-progress residential and commercial 

solar PV.  MW (cumulative) in years post-2010 are equal to existing capacity in 2010 plus 1.5 
MW per year of estimated new solar PV installations.  Data vetted with CCEF. 

ME: No solar carve-out in RPS.  No additional goals for solar in place. 
MA: MWs in 2010 through 2012 are equal to cumulative installations as a result of Utility 

Ownership and Federal Stimulus Programs + installations resulting from the Commonwealth 
Solar Rebate Program, administered by MTC.  MWs (cumulative) in years post-2012 are 
increased by average annual growth rate of about 12 percent. 

RI: MWs between 2010 and 2013 are derived from linear interpolation between 0 MW in 2009 and 
25 MW in 2013.  MW in 2013 is equal to 25 MW (3 MW capacity value) of in-state solar PV 
required under RI’s Long-Term Contracting Standard for Renewable Energy per Rhode Island 
House Bill H 5002, enacted June 26, 2009.  MWs in years beyond 2013 increase by annual 
average growth rate of about 15 percent 

NH: Based on solar PV carve-out in state RPS (Class II requirement).  MW values derived from 
Brattle RPS Demand analysis, using an assumed capacity factor of 15.8 percent.  Percent 
requirements from NH Code of Administrative Rules, Chapter PUC 2500 Electric Renewable 
Portfolio Standard. 

VT:  MWs in 2010 equal to total solar PV capacity of Implementation Projects funded by Vermont 
Clean Energy Development Fund (Source: “Vermont Clean Energy Development Fund 
Projects August 2007 through April 2009”) with MW derived from Estimated Annual kWh 
Produced using an assumed CF of 15.8 percent.  MWs in years between 2010 and 2020 are 
derived from linear interpolation between respective MW values in 2010 and 2020.  MWs in 
2020 of 50 MW is a modest progress toward Vermont’s goal of 200 MW of installed solar PV 
by 2025.  2025 goal derived from the Vermont 25 x ’25 Initiative (Source: “Vermont 25 x ’25 
Initiative Preliminary Findings and Goals,” January 23, 2008). 
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Table 3-A.4 
Capacity Factor and Capacity Credit Assumptions for Renewable Technologies 

(Used in support of Tables 3.15, 3.16, and 3.17) 

Technology Capacity Factor (%)

Solar PV 15.8%
Hydro 48.4%
Wind 32.0%
Offshore Wind 37.0%
Biomass/Biofuels 85.0%
Landfill Gas 85.0%
Fuel Cells 90.0%

 

Technology Capacity Credit (%)

Solar PV 40.0%
Hydro 100.0%
Wind 19.0%
Offshore Wind 26.0%
Biomass/Biofuels 100.0%
Landfill Gas 100.0%
Fuel Cells 100.0%

 
Sources and Notes: Onshore and offshore wind: ISO New England Final Scenario Analysis Modeling Assumptions Stakeholder 
Meeting – May 21, 2007; and “Massachusetts Renewable Energy Potential, Final Report,” Prepared for Massachusetts Department of 
Energy Resources and Massachusetts Technology Collaborative (MTC), August 6, 2008 
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4. TRANSMISSION 

4.A FINDINGS AND RECOMMENDATION 

4.A.1 Findings 

• The EDCs have proposed a process that will provide an efficient and effective means of 
considering alternatives to transmission upgrades by integrating Connecticut state 
processes and statutes with the region-wide open and transparent planning process 
administered by ISO New England. 

• Connecticut state agencies (e.g., DPUC, CEAB, OCC) will benefit from early warning of 
upcoming major transmission projects and have an opportunity to influence outcomes by 
monitoring the Regional System Plan and the multiple ongoing Connecticut-related 
transmission studies and participating in regional processes (as appropriate). 

4.A.2 Recommendation 

1. Adopt the process proposed by the EDCs for consideration of alternatives to transmission 
upgrades and advocate the statutory and procedural changes outlined in this paper. 

4.B INTRODUCTION AND BACKGROUND 

The transmission section of the IRP provides some background information on transmission and 
provides several recommendations as to how the state can increase its participation in the 
regional process going forward.  This section is summarized as follows: 

• Part 4.A summarizes primary findings and recommendations related to transmission. 
• Part 4.B provides background information including a description of the role of 

transmission and the role of the regional transmission planning process to ensure 
compliance with mandatory reliability performance standards. 

• Part 4.C delineates a proposed process to address and identify reliability needs for the 
state of Connecticut.  The proposal is organized by State agencies and highlights process 
and areas for improvement.  This section follows The Connecticut Light & Power 
Company (CL&P) and United Illuminating Company (UI) response to the Notice of 
Request for Comments by the Department on November 25, 2009 in Docket No. 09-05-
02. 

• Part 4.D discusses a proposed outline for determining which regional reliability 
projects/needs in Connecticut may be viable candidates for consideration for non-
transmission resources as alternatives to a backstop transmission solution. 

• Part 4.E discusses an application of the proposed process based on a review of ISO-NE 
Regional System Plan Project Listing dated October 2009. 

• Part 4.F provides an overview on New England East-West Solution (NEEWS) and 
provides a high level summary of the status for each of the component projects in the 
New England Planning Process. 
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4.B.1 Background 

The transmission system in Connecticut is not isolated from the electric power grid.  It is 
interconnected to New England and the rest of the Eastern Interconnection reaching west to the 
Rockies and south through Florida, as shown in Figure 4.1.  This inter-regional system is 
operated by Independent System Operators – New England (ISO-NE) and other similar regional 
transmission organizations (RTOs) in such a way that all market participants can access the 
system to transmit energy subject to flow limits, the laws of physics, and various market rules.  
This allows some of the energy consumed in Connecticut to be produced elsewhere, whether for 
economic or environmental reasons or because local supplies are insufficient to serve customer 
load demands.  The region’s integration also means that reliability events in one area can affect 
another, as made readily apparent by the August 2003 blackout that affected over 50 million 
people in the Midwest, Northeast and Ontario. 
 
 

Figure 4.1 
NERC Interconnections 

 

 
 
 

4.B.2 Ensuring a Reliable Transmission System 

Pursuant to the Federal Power Act of 1935, as amended by the Energy Policy Act of 1992, the 
Federal Energy Regulatory Commission (FERC) has jurisdiction over the interstate transmission 
of electricity and has the authority to ensure the reliability of the interstate transmission system.  
The Federal Power Act directed FERC to establish one Electric Reliability Organization (ERO) 
with the statutory responsibilities to establish and enforce standards for the North American bulk 
power system and periodically publish reliability reports.1  FERC designated the North American 
Electric Reliability Corporation (NERC) as the ERO.  NERC develops, administers, maintains, 
and enforces Planning and Operating Performance Standards for the electric power grid in North 
America. 
 

                                                 
1  “NERC Company Overview FAQs” provides information about NERC as the ERO (Princeton, NJ: NERC, 2008); 

http://www.nerc.com/page.php?cid=1|7|114. 
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The NERC Planning and Operating Performance Standards were developed to assure the 
reliability (adequacy and security) of North America’s bulk electric system.  The planning 
standards address how NERC will carry out its reliability mission by: (a) establishing the 
standard; (b) measuring performance; and (c) ensuring compliance with NERC policies, 
standards, principles, and guides. 
 
Regional performance reliability standards provide for as much consistency as possible with 
NERC reliability standards.  However, the Northeast Power Coordinating Council (NPCC) and 
Independent System Operators (ISO) standards and criteria are more stringent than the NERC 
standards as needed to address specific characteristics of the Northeast / New England regional 
system. 
 
In 2006, NERC designated the NPCC as the “Regional Entity” with authority to promote and 
enhance the reliable and efficient operation of the interconnected bulk power system in 
Northeastern North America (including but not limited to New England).  The NPCC assures 
NERC requirements are satisfied in Northeastern North America (Northeast United States and 
Eastern Canada) through the development, compliance monitoring, and enforcement of a set of 
more stringent regionally-specific reliability standards and criteria. 
 
ISO-NE is the not-for-profit RTO for the six New England states and is designated by FERC as 
the Planning Authority for New England.  ISO-NE plans and operates the New England system 
in full compliance with NERC and NPCC criteria, standards, guidelines, and procedures.  The 
ISO-NE’s three main responsibilities are: 

• Reliable day-to-day operation of New England’s bulk power generation and transmission 
system; 

• Oversight and administration of the region’s wholesale electricity markets; and 

• Management of a comprehensive regional power system planning process. 

 
Pursuant to the 2005 Energy Act, the regulated providers of transmission services (Transmission 
Owners, or TOs) are required by federal law and binding tariff provisions to propose and design 
transmission improvements that will ensure that the integrated regional transmission system will 
comply with applicable mandatory system security standards.  These include performance 
standards issued by NERC, NPCC, and ISO-NE.   
 
Based on these mandatory standards, ISO-NE and the TOs in New England (including CL&P 
and UI) are responsible for performing annual transmission reliability assessments looking 
forward ten years (i.e., needs assessments), and for establishing corrective action plans (i.e., 
proposed transmission projects) necessary to address the future reliability needs of the region.  
Prior to being constructed, proposed projects are studied in accordance with the ISO-NE tariff 
and planning procedures, and must demonstrate that its implementation will not create a 
significant adverse effect on the stability, reliability, or operating characteristics of the 
transmission system. 
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4.B.3 New England’s Transmission Planning Process 

In 2008, ISO-NE implemented FERC Order 890 planning process enhancements to meet the 
requirements of Attachment K of the Open Access Transmission Tariff (OATT).  ISO-NE’s 
FERC Order 890 requires all transmission providers to implement a coordinated, open and 
transparent transmission planning process that complies with the following nine principles: 

• Coordination 

• Openness 

• Transparency 

• Information Exchange 

• Comparability 

• Dispute Resolution 

• Regional Coordination 

• Economic Planning Studies 

• Cost Allocation 

 
Consistent with Attachment K, ISO-NE has established a Planning Advisory Committee (PAC) 
which provides input and feedback to ISO-NE concerning the regional system planning process, 
including the development of and review of Needs Assessments, the conduct of Solutions 
Studies, the development of the Regional System Plan (RSP), and updates to the RSP Project 
List.   
 
Through an open stakeholder process, the ISO-NE develops its plan to address system needs and 
cost effectiveness.  All proposed system modifications, whether generation, transmission, or 
significant load reductions, must be analyzed and designed carefully to ensure system-wide 
coordination and continued system reliability for the New England system. 
 
Any entity, including State regulators or agencies, End Users, Generators, Suppliers, 
Transmission Owners, Demand-Side resources, or other alternative resources may designate a 
member to the PAC.  Specifically, the PAC serves to review and provide input and comment on: 

• The development of the RSP;  

• Assumptions for studies;  

• The results of Needs Assessments and Solutions Studies; and  

• Potential market responses to the needs identified by ISO-NE in a Needs Assessment or 
the RSP. 

 
The FERC approved Regional Planning Process for New England is summarized below in 
Figure 4.2. 
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Figure 4.2 
FERC Approved Regional Planning Process for New England 
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As part of this regional planning process, which supports the ISO-NE’s compliance with NERC 
and NPCC planning standards, ISO-NE and the TOs assess the performance of the New England 
transmission system for a ten-year period through reliability assessment studies.  Individual sub-
area studies, referred to as needs assessments, are performed to identify future system needs.  
The results of these needs assessments are updated as necessary and communicated to the PAC.  
This process provides market proponents with opportunities to develop market responses that 
may address identified system reliability needs.  These market responses may include 
investments in resources (e.g., demand-side projects, generation, and distributed generation) and 
Merchant Transmission Facilities, to solve identified system reliability needs. 
 
When a system reliability problem is identified from a needs assessment, ISO-NE and the TOs 
develop one or more transmission system options and alternatives (i.e., transmission backstop 
solutions) to address all of the transmission reliability needs and to ensure that NERC and NPCC 
reliability standards are met.  These alternatives are often identified first as conceptual solutions 
until they are further analyzed and determined to be effective in meeting the system reliability 
need.  Stakeholders (i.e., PAC) also review the alternatives and provide input as part of this 
process.  The viable alternatives are further evaluated to determine feasibility of construction, 
environmental impacts, cost, longevity, and operational considerations.  When the analysis of the 
alternatives is complete, the TOs recommend a proposed transmission project to ISO-NE and the 
PAC.  These studies, and the proposed transmission solutions, are documented in a solutions 
study, and in aggregate provide the basis to update ISO-NE's RSP. 
 
In addition, as described in Attachment K of the ISO-NE Open Access Transmission Tariff 
(OATT), market responses that are identified to ISO-NE and are determined by ISO-NE, in 
consultation with the PAC, to be sufficient to alleviate the need for a particular backstop 
transmission solution, and are judged by ISO-NE to be achievable within the required time 
period, shall be reflected in the next RSP and/or in a new or updated Needs Assessment.  
Specifically, ISO-NE must incorporate or update information regarding resources in the Needs 
Assessments that have been proposed and meet the following criteria: 

• Have cleared in a Forward Capacity Auction pursuant to Market Rule 1 of the ISO-NE 
Tariff; or 

• Have been selected in, and are contractually bound by, a state-sponsored Request For 
Proposals; or  

• Have a financially binding obligation pursuant to a contract.   
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The backstop transmission solution will be suspended/ terminated if it is determined to be no 
longer needed.  If the market response does not fully address the defined needs, or if additional 
transmission infrastructure is required to facilitate the efficient operation of the market response, 
the RSP must also include a transmission solution (although it may be a different project than 
that originally contemplated).  It is important to note that the backstop transmission solution will 
continue to be developed through the ISO-NE Regional Planning Process until ISO-NE 
determines that the reliability need has been fully addressed and formally notifies the 
Transmission Owners. 
 
Any proposed project (i.e., transmission, generation, or merchant) that integrates to the New 
England transmission system must also demonstrate that it produces no adverse impact on the 
reliability or operability of the transmission system, as required by Section I.3.9 of the ISO-NE 
OATT.  This is a technical approval process, which typically consist of thermal, voltage, 
stability, and short-circuit studies (i.e., system impact studies) that are evaluated by ISO-NE 
appointed technical committees and recommended for ISO-NE approval by the New England 
Power Pool (NEPOOL) Reliability Committee. 
 
After ISO-NE issues a formal no adverse impact determination, planned projects typically 
proceed to the State siting approval process (as required), detailed engineering and then to 
construction. 

4.C THE EDCS' PROPOSED CONNECTICUT PROCESS RELATED TO IDENTIFIED 
RELIABILITY NEEDS  

The Connecticut Department of Public Utility Control (Department) is currently developing a 
process for evaluating non-transmission resources as potential alternatives to backstop 
transmission projects located in Connecticut which may satisfy ISO-NE’s reliability needs (as 
identified through the ISO-NE Regional Planning Process).  On November 2, 2009, the 
Department held a technical meeting to discuss the development of the process and on November 
25, 2009, they solicited comments on their Straw Proposal from various stakeholders.  
Comments were provided by various stakeholders to the Department for their consideration in 
further development of this process. 

 
CL&P and UI submitted the proposal described below and illustrated in Figure 4.3 in response to 
the Department’s request for comments, with recognition that the final process is still under 
development with due consideration from all stakeholders. 
 
The CEAB was reconstituted for the purpose of allowing the state, through its various agencies, 
to assure that the regional planning process did not exclude consideration of alternatives that the 
state might prefer.  The process proposed by the companies is consistent with this purpose.  If 
Connecticut believes the ISO-NE regional Planning Process did not adequately identify and 
consider viable non-transmission resource projects within the state, the companies suggested 
process will provide Connecticut state agencies with an opportunity to ensure that viable non-
transmission resource projects receive appropriate consideration.   
 
We believe that the process we are proposing should allow ample opportunity for the state of 
Connecticut to ensure that non-transmission resources are appropriately considered and that the 



4-7 

state process will integrate into the regional planning process without jeopardizing the system 
reliability or overly extending the timeline.  This proposal is organized by State agency and 
highlights the various processes that are currently in place as well as areas for improvement.  
Suggested revisions to State statutes/processes are shown in italics. 

4.C.1 CEAB 

1. If CEAB finds that a state need is unlikely to be satisfactorily met by the regional market 
system, CEAB may initiate a Proactive Request For Proposal (PRFP) process.   

• Provided the State concludes that a PRFP is likely to yield viable resources/ 
alternative, and there is sufficient time to develop and implement potential alternative 
responses. 

• A PRFP should not be considered for minor backstop transmission solutions. 

• Suggested Change: If CEAB determines that the RSP process has not adequately 
identified alternatives for Connecticut projects, prior to initiating any action, CEAB 
consults with the Department to seek their approval before issuing a PRFP, 
regarding the Department’s willingness to subsequently solicit and commit to 
alternate resources. 

2. To initiate a PRFP process, CEAB first assesses the market for realistic non-transmission 
alternatives by issuing a Notice of Intent to Issue (NOII) a PRFP.  This notice requests 
formal Notices of Intent to Respond (NOIR) from qualified market participants.  This 
request (NOII) should be made well in advance of initiating the actual PRFP process. 

• This will provide potential respondents with ample opportunity to perform analysis 
and prepare their responses. 

• The CEAB should request/suggest early submittal of supporting documentation, and. 

• The CEAB should advise potential respondents that without early submittal, it may 
not be practical to thoroughly and fairly assess their proposals. 

3. If CEAB finds that one or more qualified NOIRs are for projects that are likely to meet 
the identified reliability needs and are likely to produce a more cost effective solution 
than the transmission solution, CEAB may formally start the PRFP process by requesting 
proposals from those received in conjunction with step 2 above. 

4. CEAB screens all proposals against its threshold criteria.  These criteria must ensure that 
any single or combined set of proposals meet all of the same ISO-NE identified reliability 
needs that the backstop transmission project is designed to meet. 

• Alternative resources should be assessed using the same reliability measures 
applicable to the backstop transmission solution. 

• In addition, economic, financial feasibility, and preferential criteria should be 
considered. 

• The prescribed time limit for evaluation (45 days) appears impractical.  
Consideration should be given to revising the statute. 

• Note: At this juncture, the CEAB’s determination alone regarding the effectiveness of 
any potential alternate resources is unlikely to influence the regional planning process 



4-8 

as ISO-NE is the Planning Authority for New England and Section 4.2(a) of 
Attachment K of New England Open Access Transmission Tariff specifies the criteria 
for including market resources in needs assessments. 

• Under these circumstances, the Reliability Transmission Upgrade sponsor will 
continue with development consistent with its FERC/ISO-NE/Regional obligations 
independent of any CEAB conclusions. 

5. CEAB documents its findings from #4 above in its Evaluation Report and submits it to 
the Connecticut Siting Council (CSC) and the Department.   

• The currently prescribed CSC submittal does not lead to possible solicitation and/or 
commitment and begins to run a statutory siting “clock” prematurely and without the 
Department’s or ISO-NE’s evaluation of the potential alternative project. 

• Suggested changes to statute: (a) Report should go to Department in lieu of CSC; and 
(b) Any statutorily prescribed deadlines for PRFP-related siting filings with the CSC 
should be eliminated. 

6. Separately and independently of the PRFP process, CEAB reviews the draft Integrated 
Resource Plan (IRP) base case model simulations, identifies the need for RFPs for 
procurement of additional resources, and submits the IRP to Department.   

• Only include in the IRP any non-transmission resources that have cleared in the 
Forward Capacity Auction (FCA) or have received a state commitment and will clear 
in a future FCA – consistent with Attachment K of the ISO-NE OATT. 

4.C.2 DPUC 

1. Assist CEAB in assessing the likely effectiveness of issuing a PRFP and the practicality 
and benefits of evaluating any PRFP results. 

2. Consult with ISO-NE for its preliminary reliability assessment/evaluation of 
effectiveness of any proposed alternative the Department determines has a reasonable 
likelihood of solving the entire reliability need and eliminating the need for the 
Reliability Transmission Upgrade.   

• If the Department concludes a financial commitment is necessary then such 
commitment should be conditioned upon a final determination from ISO-NE that the 
non-transmission resource eliminates the need for the Reliability Transmission 
Upgrade.  Otherwise, Connecticut customers may have to bear the cost of both 
projects when only one is ultimately needed. 

• Note that ISO-NE’s determination regarding eliminating the need for a Reliability 
Transmission Upgrade requires alternate resources to clear in the FCA. 

• Require selected non-transmission resource to qualify and clear in the FCA.   

3. Obtain written verification from the ISO-NE that the non-transmission resource 
eliminates the need for the Reliability Transmission Upgrade. 

4. Review/modify/approve the Integrated Resource Plan. 
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4.C.3 CSC 

1. There are no proposed changes to CSC jurisdiction.  However: 

• If above suggested changes are accepted, the Department would assume CSC’s 
present role of accepting the CEAB’s Evaluation Report from a PRFP. 

• Review siting application for electric facilities in Connecticut. 

• Approve / disapprove or modify siting applications or proposals for electric facilities. 

• Consider applications for approval of non-transmission resources, if any, filed by 
proponents of those projects either on their own initiative or following the CEAB’s 
Reactive RFP process. 

• An alternative project sponsor participating in the PRFP process may file a siting 
application on its own initiative at any time.  However, if the above suggested 
changes are accepted, the statutorily prescribed deadlines for filing an application 
following a PRFP would be eliminated, allowing the Department and ISO-NE first to 
fully evaluate the alternative project and determine the reasonable likelihood that it 
could displace the transmission solution.  It would therefore be highly unlikely that, 
following a PRFP, the CSC would be in a position to consider applications of 
“competing” facilities in a single docket.  ISO-NE would make a final determination 
as to which project(s) meet the entire need and those projects would likely proceed 
into siting.   

• To the extent that the Evaluation Report is to be submitted to the CSC, it should be 
for information purposes only, until ISO-NE determines whether or not the non-
transmission resources resolve the reliability problems in their entirety. 
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Figure 4.3 

CL&P/UI Proposed Connecticut Process to Address Identified Reliability Needs 
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1.    If CEAB finds that a state need is unlikely to be satisfactorily met by the regional 
market system, CEAB may initiate a PRFP process.  Suggested Change: Consult with 
DPUC and seek their approval regarding their willingness to subsequently solicit and 
commit to alternate resources.

2.   To initiate a PRFP process, CEAB first assesses the market for realistic non-
transmission alternatives by seeking formal NOIR to bid from qualified market 
participants.  

3.   If CEAB finds that one or more qualified responses to the NOII are likely to meet the 
identified reliability needs and are likely to produce a more cost effective solution than 
the transmission solution, CEAB may formally start the PRFP process by requesting 
proposals from those successfully qualifying in step 2 above.

4.   CEAB screens all proposals against its threshold criteria. These criteria must ensure 
that any single or combined set of proposals meet all of the same ISO-identified 
reliability needs that the backstop transmission project is designed to meet.

5.   CEAB documents its findings from #4 above in its Evaluation Report and submits it to 
CSC and the DPUC.  Two suggested changes to statute: Report should go to DPUC in 
lieu of CSC, and any statutory deadlines for PRFP-related siting filings with the CSC 
should be eliminated.

6.   Separately and independently of the PRFP process, CEAB reviews the draft IRP, 
identifies the need for RFP’s for procurement of additional resources, and submits the 
IRP to DPUC.
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CSCCSC
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DPUCDPUC
1.   Assist CEAB in assessing the viability of issuing a PRFP and evaluating any PRFP 

results.  
2.   Consult with ISO-NE for its preliminary reliability assessment/evaluation of 

effectiveness of any proposed alternative the DPUC determines as a reasonable 
likelihood of solving the entire reliability need and eliminating the need for the 
reliability transmission upgrade.

3.   Require a selected non transmission resource to qualify and clear in the FCA.
4.   Obtain written verification from the ISO-NE that the non transmission resource 

eliminates the need for the reliability transmission upgrade. 
5.   Review/ modify/ approve the Integrated Resource Plan.
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4.D IDENTIFICATION OF VIABLE CANDIDATES FOR CONSIDERATION AS ALTERNATE 
MEANS OF SATISFYING RELIABILITY NEEDS (IMPLEMENTATION/APPLICATION 
OF THE EDCS PROPOSED PROCESS) 

As discussed in Section 4.B above, the FERC-approved New England model requires TOs to 
identify backstop transmission solutions to meet identified reliability needs.  Non-transmission 
resource projects can participate in the ISO-NE markets in response to these needs or for other 
purposes.  All real and predictable non-transmission resources, as defined by ISO-NE market 
rules, are fully considered by ISO-NE when determining if a backstop transmission solution is 
required to meet the region’s reliability need.   
 
After the 2003 blackout, new federal and regional reliability standards were established to ensure 
that system reliability was made a high priority.  The Companies believe that any process that 
considers non-transmission resources should not jeopardize system reliability in any manner.  If 
the State chooses to identify and recommend non-transmission resources that only partially meet 
reliability needs or are speculative, it would add length to the project planning approval schedule, 
complexity to the planning and siting process, and risk to system reliability.  The EDCs advise 
against any approach which has the potential to jeopardize regional reliability. 
 
Similarly, the EDCs advise against the study of hypothetical or speculative non-transmission 
resources.  Hypothetical resources lack the specificity necessary to perform a meaningful 
comparison, and this analysis could also significantly lengthen the schedule and divert attention 
from the task of evaluating actual projects and true, bona-fide alternatives to projects designed to 
ensure a reliable transmission system.   
 
It should be noted that larger Reliability Transmission Upgrades are generally very 
comprehensive and address a multitude of complex transmission reliability needs.  Therefore it is 
unlikely that a single non-transmission resource would be capable of providing a level of 
reliability comparable to a Reliability Transmission Upgrade. 
 
In addition, absent significant changes in expectations about future conditions, Connecticut 
should avoid more than one PRFP to ensure there is adequate time to plan, site, engineer, and 
construct the facilities needed to fully address the identified reliability needs without 
jeopardizing system reliability. 
 
The EDCs propose the following criteria for determining which regional reliability 
projects/needs in Connecticut may be viable candidates for the consideration of non-transmission 
resources as alternatives to a backstop transmission solution. 

4.D.1 Proposed Criteria 

Commencing with the Regional System Plan and the ISO-NE area needs assessment reports for 
system reliability as discussed previously, transmission reliability projects planned for 
Connecticut can be categorized as outlined below. 
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4.D.2 Category A – New Substations (and Significant Additions to Substations) 

Category A includes new substation facilities that are planned to ensure that the reliability and 
demand needs of end-use customers are met.  In recent years, the CEAB solicited RFP’s for 
alternatives to planned new substations as part of the CSC’s Reactive RFP process.  These 
resulted in no respondents for all of the four RFP’s issued.  Subsequently, the applicable statute 
was amended to exempt substations from the Reactive RFP Process.  It appears that RFPs related 
to projects in this category are not likely to result in viable alternatives, and the EDC’s 
recommend that PRFPs not be conducted except under unusual circumstances (see the 
recommendation under Table 4.1 of this paper).  Table 4.1 summarizes future Connecticut 
projects in this category, currently listed in the Regional System Plan. 

4.D.3 Category B – Infrastructure Upgrades 

Category B is for various reliability upgrades to existing substations and other existing 
transmission infrastructure, typically necessary to address the following specific reliability 
concerns: (1) high system short-circuit current levels, (2) low thermal ratings of equipment and 
conductors, (3) poor voltage performance/voltage collapse exposure, (4) system instability risks, 
(5) antiquated/obsolete equipment, and (6) risk of equipment failure related to age/condition.  
Table 4.2 summarizes future Connecticut projects in this category, currently listed in the 
Regional System Plan. 
 

Substations:  These upgrades are performed within the fenced-in perimeter and often 
include replacement, addition or upgrade of existing infrastructure.  Examples include: 
relaying and control systems, transformers, auto-transformers, circuit breakers, 
disconnect switches, bus systems, grounding systems, auxiliary equipment such as 
potential transformers, current transformers, batteries, lightning arrestors, and reactive 
devices (such as shunt capacitors, shunt reactors, static VAR compensators, phase-angle 
regulators, etc.). 

 
Other Transmission Infrastructure:  These upgrades are generally needed to ensure the 
reliable operation of the existing integrated electric system network, typically within the 
same right-of-way.  Examples include separation of structures, thermal ratings upgrades 
(reconductoring; rebuilding or retensioning of structures and/or conductors), replacement 
of structures, and reconfiguration of lines required for the purpose of interconnection new 
generators and/or substations. 

 
Non-transmission resources are generally not effective in addressing the reliability concerns 
addressed by projects in this category.  Consequently, the companies recommend that reliability 
upgrades to existing substations and other existing transmission infrastructure be waived from 
non-transmission alternative consideration. 
 

4.D.4 Category C – New Transmission Lines 

Category C includes new transmission lines (typically 115 kV or 345 kV in Connecticut) 
proposed as backstop solutions intended to address specific reliability needs that can not 
typically be addressed by upgrading existing infrastructure.  Table 4.3 summarizes future 
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Connecticut projects in this category, currently listed in the Regional System Plan.  Note that 
although this category has attracted the most interest in recent years, there is only one post-
NEEWS project included in the listing at this time.  However as described in Section 4.E.2, there 
are several reliability studies that are underway in Connecticut, and/or are expected to be 
initiated in the near future.  Depending on the ISO-NE needs assessments, transmission backstop 
solutions may be identified and these solutions may be of a type that would be in this Category C 
in the future.  There will be ample time for the PRFP process to be utilized early enough to 
permit alternative solutions to be implemented if that is appropriate.  
 
Under certain circumstances, alternatives to some future projects in this category might be 
solicited in conjunction with the CEAB’s PRFP Process.  The companies recommend that the 
following circumstances be considered before issuing a PRFP associated with a future project in 
this category: 

• The PRFP process should be implemented early enough to ensure that any viable and 
preferred substitutes can come to fruition in time to fully address the anticipated need; 
and 

• It should not be implemented too early; i.e. it should be delayed until ISO-NE has 
identified the needs and the potential solutions are reasonably well defined; and 

• The PRFP process is more appropriate for larger / more significant projects; and 

• There should be preliminary indications that substitutes are likely to be effective and 
viable; and that there is some serious interest among potential sponsors of said 
substitutes. 

4.E APPLICATION OF PROPOSED CRITERIA TO ISO-NE RSP 2009 PROJECTS IN 
CONNECTICUT AND STATUS OF RELIABILITY STUDIES IN CONNECTICUT 

4.E.1 Category A, B, and C Projects 

The tables below provide a summary of Connecticut transmission reliability projects shown in 
the RSP Project Listing dated October 2009.  The projects are grouped into the categories 
summarized above (A, B, or C); and the Companies have provided recommendations consistent 
with the proposed criteria, regarding consideration of non-transmission resources as potential 
alternatives to the listed projects. 
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Table 4.1 
Category A - New Substations (and Significant Additions) 

 

Project Name Location 
 Owner 

RSP 
Project 

ID 
Description 

Projected 
In-Service 

Year 
Status 

Waterside S/S Stamford NU 1055 Addition of a 
115/13.2 kV 
transformer 

2010 Concept 

Broadway S/S New Haven UI 1110 Substation addition 2010 Planned 
Sherwood S/S Westport NU 1056 Addition of a 

115/13.2 kV 
transformer 

2011 Planned 

Union Ave S/S New Haven UI 1111 New 115/ 26.4 kV 
substation 

2011 Planned 

Shelton S/S Shelton UI 721 New 115/ 13.8 kV 
substation 

2013 Planned 

Pequonnock S/S 
Fault Duty 
Mitigation 

Bridgeport UI 975 New 115 kV 
substation/ 

reconfiguration to 
transmission 

2013 Concept 

Recommendations: 

1. Past solicitations related to these types of projects have not yielded any responses.  A recent 
statutory change has exempted these types of projects from the Reactive RFP requirement.  
Generally, the projects in this category and the nature of need they satisfy do not appear to 
be good candidates for a PRFP process, i.e. it does not appear that alternatives will be 
viable.  We recommend that state agencies monitor projects of this type in the regional 
planning process, and only under extreme conditions (i.e. where alternatives are 
obviously/likely to be viable) consider utilizing the PRFP process. 

 
 



4-15 

Table 4.2  
Category B – Infrastructure Upgrades 

 

Project Name Location 
 Owner 

RSP 
Project 

ID 
Description 

Projected 
In-Service 

Year 
Status 

East Shore S/S 
TRV Mitigation 

New Haven UI 1049 115 kV Capacitor 
Bank upgrade 

2010 Planned 

310/368 Line 
Separation 

Manchester NU 582 Separate 310 and 
368 345-KV lines 

and create 368/1767 
DCT 

2010 Planned 

Water Street Fault 
Duty Mitigation 

New Haven UI 1112 Replace 115 kV 
Circuit Breakers 

2010 Planned 

East Shore OCB 
Replacement 

New Haven UI 974 Replace 115 kV 
Circuit Breakers 

2011-2013 Planned 

Grand Avenue 
Switching Station 

New Haven UI 976 Rebuild 115 kV 
Switching Station 

2012 Planned 

Devon Tie 
Switching Station 

BPS Upgrades 

Milford UI 1050 Upgrade station to 
NPCC BPS 
standards 

2011 Planned 

Bunker Hill S/S 
Upgrades 

Waterbury NU 809 Upgrade terminal 
equipment at 

Bunker Hill 115 kV 
substation 

2009 Planned 

HPFF Cable 
Pumping Plant 
Replacements 

New Haven UI 1150 Grand Avenue - 
West River  115 kV 

Pumping Plant 
Replacements 

2010 Planned 

West River Fault 
Duty Mitigation 

New Haven UI 1151 Grand Avenue - 
West River  115 kV 

Pumping Plant 
Replacements 

2010 Planned 

Naugatuck Valley 
115 kV reliability 

improvement 

Shelton/ 
Derby 

UI 699 Upgrade and 
reconfigure 

transmission, 
separate structures 

2012 Concept 

Waterside S/S 
Upgrades 

Stamford NU 1147 Waterside 
Substation - install a 
three-breaker 115kV 

ring bus 

2011 Proposed 

1440 Line Relay 
Upgrades 

Glenbrook 
to Waterside 

NU 1148 Add a 2nd high 
speed relay on the 

Glenbrook to 
Waterside 115kV 

1440 

2011 Proposed 

South Meadow 
S/S BPS Upgrades 

Hartford NU 85 Upgrade station to 
NPCC BPS 
standards 

TBD Concept 

Various Various NU 879 Upgrade 7 of 8 
Dynamic Swing 

Recorders in New 
England to comply  
with NERC, NPCC, 

and ISO-NE 
Standards. 

TBD Planned 
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Recommendations: 

1. Please notice the descriptions shown, e.g. capacitor banks, breakers, relays, 
reconfigurations, bulk-power-system standards compliance.  These upgrades and the 
reliability needs they address are unlikely to be resolved by non-transmission alternatives.  
We recommend refraining from issuing PRFPs associated with these projects. 

 
 

Table 4.3 
Category C - New Transmission Lines 

 

Project Name Location 
 Owner 

RSP 
Project 

ID 
Description 

Projected 
In-Service 

Year 
Status 

Manchester-E. 
Hartford 115 kV 

UG Line Addition 

E. Hartford 
to 

Manchester 

NU 801 Build Manchester to 
East Hartford 115-

kV cable with a 
series reactor 

TBD Concept 

NEEWS Various NU Various GSRP, Interstate, 
Central CT 

2013 Planned 

Recommendations: 

1. Regarding NEEWS, please refer to the DPUCs comments issued in conjunction with both the 
2008 and 2009 IRP DPUC decisions.  See footnote 3 and Section 4.F for the status update on 
NEEWS. 

2. Regarding Manchester-East Hartford 115 kV Underground Line Addition:  Recommend 
monitoring the Hartford Area Needs Assessment study described below for potential 
PRFP/RFP consideration of non-transmission resources when the needs assessment is 
complete. 

4.E.2 Current Status of Reliability Studies in Connecticut 

Studies to address a wide range of system concerns in Connecticut are underway, and/or are 
expected to be initiated in the near future.  No new needs assessments have been issued by ISO-
NE for Connecticut and no specific solutions have been identified.  However, transmission 
planning studies (needs assessments and solution studies) are being assessed by ISO-NE and the 
TOs to focus on the load areas which pose the most significant risk to reliability.  Many of the 
studies have been focused on potential near-term solutions but there are also several long-term 
analyses that are being conducted to address potential future concerns.  When the ISO-NE needs 
assessments are complete, ISO-NE will share the findings with the PAC (informing proponents 
of market-based solutions) and incorporate the identified needs into a subsequent RSP.  
 

Recommendations: 

1. The EDCs recommend that CEAB monitor current and upcoming need assessments being 
performed by ISO-NE and/or being scheduled for the future including:  (i) Southwest 
Connecticut (ii) Eastern Connecticut (iii) Northwest Connecticut, and (iv) Hartford, 
Connecticut area.  These studies are in the preliminary stages of the planning process, 
specifically the “Identify Future Potential Concerns” and “Needs Assessment” stages as 
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shown previously in Figure 4.3.  Long-term transmission reliability needs for these areas are 
planned for completion in 2010/2011. 

4.F STATUS UPDATE - NEEWS 

The NEEWS is a series of projects designed to improve system reliability and increase power 
flows from east to west in New England, which include thermal, voltage, and transfer import 
capabilities.  The 2009 RSP shows that projects in the Greater Springfield and Rhode Island 
areas should proceed as planned.   
 
The Rhode Island system is overly dependent on limited transmission lines or autotransformers 
to serve its need, resulting in thermal overloads and voltage problems for contingency problems.  
The Rhode Island Reliability Project (RIRP) greatly improves the reliability of the state’s 
transmission system and reduces dependence on local generation by providing another avenue to 
generation resources outside the state. 
 
The Springfield, Massachusetts area experiences thermal overloads under forecasted normal 
conditions and significant thermal overloads and voltage problems under numerous conditions.  
Furthermore, the transmission network in the Greater Springfield area provides a source of 
power into Connecticut from north to south from the rest of New England.  Unfortunately at 
times this transmission system limits the amount of power transfer.  The Greater Springfield 
Reliability Project (GSRP) addresses these issues. 
 
The limited transmission capacity between Connecticut and Massachusetts further exacerbates 
the system reliability problems in the greater Springfield area.  The existing 115 kilovolt (kV) 
lines around Springfield, and the 115-kV underground cables that traverse Springfield, serve a 
double duty of supplying local load and supporting interstate transfers.  Under the present system 
configuration, a portion of the power flowing into Connecticut from CL&P’s North Bloomfield 
Substation transfer through the greater Springfield 115-kV system under normal conditions.  
Under many contingency conditions modeled in accordance with applicable reliability criteria, 
the power flows cause severe overload and voltage problems on the 115-kV system.  The 
inadequacy of the existing 115-kV lines is compounded because many of the 115-kV circuits in 
the area share common support structures.  These reliability problems exist now, with today’s 
system configuration and loads that have already occurred and will continue to grow as the load 
increases. 
 
Also, as reflected in the Department’s Decision in Docket No. 09-05-02, page 9, the initial 
hurdle for the comparison of any proposed alternative to NEEWS is the required certainty that a 
project can be done within the prescribed timeframes and meet all of the same reliability benefits 
so as not to jeopardize system reliability.  The Department is skeptical that portfolios of projects 
can be evaluated against the reliability benefits of NEEWS, or any single portion of NEEWS, at 
this late date.2   

                                                 
2  It is important to note that the Department continues to caution that at this late stage it would be extremely 

difficult to develop alternatives to NEEWS.  See Docket No. 08-07-01, DPUC Review of The Integrated 
Resource Plan, Decision dated February 18, 2009 at 40; Docket No. 09-05-02, DPUC Review of the 2009 
Integrated Resource Plan, Decision dated September 30, 2009 at 8. 
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The summary below provides a status for the various NEEWS projects. 
 
Interstate Reliability Project (Interstate):  This project includes a 345 kV line planned into and 
through central Connecticut, which is under review by ISO-NE.  In addition, it increases the 
transmission capability into Connecticut and across the ISO-NE East-West interface.  The ISO-
NE East-West interface extends from Connecticut northward through central Massachusetts and 
further north between Vermont and New Hampshire.  Interstate increases the regional integration 
across the East West corridor of the ISO-NE system, and between Connecticut and the rest of 
ISO- NE.  The current expectation is that ISO-NE should be completed with its review early in 
2010. 
 
The Central Connecticut Reliability Project (CCRP):  This project is needed to eliminate a 
bottleneck between eastern Connecticut and the southwest Connecticut loop by the addition of 
another 345-kV connection between these subareas.  The addition of CCRP provides an 
additional transmission path to North Bloomfield substation, which serves the north-central areas 
of Connecticut under varying contingency conditions.  This project is also under review by ISO-
NE.  The current expectation is that ISO-NE should be completed with its review in 2010 after or 
concurrent with the review of Interstate.  
 
A high level summary of the status of NEEWS projects are in the New England Planning Process 
is provided in the Figure 4.4 below.  The figure highlights where each of the projects is in the 
planning cycle along with additional details.  
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Figure 4.4 
NEEWS Projects Update 
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5. NUCLEAR POWER 

5.A SUMMARY AND KEY FINDINGS 

Summary 

In considering Connecticut’s future resource plan, the question of a new nuclear plant has arisen.  
In light of some of the concerns facing New England, nuclear generation has some advantages, 
though it also faces many obstacles.  This section explores factors affecting nuclear power as a 
potential future baseload resource addition, providing background and context that will help 
frame discussion.  This section also presents the results of an analysis of the market and 
emissions impacts of a new nuclear plant sited in Connecticut, which illustrate the magnitude of 
the costs and benefits that might be expected from pursuing a nuclear-based resource solution.  
 
Although the analysis of market impacts of a new nuclear plant in Connecticut has limitations, 
the results suggest the potential to realize both economic and environmental benefits.  New 
nuclear capacity in Connecticut would displace generation from fossil-fired plants, substantially 
reducing emissions of CO2 as well as NOX and SO2.  The relative cost of a nuclear resource 
option depends on the ultimate nuclear construction cost, a figure that is subject to significant 
uncertainty and possible upside risk.  Once built, however, a nuclear plant’s operating costs are 
not subject to fluctuations in the price of natural gas or CO2 emissions.  If the cost recovery of a 
nuclear plant is based on cost-of-service principles, a new nuclear plant could reduce customers’ 
exposure to the potentially volatile costs of natural gas and CO2 emissions.  While the economic 
benefits and costs of a new nuclear facility in Connecticut are uncertain, the potential 
environmental benefits are much clearer.  The costs and benefits are discussed in detail in 
Section 5.H below. 
 
Key Findings 

• Nuclear generation has significant environmental benefits, including displacing fossil 
generation and associated greenhouse gases, while making Connecticut less reliant on 
natural gas generation. 

• Nuclear capacity expansion is a long-term prospect – 10 to 15 years from the start of 
preparing a license application to commercial online date. 

• New merchant nuclear capacity is unlikely to be developed in New England without a 
cost recovery approach that can mitigate the risks of high and uncertain capital costs, 
long lead time and the potential for costly delay. 

 
In light of the potential benefits of a nuclear strategy identified in our analysis, UI recommends 
that the CEAB conduct, sponsor, or otherwise support a more detailed study of the potential 
costs and benefits of nuclear power, with the objective of providing a more complete picture of 
the tradeoffs encountered in considering nuclear power as a long-term resource strategy for 
Connecticut.  
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5.B STATE OF THE NUCLEAR INDUSTRY – U.S. AND WORLDWIDE 

5.B.1 U.S. Operating Experience 

The existing nuclear fleet in the U.S. is composed of 104 generating units with a total of 100,300 
MW of generating capacity, accounting for 10 percent of installed capacity and generating 20 
percent of all electricity produced in 2008 (over 70 percent of the CO2-free generation).  Most of 
these plants were built in the 1970s and 1980s, and nearly all experienced substantial cost 
overruns, lengthy construction delays, and initially poor availability and operating economics.  
However, the turnaround in performance the nuclear industry has realized in the past decade has 
been as dramatic as its early performance was disappointing.  Since 2000, U.S. nuclear units 
have achieved capacity factors between 88 and 92 percent, and experienced operating costs 
(including fuel) at or just below 2 cents per kilowatt hour.  
 
The contrast between the initially poor performance of the nuclear industry and its recent record 
of safe, reliable, and economic operation underlies the current policy debate about the role of 
nuclear power in the electricity mix.  Opponents of nuclear power point to the experience of the 
1970s and 1980s and suggest that any new expansion of nuclear capacity will confront similar 
challenges of cost overruns, construction delays, poor performance, and safety concerns.  
Proponents of nuclear power point to the industry’s recent record of operating excellence and 
believe that improvements in design, streamlined regulation, and vigilant construction 
management would avoid the pitfalls that plagued the industry in the 1970s and 1980s.  Both 
sides recognize the fact that no permanent approach exists for managing high-level civilian 
nuclear waste, but differ on the risk implications of continuing to generate waste under current 
on-site storage protocols.  Nuclear power remains controversial. 

5.B.2 Current U.S. Expansion Outlook 

In the U.S., no new nuclear plants have started construction since the 1970s (a couple nuclear 
units that previously suspended construction or temporarily shut down now have been completed 
or restarted).1  However, a resurgence in fossil fuel prices, increasing concern about greenhouse 
gas emissions, and a decade of low operating costs and high reliability of the U.S. nuclear fleet 
have revived interest in nuclear power as a future generation option.  Even some environmental 
advocates, most of whom have historically opposed nuclear power, have begun to support it as a 
response to global climate change.2  In addition, a new generation of nuclear technology is being 
developed, designed to be simpler, safer, and easier to site and build.  A number of companies 
have proposed or are considering new nuclear plants:  Constellation, Duke, Entergy, Exelon, 
FPL, NRG, Progress Energy, and Southern Company, among others, are planning or considering 
new nuclear units, sometimes in collaboration with other developers or equipment suppliers.  
There are also several joint ventures or consortia investigating new nuclear plants.  Unistar is a 
                                                 
1  TVA decided in 2002 to restart Browns Ferry 1.  It had been out of service since 1985, and returned to 

service in 2007.  TVA also decided in 2007 to complete construction of its Watts Bar 2 unit (construction 
was suspended in 1988 before the plant was completed).  It is scheduled to come online in 2013. 

2  E.g., Patrick Moore, a Greenpeace founder and former nuclear opponent, has become a supporter, as has 
Stuart Brand, founder of the Whole Earth Catalog.  See “Going Nuclear – A Green Makes the Case” 
Patrick Moore, The Washington Post, Sunday, April 16, 2006. 
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joint venture between Constellation Energy and Électricité de France; NuStart is a consortium of 
10 utilities plus two reactor vendors; AREVA NP, a nuclear design and construction company 
owned by AREVA (and previously a joint venture with Siemens3), is itself owned largely by the 
French state.   
 
There are some recent federal incentives to build new nuclear capacity, and the Nuclear 
Regulatory Commission (NRC) has streamlined its approval process in order to avoid some of 
the regulatory delays that have hampered the industry in the past.  A number of new nuclear 
plants are now proposed and in various stages of planning and approval around the country, 
mostly at existing nuclear plant sites, and most by regulated utilities under cost of service 
regulation, though none are in New England.  None of these have actually begun construction, 
nor have they received the required Combined Construction and Operating License (COL) from 
the U.S. Nuclear Regulatory Commission.  Still, there are 25 units at various states of planning; 
13 units totaling 26,600 MW have submitted COL applications to the NRC and are under 
scheduled for review; another eight plants are proposed (three of which formally intend to submit 
COL applications).  See Table 5.1 and Figure 5.1.   
 

                                                 
3  See “Siemens pulls out of nuclear venture with Areva,” The New York Times, January 26, 2009. 
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Table 5.1 
Status of Planned and Proposed New U.S. Nuclear Plants 

 

No. Plant Developer State Reactor 
Design [1]

No. of 
Units

Total 
MW [2]

COL 
Submittal 
Date [3]

Est. COL 
Approval 
Date [4]

Est. Cost 
($/kW) [5]

Online 
Date

PROPOSED AND COLA SUBMITTED
1 Bell Bend PPL Corp. / Unistar PA EPR 1 1,600 2008 2012 6,250 2016
2 Bellefonte TVA (NuStart ) AL AP1000 1 1,100 2007 2011 6,227 -
3 Calvert Cliffs Constellation / UniStar MD EPR 1 1,600 2008 2011 5,250 2015
4 Comanche Peak Luminant TX APWR 2 3,400 2008 2012 4,191 2018
5 Fermi Detroit Edison MI ESBWR 1 1,550 2008 2012 6,452 -
6 Harris Progress Energy NC AP1000 2 2,200 2008 2011 4,227 2018
7 (Levy County) Progress Energy FL AP1000 2 2,200 2008 2012 7,727 2020
8 North Anna Dominion VA ESBWR 1 1,550 2007 2011 - 2018
9 South Texas Project NRG Energy / STPNOC TX ABWR 2 2,600 2007 2011 6,538 2016

10 Turkey Point Florida Power & Light FL AP1000 2 2,200 2009 2012 6,926 2019
11 V.C. Summer South Carolina Electric & Gas SC AP1000 2 2,200 2008 2011 5,136 2018
12 Vogtle Southern Company GA AP1000 2 2,200 2008 2011 6,300 2017
13 William States Lee Duke SC AP1000 2 2,200 2007 2011 6,364 2022

Sub-Total 26,600

PROPOSED AND COLA NOT SUBMITTED
14 (Amarillo) Amarillo Power / Unistar TX EPR 2 3,200 2010 2014 3,125 -
15 Blue Castle Blue Castle Holdings UT TBD [6] - - 2010 2014 - -
16 Clinton Exelon IL TBD [6] - - - - - -
17 (Davie County) Duke NC TBD [6] - - - - - -
18 (Elmore County) AEH /  Unistar ID EPR 1 1,600 2010 2014 2,813 -
19 (Lower Alloways Creek) PSEG NJ TBD [6] - - - - - -
20 Oconee Duke SC TBD [6] - - - - - -
21 (Victoria County) Exelon TX TBD [6] - 3,000 - - 4,333 -

COLA REVIEW SUSPENDED
22 Callaway AmerenUE / Unistar MO EPR 1 1,600 2008 - 5,625 -
23 Grand Gulf Entergy (NuStart) MS ESBWR - 1,550 2008 - 3,548 -
24 Nine Mile Point [7] Constellation / UniStar NY EPR 1 1,600 2010 - - -
25 River Bend Entergy LA TBD [6] - 1,550 2008 - 4,000 -

Sources and Notes:
[1]:  ABWR, Advanced Boiling Water Reactor; AP 1000, Advanced Passive 1000 reactor; EPR, Evolutionary Power Reactor; ESBWR, Economic 

  Simplified Boiling Water Reactor (in U.S.), and US-APWR, U.S. Advanced Pressurized Water Reactor.
[2]:   Total MW based on capacity of proposed reactor design, where applicable.
[3]:   Estimated COL approval date based on assumed 3.5 year addition to COL application submittal date.
[4]:   Amarillo, Blue Castle, and Elmore County COL application submittal and approval dates are estimated.
[5]:   Many cost estimates do not specify whether they include construction interest, so they may not all be directly comparable.
[6]:   To Be Determined.
[7]:   In August 2009, Unistar asked the NRC to partially suspend review of the COLA for Nine Mile Point until September 2010.  
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Figure 5.1 
Location of Projected New Nuclear Power Reactors in the U.S. 

 

 
Source: “Location of Projected New Nuclear Power Reactors,” U.S. Nuclear Regulatory 
Commission, October 22, 2009. 

 
 
Worldwide, there are currently about 373,000 MW of operating nuclear capacity, with another 
48,000 MW under construction and a further 454,000 MW planned or proposed, as illustrated in 
Figure 5.2.  The U.S., France, and Japan account for the bulk of existing world nuclear capacity, 
but have very little new construction in process (and only a modest number of plants planned or 
proposed).  Among emerging economies, China, Russia, Ukraine, India, and South Korea all 
have relatively little existing generation but together have over 270,000 MW of plants in 
construction, planned, or proposed (mostly proposed).   
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Figure 5.2 
World Nuclear Capacity 
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Source: World Nuclear Power Reactors and Uranium Requirements, 
World Nuclear Association, October 2009. 

 
 

5.C TECHNOLOGY OF THE NEXT GENERATION OF NUCLEAR UNITS 

The nuclear reactors currently operating in the U.S., including all of the reactors in service in 
New England, are Generation II reactors.  Generation III reactor designs were conceived after the 
accidents at Three Mile Island and Chernobyl, and generally feature improved safety design over 
the previous generation.  The most important safety advances involve the incorporation of 
“passive” safety systems that rely on predictable natural forces such as gravity or convection to 
operate, in contrast to Generation II reliance on “active” safety systems that require the 
intervention and operation of electrical or mechanical systems when a safety-related event 
occurs.  Passive safety systems are often simpler in design and considered far more reliable than 
active safety systems.  Nuclear plants currently proposed in the U.S. are based on Generation 
III+ reactor technology, and feature improved safety and economics over the Generation III 
reactor designs certified in the 1990s by the NRC.4  (Fourth-generation reactors are currently in 
the concept stage and will not be operational before 2020.)  Generation III and III+ reactors are 
characterized by the following features:  

• Standardized designs, which expedite licensing processes for multiple plants, and also 
help reduce capital costs and construction time as lessons learned from the construction 
of initial plants are readily transferred to subsequent plants. 

                                                 
4  “Nuclear Power 2010,” U.S. Department of Energy.  http://www.ne.doe.gov/np2010/overview.html. 
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• Simpler designs, which enable more modular construction techniques, shrink the 
physical “footprint” of the facility, ease operation and maintenance, reduce the likelihood 
of operational upsets, and are projected to increase availability and extend operating life. 

• Passive safety systems, which rely on well-understood and predictable natural forces 
rather than operator intervention with electrical or mechanical systems.  Passive safety 
systems significantly reduce the possibility of core melt accidents. 

• Hardened protective structures, which enhance resistance to external damage from 
earthquake, severe weather, or aircraft impact.  

• Improved operating economics, due to higher burn-up to reduce the amount of waste 
generated and managed.  

 
The first Generation III+ reactor design type to be certified as a standard design by the NRC was 
the Westinghouse AP1000.5  Other Generation III+ reactor designs are currently undergoing 
review by the U.S. NRC for certification.  Table 5.2 below details reactor designs that represent 
the currently proposed fleet of nuclear plants in the U.S. 
 
 

Table 5.2 
NRC Certification Status for Currently Proposed U.S. Reactor Types 

 

Reactor Vendor Technology 
Generation

Approximate 
Capacity (MWe)

 Reactor 
Type

Date of 
Application if 
Under Review

 Certification Status  Target 
Certification

ABWR* GE et al III+ 1,300 BWR N/A Certified / Amendment under review 1997 / 2011
ESBWR* GE III+ 1,550 BWR 2005 Active Review 2011
AP1000* Westinghouse III+ 1,100 PWR 2008 Certified / Amendment under review 2006 / 2011
EPR* AREVA NP III+ 1,600 PWR 2007 Active review 2012
US APWR Mitsubishi III+ 1,700 PWR 2007 Active review >2011

Sources and Notes:
BWR stands for Boiling Water Reactor.  PWR stands for Pressurized Water Reactor.
* Supported by electricity generating firms or organizations publicly investigating possible construction in the U.S
** Expected date of submission.
"Advanced Nuclear Power Reactors," World Nuclear Association, September 2009.
"Design Certification Applications for New Reactors," US Nuclear Regulatory Commission, December, 2009.
"Backgrounder on New Nuclear Plant Designs," US Nuclear Regulatory Commission, June 2008.
"New Commercial Reactor Designs," US Energy Information Administration, November 2006.
"Small Nuclear Reactor Designs," World Nuclear Association, October 2009.  
 
 
In addition to new nuclear designs for centralized power generation, smaller reactor designs are 
also being developed.6  At the lower end of the capacity spectrum for these designs are 
“package” nuclear plants, or mini-reactors, ranging from about 10 to 50 MW, with a 5-10 year 
life that can be replaced and refurbished offsite.  These would be used primarily for large, remote 
heat and power applications, such as oil shale, tar sands, etc., though in principle could be used 

                                                 
5  “Advanced Nuclear Power Reactors,” World Nuclear Association, September 2009. 
6  See “Nuclear Power in a Small Package: LANL Has Stake In Mini-Reactor,” Albuquerque Journal, 

December 15, 2008.   
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for grid-based power generation.  Licensing of these units is likely to be delayed relative to the 
large-scale designs currently under consideration, as they are relatively low priority for the NRC. 
 
At the higher end of the range of small-scale reactor designs are modular units with capacities 
ranging from about 50 to 300 MW and anticipated service lives of about 50 to 60 years.7  These 
units potentially can be used for grid-based power generation, and multiple modules may be 
linked together to create plant capacities of several hundreds of MW.  Two vendors, Babcock & 
Wilcox and NuScale Power, have modular designs in the works and anticipate filing for NRC 
certification of their designs in 2011.8  Current industry sentiment suggests that small-scale 
reactors like those being designed by Babcock & Wilcox will not be built in the U.S. before the 
middle of the next decade.9 

5.D NUCLEAR SITING, PERMITTING, AND REGULATORY APPROVAL PROCESS 

Nuclear plants must go through several licensing and permitting steps before both federal and 
state regulatory bodies prior to the start of construction.  These processes contribute a significant 
amount of time to the planning horizon for a new nuclear plant.  At the federal level, developers 
must receive an Early Site Permit (ESP), Design Certification (DC), and a Combined 
Construction and Operating License (COL) from the NRC before the plant may be built.  In 
parallel with federal licensing and permitting, developers must also receive state siting permits 
and other state regulatory approvals.  Figure 5.3 below shows an estimated timeline for nuclear 
plant licensing and construction. 
 
 

Figure 5.3 
Approximate Timeline of Nuclear Plant Development 

 

 
 

                                                 
7  See “Small Nuclear Power Reactors,” World Nuclear Association, October 2009.   

http://www.world-nuclear.org/info/inf33.html. 
8  “B&W Signs MOU with Utilities on mPower Reactors,” The Nuclear N-Former, June 10, 2009. 
9  See “The New Nukes,” The Wall Street Journal, September 8, 2009. 
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In Connecticut, the timeframe for a hypothetical new nuclear unit would be longer than the 10-15 
years illustrated in the timeline, since Connecticut is not yet at the start of this timeline.  
Although this implies that a potential new nuclear unit is well beyond the ordinary 10-year time 
horizon of this report, we perform an analysis of new nuclear capacity in Connecticut in 2020 in 
order to illustrate the potential impacts and compare those impacts with other resource solutions.  
Nuclear plants are naturally long lead time decisions, and if one is to be considered at all, the 
investigation must begin far in advance of a potential online date.   

5.E CONSTRUCTION COST OF NUCLEAR GENERATION 

Despite some cost savings expected due to greater standardization of reactor designs and 
streamlining of the permitting and regulatory approval process, nuclear capital costs remain 
higher than the cost of other conventional baseload generation technologies.  Cost projections for 
new nuclear capacity increased substantially between 2005 and 2008 as labor costs rose, and 
commodity prices for construction materials escalated dramatically.  This trend of rapidly rising 
input costs reversed somewhat with the global economic crisis and U.S. recession, although few 
nuclear construction cost estimates have since been revised to reflect these subsequent cost 
declines.  Figure 5.4 below illustrates the announced cost of a number of planned nuclear 
generators in the U.S.; each point indicates a cost estimate made at the indicated time; two points 
connected by a line indicate a later update for the same proposed plant.  It must be noted that 
many of these estimates from published announcements include financing costs, which can 
easily be 25 percent to 35 percent of the total cost of the plant.  This explains why many of these 
estimates are significantly higher than recent published estimates of nuclear “overnight” capital 
costs, which generally do not include the financing costs. 
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Figure 5.4 
Announced Costs of Proposed U.S. Nuclear Plants 
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Sources and Notes:  Nuclear capital costs estimates from different sources or at different times may not be 
directly comparable, as many do not specify whether they include costs of construction financing, 
interconnection costs, etc. 
 
 
Building a nuclear plant in Connecticut would likely cost more than the U.S. average, since New 
England is a relatively high-cost region for construction projects.  For example, the U.S. Army 
Corps of Engineers estimates a 20 percent premium in Connecticut over national averages for all 
civil works projects, primarily due to higher labor costs.10  

5.F COST RECOVERY AND FINANCING FOR NUCLEAR GENERATION 

Developing a nuclear plant involves substantial financial risk, significantly greater in some 
respects than most other generating technologies.  Nuclear power is extremely capital-intensive, 
with high – and highly uncertain – capital costs, as seen above.  A nuclear plant also has a very 
long lead time, which increases construction financing costs, and also has the potential for 
construction delays that can increase costs further.  The long lead time also means that it can be 
difficult to be sure that there will be sufficient demand for its output by the time it is completed.  
                                                 
10  Civil Works Construction Cost Index System, U.S. Army Corps of Engineers, EM1110-2-1304, March 

2009. 
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The operating income of a merchant nuclear plant is also exposed to uncertainty in the price of 
natural gas and CO2 emission allowances, since these will both have a major effect on wholesale 
market power prices and thus revenues.  In contrast, the operating income of a merchant gas 
plant in New England is somewhat insulated from changes in gas and CO2 prices, since gas 
plants frequently set the market price of power (thus both their costs and revenues both move 
with gas and CO2 prices, leaving their net revenue less affected.) 
 
These factors imply that it may be easier to develop a nuclear plant under cost-recovery 
regulation, as opposed to merchant operation.11  Since nuclear costs are not influenced by CO2 
and gas prices, regulated cost recovery may help to insulate customers’ costs from these external 
influences (though this also means that customers would not receive the benefit if gas and CO2 
prices are low).  As shown in Figure 5.1 above, most of the currently proposed nuclear plants are 
located in the southeastern U.S., a region that remains dominated by cost-recovery retail 
regulation.  However, using a cost-recovery regulatory approach does not necessarily imply EDC 
ownership.   
 
The Energy Policy Act of 2005 included several provisions that will help to encourage new 
nuclear plants.  It created an eight-year, $18/MWh production tax credit for the output of the first 
6,000 MW of new nuclear capacity, limited federal insurance against costs associated with 
delays in commercial operation, and perhaps most importantly, federal loan guarantees for up to 
80 percent of total project cost.  Such loan guarantees are viewed as necessary by some in the 
industry for developing new nuclear facilities (e.g., Exelon, PPL, NEI).  Given the high interest 
in the production tax credit and loan guarantees expressed by current nuclear proposal sponsors, 
however, such federal support may not be available for projects not already underway.  

5.G NUCLEAR DEVELOPMENT POTENTIAL IN CONNECTICUT  

Although no new nuclear plants have been proposed for New England, there are five operating 
units at four sites, and three additional sites where reactors have been shut down and 
decommissioned.  New England already gets a greater fraction of its electricity from nuclear 
power than the U.S. as a whole.  Table 5.3 below shows the operating nuclear plants in New 
England; one of the sites (Millstone, with two operating reactors and a third shut down) is 
located in Connecticut.  It is usually easier to develop a new nuclear unit at an existing 
“brownfield” reactor site, rather than at a greenfield site.  Brownfield sites offer access to 
existing infrastructure (e.g., transmission, cooling water, rail access), may streamline the siting 
and licensing processes, and might also offer greater public acceptance.  However, no siting 
comparison or analysis has been performed as part of this report.    
 
                                                 
11  This view is widely shared by potential nuclear developers.  For example, Dan Weekley, managing 

director of Northeast government affairs at Dominion: “You're going to have to build a nuclear unit in a 
regulated environment, not deregulated like Connecticut.”  (“New Nukes?” Liese Klein, Connecticut 
Business News Journal, August 4, 2008.)  Similarly, Duke Energy’s Chairman James Rogers: “There is 
almost no chance that a new U.S. nuclear plant would be built in a state with a deregulated electricity 
market.”  (“Duke CEO a ‘skeptical optimist’ on future of U.S. nuclear power,” Nucleonics Week, June 21, 
2007.) 
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Table 5.3 
Operating Nuclear Reactors in New England 

 

Unit Name Operator Reactor Vendor/Type Location

Current 
License 

Expiration 
Date MW Rating Site Size

Pilgrim Entergy BWR GE Type 3 Plymouth, MA 6/8/2012 677 1600 acres

Vermont Yankee Entergy BWR GE Type 4 Vernon, VT 3/21/2012 604 125 acres

Seabrook FPL Group PWR Westinghouse 4-Loop Seabrook, NH 3/15/2030 1,245 889 acres

Millstone 2 Dominion PWR Combustion Engr Waterford, CT 7/31/2035 877 500 acres (all units)

Millstone 3 Dominion PWR Westinghouse 4-Loop Waterford, CT 11/25/1945 1,235 500 acres (all units)

Total Capacity 4,639
 

Source: 2009 CELT Report, ISO New England, April 2009.  Millstone 3 capacity was adjusted for the 
capacity uprate that took effect in Fall 2008.   

 
Connecticut is one of 12 states with a moratorium on new nuclear construction.12  This 
impediment is found in Connecticut General Statute 22a-136:   
 

“No construction shall commence on a fifth nuclear power facility until the 
Commissioner of Environmental Protection finds that the United States 
Government, through its authorized agency, has identified and approved a 
demonstrable technology or means for the disposal of high level nuclear waste. 
As used in this section, “high level nuclear waste” means those aqueous wastes 
resulting from the operation of the first cycle of the solvent extraction system or 
equivalent and the concentrated wastes of the subsequent extraction cycles or 
equivalent in a facility for reprocessing irradiated reactor fuel and shall include 
spent fuel assemblies prior to fuel reprocessing.”  

 
Although a 1987 amendment of the Nuclear Waste Policy Act of 1982 directs the Administration 
to study a nuclear waste repository at Yucca Mountain, its operation has not been approved and 
the Secretary of Energy has testified that the current Administration intends to terminate this 
project.13  However, there currently exists no obvious alternative site or disposal technology.  
Given that no means of nuclear waste disposal has been approved and there appears to be little 
near-term prospect for such approval, legislative action would be necessary to reverse the 
moratorium before construction could begin on a new nuclear plant within Connecticut.  Beyond 

                                                 
12  In addition to CT, the states with expansion prohibitions are CA, HI, IL, KY, ME, MN, MT, OR, WV, WI, 

and VT, with half of the states actively pursuing repeal.  See “Nuclear Power Across the US” presentation 
to the CEAB by Dominion, December 7, 2009. 

13  U.S. Government Accountability Office, Nuclear Waste Management:  Key Attributes, Challenges and 
Costs for the Yucca Mountain Repository and Two Potential Alternatives, GAO-10-48, November 2009. 
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this, the spent fuel issue may affect public perception and acceptability of new nuclear 
development.  Nonetheless, if this hurdle can be overcome, the spent fuel management question 
would likely have only a very modest economic impact on new nuclear development, regardless 
of when and whether a permanent storage solution is agreed.  It is relatively inexpensive 
(compared to the capital cost of the plant itself) to store spent nuclear fuel onsite essentially 
indefinitely in dry storage, and those costs would be delayed many decades until after the plant is 
shut down.  The present value of the cost of long-term onsite storage is less than one percent of 
the initial capital cost of a new nuclear plant, so long-term storage costs appear to be manageable 
for the time being, and should not be considered a major hurdle to overcome. 
 
As discussed above, it may be difficult to develop a merchant nuclear plant, and no merchant 
developers are known to be considering a nuclear plant in New England.  Thus if Connecticut 
would like nuclear power to be a potential future option, it will likely need to take action to 
facilitate the process.  There are a number of steps that would need to be taken, including: 
 

• Identify potential developer(s) and owner(s); 

• Identify potential cost recovery approaches and assess their likely impact on costs and 
risk allocation;  

• Identify and perform preliminary feasibility assessment of potential sites, including 
existing nuclear sites and greenfield sites;  

• Identify siting and licensing requirements;  

• Perform a preliminary cost estimate (site specific, if possible); 

• Identify federal and potential state-level incentives; and 

• Further research regarding potential legal and regulatory barriers, and what may be 
required to overcome them. 

 
One of the most important steps may be to identify and ultimately enable a cost recovery 
approach that will be attractive to a potential developer, financing entities, and electricity 
consumers.  If that is in place, the developer may be willing to pursue some of the other steps.    

5.H POTENTIAL IMPACTS OF NEW NUCLEAR GENERATION IN CONNECTICUT 

In order to compare the long-run potential of new nuclear generation in Connecticut to other 
resource solutions, this section analyzes the electricity market and environmental impact of a 
hypothetical new nuclear plant presumed to enter service in 2020.  Given the regulatory approval 
and construction timeline described earlier, even a decision to pursue nuclear development now 
would almost certainly miss a 2020 in-service date.  However, the market and environmental 
impacts would be similar for a plant that came on-line in the 2020 – 2025 timeframe.  Thus, this 
strategy is intended to be more illustrative than practical in nature, which is why the analysis is 
shown separately from other resource strategies in this IRP. 
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In the Nuclear Strategy, we assume a new nuclear unit to be operable at the existing Millstone 
Nuclear Power Station by January 1, 2020.  The Millstone site is selected on the basis of 
economic reasonability – it is an existing site with likely cost advantages when compared to a 
new, or greenfield, site. 14  Nonetheless, if Connecticut were to pursue a nuclear strategy, a full 
and comprehensive nuclear siting analysis should be conducted.  This illustrative example is by 
no means intended as a substitute such an analysis. 
 
The reactor chosen for our analysis is the AP1000, designed by Westinghouse Electric Company 
LLC, a Toshiba company.  The AP1000 is a Generation III+ design type and was first certified 
by the NRC in 2006.  However, Westinghouse submitted a design amendment to the NRC in 
2008, and, due to a recent design concern raised by the NRC,15 the AP1000 will probably not 
receive final NRC certification before 2012.16   
 
To model new nuclear capacity for the Nuclear Strategy in DAYZER, we assume the reactor 
characteristics noted in Table 5.4.  For modeling purposes, we assume a construction schedule of 
6 years, which is consistent with assumptions in the 2008 Connecticut IRP, and only one year 
additional to the schedule assumed by Westinghouse.17  
 
 

Table 5.4 
Assumed Characteristics of Modeled Nuclear Reactor 

 

Parameter Units Value

Vendor - Westinghouse
Reactor Design - AP1000
Net Capacity (MW) 1,100
Capital Cost (2010$/kW) 5,000
FOM (2010$/kW-yr) 111
VOM (2010$/MWh) 1.8
Online Year (year) 1/1/2020
Economic Life (years) 40
Capital Charge Rate (%) 8.21%
Heat Rate (Btu/kWh) 10,207
Capacity Factor (%) 89%
Lead Time (years) 6

 
 

                                                 
14  The Millstone site is owned by Dominion Nuclear Connecticut, Inc. (Dominion) and nothing herein should 

be interpreted as indicating that Dominion intends to pursue further development at the Millstone site. 
15  “NRC Informs Westinghouse of Safety Issues with AP1000 Shield Building,” U.S. NRC, October 15, 

2009, http://www.nrc.gov/reading-rm/doc-collections/news/2009/09-173.html. 
16  “NRC to Meet With Toshiba on Nuclear-Reactor Design,” Bloomberg, November 12, 2009,  

http://www.bloomberg.com/apps/news?pid=20601101&sid=aG5TOwGH.f64. 
17  Westinghouse AP1000 brochure. http://www.westinghousenuclear.com/docs/AP1000_brochure.pdf. 
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The Nuclear Strategy was run for the year 2020 under the five scenarios described in Section 
II.18  In order to estimate costs to customers, we assumed that the nuclear plant will be built 
under a cost-of-service arrangement (e.g., through various contractual arrangements), meaning 
that customers would pay operating costs and a return of and return on invested capital under a 
levelized cost recovery schedule.   Because customers would pay for capital costs, and thus 
implicitly bear some construction cost risk, the developer’s cost of capital is assumed to be 
consistent with that of a regulated utility.19    
 
Figure 5.5 compares the total customer costs of the Nuclear Strategy in 2020 to other resource 
strategies, and Figure 5.6 shows average customer costs.   
 
 

Figure 5.5 
Total Customer Costs of Selected Resource Strategies in 2020 ($2010) 
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18  The five scenarios are Current Trends, High Load Growth, Medium Gas/High CO2, High Gas/High CO2 

and Low Gas/Low CO2. 
19  Specifically, we assumed a debt/equity proportion of 50 percent, a cost of debt of 6 percent and an equity 

rate of 10.75 percent. 
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Figure 5.6 
Average Customer Costs of Selected Resource Strategies in 2020 ($2010) 
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Figures 5.5 and 5.6 both show the Nuclear Strategy as having costs in the lower end of the range 
of the resource strategies examined.  This is largely a function of the assumed capital costs; 
higher actual capital costs would shift the costs of the Nuclear Strategy up by identical amounts 
across all scenarios.  The key benefit of the Nuclear Strategy is seen in the low variation of cost 
outcomes across scenarios, which is a function of both the cost-of-service assumption, and the 
insulation from natural gas and CO2 emissions price exposure.  Customer costs in the Nuclear 
Strategy are relatively immune to variations in market outcomes, and therefore are likely to be 
more stable over time.  
 
Like renewable generation, nuclear power does not directly emit SO2, NOX, or CO2 into the 
atmosphere.  Figure 5.7 shows Connecticut CO2 emissions across alternative resource strategies 
and scenarios.  The Nuclear Strategy has the lowest CO2 emissions of all resource strategies 
tested, and this result is robust across various scenarios.  A similar outcome is shown for 
Connecticut NOX emissions on the ten highest energy demand days (HEDD) when air pollution 
concentrations are most likely to exceed health-based standards.  As seen in Figure 5.8, the 
Nuclear Strategy has lower NOX emissions on critical days than other resource strategies, in 
every scenario. 
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Figure 5.7 
Connecticut CO2 Emissions From Electricity Generation in 2020 
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Figure 5.8 
Connecticut NOX Emissions From Electricity Generation on Highest Energy Demand Days 

in 2020 
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A Nuclear Strategy could also reduce natural gas use for electricity generation, even more than 
renewables or additional efficiency.  This is shown in Figure 5.9, which displays the fraction of 
Connecticut generation in 2020 that comes from natural-gas fired capacity.  
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Figure 5.9 
Share of Natural-Gas Fired Generation in Connecticut in 2020 
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Although there appear to be economic, environmental and energy security benefits to nuclear 
development, the economic results must be viewed with caution, owing to several limitations of 
this analysis approach: 

• As discussed before, the actual capital cost of a new nuclear plant is subject to high 
degree of uncertainty, particularly if a plant is built under a cost-of-service arrangement 
where customers bear some of the construction cost risk.  Shifting more construction cost 
risk onto a developer, on the other hand, would likely raise any firm bid or contract for 
construction and/or increase the developer’s cost of capital, which would have the same 
effect. 

• Only annual costs incurred in 2020 are compared.  Once built, the value of a nuclear plant 
increases if natural gas or CO2 prices rise in the future – producing benefits to customers 
paying for nuclear generation under a cost-of-service arrangement if natural gas or CO2 
prices increase over time.  Under cost-of-service principles, however, customers would 
not benefit from lower than expected gas or CO2 prices.   A nuclear plant built under a 
cost-of-service arrangement may have (ex ante) an uncertain capital cost, but, once built 
(at whatever cost) will have low and stable operating costs that would limit customers’ 
exposure to future market risks.  

• While the economic results are highly uncertain, the environmental results are more 
predictable and likely to occur. 
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6. COMBINED HEAT AND POWER 

6.A SUMMARY AND KEY FINDINGS 

Summary 

Combined heat and power (CHP) is an integrated system that combines electricity production 
with a heat recovery system to utilize the thermal output that would otherwise be wasted.  Most 
CHP applications take the form of distributed generation (DG), located near the point of energy 
use.  By utilizing the waste heat from power generation to serve a thermal load (and also by 
reducing transmission and distribution network losses in DG applications), overall energy use is 
more efficient. 
 
Key Findings 

• Connecticut already enjoys high penetration of CHP for the most attractive large 
industrial applications, so there is limited remaining potential in this sector.  

• Smaller, mostly commercial and institutional applications have significant remaining 
technical potential in Connecticut. 

6.B OVERVIEW OF CHP TECHNOLOGIES 

Figure 6.1 illustrates the benefits of CHP compared to conventional generation where the 
electricity and heat are separately produced. 

 



6-2 

Figure 6.1 
Example for Efficiency Gains of CHP 

 

 

 

The overall efficiency of a CHP system is typically in the range of 70 percent to 90 percent 
(compared to 50 percent to 60 percent for conventional generation).  The major factors that affect 
the efficiency of CHP include the generator technology, fuel type, plant size, and power-to-heat 
ratio. 
 
The main components of CHP systems are the prime mover (engine or drive system), the 
electricity generator, the heat recovery system, and the control system.  The technologies are 
often classified by the prime mover in the system.  The main types are reciprocating engines, gas 
turbines, steam turbines, microturbines, and fuel cells.  Table 6.1 summarizes some of the 
advantages and disadvantages of each type, and Table 6.2 illustrates typical cost and 
performance characteristics. 
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Table 6.1 
Comparison of CHP Technologies 

 
Advantages Disadvantages

Spark 
Ignition

Diesel/ 
Compression 
Ignitions

High reliability.
Low emissions.
High grade heat available.
No cooling required.

Require high pressure gas or inhouse gas compressor.
Poor efficiency at low loading.
Output falls as ambient temperature rises.

High overall efficiency.
Any type of fuel may be used.
Ability to meet more than one site heat grade requirement.
Long working life and high reliability.
Power to heat ratio can be varied.

Slow start up.
Low power to heat ratio.

Small number of moving parts.
Compact size and light weight.
Low emissions.
No cooling required.

High costs.
Relatively low mechanical efficiency.
Limited to lower temperature cogeneration applications.

Low emissions (NOx and SOx) and low noise.
High efficiency over load range.
Modular design.

High costs.
Low durability and power density.
Fuels requiring processing unless pure hydrogen is used.

Steam Turbine

Microturbine

Fuel Cells

High power efficiency with partload operational flexibility.
Fast start-up.
Relatively low investment cost.
Can be used in island mode and have good load following 
capability.
Can be overhauled on site with normal operators.
Operate on low-pressure gas.

Reciprocating Engine

CHP System

Gas Turbine

High maintenance costs.
Limited to lower temperature cogeneration applications.
Relatively high air emissions.
Must be cooled even if recovered heat is not used.
High levels of low frequency noise.

 
Source: Catalog of CHP Technologies, U.S. Environmental Protection Agency, December 2008. 

 
Table 6.2 

Typical Cost and Performance Characteristics of CHP Technologies 
 

 Steam Turbine [1] Reciprocating Engine Gas Turbine Microturbine Fuel Cells

 Capacity (kW)  500 - 250,000 100 - 5,000 500 - 250,000 30 - 250 5 - 2,000

 Installed Costs ($/kW) [2] 430 - 1,100 1,100 - 2,200 970 - 1,300 [3] 2,400 - 3,000 5,000 - 6,500

 O&M Costs (cents/kWh) [2] < 0.5 0.9 - 2.2 0.4 - 1.1 1.2 - 2.5 3.2 - 3.8  
 Electric Efficiency (percent), HHV 10% -36% 28% - 39% 21% - 37% 22% - 26% 33% - 43%
 Heat Rate (Btu/kWh), HHV  9,500 - 34,000 8,750 - 12,000 9,000 - 16,000 13,000 - 15,000 8,000 - 9,500
 Power to Heat Ratio  0.1 - 0.3 0.5 - 1.0 0.5 - 2.0 0.4 - 0.7 1.0 - 2.0
 Availability  Near 100% 92% - 97% 90% - 98% 90% - 98% > 95%
 Start-up Time  1 hr - 1 day 10 sec 10 min - 1 hr 60 sec 3 hrs - 2 days
Noise high high moderate moderate low

 Fuels  all  natural gas, biogas, 
propane, landfill gas  

 natural gas, biogas, 
propane, oil  

 natural gas, biogas, 
propane, oil  

 hydrogen, natural gas, 
propane, methanol  

 NOx Emissions (lbs/MMBtu) [4]
Gas 0.1 - 0.2

Wood 0.2 - 0.5
Coal 0.3 - 1.2

0.013 rich burn [5]

0.8 lean burn
0.17 - 0.25 0.08 - 0.20 0.011 - 0.016

 
Source: Catalog of CHP Technologies, U.S. Environmental Protection Agency, December 2008. 
Notes: 
 [1] For steam turbine, not entire boiler package. 
 [2] All costs are in 2007 dollars. 
 [3] This price range is valid for turbines with a capacity of 5-40 MW.  Costs are higher for smaller systems 

(e.g., $3,324/kW for a 1 MW gas turbine). 
 [4] Does not include selective catalytic reduction (SCR) 
 [5] With 3-way catalyst exhaust treatment. 
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Because fuel cells are considered Class I resources under Connecticut’s renewable portfolio 
standard (a provision only found in Connecticut), they occupy a unique role in the potential CHP 
landscape.  Fuel cells are electrochemical conversion devices that produce direct current 
electricity (and heat) from fuel and oxidants.  Because the chemical reactions that produce the 
electricity are exothermic, they give off waste heat that is available for CHP applications, 
enhancing their overall energy efficiency.  Today’s fuel cell systems operate with hydrogen fuel, 
typically derived from other fuels such as natural gas, although it is possible to build fuel cells 
that run directly on other types of fuels, such as methanol.   Since the main source of hydrogen is 
natural gas, it is not emission-free, but still relatively clean compared to most other conventional 
generation technologies.  On the cost side, Table 6.2 shows that fuel cells have higher capital 
costs, but greater fuel efficiency than other available CHP technologies.  Table 6.3 provides a 
summary of available fuel cell technologies, with a list of typical applications and major industry 
players.   
 

Table 6.3 
Summary of Fuel Cell Technologies 

 
 Technology  System 

Output  
Efficiency 
Electrical  Applications  Advantages  Disadvantages  Industry Players  

Polymer Electrolyte 
Membrane
(PEM)

 1KW -250 KW     25-40%   

Transportation,
Portable Power,
Backup Power, 
Small Dist.Gen.

Solid electrolyte reduces 
corrosion &  electrolyte 
management problems; 
low temperature; quick 
startup  

Requires expensive   
catalysts (platinum),   
sensitivity to fuel 
impurities; low 
temperature waste heat  

Ballard, Plug, United 
Technology, Nedstack, 
Nuvera, ReliOn; auto 
makers including Toyota 
and GM  

Direct Methanol and 
Direct Liquid Fuel 
Cells
(DMCF & DLFC)

 < 20KW   40%  Consumer electronics
and other  

Direct technology limits 
size and complexity  

Potential more 
expensive catalyst, 
water management 
issues  

Medis, PolyFuel, SFC 
Smart Fuell Cell, Acta, 
CMR Fuel Cells, 
Samsung, Sony, MTI 
Micro  

Alkaline
(AFC)  10KW-100KW   60%  Military, Space  

Cathode reaction faster in 
alkaline electrolyte, 
higher performance  

Expensive removal of 
CO2 from fuel and air 
streams required  

Nuvera, Nedstack, United 
Technologies  

Phosphoic Acid 
(PAFC)  50KW-1MW  

 32-40%
higher with 
CHP  

Dist.Gen.
Higher efficiency with 
CHP, Able to handle 
hydrogen impurities  

Expensive catalysts, low 
current and power; large 
weight, size  

United Technologies  

Molten Carbonate
(MCFC)  1KW-3MW+  

 45-47%
higher with 
CHP  

Electric Utility,
Large Dist.Gen.

High efficiency, fuel 
flexibility, flexible 
catalysts, higher CHP 
efficiency  

High temp speeds 
corrosion, complex 
electrolyte management, 
slow startup  

FuelCell  

Solid Oxide
(SOFC)  5KW-50MW+  

 35-43%
higher with 
CHP  

Electric Utility,
Large Dist.Gen.

High efficiency, fuel 
flexibility, flexible 
catalysts; solid 
electrolyte reduces 
electrolyte management 
problems; CHP capable  

High temp speeds 
corrosion, slow start up, 
Extreme heat difficult to 
handle  

Large SOFC: FuelCell, 
GE, Rolls Royce, 
Siemens, Mitsubishi  

 
Source: Cook, B. Fuel Cell Industry Review. JP Morgan report, North America Equity Research, November 

2007. 
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6.C INDUSTRIAL AND COMMERCIAL APPLICATIONS FOR CHP 

The implementation of CHP systems is mainly driven by economics, which ultimately depends 
on the cost and performance of CHP technologies as compared to those of separate provision of 
heat and power.  A key driver of the economics of a CHP unit is the coincidence of the electric 
and thermal loads of the host site.  Grid connection and standby charges can also play an 
important role, and are cited by some as major barriers to market entry for CHP systems in some 
jurisdictions.1,2,3 

 
According to International Energy Agency’s CHP Scorecard for United States, 88 percent of 
current CHP capacity is in industrial applications, primarily providing heat and power to large 
industries such as chemicals, paper, refining, food processing, and metals.  There are two main 
reasons for this.  First, larger CHP systems are less capital intensive on a per-kW basis than 
smaller ones.  This is seen in Table 6.2, which shows an estimate of $970/kW installed cost for a 
40 MW gas turbine CHP, but $1,300/kW for a 5 MW gas turbine, and $2,200/kW for a 100 kW 
reciprocating engine CHP (2007 dollars).  Second, industrial facilities typically have higher and 
more stable thermal loads coincident with the electric loads, which increases the overall 
utilization of the CHP system.4  In comparison, thermal loads for commercial applications are 
often primarily space heating loads, which are highly seasonal.   
 
Commercial and institutional applications account for 12 percent of U.S. CHP capacity.  This 
could expand further with certain developments in technology; i.e., cost reduction in smaller 
CHP systems (microturbines and fuel cells), use of thermal output for absorption cooling, and 
heat storage.  A market study prepared for U.S. Department of Energy in 2000 estimated that the 
technical potential for CHP systems in existing commercial and institutional buildings in the 
U.S. was about 77,000 MW in terms of the electric capacity, almost 8 times higher than the then 
currently installed capacity.5  According to the study, more than 85 percent of this potential 
comes from applications of less than 5 MW.  Office buildings, schools, hospitals, and hotels 
provide the highest potential capacities. 
 
Construction lead times for CHP installations can vary according to the installation, with smaller 
installations generally having shorter construction times (though this can vary by particular 
application).  The siting and permitting process can require additional time prior to start of 
construction, and has been identified by some as a barrier to CHP penetration.  A comparison of 
the siting and permitting process in Connecticut with other states has not been performed.  

                                                 
1  Hedman, B., et al. Combined Heat and Power Market Potential for New York State. Energy Nexus Group 

(2002). 
2  International Energy Agency, Combined Heat and Power: Evaluating the Benefits of Greater Global 

Investment, IEA/OECD (2008). 
3  Brooks, S., et al. Combined Heat and Power: Connecting the Gap between Markets and Utility 

Interconnection and Tariff Practices (Part I), American Council for an Energy-Efficient Economy (2006). 
4  Under most current CHP technologies, the ideal power-to-heat ratios fall into a range of 0.5 to 2.5. 
5  The Market and Technical Potential for Combined Heat and Power in the Commercial/Institutional 

Sector. ONSITE SYCOM Energy Corporation (2000). 
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6.D EMISSIONS PERFORMANCE OF CHP 

Due to higher efficiencies compared to central station generation systems and avoided T&D 
losses, CHP can reduce fuel consumption; hence, it would produce correspondingly lower 
emissions of pollutants related to fuel consumption, such as greenhouse gases and SO2.  
However, since the smaller size generators in typical CHP systems are less efficient than large 
central generators (e.g., the electric efficiency of a 40 MW gas turbine is 37 percent whereas it is 
21 percent for a one MW gas turbine), the environmental advantages may not be as great as it 
initially appears.6  For pollutants not directly related to fuel consumption (e.g., NOX), different 
technologies may have very different emissions profiles.  Reciprocating engines, common 
among small CHP applications, can have much higher NOX output than turbines, particularly if 
they lack pollution controls.  Controls are possible, but can be costly, particularly for small 
systems.7  For pollutants such as NOX where localized concentrations may be important, and 
potential CHP installations may be closer to urban areas with high pre-existing pollutant 
concentrations, the emissions performance of CHP may be very important.  In this regard, fuel 
cells perform better than other CHP technologies.  Ultimately, it is difficult to make 
generalizations about the emissions performance of CHP as compared with separate heat and 
power systems, since there are numerous different potential systems, sizes, technologies, and 
locations that would need to be considered.    

6.E CURRENT STATUS OF CHP 

Industrial applications currently represent 88 percent of total U.S. CHP capacity.  Figure 6.1 
below shows the growth of CHP capacity in the US since 1950.8  The rapid increase starting in 
the 1980s is attributed largely to the Public Utilities Regulatory Policies Act (PURPA) and 
increased tax incentives.  There is currently about 85,000 MW of total existing CHP capacity, 
which is about 8 percent of total U.S. power generation capacity.  Over 60 percent of this 
capacity is in the chemical, refining, and paper industries, mostly fueled with natural gas. 
 
 

                                                 
6  Catalog of CHP Technologies, U.S. Environmental Protection Agency, December 2008. 
7  Control options include water injection and post-combustion controls such as selective catalytic reduction 

(SCR), three-way catalysts (TWC), oxidation catalysts, and lean-NOX catalysts; these may reduce 
emissions significantly. 

8  International Energy Agency, CHP/DHC Country Scorecard: United States, 2008. 
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Figure 6.1 
Cumulative CHP Capacity Growth in the U.S. 

 

 

 
 
In Connecticut, CHP currently accounts for 611 MW of generating capacity (about 9 percent of 
total capacity).9  As shown in Figure 6.2, most of this capacity is for large industrial use (paper, 
chemicals, and machinery).  There is also 56 MW of district heating. Only about one fifth of 
existing CHP capacity (~132 MW) is in commercial and institutional applications, mainly 
colleges, universities, and hospitals.  Table 6.4 summarizes the existing CHP capacity in 
Connecticut by technology. 
 
 

                                                 
9  Source: Combined Heat and Power Installation Database, EEA/ICF (as of November 2009). 
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Figure 6.2 
Breakdown of Existing CHP Capacity in Connecticut 
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Table 6.4 
Existing CHP Capacity by Technology10,11,12 

CHP System
Electric 
Utility Industrial

Commercial/ 
Institutional Other

(MW) (MW) (MW) (MW) (MW) (%)

Reciprocating Engine 0 6 17 3 27 4%
Gas turbine 0 127 70 0 198 32%
Steam turbine 0 231 24 0 254 42%
Microturbine 0 0 1 0 1 0%
Fuel cells 0 1 3 0 3 1%
Combined Cycle 56 56 17 0 129 21%

Total 56 421 132 3 611 100%

TOTAL

 
 
 
Until a March 2009 decision discontinued the program, the DPUC had offered monetary grants 
to retail end-use customers for the installation of customer-side distributed generation (DG) 
resources, including CHP resources, with a maximum capacity of 65 MW.  The capital grant for 
base load generation was $450/kW.  There were approximately 119 approved or pending 
combined heat and power project applications with the DPUC as of December 12, 2008, and 258 

                                                 
10  Combined Cycle CHP includes the combine cycle plants that utilize the thermal output for heating 

purposes, in addition to electricity generation. 
11  There is only one site under “Electric Utility,” a 56 MW-combined cycle plant used for district energy. 
12  “Other” refers to apartments and private households. 
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MW were approved out of 358 MW proposed.  It is not clear how much of the capacity that was 
approved will actually be developed.  
 
The Project 150 Initiative is a state grant program funded by the Connecticut Clean Energy Fund 
(CCEF).  It mandates that the local electric distribution companies enter into long-term power 
purchase agreements for no less than 150 MW of Connecticut Class I renewable energy 
generation.  Three CHP projects (one biomass and two small fuel cells projects) that qualified as 
Class I resources were selected, with a capacity of 37.2 MW out of 153 MW total.   
 
Connecticut’s Renewable Portfolio Standard (RPS) requires 4 percent of Class III resources by 
2010.  Class III resources include customer-sited CHP systems with a minimum operating 
efficiency of 50 percent (installed after January 1, 2006) and electricity savings from 
conservation and load management programs (started after January 1, 2006).  The new CHP 
capacity and efficiency measures already committed should satisfy this requirement.   

6.F MARKET POTENTIAL FOR CHP APPLICATIONS 

6.F.1 Technical Potential 

Relatively coincident and stable electric and thermal loads with a power-to-heat ratio of 0.5-2.5 
are desirable for implementing CHP.  Moderate to high operating hours (>4,000 hours/year) give 
good system utilization to help justify the initial capital costs.  
 
Although industrial applications are generally better suited for CHP than commercial 
applications, most studies show that industrial applications have reached high saturation rates 
and therefore have limited remaining potential.  Two market reports prepared for the U.S. 
Department of Energy (DOE) in 2000 estimate that CHP has around 75,000 MW remaining 
potential in terms of generation capacity in the commercial/institutional sector in the U.S., and 
around 90,000 MW in the industrial sector.13,14,15  Note that about one quarter of industrial 
potential has materialized over the last 6-8 years, while over the same period commercial sector 
CHP has increased much more modestly (see Figure 6.1).  
 
A market study prepared for New York State Energy Research and Development Authority 
estimates that about 75 percent of remaining technical potential is in commercial sector, most of 

                                                 
13  The Market and Technical Potential for Combined Heat and Power in the Commercial/Institutional 

Sector. ONSITE SYCOM Energy Corporation (2000). 
14  The Market and Technical Potential for Combined Heat and Power in the Industrial Sector. ONSITE 

SYCOM Energy Corporation (2000). 
15  The technical potential estimate is based on market size constrained only by technological limits (i.e., the 

ability of CHP technologies to fit existing customer energy needs).  The definition of technical potential 
varies slightly by application, but basically consists of the existence of thermal loads (steam or hot water) 
that are relatively coincident with electrical loads, moderate to high operating hours (>4,000 hrs/yr) and 
appropriate power-to-heat ratios (e.g., between 0.5 and 2.5 for commercial applications).   
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which is from applications with less than 5 MW of capacity.16  In a similar study for California, 
more than two-thirds of the estimated remaining technical potential is in the commercial and 
institutional applications.17  Figure 6.3 shows the distribution of estimated technical potential as 
a function of size. 
 
 

Figure 6.3 
Remaining Technical CHP Potential in New York and California18 
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There are no recent Connecticut-specific market studies available at the level of the New York 
and California studies.  A report with state-by-state estimation of CHP potential in the 
commercial/institutional sector finds that Connecticut has about 1,000 MW of total potential 
from existing facilities in this sector.19  Currently, Connecticut’s CHP capacity in 
commercial/institutional applications is 115 MW (171 MW including district energy).  In terms 
of potential industrial applications, recent detailed data is unavailable for Connecticut.  To 
provide a rough proxy estimate of Connecticut industrial CHP potential, if its industrial CHP 
potential is a proportionate share of the U.S. total industrial CHP potential (according to overall 
industrial energy consumption), its total potential would be 491 MW, 135 MW above the 
existing 356 MW of industrial CHP already in Connecticut.20,21  Note that Connecticut has 
                                                 
16  Hedman, B., et al. Combined Heat and Power Market Potential for New York State. Energy Nexus Group 

(2002). 
17 Assessment of California CHP Markets and Policy Options for Increased Penetration. EPRI and 

California Energy Commission, Report No: 1012075 (2005). 
18  Includes only traditional CHP applications from existing facilities (no cooling). 
19  The Market and Technical Potential for Combined Heat and Power in the Commercial/Institutional 

Sector. ONSITE SYCOM Energy Corporation (2000). 
20  The Market and Technical Potential for Combined Heat and Power in the Industrial Sector. ONSITE 

SYCOM Energy Corporation (2000). 
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relatively less energy-intensive industry than other states, meaning that its natural CHP potential 
is lower than other regions (Connecticut’s industrial energy consumption is 14 percent of its total 
consumption, versus 32 percent in the U.S. overall). 
 
Figure 6.4 shows the estimated distribution of technical CHP potential in industrial and 
commercial/institutional sectors.  The remaining potential in small and medium size 
commercial/institutional applications is significantly greater than in industrial applications.  Even 
within industrial, there is more remaining potential in small-size applications than in large 
applications.  
 
 

Figure 6.4 
Estimated Technical CHP Potential in Connecticut 
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(a) Industrial22,23 (b) Commercial/Institutional24,25 

 

0

50

100

150

200

250

300

350

< 1 MW 1-4 MW 4-20 MW 20-50 MW > 50 MW

Application Size

M
W

Remaining Potential
Existing

0

50

100

150

200

250

300

350

< 0.5 MW 0.5 - 1 MW 1 - 5 MW > 5 MW
Application Size

M
W

 
 
 

                                                                                                                                                             
21  EIA reports Connecticut’s 2006 industrial energy consumption is 119 trillion Btu, 0.37 percent of the U.S. 

total of 32,196 trillion Btu. 
22  Existing CHP capacity is calculated based on EEA/ICF Combined Heat and Power Installation Database 

(as of November 2009). 
23  U.S. total technical CHP potential provided in the Onsite Sycom Energy’s report (for industrial sector) is 

scaled by a factor of 0.37 percent (Connecticut’s share of U.S. industrial energy consumption) in order to 
get the Connecticut’s total technical CHP potential in industrial applications. 

24  Existing CHP capacity is calculated based on EEA/ICF Combined Heat and Power Installation Database 
(as of November 2009). It does not include “district energy,” which is consistent with technical potential 
estimates.  

25  Total CHP potential is based on Onsite Sycom Energy’s report (for commercial/institutional sector) 
prepared for US. Department of Energy. 
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Figure 6.6 shows the particular commercial and institutional applications with the highest 
remaining CHP potential.  Office buildings, schools, nursing homes, hospitals, and health clubs 
are listed as the most promising categories (730 MW total remaining generation capacity).  This 
is mainly driven by relatively high and coincident thermal and electric loads, high annual 
operating hours, and attractive power-to-heat ratios.  Universities have a large share of existing 
CHP capacity, but relatively less remaining potential. 
 
 

Figure 6.5 
Technical CHP Potential in Connecticut 
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6.F.2 Economic Potential and Market Penetration 

Technical potential provides an upper bound on potential market penetration, but does not 
consider factors such as economics, electrical integration issues and regulatory factors that can 
ultimately have a significant effect on actual CHP deployment.  Some of the important technical, 
market and regulatory factors that could influence future penetration of CHP, especially in small-
size commercial and institutional applications, include: 

                                                 
26  Existing CHP capacity is calculated based on EEA/ICF Combined Heat and Power Installation Database 

(as of November 2009). 
27  Total CHP potential is based on Onsite Sycom Energy’s report (for commercial/institutional sector) 

prepared for DOE.  
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• Cost and performance of CHP technologies – Recent technological developments have 
increased the system efficiencies of small-size CHP technologies, but they are still much 
more capital intensive on a $/kW basis. 

• Utilization of thermal output – Long, steady operating hours with coincident electric 
and thermal loads increase the overall utilization of CHP, hence increase the 
corresponding net savings available.  Large-scale industrial applications which use 
thermal energy primarily for process heat tend to have relatively uniform thermal needs, 
but smaller commercial and institutional facilities are more likely to have uneven 
seasonal thermal loads for space heating.  While it is possible to use waste heat to provide 
space cooling using absorption cooling technology, it is a less efficient use of heat and is 
less likely to be economical.  

• Fuel prices – All else equal, higher fuel costs tend to encourage CHP penetration in a 
region, such as New England, where natural gas sets the price of electricity as well as 
being a typical boiler fuel and fuel for CHP.  (CHP uses gas more efficiently, which 
becomes more valuable as gas price increases.)  See EPRI’s market report for a 
sensitivity analysis which shows how the interaction between natural gas and electricity 
prices may affect the overall CHP market penetration in California.28 

• Standby/back-up charges – CHP system owners must typically contract with their 
utility service provider for backup and supplemental power.  The structure of these rates 
may play an important role on the overall economics of a potential CHP system.  For 
example, in New York State, the existing level of standby charges has been identified as 
a major barrier for future CHP penetration.29  

• Siting and Permitting – CHP systems may need siting approval, a grid interconnection 
agreement, and environmental permitting that can add economic and technical hurdles.   

• Financial incentives, tax credits – Financial incentives, such as subsidies or tax credits, 
can significantly affect the economics of investing in a new CHP system.  For example, 
EPRI’s market report estimates that the extension of the current Self-Generation 
Incentive Program (SGIP) in California may result in a 50 percent increase in CHP 
penetration in the medium term.30  In Connecticut as elsewhere, the economic 
attractiveness of small-size CHP applications technologies can be enhanced by subsidies, 
as appears to have occurred already via the DG Capital Grants and Project 150 programs.   

 
Estimating the future additional market penetration of CHP in Connecticut would require a 
comprehensive economic analysis incorporating the factors above, and is beyond the scope of 
this study.  It appears that the most attractive potential CHP applications, large industrial 

                                                 
28  Assessment of California CHP Markets and Policy Options for Increased Penetration. EPRI and 

California Energy Commission, Report No: 1012075 (2005). 
29  Hedman, B., et al. Combined Heat and Power Market Potential for New York State. Energy Nexus Group 

(2002). 
30  Assessment of California CHP Markets and Policy Options for Increased Penetration. EPRI and 

California Energy Commission, Report No: 1012075 (2005). 
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applications, have mostly already been tapped.  The remaining untapped potential consists 
mostly of smaller commercial/institutional applications, which offer less in the way of improved 
energy efficiency and cost effectiveness.   

6.G CASE STUDY ON CHP AT CENTRAL POWER GENERATION SITES 

In July 2009, the Connecticut Academy of Science and Engineering (CASE) published a 
feasibility study on utilizing waste heat recovered from existing central electric power generation 
station.31  The Clean Water Act may require such facilities to install expensive new cooling 
technologies to reduce thermal releases and minimize impact on water quality, spurring interest 
in potential beneficial uses of the waste energy.  The study was initiated by the Connecticut 
Energy Advisory Board (CEAB).  

The study concludes that, although there is plenty of “rejected” waste heat available, it may not 
suitable for distribution and high-value end use.  It cites proximity to population centers, 
continuous operation, and steam quality among important factors that could facilitate utilization 
of waste heat from existing power generating stations.  The study describes district heating and 
cooling, algae farms to generate biofuel, and industrial ecology parks as potential applications, 
but does not provide any economic analysis to compare costs and benefits.  The study concludes 
that there is a significant potential for beneficial use of power plant waste heat in Connecticut, 
but it would require energy policy makers and planners to adopt a more holistic approach to 
consider all energy forms, how energy might be exchanged between economic sectors and the 
impact of such energy flows on the environment and economic development.  It also 
recommends a more detailed analysis to fully understand the technical and economic 
implications, and estimate how much waste heat could practically be utilized. 

                                                 
31  A Study of the Feasibility of Using Waste Heat from Central Electric Power Generating Stations and 

Potential Applications, Report by the Connecticut Academy of Science and Engineering for Connecticut 
Energy Advisory Board, July 2009. 
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7. ENVIRONMENTAL REGULATIONS AFFECTING ELECTRICITY  

7.A SUMMARY AND KEY FINDINGS 

Summary 

This section builds upon the earlier 2009 summary of existing and potential future environmental 
regulations and legislation, and provides some additional detail on the environmental selection 
criteria applied to certain modeling assumptions in this year’s modeling effort.  Further, some 
greater detail has been provided on the two “front runner” bills working their way through 
Congress on greenhouse gas emissions (GHG), especially carbon dioxide (CO2).  Additional 
discussion has been added regarding allowance pricing for CO2, sulfur dioxide (SO2), and 
nitrogen oxides (NOX). 
 
Controlling the environmental impacts from electricity production entails both complex 
regulations and market-based interventions such as cap-and-trade systems.  Such environmental 
controls impose costs and introduce additional sources of uncertainty into resource planning, 
particularly when proposals to address chronic or emerging environmental issues are not yet 
finalized.  Such is the situation facing generators in Connecticut and New England. 
 
Chief among these uncertainties is the anticipation of a federally mandated, economy-wide 
approach to limit or discourage CO2 emissions from fossil fuel combustion.  Recent bills in 
Congress have adopted a cap-and-trade allowance system for CO2 as the primary mechanism to 
limit CO2 emissions, but important policy details are not yet determined.  In response to a recent 
U.S. Supreme Court ruling, the Environmental Protection Agency (EPA) has determined that 
CO2 is a pollutant under the Clean Air Act.  This report assumes the implementation of federal 
GHG policy and adopts estimates of CO2 prices applied to fossil-fuel fired generation that are 
derived from recent analyses by the Energy Information Administration.  These CO2 prices can 
have a direct and material influence on generation costs, system dispatch, new resource selection 
and retirement decisions. 
 
Another significant influence on generation costs and potential retirements are state and regional 
efforts to control NOX from existing fossil-fired generating units, especially on days when hot 
weather coincides with high electricity demand and ground-level ozone concentrations exceed 
federal limits.  The Connecticut Department of Environmental Protection (CT DEP) has 
expressed interest in the EDC analysis on likely future emissions from generation during these 
episodes.  The EDCs and the CT DEP established a collaborative process in order to provide the 
CT DEP with the results of specific simulations that could assist their efforts to craft regulatory 
approaches to address these emissions.  This collaboration has yielded benefits for the EDCs 
(insofar as the analysis can better reflect the current policies of the CT DEP) as well as for the 
CT DEP, which can utilize the simulation results to determine possible impacts of emission 
controls on Connecticut generation and capacity availability. 
 
Customers and generators bear the costs of existing and potential environmental controls in 
different ways, depending on how such programs are implemented and the nature of the costs 
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incurred.  In general, market-based programs that operate through emission allowance markets 
affect the operating cost of generating facilities, and generators will reflect these costs in supply 
bids into the wholesale market.  If such supply bids are setting the wholesale price in any hour, 
then prices will rise and consumers will bear those costs through increased generation rates.  
Supply bids that reflect allowance costs, but which remain “inframarginal” (i.e., below the 
market price) will not affect price.  The energy margins of inframarginal generators will be 
reduced by the amount of allowance cost, but these losses can be offset (at least in part) as a 
result of higher market prices due to allowance costs of marginal suppliers. 
 
Environmental regulations that require existing generators to install emission control equipment 
will impose capital costs that are born exclusively by generators, since fixed costs are not 
recovered in higher wholesale prices.  However, these requirements can induce generating units 
to retire if their energy margins are insufficient to cover the additional fixed cost.  This is a key 
concern for older, infrequently operating generating units facing NOX controls to address ozone 
concentrations, particularly on hot days when such units are typically dispatched to meet higher 
loads.  The implications of such requirements on generator retirements are examined in Section 
III.1 (Resource Adequacy). 
 
Finally, there are myriad environmental regulations that address the air, water, and land-use 
impacts of existing and future generation capacity and transmission facilities.  Many of these 
regulations are subject to periodic review and tightening.  The evolution of such regulation is 
likely to impose additional costs on electricity supply, and such costs are often difficult to 
predict. 
 
Key Findings 

• While there is uncertainty regarding future Federal climate legislation, the prospects 
appear likely enough for a range of CO2 prices to be reflected in our analysis. 

• Because Connecticut and other parts of New England are not in attainment with air 
quality standards, additional NOX control requirements will likely be imposed on 
generators.  The EDCs and CTDEP worked together to establish likely future NOX 
emission requirements which were reflected in the simulation of the New England 
electricity market.  The cost of these controls is projected to cause retirements of older 
fossil steam units in our analysis. 

• Emission allowance prices – for SO2, NOX, and CO2 – will raise the costs of generation 
in proportion to unit emission rates, and will impact the dispatch of resources in New 
England and thereby reduce overall emissions.  Although the prices of allowances for 
each pollutant are determined by aggregate emissions relative to an emission cap, these 
markets are not wholly independent.  In particular, the price of CO2 allowances can 
influence the price of SO2 and NOX allowances, an effect that was reflected in the 
analysis. 

• The imposition of new regulations for other environmental sectors (not air) have the 
potential to introduce greater costs to generators, though the potential impact of these 
costs can not be determined at this time and thus were not reflected in the analysis. 
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7.B CLIMATE CHANGE POLICY 

7.B.1 Regional Greenhouse Gas Initiative (RGGI) 

The Regional Greenhouse Gas Initiative (RGGI) is a market-based program designed to reduce 
CO2 emissions in the Northeast and Mid-Atlantic states.  The program targets fossil fuel-fired 
electricity generating units with a capacity of at least 25 MW, and it implements a regional CO2 
emissions cap and allowance trading program.  RGGI is the first regional greenhouse gas 
emissions reduction program and the first mandatory greenhouse gas allowance trading system in 
the United States.   
 
RGGI was proposed in April 2003 and implementation began on January 1, 2009.  Ten states, 
including Connecticut, Delaware, Maine, Maryland, Massachusetts, New Hampshire, New 
Jersey, New York, Rhode Island, and Vermont, have agreed to participate in the program.  RGGI 
set the regional base for the annual CO2 emissions budget for the ten states at 188,076,983 tons, 
and apportions CO2 emission allowance budgets to each state.  The state budgets remain 
unchanged between 2009 and 2014.  Beginning in 2015, each budget declines by 2.5 percent of 
the original budget per year so that each state’s budget in 2018 is 10 percent below its initial 
budget.  RGGI is an auction-based program, and not a free allocation program and therefore each 
covered unit must obtain credits for CO2 emissions through a regional auction. 
 
The impact of the RGGI CO2 prices on electricity markets and emissions in New England has 
been minimal and is expected to remain modest based on the current low prices of about $2/ton.  
A $2/ton cost adder is not high enough to trigger much dispatch switching from CO2-intensive 
generation plants (coal plants or oil-fired peakers) to low-CO2 generation plants (e.g., 
renewables, gas combined-cycle (CC) plants).  In the absence of any significant dispatch 
switching, the operating margins of the peakers and gas CCs, which typically set the electricity 
market prices when they run, are not materially affected as they are able to pass the cost of 
allowances to the electricity prices through higher offer prices in the energy market.  The 
operating margins of coal plants are reduced as a result of RGGI CO2 allowance costs, but not 
enough to cause retirement.   

7.B.2 Federal GHG Policy Initiatives 

Numerous federal policy proposals have been introduced to curtail emissions of CO2 and other 
GHG emissions.  The proposals exhibit differences such as types of policy mechanisms (e.g., 
CO2 fee, mandatory CO2 controls, cap-and-trade), differing levels of emission caps or targets 
over time, covered sectors and emission sources, free allocation or auctioning of emission 
allowances or tax credits, treatment of domestic and international offsets, etc.   
 
Although the policies being considered are both regulatory and legislative, this report focuses on 
legislative options for inclusion in the analysis.  At this time, legislative options have been more 
developed, are moving forward more quickly and have been analyzed by several organizations.  
These developments do not preclude regulatory options that might affect generation at some 
point in the future. In response to a recent U.S. Supreme Court ruling, the Environmental 
Protection Agency (EPA) has determined that CO2 is a pollutant under the Clean Air Act.  
Accordingly, they have proposed regulations to limit CO2 emissions from major stationary 
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sources.  Should the regulatory options become more developed and/or supersede legislation, 
their impacts can be incorporated into subsequent analyses.  
 
As the climate debate moves on in Congress, it is apparent that any Federal legislation will likely 
take the form of an economy wide cap-and-trade.  Two bills, Waxman-Markey and Kerry-Boxer, 
are currently thought of as the fore-runners in the policy debate.  At this time, analysts expect 
that the two bills will eventually be merged into one (probably in 2010) and that the resultant bill 
will go forward and become law.  The summaries below are for each of the bills.   

Waxman-Markey 

Representatives Waxman and Markey introduced the American Clean Energy and Security Act 
of 2009 (ACESA, HR 2454, or “Waxman-Markey”) on May 15, 2009.  It was passed by the 
House on July 26, 2009.   
 
Title III of the Act establishes a cap and trade system for greenhouse gas emissions.  The cap 
gradually reduces covered greenhouse gas emissions to 17 percent below 2005 levels by 2020, 
and 83 percent below 2005 levels by 2050.  The bill covers 85 percent of domestic emission 
sources, including electricity producers, oil refineries, natural gas suppliers, and energy-intensive 
industries like iron, steel, cement, and paper manufacturers.  The bill allows unlimited banking of 
allowances, with borrowing limited from 2 to 5 years ahead.   
 
Under Waxman-Markey, certain sources and programs will receive free allowances, known as 
“allocations.”  About 85 percent of emission permits would be given away free at the start of the 
program, with the percentage decreasing over time.  The remaining allowances are auctioned to 
sources, with the resulting revenues dedicated to various programs such as low-carbon energy 
technology development and deployment.  Additionally, the bill included a weak price collar 
with a floor of $10 and a minimum strategic reserve auction price at 60 percent above a rolling 
36-month average of the daily closing price.  

Kerry-Boxer 

The Senate version bill, known as “Kerry-Boxer” (S. 1733) was released in draft form in late 
September 2009.  Since then it has undergone some revisions and the “chairman’s mark” passed 
out of committee in November.  The bill will next be heard on the Senate floor, but this is not 
expected to occur until Spring 2010.  The Kerry-Boxer bill and the Waxman-Markey bill are 
very similar.  Key provisions of the Kerry-Boxer bill include: 
 

• Emissions Reduction Targets: The Kerry-Boxer bill includes a declining cap on carbon 
pollution from 20 percent below 2005 levels by 2020 (versus 17 percent in Waxman-
Markey) to an 83 percent reduction below 2005 levels by 2050.  

• Cap and Trade and Allowances: The Kerry-Boxer bill calls for cap and trade program 
“pollution reduction” as the primary mechanism for attaining the emissions reduction 
targets, similar to Waxman-Markey. 

• Allocations:  Kerry-Boxer gives similar percentage of overall allocations (free 
allowances) to sources.  However, the bill gives a greater portion of the initial auction 
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revenues to deficit reduction, the pool of free allowances is smaller.  Therefore, the 
overall number of allocations that sources may receive is fewer than those under 
Waxman-Markey. 

• Clean Air Act: Unlike Waxman-Markey, the Kerry-Boxer bill allows the development 
of new source performance standards (NSPS) for sources that could be covered by the 
bill.  It also establishes performance standards for coal-fired power plants permitted in 
2009 or after, and different standards for those permitted in 2020 or after. 

7.C ALLOWANCE PRICING 

7.C.1 CO2 Allowance Prices 

For purposes of utility, state, or regional level resource planning, it is generally sufficient to use a 
CO2 allowance price projection to reflect the imposition of national climate policies.  These CO2 
prices are then added to the fuel costs of fossil-fueled generation (both existing and new) and 
influence both the dispatch of existing units and the economics of new investments in generation, 
transmission and efficiency resources.  Of course, any price forecast is subject to substantial 
uncertainty and analyses of climate change proposals show a very wide range of possible CO2 
prices.  This, in turn raises significant issues regarding the choice of CO2 price in resource 
modeling. 
 
The most carefully studied recent proposal was the Waxman-Markey bill, which was described 
above.  Many organizations generated economic analyses of Waxman-Markey, including the 
Energy Information Administration (EIA), the EPA and several private consultants on behalf of 
advocacy groups.1  This report uses EIA analysis as the source for CO2 prices in the electricity 
market analysis, primarily because EIA is statutorily non-partisan and independent, and therefore 
the results are generally recognized as unbiased and free from any advocacy position.2 
 
The EIA analysis of Waxman-Markey is based on reference case projections of economic 
growth, fuel prices and emissions that are updated annually in the Annual Energy Outlook 
(AEO), which reflects a 25-year energy forecast without new federal policy to combat climate 
change.  The EIA Waxman-Markey analysis started with the most recent AEO reference case, 
which included the impacts of the economic stimulus bill.3  It incorporated key provisions of the 
Waxman-Markey bill into the policy simulations, such as: 

• The combined efficiency and renewable electricity standards; 

• Carbon capture and storage (CCS) demonstrations and early deployment; 

                                                 
1  The Congressional Research Service produced useful summary of results and key issues identified by the 

economic analyses conducted on W-M.  See Climate Change:  Costs and Benefits of the Cap-and-Trade 
Provisions of H.R. 2454 by Larry Parker and Brent D. Yacobucci, September 14, 2009.  

2  Energy Market and Economic Impacts of H.R. 2454, the American Clean Energy and Security Act of 2009, 
Energy Information Administration, August 2009 SR/OIAF/2009-05. 

3  Annual Energy Outlook 2009, Energy Information Administration, DOE/EIA-0383(2009), March 2009. 
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• Building code revisions for residential and commercial buildings; 

• Federal appliance and lighting efficiency standards; 

• Technology improvements as a result of federal program support; and 

• Smart grid peak savings program. 

 
EIA then simulated the imposition of the greenhouse gas emission cap-and-trade program on the 
energy sector, which produced forecasts of CO2 prices.  EIA analyzed alternative policy 
implementation scenarios for analysis under different assumptions regarding the availability, 
cost, and market penetration of new low-carbon energy technologies over time; the amount of 
allowance banking assumed; and the availability, cost and utilization of emission offsets 
(domestic and international) that are permitted.  The six primary cases EIA examined were: 

• The Basic Case, which reflects expected improvements in technology, a moderate degree 
of domestic and international offset use, and significant banking of allowances through 
2030; 

• The Zero Bank Case, which did not assume any accumulated banked allowances; 

• The High Offset Case, which assumed that international offsets are available and used to 
the ceiling imposed by the W-M bill; 

• The High Cost Case, which assumed higher costs for low-CO2 generation technologies; 

• The No International Case, which significantly constrained the availability of 
international offsets; and 

• The No International/Limited Case which constrained both international offset use and 
the deployment of low-CO2 generation technologies. 

 

Figure 7.1 shows the range of CO2 allowance price forecasts from the EIA analyses of Waxman-
Markey. 
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Figure 7.1 
CO2 Allowance Price Forecasts from EIA Analysis of Waxman-Markey 
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7.C.2 CO2 Allowance Price Projection: Current Trends Scenario 

The electricity market analysis in this report adopts the assumption that a climate policy similar 
to Waxman-Markey is enacted.  This assumption does not reflect an endorsement of the 
Waxman-Markey approach, but provides an analytic basis to explore the impacts of a range of 
CO2 prices under different scenarios.  The EIA analysis suggests that a significant source of 
uncertainty regarding near-term (i.e., through 2020) CO2 allowance prices under the Waxman-
Markey approach is the degree to which international and/or domestic offsets are utilized, and 
the cost of obtaining such offsets.  There is a wide disparity of opinion on this, ranging from 
almost no utilization (due to regulatory and/or cost barriers) to full utilization up to the limits 
contained in the Waxman-Markey proposal.  Another large uncertainty (particularly through 
2030) is the timing, cost and adoption of low- and no- carbon technologies, which itself might be 
affected by an allowance price that is influenced by the degree of offset usage. 
 
The EIA Basic Case takes a “middle ground” view of both offset usage and technology 
development under the Waxman-Markey bill.  As described by EIA in their August 2009 
analysis: 
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The ACESA [Waxman-Markey] Basic Case represents an environment where key 
low-emission technologies, including nuclear, fossil with CCS, and various 
renewables, are developed and deployed on a large scale in a timeframe 
consistent with the emission reduction requirements of ACESA without 
encountering any major obstacles.  It also assumes that the use of offsets, both 
domestic and international, is not severely constrained by cost, regulation or the 
pace of negotiations with key countries covering key sectors.4 

 
This report adopts the EIA Basic Case for CO2 prices in the “Current Trends” scenario.  The EIA 
Basic Case recognizes that offsets might be available in some quantities at a price lower than that 
of domestic abatement, but does not assume that valid, low-cost offsets would be available in 
quantities that would be constrained by the near-term limits in the Waxman-Markey bill.  Thus, 
the EIA Basic Case offers a plausible view of an aggressive climate policy with some offset use, 
but one not dominated by cheap offsets in the compliance mix.  The EIA Basic Case CO2 
allowance prices rise from $17/ton in 2012 to $30/ton in 2020 (2010 dollars). 

7.C.3 CO2 Allowance Prices For Alternative Scenarios 

Since the availability, cost and ultimately the degree of offset utilization appears to be the most 
influential determinant of near-term (e.g., 2020) CO2 allowance prices, suitable high/low 
allowance price cases can be fashioned from varying assumptions regarding offset utilization.  
The IRP process adopted the EIA High Offset Case as a low CO2 allowance price scenario, and 
the EIA No International Case as a high CO2 allowance price scenario.  These two cases 
represent upper and lower bounds on the availability of cost-effective international offsets used 
for domestic compliance in the near term, and the resulting range of projected allowance prices is 
broad enough to encompass many of the other sources of uncertainty in allowance prices, such as 
economic growth, fuel prices and the near-term cost of domestic CO2 abatement. 
 
The High Offset case assumes that international offsets are available in sufficient quantities and 
at moderate costs so that they are utilized for compliance at levels at or near the limits contained 
in the Waxman-Markey bill.  As a result of larger amounts of low-cost international offsets 
available for domestic compliance with the emission targets, the CO2 allowance price is $19/ton 
in 2020 (about 35 percent lower than in the Basic Case).  In contrast, the No International Case 
reflects a scenario where the use of international offsets is severely constrained by cost, 
regulation or slow progress in obtaining agreements with key countries.  In this case, the CO2 
allowance prices are $49/ton in 2020, or about 65 percent higher than in the Basic Case. 
 
Figure 7.2 shows the range of CO2 prices used in our scenarios, expressed in 2010 constant 
dollars.   

                                                 
4  Energy Market and Economic Impacts of H.R. 2454, the American Clean Energy and Security Act of 2009, 

Energy Information Administration, August 2009 SR/OIAF/2009-05, p viii. 
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Figure 7.2 CO2 Allowance Prices Used In 
Scenarios
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7.C.4 NOX and SO2 Allowance Pricing 

This analysis also uses EIA as a source for NOX and SO2 allowance price projections.  In the EIA 
modeling framework, allowance prices for CO2, NOX and SO2 are determined simultaneously by 
the model to attain the relevant emission targets.  The Brattle Group obtained the SO2, NOX and 
CO2 allowance price forecasts from the EIA analysis of Waxman-Markey, which displayed an 
inverse relationship between CO2 allowance prices and NOX and SO2 allowance prices; see 
Table 7.1 
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Table 7.1 
Emissions Price Forecast Under Waxman-Markey 

 

(units) 2013 2015 2020

REFERENCE CO2
CO2 ($/ton) 18 21 30
NOx ($/ton) 1962 2147 0
SO2 ($/ton) 726 831 301

HIGH CO2
CO2 ($/ton) 30 34 49
NOx ($/ton) 0 105 0
SO2 ($/ton) 339 160 3

LOW CO2
CO2 ($/ton) 12 14 19
NOx ($/ton) 2423 2592 2417
SO2 ($/ton) 756 762 936

Sources and Notes:
U.S. Energy Information Administration.
All values are in 2010$ per short ton.  

 
 
As CO2 allowance prices increase, the generation from coal-fired capacity decreases and this 
reduces NOX and SO2 emissions as well, reducing the allowance prices necessary to attain 
compliance with national and regional NOX and SO2 emission targets.  This effect is clearly seen 
in comparisons between the High and Low CO2 price forecasts.  Under a High CO2 price, the 
prices of NOX and SO2 allowances fall significantly relative to the Reference CO2 price case, 
while in the Low CO2 price forecasts, NOX and SO2 emission allowances remain at much higher 
levels. In scenarios that assumed higher or lower CO2 prices than in the Current Trends scenario, 
the allowance prices for NOX and SO2 from the corresponding EIA analysis cases were used in 
the simulations. 

7.C.5 Collaborative Effort with the CT DEP  

In its 2009 IRP report the EDCs recommended that the CT DEP and the EDCs collaborate on 
modeling inputs for the 2010 IRP and jointly review the assumptions underlying emission rates 
in the production cost simulations.  To that end, the EDCs and The Brattle Group worked 
collaboratively with the CT DEP to develop realistic assumptions regarding future regulations 
that will ensure compliance with National Ambient Air Quality Standards (NAAQS).  The effort 
was informed by extensive analysis using the DAYZER market simulation model.  Together 
with the CT DEP, The Brattle Group and the EDCs validated the input data in the model, 
including comparison of generating unit emissions rates to publicly available historical data.  As 
specified by the CT DEP, the initial simulations assumed no new environmental regulations, no 
new investment in environmental controls, and no environmentally-driven retirements.  This 
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made it possible to observe simulated “uncontrolled” emissions.  (See also detailed discussion 
under Section 7.D.4. for more information regarding CT DEP modeling and results.)   

7.D EXISTING AIR LAWS AND REGULATIONS AFFECTING GENERATING UNITS 

7.D.1 National Ambient Air Quality Standards (NAAQS) 

The Clean Air Act, which was last amended in 1990, requires the United States Environmental 
Protection Agency (EPA) to set NAAQS for six identified criteria pollutants.  Five of these 
pollutants (particulate matter, lead, nitrogen dioxide, ozone, and sulfur dioxide) are commonly 
associated with electric generating units (EGUs).  The Clean Air Act established two types of 
national air quality standards: primary standards to protect public health and secondary standards 
to protect public welfare, including protection against visibility impairment, damage to animals, 
crops, vegetation, and buildings.  When an area does not meet the air quality standard, it is 
designated as a “non-attainment area.”  Each state that includes a non-attainment area must 
develop a plan for attaining the standards, called a State Implementation Plan (SIP). 
 
Connecticut faces challenges attaining ambient air quality standards, particularly during high 
electric demand days in the summer.  Hot and humid days can produce spikes in ground-level 
ozone (smog) as such weather conditions encourage ozone formation from air pollutants 
(primarily NOX) and emissions are higher as a result of increased air conditioning loads requiring 
relatively high emission, less efficient generation resources to operate. 
 
The Connecticut SIP gives special attention to these high electric demand days (HEDD) because 
they represent the most challenging periods for keeping air quality within federal standards.  One 
control option is to require all coal- and oil-fired steam units to install SO2 and NOX controls.  
Although some of these units operate infrequently during the year (and therefore do not 
contribute significant emissions on an annual basis) they are responsible for a significant portion 
of the stationary source emissions during HEDD episodes. 
 
For the areas in New England that are classified as non-attainment, the states will implement (or 
in some cases have implemented) regulations that restrict emissions from sources including 
EGUs.  The stringency of the standards depends on the emissions reductions needed to meet the 
NAAQS.  An analysis of the likely impacts on existing generating units of meeting these 
standards in Connecticut is discussed later in this Section. 

7.D.2 Clean Air Interstate Rule (CAIR) 

Federal 

Citing significant health and clean air benefits, EPA finalized the Clean Air Interstate Rule 
(CAIR) on March 10, 2005.  The rule targets reductions in SO2 and NOX emissions using a 
regional cap-and-trade program.  The final rule covered 28 eastern states and the District of 
Columbia.  Air emissions in these states were believed to contribute to unhealthy levels of 
ground-level ozone, fine particles or both in downwind states. 
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The D.C. Circuit Court, in The State of North Carolina, et al., v. The United States 
Environmental Protection Agency, vacated the CAIR rule and remanded it entirely on July 11, 
2008.  This was a unanimous decision and based on “several fatal flaws” identified by the Court 
in its decision that the rule could not be transformed into an acceptable rule.  The EPA and others 
have requested a re-hearing of the case and submitted briefs and responses.  The Court requested 
additional information from the parties involved in the case.  They asked the parties to submit 
opinion on maintaining the vacatur or issuing a stay of CAIR in lieu of the immediate vacatur.  
On December 23, 2008, the Court upheld the remand, but reversed the vacatur.  This action 
essentially allows CAIR to remain in effect while the EPA is compelled to rewrite the 
regulations. 

New England  

Both Connecticut and Massachusetts are considered CAIR states.  These states included 
language in their SIPs incorporating CAIR reductions.  The SIPs will need to be re-examined by 
the state and federal authorities and likely revised to account for the vacatur of CAIR.   
 
In general, non-CAIR states such as Maine and Vermont may not opt into CAIR.  New 
Hampshire is not a CAIR state and was not required to submit a SIP related to CAIR.  However, 
there are special provisions for Rhode Island and New Hampshire since they have been part of a 
region-wide NOX trading program in the past.  Advantages include regional trading partners for 
their sources and in Rhode Island’s case, not having to find another NOX SIP Call strategy for its 
current program.  

Implications  

Currently, the EPA is working to propose new CAIR rules.  These rules could: 

• include more stringent standards, with greater impact on sources in Connecticut and 
Massachusetts, and possibly even pull other New England states into CAIR; 

• include more states and or sources in the program, which could pull in some sources in 
Connecticut and Massachusetts that are not currently covered, and could pull in other 
states; and 

• include other pollutants, such as mercury, which could impact existing and new 
generation. 

 
Before new rules are implemented or CAIR is reinstated, there will continue to be economic 
uncertainty for EGUs that would have been subject to CAIR.  Affected companies will have to 
evaluate whether to delay equipment installation, install new equipment but not use it until 
requirements are in place (which raises cost recovery issues), risk exposure to potential 
enforcement actions and/or market fluctuations, as high sulfur content coal is used or not used.  
Finally, sources that had purchased credits speculatively for use in the NOX and SO2 markets 
may need to declare them as losses to the investment community. 
 
In CAIR states such as Massachusetts and Connecticut, the state environmental agencies will still 
need to meet their SIP requirements for NOX and SO2 as a CAIR-fix is implemented.  If NAAQS 
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deadlines come up before a fix is in place, then the states will be required to make up the 
difference in emissions reductions from in-state sources, such as generation.  Therefore, we 
could see additional standards coming into play in these states within the next few years to 
address the emission reduction shortfalls. 

7.D.3 Clean Air Mercury Rule (CAMR) 

On March 15, 2005, the EPA issued the Clean Air Mercury Rule (CAMR) to permanently cap 
and reduce mercury emissions from coal-fired power plants by 70 percent and required 
installation of continuous emissions monitors (CEMs) by January 1, 2009.  CAMR sets a cap on 
mercury emissions from new and existing coal-fired EGUs in each state.  A state may meet its 
state budget by either joining the federal cap-and-trade program or by demonstrating that the 
mercury emissions from the CAMR units in the state will not exceed the state budget in any 
given year. 
 
On February 8, 2008, the U.S. Court of Appeals for the District of Columbia Circuit struck down 
CAMR in part because the rule did not go far enough to protect human health and welfare.  The 
ruling sent CAMR back to the EPA for reconsideration.  The EPA appealed the Court’s decision 
but the Court decided not to hear the appeal.  Therefore, the EPA intends to adopt more stringent 
standards in place of the CAMR in the form of Maximum Achievable Control Technology 
(MACT) standards.  Until that time, states are expected to review new projects for MACT on a 
case-by-case basis. 
 
In the fall of 2008, the Courts were asked to rehear the case.  There is no timeline for the Court 
to decide whether or not it will grant a rehearing.  Until the Court makes its decision, the rule 
remains in limbo.  
 
Connecticut introduced the statewide Mercury Plan in October 2007.  The plan only applies to 
the three coal units in the state (Bridgeport Harbor #3 and AES Thames Units 1 and 2).  As of 
July 1, 2008, permitted annual mercury mass emissions from all three CAMR units were well 
below the CAMR Phase I and Phase II mercury emissions caps assigned to Connecticut.  
Therefore, Connecticut will not need to participate in the CAMR program as originally written 
by the EPA. 

7.D.4 Other Air Regulations Under Development in Connecticut 

Connecticut High Electric Demand Days (HEDD) 

On summer days, higher demand for electricity results in a dramatic increase in ozone-forming 
air pollution.  These are called high electric demand days or HEDD.  The emission peaks 
occurring on HEDD are an obstacle to the continued progress in attaining air quality 
improvements in Connecticut and throughout the Northeast region.  HEDDs are the days most 
likely to result in ozone standard violations due to the ambient conditions.  This situation can be 
exacerbated by transmission constraints which sometimes require generation to be provided by 
small, local, and infrequently operated electric generating sources.  These generating sources add 
a small amount of megawatts to the system while causing a drastic increase in NOX emissions. 
 



7-14 

Connecticut has signed a Memorandum of Understanding (MOU) with the other Ozone 
Transport Commission (OTC) states to reduce NOX emissions from HEDD units.  Connecticut 
has agreed to a NOX reduction of 11.7 tons per day, which represents a 25 percent reduction in 
emissions from HEDD units.  The CT DEP continues to formulate a strategy for achieving this 
target by the May 2012 implementation deadline. 
 
The most salient observation from the initial simulations in this year’s IRP modeling, was that 
uncontrolled NOX emissions in Connecticut on HEDD days would exceed target levels of 42.7 
tons/day in 2013 and 2015, and 31 tons/day in 2020, even under normal-year weather conditions.  
(The model also simulated extreme weather conditions using the ISO’s “90/10” forecast).  A 
large fraction of emissions on those days came from oil-fired steam units that operate on HEDD 
days, although little the rest of the year.  Initial 2013 simulations with uncontrolled NOX 
emissions and 50/50 weather conditions indicated that Connecticut would exceed its target on 
three of the ten High Electric Demand Days (HEDDs).  Using 90/10 weather conditions that 
number rose to nine of the ten HEDDs. 
 
Based on these observations, the CT DEP advised that it would likely need to restrict oil- and 
gas-fired steam units’ emission rates to 0.125 lb/MMBtu by 2013 and 0.07 lb/MMBtu by 2017 in 
order to meet applicable HEDD targets.  Further, the CT DEP suggested that such limits might 
be adopted throughout New England. Though the OTC has not specified limits, the CT DEP’s 
suggested limits are consistent with proposals and analyses by the OTC.5  However, the CT DEP 
did not provide guidance on future regulations regarding coal units or SO2. 
 
The regulations described by the CT DEP would force units with higher emissions rates to either 
invest in retrofit NOX emission controls such as selective catalytic reduction (SCR) or else retire.  
The implications for investment/retirement decisions are analyzed in Section III.1 (Resource 
Adequacy), which describes capacity market dynamics and unit-level economic decisions.  As 
Section III.1 (Resource Adequacy) describes, 1,504 MW of oil-fired steam capacity would retire 
in Connecticut and 646 MW would install SCR in the Base Case (different amounts in 
alternative scenarios and resource strategies).  These retirements and investments result in lower 
HEDD NOX emissions. In the Base Case, Connecticut complies with the NOX target in 2013, 
exceeds it on two days in 2015, and exceeds it on five days in 2020.  To meet NOX targets in the 
future, therefore, CT DEP may have to apply even more stringent standards than analyzed here.  

Connecticut Industrial/Commercial/Institutional Boilers and Electric Generating Unit 
Boilers (aka “Boilers” rule) 

As part of implementing standards to meet the HEDD emissions reductions, the CT DEP is 
developing a rule that will apply to industrial, commercial, and institutional (ICI) boilers.  It is 
expected to cover units between 25 and 250 MMBtu/hr, which are considered medium to large-
size units.  At this time the CT DEP has not specified standards that will need to be met by the 
ICI boilers.  Separate standards will be developed to cover all boilers at EGUs.  The CT DEP has 
discussed the possibility of 1.00 lbNOX/MWh emissions limit for oil and gas-fired EGUs.   
                                                 
5  See Final Joint Recommendation Letter from OTC to U.S. EPA, September 2, 2009; Final Letter on 

Additional Recommendations from OTC to U.S. EPA, September 10, 2009; and OTC CAIR Replacement 
Rule Recommendation Technical Support Document, September 10, 2009. 
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A stakeholder committee has been established by the CT DEP to review data and draft rules.  
The committee has not met in over a year and there have been no drafts released recently.  It is 
our understanding that the CT DEP is looking at options to reducing the NOX emissions from the 
EGUs using non-regulatory approaches.  See also the OTC proposals below.   

Regional Haze Rule 

In 1999, the EPA introduced the Regional Haze Rule to improve the visibility in 156 national 
parks and wilderness areas.  The rule applies to emissions of SO2, NOX, volatile organic 
compounds (VOCs), and particulate matter (PM), and requires states to develop SIPs.  The 
implementation activities in the New England area are coordinated by the Mid-
Atlantic/Northeast Visibility Union (MANE-VU).  In 2005, the EPA issued the final Best 
Available Retrofit Technology (BART) rule, requiring facilities built between 1962 and 1977 
and that have the potential to emit more than 250 tons of any visibility-impairing pollutant to use 
BART.  In 2006, the EPA amended this rule to allow facilities to use an emissions trading 
program to satisfy requirements under the regional haze rule, provided that the emissions 
reduction resulting from the trading program meets or exceeds the visibility improvements under 
BART. 
 
MANE-VU has set recommended limits, or “presumptive BART,” for emissions of SO2, NOX, 
and PM from electric generators (by fuel type) and other facilities.6  In 2007, MANE-VU 
committed to reducing emissions by 90 percent by 2018 at the 167 EGUs identified as most 
affecting visibility at Class I areas in the MANE-VU region.  In addition, it has committed to 
implementing a low-sulfur fuel strategy. 
 
Connecticut has created a SIP in response to MANE-VU.  It was submitted to the Federal Land 
Managers (FLM) and the EPA for comments in February 2009.  Following that, the CT DEP 
solicited comments from the general public and held a public hearing in August 2009.  The final 
document was submittal to the EPA on November 18, 2009 and is awaiting approval and 
publication in the Federal Register. 

OTC Proposals 

The Ozone Transport Commission (OTC) is a multi-state organization created under the Clean 
Air Act. They are responsible for advising the EPA on transport issues and for developing and 
implementing regional solutions to the ground-level ozone problem in the Northeast and Mid-
Atlantic regions.  
 
Various draft guidelines have been developed by the OTC targeting NOX and VOC emissions 
(precursors of ozone) from stationary sources.  Specifically, VOC measures taken have been to 
update existing rules with new categories and limits including rules for Architectural Industrial 
Maintenance coatings, Consumer Products, and Solvent cleaning, as well as rules for large, 
above ground storage tanks.  The OTC continues to evaluate potential control strategies, 
                                                 
6  NESCAUM, BART Resource Guide, August 23, 2006, at pages 2-2 and 2-3, posted at 

http://www.nescaum.org/documents/bart-resource-guide/bart-resource-guide-08-23-06-final.pdf/. 
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including evaluating recently sought stakeholder input on summary rules released in August 
2009.  Additional measures that are currently under consideration by the OTC include 
performance standards for electric generating units, HEDD units and Institutional (ICI) boilers, 
requirements for minor new source review at facilities with stage 1 and 2 vapor recovery at gas 
station fueling pumps and coordination with energy efficiency and renewable energy programs.  
OTC has not drafted guidelines for these strategies at this time.   
 
CT DEP is waiting to update Connecticut NOX emission limits to new lower emission limits 
identified by OTC.  It is anticipated all owners of stationary sources of NOX will be impacted by 
either restrictions on use, or by the addition of add-on control equipment.     

7.E OTHER ENVIRONMENTAL REGULATIONS/REVIEWS 

In addition to existing and future air regulations, there are other environmental regulations or 
reviews with varying degrees of influence on operating costs, higher capital cost for new 
capacity, potential retrofit capital costs, restricted operations, and/or potential retirement.  These 
have been included because of the potential impacts.  The costs can not yet be qualified but on a 
case-by-case basis, though some general statements are possible.    

7.E.1 Clean Water Act (CWA) 316.b – Cooling Water Intake Structures 

The withdrawal of cooling water removes billions of aquatic organisms from waters regulated by 
the State with most impacts to early life stages of fish and shellfish due to the impingement and 
entrainment of these organisms.  The EPA had developed national standards for cooling water 
withdrawals by new and existing large electric generating facilities centered on the 
implementation or retrofit of Best Technology Available (BTA) to reduce aquatic mortality. For 
Phase II of the rule, which addressed existing facilities, EPA allowed generators a range of 
compliance strategies and cost-benefit demonstrations.  These were challenged in court by 
environmental groups, and the case was argued before the Supreme Court in December 2008.  
Recently, the 2nd Circuit officially remanded the rule to EPA.  Generators assert that strict 
adherence to BTA will immediately require cessation of “once through cooling” operations and a 
retrofit with expensive alternative cooling technologies (primarily cooling towers), some of 
which may not be achievable or cost effective for existing facilities.  Further, in non-attainment 
areas cooling towers may be prohibited or subject to additional restrictions.  Dry cooling options 
are expensive, and because they reduce the efficiency of the boiler, they increase GHG emission 
rates. 
 
Current understanding is that EPA will be looking to consolidate the Phase II and III rules (Phase 
III applies to small generators and other minor sources) into one rule that is targeted to be 
proposed mid-2010 and finalized by summer of 2012. 

7.E.2 Environmental Equity/Environmental Justice  

Environmental equity means that all people should be treated fairly under environmental laws 
regardless of race, ethnicity, culture, or economic status and is a direct result of a growing body 
of evidence that low-income racial and ethnic minority groups are exposed to a higher than 
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average amount of environmental pollution.  In December 1993, CT DEP issued an 
Environmental Equity policy that strives for increased broad community participation on agency 
advisory boards and commissions, regulatory review panels, and in the development of program 
and permitting activities.  
 
Recent legislation passed in Connecticut (Public Act No. 08-94) specifically sought relief for 
“environmental justice communities” as defined in the Act and for “distressed municipalities” as 
defined in subsection (b) of section 32-9 of the general statutes. The Act describes new 
requirements for new or expanded generating facilities of greater than 10 megawatts and which 
are located within environmental justice communities (the “affected facility”).  The requirements 
of the Act direct the affected facility to file and then execute a public participation plan in 
addition to those public participation activities that occur with permit or siting reviews.  As an 
outcome of the public participation plan, the affected facility may enter into a “community 
environmental benefit agreement” and could address mitigation issues, community 
improvements such as walking or bike trails, and funding environmental education. 
 
Since the Connecticut legislation was enacted, PSEG Power Connecticut, which owns New 
Haven Harbor Station in New Haven, reached an agreement with the City of New Haven and the 
environmental community (the Memorandum of Understanding or MOU) to ensure that there is 
no net increase in emissions when three new peaking generators (130 megawatts total) are added 
to the existing facility.  PSEG has agreed to certain modifications and restrictions to the 
operation of its existing New Haven Harbor Unit (NHH #1) as well as certain operating 
protocols when all units are in service.   In short, PSEG has agreed that there will be no net 
increase in emissions from the site.  PSEG’s strategy to achieve this goal relies on a number of 
operating protocols related to daily and annual offsets, optimizing boiler efficiency at NHH #1 
for reductions in particulates and primary fuel (natural gas) designation for the new turbines. 
Further, PSEG has agreed to request that the CT DEP modify the Title V Operating Permit 
(currently undergoing review) to provide for permit enforceability of the operating protocols set 
forth in the MOU.   Operating protocols are not applicable during an emergency event on the 
system as declared by ISO-New England.  
 
Most recently EPA announced an initiative to address Environmental Justice challenges in 10 
communities and help highlight the disproportionate environmental burdens placed on low-
income and minority communities.  Bridgeport, Connecticut has been selected by EPA as one of 
these Environmental Justice Showcase Communities and it is EPA’s stated intention to work 
collaboratively with a wide range of stakeholders to address a number of Environmental Justice 
issues including reducing asthma and toxics exposure. 

7.E.3 Endangered Species Act 

Last year this section reported a potential for the Endangered Species Act (ESA) to be used to 
regulate GHG emissions from automobiles, power plants and other source.  Such an initiative 
could come about under amended, but not yet proposed, regulations governing interagency 
cooperation.  Current indicators suggest that this is less likely and that any regulation of GHG 
will occur under revisions to the Clean Air Act.  
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7.E.4 Coal Ash 

In December 2008, a catastrophic release of coal fly ash slurry (a coal ash and water mix) 
occurred at the Tennessee Valley Authority (TVA) Kingston Fossil Plant, a coal-fired power 
plant located in Roane County, Tennessee.  The release was caused when the dike for the 84 acre 
containment area ruptured and released approximately 1.1 billion gallons of slurry into the 
surrounding land (approximately 300 acres), damaging homes and impacting adjacent waterways 
(the Emory and Clinch Rivers).  Clean up of the spill is estimated at nearly $1 billion. 
 
Following the spill there have been numerous legal actions and discussion of potential regulatory 
initiatives, the most sever being to classify coal ash as a hazardous waste.  This is becoming one 
of the most pressing issues facing new and existing coal plants as financial impacts to manage 
and dispose of coal ash would be substantive.  However, the cost implications can not be 
determined at this time.  The EPA is expected to issue draft regulation on coal ash in the first 
quarter of 2010. 

7.E.5 Water  

In the future, there will be increasing competition for an essentially static source of water supply.  
Electricity generation, through its withdrawal and consumption of water, significantly impacts 
this supply.  Fossil fuel generators may require additional large increases in water consumption 
to facilitate control of emissions.  Increased pressure to use gray water and other alternative 
supplies (such as municipal effluent) and tighter restrictions on water diversions could have an 
effect on plant processes and/or cost of operations. 
 
As of December 1, 2009, new standards require a National Pollution Discharge Elimination 
System (NPDES) permit for construction activities, including linear projects like transmission 
lines, that impact more than 10 acres of land at one time.  Threshold standards for some priority 
pollutants were also tightened.  Some steam electric effluent guidelines, for metals in particular 
from coal pile run off, could increase the cost of pollution control substantially.  These new 
standards introduce direct cost impacts, such as compliance controls, permit application 
development and execution and monitoring and possible “externality costs,” such as negative 
impacts to the construction schedule (such as in the case of a transmission line) for additional 
permitting. 

7.E.6 Siting of Transmission and Generation 

Environmental reviews for siting new transmission and generating facilities consider and balance 
several criteria, including compatibility with surrounding land use, aesthetics and whether or not 
the proposed project makes use of an existing “facility,” as defined by the statute (in 
Connecticut).  Construction and operating impacts to the environment are also evaluated.  Sites 
that have the least over all environmental impact are favored.  Reuse of, or additions to, existing 
facilities is encouraged, rather than the development of green field sites or establishing new 
transmission line rights-of-way.  Synergies with certain environmental permitting may also be 
possible at existing facilities.  Due to the length of time and expense associated with siting new 
facilities, reuse of existing generating and transmission facilities remains likely.  Though there 
may be eventual retirements of individual generating units, it seems reasonable that a specific 
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“site” may remain in use for future/new generation, though possibly be subjected to ever 
increasing operating restrictions due to regulatory considerations and constraints with available 
space to accommodate required technologies. 
 
Other stakeholders, such as members of the public, may be strongly opposed to a proposed 
facility and, for many and varying reasons, disagree with the philosophy outlined above, 
including reuse of an existing facility.  Alternatives advocated by other stakeholders may be too 
expensive, not technically feasible or result in unpalatable strategies such as condemnation, as 
may be the case with establishing new overhead transmission line rights-of-way.  Eventually, 
however, modifications to existing facilities may no longer be possible and the establishment of 
new generating sites and/or new overhead transmission line corridors would need to be 
considered.  The potential impacts to in-service schedules, planning and cost could be 
substantial.   
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8. ENERGY SECURITY 

8.A SUMMARY AND KEY FINDINGS 

Summary 

Section 51 of PA 07-242 calls for, among other things, an evaluation of energy security: “the 
companies shall submit to the Connecticut Energy Advisory Board an assessment of … (5) 
energy security and economic risks associated with potential energy resources, …”  The 
Connecticut Energy Advisory Board, in its 2009 Comprehensive Plan for the Procurement of 
Energy Resources, identified energy security as “reliability of the power system … vulnerability 
to natural disasters, terrorism, fuel supply disruptions, or over reliance on foreign sources of 
fuel.”  In this resource plan, energy security is interpreted similarly to mean the reliable delivery 
of sufficient electric power to meet load under severe adverse events.  Energy security can be 
measured in terms of involuntary load curtailment, e.g., in MW and duration.1  The effect of an 
energy security event can also be characterized in terms of the same metrics used elsewhere:  
prices, costs, emissions, fuel mix, etc. 
 
In this section, we examine risks to the operability of particular types of resources and how they 
may affect the security of electric energy delivery.  We do not explicitly analyze particular risks 
(e.g., natural disaster, accident, sabotage) to the operation of individual system components, 
including risks to specific Critical Energy Infrastructure components.  The power system is 
already designed and operated to protect against individual element outages (for example, 
planning and operating reserve requirements enable the system to sustain the outage of 
individual resources without compromising the overall ability to deliver power).  The system’s 
design and operating policies that protect against such component outages are in large developed 
and regulated by a number of national, regional and state-level organizations, as discussed 
further below.  This section also largely excludes discussion of economic risks – factors that may 
affect the cost of energy rather than its security.  We do consider risks that are broad enough that 
they might potentially threaten system reliability, including systematic risks that might affect 
multiple resources simultaneously.   
 
Because Connecticut is a part of an electric market that spans most of New England, New 
England is generally the appropriate geographic scope for an energy security analysis.  
Connecticut itself, though it is the focus of this IRP, does not typically stand alone regarding 
electric energy security.  In most circumstances, it will have adequate electric energy, or not, as a 
part of the New England market, not based on events and circumstances in Connecticut alone.  
For example, assuming that electric transmission capacity is available, whether some 
Connecticut generators are inoperable does not directly affect Connecticut electric loads.  If 
sufficient other New England generators are operable, then Connecticut electric loads will be 
served.  Conversely, even if all Connecticut generation is operable and is sufficient for 

                                                 
1 This would generally exclude the localized effects of distribution outages, such as those caused by 

lightning strikes or tree falls. 
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Connecticut loads, if New England has insufficient generation overall, Connecticut’s electric 
load may share in the shortage (Connecticut’s operating capacity would be helping the overall 
New England situation, but could not ensure that Connecticut loads are served). 
 
Connecticut currently has several groups investigating issues concerning energy security, and in 
recent years has enacted some legislation to study and address these issues.  This legislation 
focuses on several different energy security issues, including studying the degree of dependence 
on fossil fuels, and promoting development of renewable energy sources and energy efficiency 
through comprehensive energy plans.  Some of these reach beyond the power sector, though for 
this investigation the focus is primarily on the power sector.  Below is a brief overview of several 
of these organizations and pieces of legislation as they relate to energy security. 
 
P.A 08-168, An Act Concerning Energy Scarcity and Security, Renewable and Clean Energy and 
a State Solar Strategy, passed in 2008, mandates that: 

• A task force to study energy scarcity and sustainability will be created to generate 
scenario planning for long-term petroleum and natural gas scarcity, and volatility in 
prices and supply.  

• The Office of Policy and Management will conduct a study of petroleum consumption 
and dependence by state departments and agencies.  

• The Renewable Energy Investment Board will determine how other states promote and 
implement the use of clean and renewable energy. 

• The Renewable Energy Investment Board will develop a plan to maximize use of solar 
power and develop a self-sustaining solar industry in Connecticut to help meet 
requirements agreed to in the Regional Greenhouse Gas Initiative.  

 

In addition, the Connecticut Siting Council’s (CSC) Docket No. 346 was developed in response 
to Public Act 07-242 to investigate energy security with regard to the siting of electric generating 
and transmission facilities.  The CSC received comments from numerous parties including the 
CEAB, the Connecticut Department of Emergency Management and Homeland Security 
(DEMHS) and the EDCs.  The CSC concluded the proceeding with the development of a “White 
Paper on the Security of Siting Energy Facilities.”  As this whitepaper describes, the CSC has 
focused on physical threats (from trespassing to vandalism to dedicated acts of sabotage) to 
particular electric generating and transmission facilities, and primarily on threats that are related 
to location and siting.  The energy security analysis here takes a somewhat different and broader 
perspective.  We focus not so much on location-related threats to individual facilities, but more 
on system reliability and systematic risks that might affect multiple resources simultaneously.  
As discussed below, the power system is designed and operated so that individual facility 
failures do not threaten system reliability.   
 
Key Findings 

• The power system is planned, designed, and operated to maintain high energy security, 
building in spare capacity, redundancy, and operational flexibility.  A number of 
organizations at the national, regional and state levels oversee and enforce reliability. 
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• Key resources for energy security include natural gas and nuclear generation, because of 
the system’s heavy reliance on these generation types and the risks that could affect their 
operability, as well as the electric transmission system.  Other resources – oil, coal, 
renewables – are unlikely to pose energy security concerns of comparable magnitude, due 
to the smaller role these resources play in providing power, and also because of a lack of 
exposure to significant risks. 

• Natural Gas:  The New England power system’s reliance on natural gas was stress-tested 
by analyzing the loss of access to natural gas for several days during the winter months.  
This analysis suggests that there would be adequate other generation resources available 
to serve winter load, with no or virtually no reliance on natural gas.  This is due to several 
seasonal factors that improve the winter resource balance, plus dual fuel capability that 
allows many gas-fired generators to utilize oil if gas is not available. 

• Nuclear:  A prolonged, simultaneous shutdown of multiple nuclear units at peak load 
times could stress the system’s ability to serve load.  However, it appears that even with 
the loss of both Connecticut nuclear units, the implementation of existing emergency 
operating procedures and additional reliance on imports from neighboring regions would 
allow the system to continue to serve load. 

• Transmission:  The electric transmission system is designed and operated with a level of 
redundancy that allows it to absorb isolated failures with no impact on customers.  If an 
extreme event were to cause a more widespread transmission failure, the transmission 
owners’ recovery capabilities and procedures ensure that any service interruption would 
be brief. 

8.B ENERGY SECURITY – ORGANIZATIONAL AND MARKET FACTORS 

The fundamental design and operating standards of the power system are used to ensure energy 
security – i.e., to ensure that there are sufficient resources to meet load in actual operation.  
Generally, in both planning and operational contexts, the only alternatives that are even 
considered are those that satisfy explicit and stringent reliability standards.  For example, 
generation adequacy standards (planning reserve margins) are set to achieve a probabilistic risk 
of generation insufficiency of not more than one day in ten years.  This standard is implemented 
via ISO New England’s Forward Capacity Market (FCM).  Load-serving entities are required to 
acquire, several years in advance, sufficient generating capacity to meet their forecast load plus a 
reserve margin (designed to meet the one-day-in-ten-year criterion).  The ISO also operates a 
market to procure such capacity.  Alternatives that involve having generation resource levels that 
are insufficient to meet these reserve targets are not considered; reliability is not traded off 
against other dimensions (such as cost).  Transmission is similar – it is planned and operated to 
meet very high reliability standards.   
 
Several regional and national organizations play a role in analyzing reliability and energy 
security and protecting against these risks in power system planning and operation, in part by 
developing requirements, mechanisms and procedures such as those described above.  At the 
national and regional level, in response to a 1998 Presidential Directive, the U.S. Department of 
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Energy was designated as the lead agency for protecting critical energy infrastructure.  The DOE 
in turn designated the North American Electric Reliability Council (NERC) as the Electricity 
Sector Coordinator, and NERC issued a set of voluntary guidelines related to energy security.  
Under authority of the 2005 Energy Policy Act, the Federal Energy Regulatory Commission 
(FERC), designated NERC as the national Electric Reliability Organization (ERO), and as the 
ERO, NERC converted many of its voluntary guidelines into mandatory requirements.  The 
Northeast Power Coordinating Council (NPCC) is the regional organization under NERC that is 
responsible for electric reliability throughout Northeastern North America (the six New England 
states plus New York, and the Canadian provinces of Ontario, Quebec, and Maritimes).  Under 
the NPCC, the New England ISO (ISO-NE) is the regional transmission operator (RTO) with 
responsibility for ensuring reliability in New England.  At the state level, there are additional 
organizations involved with ensuring energy security, such as the CSC and the Connecticut 
Department of Emergency Management and Homeland Security.  The Connecticut Siting 
Council’s whitepaper regarding energy security in the siting of energy facilities (Docket 346) 
provides a good high-level overview of existing security standards and guidelines at national, 
regional, and state levels.2   
 
In addition to the formal organizations that work to ensure energy security, the competitive New 
England power market creates financial incentives that also help to maintain supply reliability.  
Most generators are merchants who must produce power in order to be paid, resulting in strong 
financial incentives for generators to produce power when it is needed, including during a 
potential energy security event.  A merchant generator will forego energy revenues if they do not 
deliver power during an energy security event, and energy prices are likely to be quite high 
during a supply-related energy security failure.  Further, a generator faces potentially 
disproportionate capacity revenue losses; an energy security event does not provide a waiver for 
failure to perform.  A generator can lose up to 5 percent of its annual capacity revenue if it is 
unavailable during a single shortage event, and for repeated or extended outages can lose 100 
percent of their capacity revenues.  Thus the financial incentives in the capacity and energy 
markets directly encourage generating resources to minimize their exposure to energy security 
events and to be able to successfully manage such events.   
 
Beyond recognizing the organizational mechanisms and market incentives that help to protect 
against potential energy security problems, to explore energy security further this IRP considers 
a number of specific potential energy security issues.  We consider the extent to which the 
regional power system relies on particular generation resources, and the degree to which these 
may be exposed to some level of common-mode failure (e.g., fuel supply disruption or common 
outage) which might create a significant loss of generating capacity.  We also consider the 
energy security implications of several non-generation resource types (transmission, demand-
side resources).  In addition, we examine in greater detail two particular types of energy security 
events: one related to winter natural gas availability, and the other a shutdown of nuclear 
generators.  Although it would not be possible to analyze or even identify every possible 
configuration of occurrences that might raise energy security concerns, these particular events 
were chosen and defined to be extreme cases affecting resources that New England relies upon to 
a particularly great extent, in order to stress-test potential energy security issues.   

                                                 
2 White Paper on the Security of Siting Energy Facilities, Connecticut Siting Council, October 8, 2009. 



 

8-5 
 

8.C RELIANCE ON DIFFERENT GENERATION TYPES IN NEW ENGLAND 

With respect to a particular type of resource, energy security is related to the level of reliance on 
that resource type, as well as the risks that it may be exposed to.  If New England is heavily 
reliant on a particular type of generation whose operability is exposed to a particular event, then 
that event may be an energy security concern for the region.  Figure 8.1 below shows the 
capacity and energy shares of the major classes of generating capacity in New England in 2008.  
(This is illustrated at the Connecticut level as well as New England overall, though as discussed 
above, it is usually the New England level that is most relevant to energy security.) 
 
 

Figure 8.1 
2008 Capacity and Energy Shares for New England and Connecticut 
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Though neither the capacity nor energy share metrics reflect directly the energy security impact 
of different generation types, the capacity shares are more relevant, because they represent the 
extent to which particular generation types may be available to produce power, if necessary.  
Almost half of New England’s total generating capacity is capable of burning natural gas (though 
only about 40 percent indicate that gas is their primary fuel).  About 25 percent of the total can 
burn only natural gas, and a little under a quarter has dual-fuel (DF) capability to burn either gas 
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or oil fuel - distillate (FO2) or residual oil (FO6).  Nuclear accounts for about 15 percent of 
overall capacity, hydroelectric for 11 percent, FO6-only capacity for 10 percent, and coal for 9 
percent.   
 
Energy shares tend to reflect the relative economics of different generating types, rather than the 
ability to rely on them for energy security and reliability.  Generators that are more costly to 
operate usually provide less energy because that is the most economic way to operate the system, 
not because the resources are unimportant to energy security.  Resources that are seldom 
operated and rarely produce energy can nonetheless contribute importantly to energy security, if 
they are available to run when needed.  As an example of this effect, natural gas prices were very 
high in 2008 but have fallen since; they are expected to rebound somewhat though still to remain 
well below 2008 levels.  Due to the likely lower future cost of gas, New England may generate 
more energy with gas in the future than it has in the past, but that simply reflects the relative 
economics of alternative fuels; it does not necessarily mean that New England will rely more 
heavily on natural gas in an energy security context.   
 
Nonetheless, New England clearly does rely heavily on both natural gas and nuclear power for 
capacity and energy, with the gas reliance tempered by the fact that much gas-fired capacity can 
also burn oil (more on this below).  Connecticut-based generation leans even more heavily 
toward these two resource types.  For future years, the picture may differ in detail though it will 
be fundamentally similar, and the differences are easy to understand.  For example, as New 
England adds renewable resources to meet RPS requirements, the renewable energy share 
(included within the “Other” category in Figure 8.1) will increase over time.  If the region adds 
more new gas plants to meet future needs, it will rely more heavily on natural gas.  A new 
nuclear plant would increase New England nuclear capacity by about 25 percent of its current 
value, with a corresponding decrease in the use of gas and other fuels.  But within the ten-year 
time frame of this study (and likely well beyond that), under just about any future state of the 
world, New England will still be heavily reliant on natural gas and nuclear generation for both 
capacity and energy.  
 
So at least qualitatively, factors that may affect the operability of gas or nuclear resources on a 
large scale could have energy security implications.  For instance, fuel availability for gas-fired 
electric generators, which we know from experience can be stressed during New England’s 
winter heating season, might potentially affect electric reliability (gas use for heating is a large 
share of peak gas requirements and generally has priority over gas for electric generation).  
Likewise, a shutdown of even one nuclear unit during peak times can be a significant event.  The 
simultaneous shutdown of multiple units, e.g., due to the discovery of a potential technical 
problem with a shared reactor design, or regulatory concern about operational issues, might have 
a bigger effect.  Other generation types are likely to be less vulnerable to large-scale outages, 
because they account for less capacity, and/or because they are less subject to common-mode 
failures of large amounts of capacity.  For example, 10 percent of total capacity is fired by 
residual oil, and another 9 percent by coal, but since these fuels can be inventoried onsite and are 
not subject to particular limits on delivery capacity, a fuel supply disruption is of less concern 
than for natural gas. 
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The next several sub-sections address potential energy security risks related to gas-fired and 
nuclear generation, including simulations of extreme stress cases designed to explore the 
system’s potential exposure to energy security concerns.  Following that, we consider demand-
side resources, which will begin to deliver capacity starting in the summer of 2010 through the 
Forward Capacity Market.  Beginning June 2010, the system will rely on demand resources for 
capacity to a much greater extent than it has previously.  A final topic considered is transmission 
– not a supply source but nonetheless a vital component of the power system and energy 
security.   

8.D NATURAL GAS-FIRED GENERATION 

Natural gas-fired generation has numerous advantages, including high reliability, relatively low 
construction cost, and modest environmental impacts.  However, the availability of natural gas 
supplies needed to operate this capacity can be a concern.  In New England’s winter heating 
season, when gas demand is at its peak, the ability of the gas transportation and delivery system 
to deliver all the gas desired by all customers can be stressed.3  Natural gas is used primarily by 
local distribution companies (LDCs) to serve their core customers – mostly residential and 
commercial heating – and by electric generators (with a much smaller amount used by non-core 
industrial customers).  LDCs pay for primary firm service on the gas transportation system, and 
electric generators typically either contract for a lower quality delivery service (non-firm, or 
interruptible), or purchase spot supplies on a daily basis.  When the system is constrained, the 
core customers have priority and it is the electric generators who face potential curtailment  If 
this occurs at a time when the gas is needed to fuel generators to meet electric load, it could 
potentially cause a reliability concern.  Even if gas delivery to non-firm customers is not 
curtailed, during peak winter periods spot gas prices can increase to several times typical levels, 
which could lead to a significant short term electricity price spike.  In the past several years there 
have been a couple of incidents in which gas-fired generators had difficulty getting sufficient gas 
supplies (e.g., a cold snap in January 2004; a disruption of Sable Island gas supplies in December 
2007).  In those incidents, however, the power system was still able to serve all load.   
 
The system’s reliance on natural gas for electric generation during the winter peak gas demand 
period is mitigated by several seasonal factors.  First, winter generating capacity for thermal 
units is higher than summer capacity (about 9 percent higher, in aggregate) due to lower ambient 
temperatures.  Second, winter electric demand is substantially lower (winter peak is about 20 
percent lower than summer peak).  Finally, wind turbines, which are added in large numbers to 
meet RPS requirements, produce significantly more energy (and thus provide more reliable 
capacity) in the winter season than in the summer.  Since electric capacity needs are determined 
by summer peak conditions where wind contributes very little, wind’s higher winter production 
further reduces gas reliance.  These three factors mean that there is quite a bit of additional slack 

                                                 
3 As discussed above with respect to the overall energy security question, New England is the relevant 

geographic scope for assessing natural gas dependence.  Both the electricity and natural gas markets are 
generally span New England, with Connecticut being an integral part of the larger regional market. 
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in the winter resource balance, and winter peak loads can be served with significantly less 
reliance on gas-fired capacity as compared with the summer peak.4   
 
In addition, dual-fuel capability (the ability to switch fuels to burn oil instead of gas) can help to 
further alleviate the gas-dependence problem.  ISO-NE has no dual-fuel requirement, and a 
significant amount of gas-fired capacity in New England does not have dual fuel capability.  As 
shown above, gas-only generators provided about 25 percent (7,702 MW) of New England’s 
generating capacity in 2008.  In its 2008 Regional System Plan, ISO-NE looked at the region’s 
dependence on natural gas for electric fuel.5  It found that 8,896 MW of capacity was gas-only, 
though 3,091 MW of this gas-only capacity did have permits to burn oil but had not added the 
physical capability to do so (it may take as little as a few months to physically add oil-burning 
capability once the necessary permits are in place).  Table 8.1 shows New England dual-fuel 
capabilities according to the ISO.6  Since then, in its 2009 Regional System Plan, ISO-NE 
reported that 40 percent of New England’s 2009 summer installed generating capacity (total 
31,443 MW) consisted of generators that use natural gas as their primary fuel, and about one-
third of these generators have dual-fuel capability (fuel oil).7  In total about 25 percent of New 
England’s overall generation consists of dual fuel units that have both the physical capability and 
the necessary permits to burn either gas or oil.  In addition, ISO-NE Cold Weather Rules, firm 
gas contracts at some gas-only plants, improved operating procedures within ISO-NE, and 
improved coordination between pipelines and ISO-NE, NYISO, and PJM can help mitigate 
concerns about gas availability.   
 
 

Table 8.1 
New England Dual Fuel Capability 

 

Unit Type
Winter Claimed 

Capability
(MW)

Gas only (no oil permit) 5,805
Gas with oil permit 3,091
Dual fuel 7,628

Total 16,524

Source:
2008 Regional System Plan, Section 7.4.1.  

 
                                                 
4 “2008-2017 Forecast Report of Capacity, Energy, Loads, and Transmission,” ISO New England, April 

2008. 
5 2008 Regional System Plan, ISO-NE, Section 7.4.1. 
6 In the Connecticut Peaker Solicitation (Docket 08-01-01), DPUC Review of Peaking Generation Projects, 

all 506 MW of new capacity will be dual fuel.  This new capacity is not reflected in the table. 
7 2009 Regional System Plan, ISO-NE, Section 6. 
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The Natural Gas section of this IRP discusses in greater detail the availability and deliverability 
of natural gas to fuel electric generation; see that section for a detailed discussion.  It concludes 
that increases and greater diversity of gas supplies, particularly unconventional resources like 
shale gas, and improved gas transportation infrastructure including pipeline expansions and new 
LNG import terminals, lead to an improved outlook for the availability and reliability of gas 
delivery to electric generators.  Also, prices are expected to remain reasonable, largely due to the 
recent increases in shale gas supplies.  A similar conclusion was reached by the New England 
ISO in its 2009 Regional System Plan: “Recent infrastructure enhancements to the regional 
natural gas systems should satisfy the needs of New England’s core space heating and power 
generation markets for years to come.”  Nonetheless, since New England does rely heavily on 
natural gas for power, to test this reliance and the potential for vulnerability to gas supply, we 
have simulated the effects of a gas supply disruption.   

8.D.1 Natural Gas Supply Disruption – Simulation 

We have analyzed a case to test the reliance of the New England power sector on natural gas in 
the winter peak gas demand season, simulating gas use only as a last resort (dual fueled units 
were assumed to use their alternate fuel rather than natural gas).  This allows us to see the extent 
to which the system actually needs to rely on natural gas during the winter period.  We 
performed this Gas Supply Disruption simulation for the entire winter season (December, 
January, February), using a case that is otherwise identical to the 2020 Base Case simulation 
described in Section II (Analytical Findings).  Of course, an actual winter gas disruption, if it 
occurred, would likely last only a few days during an extreme cold snap, and would be unlikely 
to make gas entirely unavailable for power generation (i.e., the severity of the gas restrictions 
would probably vary over the period of the cold snap).  But structuring the analysis as we did 
exposes the extent to which there may be any shorter periods within the winter season where a 
gas supply disruption might cause problems, as well as to determine the extent to which the 
system actually needs to rely on natural gas for generation.   
 
The Gas Supply Disruption simulation results showed that it would be possible for the system to 
meet winter loads with very little reliance on natural gas, and quite possibly none at all, 
throughout the winter season.  In the simulation, the only gas-fired capacity that was operated is 
a small amount of must-run gas-fired generation (about 126 MW) that runs in all hours (other 
than outage hours).  All of this must-run generation is new generation located in Connecticut.8  
The amount of gas used in the gas supply disruption simulation is very small, averaging 0.025 
Bcf/d, with a maximum of 0.027 Bcf/d.  This is 97-98 percent below the amount of gas that 
would be used if gas supplies were not limited – in the Base Case, winter gas use averages 
approximately 0.82 Bcf/d, and up to 1.18 Bcf/d.  Thus the system is able to meet load using only 
2-3 percent as much gas as it would otherwise use, and it is likely that not even this amount of 
gas capacity is actually needed – i.e., that it is running only because of its must-run designation.  
Although New England normally does use a significant amount of gas for winter power 
generation, this is primarily because that is the most economical way to operate the system.  The 
                                                 
8 Of this, 60 MW is the Ansonia Generating Facility, a monetary grant distributed generation project.  About 

23 MW consists of Project 150 fuel cells, which are required to have firm gas supplies, and another 42 
MW is a fuel cell generator not under Project 150. 
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seasonal factors discussed above: higher winter generating capacities, lower winter loads, and 
more wind energy in winter, in addition to dual fuel capability, combine to alleviate the system’s 
need to rely on winter gas use for energy security.  Figure 8.2 compares the amount of winter gas 
used in the Base Case with that used in the Gas Disruption simulation.   
 

Figure 8.2 
Winter Natural Gas Usage in Base Case versus Gas Disruption Simulation 
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Note that this one simulation does not indicate that New England’s concerns regarding natural 
gas availability for electric generation have been permanently resolved.  This simulation 
characterizes a future year in which the winter need for natural gas to fuel electric generation has 
decreased, due to increased wind generation and modest load growth, and significant dual fuel 
capacity is available.  The future may turn out differently in many respects, and in some such 
possible futures, gas dependence could be higher.  However, the result is quite striking, and 
should give some comfort that New England’s reliance on natural gas for electric generation is 
likely to be lower than in the past.   

8.E NUCLEAR GENERATION 

New England has over 4,600 MW of operating nuclear capacity.  About 1,300 MW of this 
capacity (Pilgrim and Vermont Yankee) will reach license expiration in 2012, though those units 
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have applied for and expect to receive 20-year license extensions.  Table 8.2 shows the operating 
New England reactors.   
 

Table 8.2 
Operating Nuclear Reactors in New England 

 

Unit Name Operator Reactor Vendor/Type Location

Current 
License 

Expiration 
Date

MW 
Rating

Pilgrim Entergy BWR GE Type 3 Plymouth, MA 6/8/2012 677

Vermont Yankee Entergy BWR GE Type 4 Vernon, VT 3/21/2012 604

Seabrook FPL Group PWR Westinghouse 4-Loop Seabrook, NH 3/15/2030 1,245

Millstone 2 Dominion PWR Combustion Engr Waterford, CT 7/31/2035 877

Millstone 3 Dominion PWR Westinghouse 4-Loop Waterford, CT 11/25/1945 1,235

Total Capacity 4,639
 

Source: 2009 CELT Report, ISO New England, April 2009.  Millstone 3 capacity was adjusted for the 
capacity uprate that took effect in Fall 2008.   

 
 
Fuel supply is unlikely to be an issue for nuclear plants, since nuclear fuel is procured on a 
relatively long advance schedule.  Also, unlike fossil plants which must be continuously 
provided with fuel to sustain power output, a nuclear plant typically operates for about 18 
months on a single fuel cycle, and there is some flexibility in how long a plant runs on a single 
fueling.  Similarly, nuclear spent fuel storage, though it may be a substantial long-term policy 
issue, is unlikely to cause energy security problems.  Fuel storage limitations can be foreseen far 
in advance and there are several technical options to address them.   
 
A more likely energy security issue for nuclear plants is the potential for an unplanned and 
potentially extended shutdown of one or more units.  Technical or operational problems, or even 
just the suspicion of such problems (e.g., due to the discovery of a problem at similar units) 
could cause such a shutdown.  A single-unit shutdown would result in the loss of from 600 to 
over 1,200 MW, depending on the unit.  Although the New England power supply system plans 
for such contingencies and has sufficient generating capacity reserves to accommodate such an 
event, it can still put stress on the system.  An outage of multiple nuclear units could have even 
greater consequences, and in the extreme (e.g., at summer peak) might begin to raise energy 
security concerns.   
 
Perhaps the most likely scenario for a multiple-unit shutdown would be the discovery of a 
problem with reactor design or operating procedures that would cause the precautionary 
shutdown of multiple similar units.  Not all the nuclear units in New England have a common 
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design, nor are all run by the same operator.  However, the two largest units, Seabrook and 
Millstone 3, are of the same design (Westinghouse Four Loop reactor) and combined represent 
nearly 2,500 MW.  Dominion operates both Millstone 2 and 3, with combined capacity of over 
2,100 MW.  The loss of either of these pairs of units could be substantial for the New England 
power system, particularly if it coincided with summer peak load times.   

8.E.1 Simultaneous Nuclear Outage – Simulation 

To explore the potential impact of a multi-unit simultaneous nuclear outage, and one that might 
have the greatest impact on Connecticut, we simulated an outage of both of the Millstone nuclear 
units at a time of approximate resource balance with the nuclear units in service (i.e., when the 
current generation surplus has been eliminated).9  Together the two Millstone units account for 
over 2,100 MW of capacity.10   
 
The simulation showed that a simultaneous outage of both Millstone nuclear units, if it were to 
coincide with peak summer loads, could put significant stress on the system.  During as many as 
60 high load hours, there could be a generating capacity deficiency.  In the few most extreme 
hours, the magnitude of the deficiency could be similar to the combined capacity of the nuclear 
units, and the deficiency would apply across much of the New England region, not just 
Connecticut.  Of course, in a scenario like a multiple nuclear outage, other stochastic events 
could ameliorate the problem or exacerbate it further.  For example, if an unusually high outage 
rate among other generators happened to coincide with peak load, or if the peak were higher than 
normal due to unusually extreme weather, the effect of a nuclear outage could be more severe.   
 
However, the fact that the simulation shows a capacity deficiency does not necessarily mean that 
there would be involuntary load curtailment.  The simulation is unable to characterize the 
standard operational steps available to the system operator to respond to a capacity deficiency 
condition.  The New England ISO has a clearly identified set of steps that it would take to 
respond to a capacity deficiency, codified in its Operating Procedure No. 4 (OP #4).  This 
operating procedure includes a number of ways to make additional generation available or 
reduce load, including:  

• allow 30-minute operating reserves to go to zero;  

• allow the depletion of 10-minute operating reserves; 

• acquire emergency support from neighboring control areas (curtail exports, increase 
imports, reserve sharing); 

• voltage reduction; 

• dispatch real-time emergency generation; and 

• request voluntary load curtailment.   

 
                                                 
9 Other than the absence of the nuclear units, the simulation was the same as the 2020 Base Case discussed 

in Section II (Analytical Findings).   
10 The loss of comparable amounts of any generation type would have similar effects.   
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In total, the ISO estimates that from 4,628 to 5,633 MW of additional generation and load relief 
may be available to it under OP #4, before needing to institute further actions such as involuntary 
load curtailment.11  This is more than twice the 2,100 MW capacity of the two Millstone units, 
and is similar to the total capacity of all five New England nuclear plants combined.  In addition, 
the OP #4 steps are all short-term reactive responses to an unexpected shortage.  A large outage 
of sustained duration may give sufficient lead time to investigate and implement slightly longer 
lead-time solutions, such as returning any mothballed units to service or bringing in portable 
generation.  If such an outage were to occur at a time of capacity surplus, as exists currently and 
is expected to continue for some years, the effect on the system would be correspondingly less 
severe.  It appears that although a multiple unit nuclear outage would impose substantial stresses, 
the electric system is likely to be able to manage such an event without needing to resort to 
involuntary load curtailment even in peak hours. 

8.F DEMAND-SIDE MANAGEMENT 

Demand-side management (DSM) can alleviate energy security risks by reducing overall energy 
demand and therefore reducing reliance on other resources that may present risks.  However, in 
the coming decade New England is expected to rely to an unprecedented extent on DSM to 
augment its energy and capacity resources.  DSM consists of energy efficiency (EE) measures 
which reduce the energy consumed by a particular end use, as well as demand response (DR) in 
which loads curtail only when needed in response to instructions from the ISO or an 
intermediary.  In the Forward Capacity Market (FCM), 700 MW of EE resources have been 
committed for delivery in the first FCM commitment period, June 2010-May 2011.  For the 
second commitment period, 2011-2012, this increases to 978 MW, and to 1,073 MW for the 
third commitment period, 2012-2013.12  Once an EE measure is installed and demonstrates its 
capacity, which it must do to participate in the Forward Capacity Market, it should be highly 
reliable and so should present no energy security concerns.   
 
Demand response resources have committed even more capacity in the FCM – 979 MW 
(excluding emergency generation) for the first FCM commitment period, 1,200 MW for the 
second, and 1,194 MW for the third period.  One potential issue with DR capacity is that as the 
total amount of demand response capacity on the system increases, each DR participant may be 
called upon more frequently.  In the past, interruptible load programs in New England (and most 
other markets) have actually interrupted loads very infrequently, but ISO-NE forecasts it may 
call DR resources quite frequently given the increased levels of DR now committed – around 60 
hours per year with the 50/50 load forecast, but if loads are high (e.g., the ISO’s 90/10 forecast) 
this could increase to over 80 hours just in the month of August.  (An individual resource might 
be called significantly less often, since only a fraction of total DR capacity may be called in any 
given instance, but the number of hours may nonetheless be significant).13  Whether these DR 
                                                 
11 ISO New England Operating Procedure No. 4, Action During a Capacity Deficiency – Appendix A – 

Estimates of Additional Generation and Load Relief, May 19, 2009, Revision No. 16. 
12 These figures include all “passive” demand resources. 
13 For example, see ISO-NE’s “Demand Resource Operable Capacity Analysis – Assumptions for 2013/14 

(FCA4)”, October 15, 2009.   
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resources will be fully dependable has not been demonstrated, and will not at least until the first 
commitment period begins June 2010.  In the face of such high call rates, DR participation may 
hypothetically be discouraged, and/or participants may fail to respond, leading to a situation 
where DR might not provide as much capacity as expected.  On the other hand, by current ISO 
rules, if an individual participant fails to respond, they (or the load response aggregator, if 
applicable) are financially responsible.  The ISO has identified this issue as a concern and is 
taking steps to inform DR participants of how frequently their capacity may be called so that the 
potential high call rate is understood.  

8.G TRANSMISSION  

Electric transmission is clearly an integral part of the power system in New England as well as 
Connecticut and plays a key role in energy security – transmission must function reliably in 
order to deliver power to customers.  Through its external interfaces with New York and Canada, 
New England both imports and exports power.  Connecticut itself is integrated with the 
remainder of the New England power system via several transmission interconnections, and is 
also connected to New York via a 345kV tie line and other lower voltage links.  At any given 
moment, power may be (and almost always is) flowing into or out of Connecticut, or both 
simultaneously over different transmission links.  Transmission flows can vary significantly over 
short periods as total load and its geographic pattern change, generation dispatch changes, or 
generation and transmission elements may experience outages.  Flows generally tend to follow 
some predictable patterns (at least when the system is in normal conditions), though the 
underlying patterns can change over longer periods as generating capacity is added or retired, 
load patterns change, or the transmission system is enhanced.   
 
Flows on the transmission system are determined by the amounts and locations of power 
injections by generators and power withdrawals by load, as well as the characteristics of the 
transmission system itself.  At any point in time, the system is operated by ISO-NE in order to 
meet load reliably (operating the system primarily means dispatching generation to provide 
energy and reserves; the transmission system itself is mostly passive).  System operation is based 
on a security-constrained economic dispatch that takes account of the locations of generation and 
load and the capabilities of the transmission system to move power between them.  It ensures 
that reliable service can be maintained even in the event of a contingency (e.g., the unexpected 
failure of one or more generation or transmission components).  Over the longer-term planning 
horizon, ISO-NE’s transmission planning protocols are documented in its Regional System Plan.  
It determines installed capacity requirement (ICR), locational requirements for generation 
infrastructure (such as the Local Sourcing Requirements, LSR, and Locational Forward Reserve 
Market, LFRM), and performs a Transmission Security Analysis (TSA) to ensure that the system 
infrastructure will be adequate to support continued reliable operation in the future.  All of these 
analyses take account of the transmission infrastructure available and possible contingencies.   
 
In operation, system dispatch is driven largely by economics, within the operating constraints 
that ensure system performance and reliability.  While there are many different dispatch 
combinations that would serve load, each leading to its own pattern of transmission flows, the 
economically lowest cost dispatch (among those that respect operating constraints) is the one that 



 

8-15 
 

is implemented by ISO-NE.  This means that when transmission imports into Connecticut (or 
any other sub-region of a larger market) do occur, they do not necessarily indicate a “reliance” 
on imports.  Imports are often the result of economic factors and/or reliability needs given the 
state of the system (e.g., actual and potential outages).    
 
In the future, significant changes in the geographic patterns of generating capacity and loads may 
affect transmission flows and transmission requirements in Connecticut and New England, and 
may ultimately require enhancements to the transmission system beyond those currently being 
considered.  For example, the addition of significant amounts of remote renewable generating 
capacity or the retirement of local generation may increase the need to import power to 
Connecticut, and the transmission system may need to be expanded to support those flows.  

8.G.1 Transmission Planning for Reliability and Energy Security 

ISO-NE is obligated by NERC (via TPL Standards) and NPCC (Directory #1 Design and 
Operation of the Bulk Power System) to perform an annual reliability assessment of the New 
England bulk electric system for both the short-term (1-5 years) and long-term (6-10 years) 
planning horizons.  These studies include assessments of the system’s ability to meet steady-state 
(thermal, voltage, short-circuit) and dynamic (angular and voltage stability) criteria during 
normal and stressed system conditions, including after unexpected system disturbances 
(contingencies).   
 
In these assessments, “normal contingencies” are evaluated which mainly involve loss of a single 
element of the system (N-1, e.g., loss of a single element such as a critical transmission line), and 
loss of a single element followed by the loss of another single element (N-1-1, e.g., loss of two 
elements, such as a critical generator and a critical transmission line, or two transmission lines).   
 
In addition, it is recognized that the bulk electric system can be subjected to much lower 
probability and much more severe conditions than those simulated with normal contingencies in 
reliability assessments.  Therefore, ISO-NE also evaluates the risks and consequences of what 
are referred to as “extreme contingencies” (EC) or “extreme events,” which allow ISO-NE to 
obtain an indication of system robustness and to determine the extent of a widespread adverse 
system response.  In these extreme contingency studies, ISO-NE’s transmission planners assess 
what are considered to be some of the most critical, albeit low probability, events across the New 
England bulk electric system, including Connecticut.  Examples of extreme events analyzed 
include: 

• Loss of all transmission circuits on a common Right-of-Way (e.g., multiple Extra-High 
Voltage (EHV) 345 kV transmission circuits) 

• Loss of an entire substation  

• 3-phase system faults (most severe) with a malfunction of circuit breakers to clear the 
fault as designed (i.e., “stuck breakers”).   

 

These types of contingencies will often result in the loss of two or more critical transmission 
elements. 
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In its most recent assessment, ISO-NE analyzed numerous extreme criteria contingencies across 
New England.14  Some contingencies resulted in the loss of generation, as a part of the 
contingency studied, as a result of Special Protection System (SPS) operation or because of 
generating units being transiently unstable.  However, with consideration of reliability projects 
already in-service or planned, ISO-NE does not anticipate any adverse system impacts due to 
most of the extreme contingencies analyzed, and ascertained that the probability of certain other 
extreme contingencies to cause adverse effects was very low.  Therefore, ISO-NE concluded that 
additional measures, beyond projects already planned in New England, are not required to 
mitigate reliability exposures to the transmission system. 

8.G.2 Response to a Transmission Contingency 

Most isolated transmission contingency events – like the failure of a line or transformer – can be 
accommodated by adjusting system operation.  In fact, the system is required to operate so that it 
can withstand the loss of any single transmission (or generation) component, as well as the loss 
of a second component with a first component already out of service.  Of course, low probability 
events that may have a more widespread effect can and do occur on occasion.  For example, a 
severe hurricane or ice storm could damage several parts of the transmission infrastructure 
simultaneously.15  Of course such an event could lead to many different possible combinations of 
particular components being affected; whether such an event would have a major effect on the 
system depends on the particular infrastructure affected and the capability of the system to 
respond.  It is impossible to evaluate all such possibilities for their potential effects, but in 
general there is a three-stage response following a major transmission contingency event.   
 

1. Operational Response:  The power system is designed to be robust and operated to be 
flexible to respond to unforeseen events. Within minutes of an event, system operation is 
adjusted to accommodate the contingency as best as possible.  For example, if a 
transmission line is lost, spinning reserves and fast start units, which are kept available at 
all times, may be dispatched to produce energy in the area that the lost line had been 
serving.  Over the ensuing minutes or hours, additional redispatch may occur to restore 
the system’s ability to respond to another event, and to operate as economically as 
possible given the new system configuration.  In most but not all cases, service can be 
maintained by adjusting system operation. 

2. Temporary Repair:  If permanent repairs to failed infrastructure cannot be implemented 
readily, the transmission owner may perform temporary repairs to the failed 
component(s) to restore the system to normal or near-normal operation.  Such temporary 
repairs typically are completed very quickly.   

3. Permanent Repair:  Permanent repairs may begin as an initial response to an extreme or 
widespread failure, or some time later if a temporary repair was implemented to address 
the failure immediately.  Depending upon the type and extent of the failure, a permanent 

                                                 
14  2008 Comprehensive Area Transmission Review, ISO New England. 
15  Such an event can also cause widespread outages at the distribution level, which are more common and 

often more extensive than transmission failures, though are not generally considered to be energy security 
concerns.   
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repair may take a longer time to implement, due to the potential need to procure 
replacement equipment or to deliver stored equipment from company stock or from 
neighboring utilities through mutual assistance agreements.  However, as discussed 
above, temporary infrastructure may be put in place to restore the transmission system to 
near normal conditions very quickly. 

 
In order to enable an effective response, well in advance of any event and on an ongoing basis 
the transmission owners analyze the transmission system to identify critical components that 
might have long lead times.  As a result of such analyses, they inventory spares of the key 
components, including components that may be needed for temporary restoration.  Such 
components include but are not limited to transformers, reels of transmission conductors, circuit 
breakers, insulators, spare conducting cables, and transmission components.  Since some of these 
components are large and difficult to transport (e.g., may be unable to cross some bridges or 
underpasses), the transmission owners also warehouse these spares strategically at diverse 
locations across the system to facilitate delivery to the needed location.   
 
In addition, transmission owners have long maintained mutual assistance agreements with other 
transmission owners, whereby a system that suffers a significant failure can call on neighboring 
systems (or even distant ones) for crews and equipment to facilitate repairs.  They also rely on 
other transmission owners to augment their access to spare components that they may not 
inventory themselves.  Such assistance is typically reciprocal.  Connecticut’s transmission 
owners have both received and provided such assistance numerous times, working with other 
transmission companies as far away as Florida, the Midwest or Canada.   
 
An example of one of the most extreme possible transmission (and distribution) contingencies is 
the North American ice storm of 1998.  This was a massive ice storm that struck a relatively 
narrow region of Canada including eastern Ontario and southern Quebec, and bordering U.S. 
areas from northern New York to central Maine (see Figure 8.3).  For more than 80 hours in 
early January 1998, steady freezing rain and drizzle fell over an area of several thousand square 
miles, causing ice buildup of three to four inches.  The weight of this ice accumulation caused 
massive damage to electrical infrastructure all across the region.  About 1,000 steel transmission 
pylons (said, in Quebec, to be the most solid in the world) collapsed in chain reactions as one 
crumpling tower pulled down the next, and 35,000 wooden utility poles were crushed.  Over 4 
million people were left without power for periods ranging from days to nearly a month.  There 
were about 30 fatalities, a shut-down of activities in large cities like Montreal and Ottawa, and 
overall damage estimated at around $5 billion.  Damage to the power grid was so severe that 
unprecedented reconstruction, rather than repair, was required to restore the regional electrical 
grid.   
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Figure 8.3 
The North American Ice Storm of 1998 – Freezing Rain Accumulation 

 

 
Source:  Wikimedia, based on data from Environment Canada. 

 
 
Still, despite the magnitude and broad geographic extent of the damage to the power system, 
service was restored relatively quickly.  Many areas were returned to service within days, and 
virtually all within several weeks.  (Further, many of the outages were at the distribution level, 
not necessarily at the transmission level.) 
 
The electric system is designed and operated with a level of redundancy that allows it to absorb 
most isolated transmission failures with no impact on customer service.  Even in those cases 
where an extreme event does cause a significant transmission failure, the transmission owners’ 
recovery capabilities and procedures typically ensure that any service interruption is brief – 
probably measured in hours or at most days.   
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9. NATURAL GAS IN CONNECTICUT AND NEW ENGLAND ELECTRICITY 
MARKETS 

9.A SUMMARY AND KEY FINDINGS 

Summary 

The objective of this whitepaper is to examine the natural gas outlook from a regional 
perspective, focusing on natural gas supply, import and delivery capacity, and demand.  We 
assess how potential constraints might affect the availability and reliability of natural gas supply 
in Connecticut and New England over a three, five and ten year horizon and beyond.  This report 
has drawn on data and information from a variety of sources, including the Northeast Gas 
Association, the Energy Information Administration, the interstate pipelines, LNG developers, 
natural gas and electricity distribution companies serving the region, and publicly available 
industry analysis and news.  Efforts have been made to consider stakeholder input and 
incorporate numerous views.   
 
Natural gas plays a critical role in the Connecticut and New England electric systems.  It fuels 
the largest share of New England’s power generation, about 41 percent of electricity produced in 
2008.  Gas-fired generators account for 38 percent of New England’s generation capacity and set 
the ISO locational marginal price (LMP) 62 percent of the time in 2008.1  Although generation 
actually located within Connecticut is more heavily weighted toward nuclear, natural gas is 
critical to supply and plays a key role in setting the market price of power in all of New England.   
 
The New England region does not have indigenous natural gas production or underground 
storage capacity and is dependent upon long-haul, interstate gas transmission pipelines.  Since 
the 1950s, gas has been imported via pipeline from the Texas-Louisiana Gulf Coast, with 
additional supply sources from Canada via several new pipelines built in the 1990s.  Since 1971, 
liquefied natural gas (LNG) at the Distrigas/Suez terminal in Everett, Massachusetts has 
supplemented the import portfolio.   
 
New England’s heavy reliance on natural gas has negatively affected power consumers during 
recent high gas price periods (late 2005 with Hurricanes Katrina and Rita, and in 2007 with the 
run-up in oil price), but has lately been a boon as gas prices have fallen to the lowest levels in 
recent memory (see spot gas prices in Figure 9.1).  Current low gas prices are due in large part to 
recession-induced demand weakness and conservation, but also by supply strength.  Excess 
supplies have been injected into storage, pushing inventories to record levels and driving natural 
gas prices and New England power prices down precipitously.  Though natural gas prices are 
relatively attractive now, the public and policy makers are appropriately concerned about the 
potential for a long-term price increase or another gas price spike.   
 

                                                 
1  ISO New England 2009 Regional System Plan, October 15, 2009. 
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Figure 9.1 
Henry Hub Spot Price 
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Source: Platts, Gas Daily. 

 
 
Recent developments suggest that the long term outlook for natural gas in New England is 
positive.  There has been a dramatic improvement in the outlook for long-term U.S. natural gas 
supply and price in the last year, driven primarily by increasing “unconventional gas” production 
and reserves – mostly shale gas, but also coal bed methane and other “tight” gas formations.  
These unconventional sources have been called a “game changer” and the “biggest energy 
innovation of the decade” that could “transform the debate over generating electricity.”2  
Analysts have forecast that the major shale gas plays can cover their break-even costs for around 
$4.00/MMBtu.3  Of particular interest to the Northeast is the Marcellus Shale, due to the 
magnitude of the supply potential, its expected low cost and its nearby Appalachian location.  
Additional supplies are coming via new pipeline capacity from the Rocky Mountains and from 
new LNG terminals, and additional infrastructure is being developed to deliver these supplies 
into New England.  Both short-term and long-term gas prices have declined markedly.  While 
this new potential supply, particularly shale gas, has yet to be fully realized, and factors could yet 
hinder its development, the outlook for natural gas supply for power generation in New England 
is significantly improved compared to even just a few years ago.   
 
                                                 
2  “America’s Natural Gas Revolution,” Wall Street Journal, November 2, 2009. 
3  E.g., see the November 30, 2009 report by Scotiabank Group analyst Patricia Mohr. 
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Key Findings 

• The overall supply picture for domestic natural gas appears promising, due particularly to 
the advent of new unconventional gas supplies such as shale gas.  This expanding supply 
should be adequate to accommodate even increased gas demand, though the ultimate 
extent and pace of the new supplies coming online is not certain.     

• Pipeline and LNG delivery capacity to New England have increased over the past several 
years, with additional new expansion projects still in development for the near future.  
Gas delivery capacity to serve average and peak needs has improved measurably from a 
few years ago (though this does not address gas local distribution company (LDC) 
deliverability issues, where additional expansions may be necessary).   

• LNG and Canadian conventional gas may be less important for augmenting New England 
gas supplies than was expected in the recent past, due to the advent of new domestic 
supplies at lower prices.  They will nonetheless continue to serve as a backstop for the 
availability and price of domestic gas supplies.  Regardless of whether it actually does 
substitute for domestic gas more widely, LNG will remain a crucial component of New 
England’s ability to meet peak gas demands in the winter heating season. 

• Natural gas prices are expected to remain reasonable at around $7.00/MMBtu (real 
dollars) in the long term, driven largely by new unconventional supply sources.  However 
there is no certainty that these current price expectations will be fulfilled; a long-term gas 
price range of approximately $4-10/MMBtu was examined in this study.  Regardless of 
what happens to the long-term price of gas, short-term gas prices can be volatile. 

9.B U.S. NATURAL GAS SUPPLY 

As indicated in Figure 9.2 below, U.S. production from conventional sources has declined 
recently and is projected to continue to decrease.  Similarly, though Canada has been a valuable 
supplier of gas to the U.S. and the Northeast for decades and will remain important for years, its 
share of the U.S. market is expected to decline over the long term as Western Canadian sources 
decline and Canada’s own gas demand increases.  Offsetting these trends, however, production 
from unconventional sources has exploded, more than making up for the decline in conventional 
production.  This production increase has occurred despite a drop in U.S. drilling activity.  U.S. 
gas-targeted drilling activity dropped by 42 percent from January through July 2009, but there 
was only a 1.5 percent decline in U.S. natural gas production in the third quarter compared to the 
same quarter in 2008.  According to Scotiabank Group analyst Patricia Mohr, “This apparent 
disconnect between drilling activity and production reflects much greater individual well 
productivity with horizontal, multiple-fracturing drilling and considerably greater initial flow 
rates from shale developments than conventional vertical wells.”4 

                                                 
4  November 30, 2009 report by Scotiabank Group. 
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Figure 9.2 
Sources of Natural Gas Supply (Tcf) 

 

 
 
 
Furthermore, overall U.S. reserves are increasing as indicated in Figure 9.3 below, largely due to 
these unconventional sources. The U.S. EIA reported that in 2008, proved natural reserves rose 
enough not only to replace production, but also to grow by almost 3 percent over 2007.  Proved 
reserves attributable to shale reservoirs grew dramatically, up 51 percent to 32.8 trillion cubic 
feet (Tcf), or 13 percent of the 245 Tcf total.  In a June 2009 resource assessment, the Potential 
Gas Committee estimated total U.S. natural gas resources at 1,836 Tcf, the highest resource 
evaluation in their history.  At current consumption rates, this represents over 80 years of supply. 
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Figure 9.3 
U.S. Dry Natural Gas Proved Reserves 
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Source: EIA, Dry Natural Gas Reserves. 

 
 
While geologists have known for decades that shale contained large quantities of natural gas, 
only in the last few years have producers been able to develop this resource economically.  The 
key to unlocking it has been a new drilling technique that combines horizontal drilling and 
hydraulic fracturing.  Shale formations have low permeability, meaning that gas molecules do 
not flow easily through the rock.  With horizontal drilling, producers drill parallel to grade of the 
formation, reaching a far larger area of productive capacity than with traditional vertical wells.  
Improved hydraulic fracturing techniques inject a mixture of water and sand under high pressure 
to open pathways through which gas molecules can flow.  Drilling success with shale gas is far 
more certain than with conventional resources, and shale gas wells tend to produce a large 
volume of gas initially, after which they drop quickly to a much lower long-term production rate.  
This drilling technique, developed by U.S. independent gas producers, dramatically increases the 
amount of gas that can be developed at relatively low cost compared to only a few years ago.  It 
is perhaps surprising that this technological development, which could have such a dramatic 
impact on U.S. and potentially on world energy supplies, has occurred with so little fanfare.  
Figure 9.4 shows the location of U.S. shale deposits now being commercially developed. 
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Figure 9.4 
U.S. Gas Shale Gas Plays 

 

 
 
 
Particularly encouraging for New England is that one of the most promising shale deposits, the 
Marcellus Shale, is located within 300 miles of Connecticut.  In early 2008, geology professors 
Terry Engelder and Gary Lash estimated the Marcellus might contain more than 500 Tcf of gas, 
about 10 percent of which might be recoverable.5  Figure 9.5 shows projected production from 
the Marcellus Shale.  To put these numbers in context, total New England natural gas usage 
currently averages about 2,000 MMcf/d.    

 

                                                 
5  For example, see http://geology.com/articles/marcellus-shale.shtml.  Also, Engelder, Terry and Lash, Gary 

(2008). “Unconventional Natural Gas Reservoir Could Boost U.S. Supply,” Penn State Live, 
http://live.psu.edu/story/28116.   
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Figure 9.5 
Marcellus Shale Projected Production 

 

 
 
 
Importantly, recent production cost estimates indicate that shale gas can be developed relatively 
inexpensively.  Figure 9.6 shows that many shale formations may be developed at $4-6/MMBtu.  
The Marcellus Shale may be at the lower end of that range.  Further, since shale gas wells tend to 
produce a burst of gas initially and decline quickly, increased shale development may increase 
overall supply flexibility, both upward and downward, which could help to mitigate future gas 
price volatility (though other factors may also affect volatility).   
 
 

Figure 9.6 
Shale Gas Development Economics (2009 Real $) 
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Beyond the new unconventional domestic supplies, across North America a number of new LNG 
import terminals have recently come online and more are scheduled, including several in and 
around New England.  These projects were inspired by the market view that prevailed a few 
years ago when they were planned, which held that conventional supplies were in decline but gas 
demand was still rising, with long-term gas price expectations high enough to support LNG from 
world markets.   
 
More recently, that view has been upended by the factors discussed above.  The increase in 
unconventional supply, combined with the recent short-term drop in demand, has pushed U.S. 
gas prices downward and made LNG much less attractive as a supply resource.  After rising 
fairly consistently from 2001 through 2007, New England’s LNG imports fell in 2008 (see 
Figure 9.7).  The Northeast Gateway LNG terminal (offshore near Boston), which was fully 
operational in early 2008, received its first LNG shipment in May 2008 but did not receive 
another shipment for at least the next six months.6     
 
Regardless of this, the fact that these import terminals are now in place creates a potential 
backstop supply source.  World LNG production capacity continues to increase as new 
liquefaction facilities come online, and may be in surplus for some time.  If the U.S. outlook 
were to change such that supply is tight and prices rise sufficiently, LNG imports could serve as 
a supply backstop to help to ensure availability and mitigate further price increase.  One caution 
is that if New England or other U.S. regions needed to rely on LNG, they would have to compete 
in international markets for price and availability.  Some LNG cargoes can be diverted to where 
supplies are most needed, but most LNG is delivered under long-term contract and there is not 
yet a well-developed LNG spot market. Further, world LNG markets may be dominated by a few 
large and potentially unappealing suppliers.  Russia, Iran, and Qatar rank first, second, and third 
in gas reserves, together holding nearly 60 percent of world reserves.  Eighty percent of world 
reserves are in Russia and OPEC countries, opening the potential for cartelization of LNG 
markets.  If the LNG market were to become uncompetitive, and if New England were to begin 
relying heavily on LNG for generation, then New England customers could be exposed to any 
resulting LNG price and availability risks.   
 

                                                 
6  Northeast Gas Association Statistical Guide 2008, page 9. 
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Figure 9.7 
Annual New England LNG Imports (Bcf/year) 

 

 
Source:  U.S. DOE, Office of Fossil Energy, Office of Natural Gas 
Regulatory Activities, via Northeast Gas Association. 

 
 
Another potential long-term supply source is Alaska and northern Canada.  There is strong 
production potential in Alaska and the Mackenzie Delta in Canada, which could access the lower 
48 states if a natural gas pipeline were constructed.  Such a pipeline has been discussed for 
decades, and it remains a long-term possibility, but for many of the same reasons already 
discussed, it is receiving much less interest recently.  Its high cost and long lead time make it 
relatively unattractive in the face of the optimistic outlook for unconventional production in the 
lower 48 states.  Whether these remote supply basins and a pipeline are developed will likely be 
determined by how the development of shale and other unconventional sources progress in the 
North American market.   

9.C NATURAL GAS DELIVERY TO NEW ENGLAND 

With no natural gas production of its own, New England relies on deliveries through five major 
interstate pipelines, supplemented by liquefied natural gas and propane supplies to meet peak day 
requirements.  Approximately 80 percent of New England’s total annual gas supplies come from 
North America (mostly the U.S., plus a significant share from Canada) and the remaining 20 
percent from LNG and propane.  Historically, most natural gas has been delivered to New 
England from Gulf of Mexico supply basins along the Tennessee Gas Pipeline (TGP) and the 
Algonquin Gas Transmission Pipeline (AGT), both built in the 1950s.  Imports from Western 
Canada commenced in 1992 through the Iroquois Gas Transmission System (IGTS); in 1999 the 
Portland Natural Gas Transmission System (PNGTS) added additional Canadian capacity.  Also 
in 1999, the Maritimes & Northeast Pipeline began to bring gas from Sable Island in Eastern 
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Canada.  (Granite State Gas Transmission is a sixth interstate pipeline within New England, but 
it does not bring additional gas into New England.)  The five pipelines serving New England are 
shown in Figure 9.8, with additional detail in Appendix 9-1. 
 
 

Figure 9.8 
New England Natural Gas Transmission System 

 

 
 
 
With no underground storage of its own, New England also relies on storage capacity in 
Pennsylvania, New York, and Michigan as a critical part of the natural gas supply and delivery 
chain.  These storage areas are accessed via the major interstate pipelines – particularly the 
Tennessee, Algonquin, and Iroquois pipelines.  As indicated in Figure 9.9, a number of new 
storage projects have recently been completed or are proposed.  Greyhawk and Steckman Ridge 
Storage (6 and 12 Bcf, respectively) were put into service in 2009.  The Salt Springs Storage 
Project (4 Bcf) in south-central New Brunswick is evaluating the potential for underground salt 
cavern storage to supplement the Canaport LNG facility or other regional Canadian production.  
Other salt cavern project sites are being evaluated near Truro, Nova Scotia.  In aggregate, these 
storage expansions are a relatively small increment to the approximately 1,000 Bcf storage 
capacity in New York and Pennsylvania.  
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Figure 9.9 
Northeast U.S. Underground Storage Projects – New and Proposed 

 

 
 
 
LNG supplies about 20 percent of the natural gas used within New England.  New England is the 
site of two operating import terminals for LNG, with another in nearby New Brunswick and a 
fourth scheduled to be brought into service in 2010.  The Distrigas terminal at Everett, 
Massachusetts, owned by GDF SUEZ and operating since 1971, has historically imported LNG 
from Trinidad & Tobago, though some cargoes from Egypt were received in 2009.  This facility 
has storage capacity of 3.4 Bcf.  The second LNG facility, Northeast Gateway owned by 
Excelerate Energy and located offshore Cape Ann, Massachusetts, became fully operational in 
early 2008, receiving its first delivery in May 2008.  A third facility, Canaport LNG, owned and 
operated by Repsol and Irving Oil, became operational in mid-2009.  It is located outside of New 
England in New Brunswick, Canada.  It can deliver up to 1 Bcf of gas a day into the Brunswick 
Pipeline, which connects with the Maritimes & Northeast Pipeline and then into the New 
England market.  It also receives its LNG principally from Trinidad, but has plans to diversify its 
supply sources in the future (a cargo from Qatar arrived in late 2009).  In spring 2010, another 
offshore LNG facility off Cape Ann, Massachusetts will become operational – the Neptune LNG 
facility of GDF SUEZ.  These existing and new LNG import facilities are indicated in Figure 
9.10, along with several additional facilities in earlier planning stages.  
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Figure 9.10 
Existing and Proposed LNG Import Facilities 

 

 
 
 
In contrast to the majority of supply that is delivered by interstate pipeline from the south and 
west, the LNG facilities feeding New England are generally located north and east of the load 
centers.  “Backfeeding” LNG from this direction means that LNG not only helps to increase 
supply diversity into the region, but it also avoids the potentially constrained pipelines from the 
Gulf and Western Canada, allowing higher total volumes to be delivered on an annual and peak 
day basis.   
 
With no local underground storage, New England relies on LNG storage to meet 30 percent of 
peak day requirements.  Much of this is delivered from satellite LNG storage facilities on the 
LDC systems (propane is also used for this purpose but to a much lesser extent).  New England 
LDCs own 47 satellite LNG tanks with 16.2 Bcf of storage capacity allowing deliveries of 
almost 1.5 Bcf/d.  They also have 189 propane tanks with 0.75 Bcf storage capacity, and delivery 
capability of about 50 MMcf/d, though propane vaporization capacity has been reduced recently, 
reflecting its high cost relative to LNG.  The LNG served from the satellite facilities can be 
trucked in from LNG import terminals, or it can be produced at the LNG storage facility by 
processing pipeline supplies.  The location of the major satellite LNG storage facilities is shown 
in Figure 9.11 below.   
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Figure 9.11 
Major LNG Storage Facilities in New England 

 

 
Source: Yankee Gas. 

 
 

9.D INTERSTATE PIPELINE EXPANSION PROJECTS 

The last several years have seen a significant increase in pipeline infrastructure development 
across the U.S., largely to accommodate the increased production from shale gas and new LNG 
import capability.  Increased production from new supply areas has created pipeline constraints 
and the need to add new capacity.  Dozens of projects have been completed and many others are 
being proposed, as illustrated in Figure 9.12.  The pace of construction has increased appreciably 
from previous years.   
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Figure 9.12 
Major Potential Natural Gas Pipeline Expansions, 2009-2011 

 

 
 
 
Several of these projects have been important to New England:   

• Algonquin Pipeline:  Algonquin is in the process of completing the “HubLine/East to 
West Project” designed to accommodate increased receipts of LNG sourced at the east 
end of their system.  Shipper contracts have been signed and the project is awaiting final 
FERC approval before construction begins.   

• Maritimes & Northeast Pipeline Phase IV Project:  This pipeline, owned by Spectra 
(77.53 percent), Emera (12.92 percent), and ExxonMobil (9.55 percent), was initially 
built to transport supply from Sable Island offshore Nova Scotia into New England.  In 
2009, it was expanded from about 400 to 800 MMcf/d to accommodate LNG shipments 
from the newly constructed Canaport facility in New Brunswick.    

• Millennium Pipeline:  Millennium, owned jointly by subsidiaries of NiSource, National 
Grid, and DTE Energy, started commercial operation in December 2008 and is designed 
to bring up to 525 MMcf/d from western New York to Algonquin Pipeline at Ramapo, 
New York as indicated in Figure 9.13.  This pipeline allows increased deliveries of 
storage gas in Western New York as well as Marcellus production to New England’s 
border.    
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Figure 9.13 
Millennium Pipeline 

 

 
Source: Millennium Pipeline Company, LLC. 

 
 

• Rockies Express Pipeline:  Rockies Express has been one of the largest new pipelines 
ever built in the U.S., bringing 1.8 Bcf/d gas from production areas in the Rocky 
Mountains across the country and ultimately to the Northeast, as illustrated in Figure 
9.14.  The western portion of the pipeline began service June 29, 2009, and the final 195 
miles to Clarington, Ohio began operating in December 2009. 
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Figure 9.14 
Rockies Express Pipeline 

 

 
 
 
In addition to these recently completed pipeline expansion projects, numerous other projects are 
proposed.  Figure 9.15 shows some of these, with additional information in Appendix 9-2.  Some 
of these projects ultimately might not be developed, and of course other new projects may be 
proposed.  Nevertheless, this large number of additional proposals is indicative that some may 
ultimately go forward and further increase the capability and reliability of New England’s natural 
gas delivery system. 
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Figure 9.15 
Proposed New Interstate Pipeline Projects 

 

 
Source:  Northeast Gas Association. 

 
 

9.E POTENTIAL NATURAL GAS SUPPLY AND DELIVERY CAPACITY CHALLENGES 

While production from the Marcellus Shale has begun, the size, recoverability, and cost of the 
resource base are not known with confidence.  Also, environmental issues could hamper its 
development.  Most significant are the availability of the large volumes of water required to 
fracture the shale, and the corresponding potential for contamination of drinking water aquifers 
by hydrocarbons and chemicals used in fracturing.  So far, the evidence suggests that 
groundwater contamination is of greatest concern with surface treatment and operational errors 
rather than with proper undersurface drilling.  Deeper lying gas-bearing rock layers typically are 
separated from aquifers by thousands of vertical feet of rock.  Pollution can occur at the surface, 
however, or if wells are drilled improperly.  For example, in September 2009, Cabot Oil and Gas 
was required to suspend fracturing operations for 3 weeks after causing 3 surface spills in 19 
days.  It was fined by the state of Pennsylvania for contaminating domestic water wells.  
 
While the New York Times reported recently that “the evidence of groundwater pollution is 
thin,” in the same article, Aubrey McClendon, the chief executive of Chesapeake Energy, one of 
the largest Marcellus producers, acknowledged that, “To be able to scale up our drilling, clearly 
we have to be in sync with people’s concerns about water...It’s our biggest challenge.”7  Rodney 
                                                 
7  “Dark Side of a Natural Gas Boom,” New York Times, December 8, 2009. 
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L. Waller, a senior Vice President at Range Resources, another large producer in the Marcellus, 
indicated, “It’s not going to stop us, but we do have to resolve the problem in a prudent manner.”  
While the EPA concluded in a 2004 study that hydraulic fracturing was essentially harmless, the 
issue has the potential to slow the development of the Marcellus and other shales, and EPA may 
oversee hydraulic fracturing activities.   
 
Another potential concern is the development of the pipeline capacity required to bring shale gas 
to market.  Pipeline projects are costly and generally must secure long term contracts with 
creditworthy shippers in order to be developed.  In deregulated markets, gas LDCs and electric 
distribution companies may have difficulty in getting regulatory support for long term contracts.  
Competitive gas suppliers and power plants may also find it difficult to support long term 
contracts, since they may not be able to count on a stable long-term gas demand.  Even if long 
term contracts can be secured, the recent credit crisis has made project financing difficult to 
obtain.  Although some of this void is being filled by gas producers looking for a secure outlet 
for their gas, the difficulty in securing long term contracts and construction financing can be 
impediments to infrastructure development.   
 
Several of the interstate pipeline expansion projects discussed above will improve the ability to 
deliver gas close to New England.  However, it may still be necessary to expand local LDC 
pipelines as well in order to deliver gas to the ultimate users.  

9.F NEW ENGLAND NATURAL GAS DEMAND 

Figure 9.16 shows the Energy Information Administration's (EIA's) 2009 forecast for growth in 
New England's gas consumption until 2030.8  Much of the overall growth is in electric 
generation.  However, overall gas demand is only part of the story, and does not measure the 
ability to deliver gas at all the times when it is actually needed (it also does not distinguish dual-
fuel from gas-only capacity, which is important for understanding the degree of actual reliance 
on natural gas for power).  To approach this question, we look at regional peak day gas demand, 
which occurs during the winter heating season.  Although gas demand from electric generation 
accounts for about half of New England’s total annual gas demand, it is a relatively small share 
of peak day gas demand.  There are two primary reasons for this.  First, electric demand for gas 
is typically lower in winter than during the summer electric peak.  Second and more important, 
non-electric gas demand is much higher on a winter peak day than it is on average.   
 

                                                 
8  EIA, Annual Energy Outlook 2009, Supplemental Table 1. 
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Figure 9.16 
EIA’s Projected Growth in New England Gas Consumption 
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Source: US Energy Information Administration, “2009 Annual Energy Outlook.” 

 
 
Table 9.1 presents the 2005–2020 peak day natural gas demand forecast for New England from a 
2005 report to the New England Governors, showing forecasted peak day LDC demand, as well 
as natural gas demand by electric generators on regional peak day.  The total natural gas capable 
installed capacity for winter 2003-04 was 17,341 MW or 52 percent of all installed generating 
capacity in New England.  The Governors’ study assumed that all gas-fired capable power 
plants, net of average winter forced and unforced outages, need to operate and be dispatched on 
the theoretical peak day to maintain electric reliability.  However, it reduced electric generator 
gas demand to 61 percent of calculated demand to reflect the fact that generators typically do not 
arrange for firm gas supplies.   
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Table 9.1 
Peak Day New England Natural Gas Demand Forecast (Bcf/d) 

 
2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

LDC-Delivered Demand
Normal 3.3 3.4 3.5 3.6 3.6 3.7 3.8 3.9 4.0 4.0 4.1 4.2 4.3 4.4 4.5 4.6
High 3.8 3.9 4.0 4.1 4.2 4.3 4.4 4.5 4.6 4.7 4.8 4.9 5.1 5.2 5.3 5.4

Generation Demand
Normal 1.0 1.0 1.0 1.1 1.1 1.1 1.2 1.2 1.2 1.3 1.3 1.3 1.4 1.4 1.5 1.5
High 1.0 1.0 1.1 1.1 1.2 1.3 1.3 1.4 1.4 1.5 1.6 1.7 1.8 1.9 1.9 2.0

Total Peak Day Demand
Normal 4.3 4.4 4.5 4.6 4.7 4.8 5.0 5.1 5.2 5.3 5.4 5.6 5.7 5.8 6.0 6.1
High 4.8 4.9 5.1 5.2 5.4 5.5 5.7 5.9 6.0 6.2 6.4 6.6 6.8 7.0 7.2 7.4

Sources and Notes:
Meeting New England’s Future Natural Gas Demands: Nine Scenarios and Their Impacts,” A Report to the New England Governors, 
The Power Planning Committee of The New England Governors’ Conference, Inc., March 1, 2005.  

 
 

9.G NEW ENGLAND NATURAL GAS DELIVERY CAPACITY – ADEQUACY TO MEET 
PEAK DEMAND 

Accounting for the gas infrastructure discussed above – existing pipelines and expansion 
projects, existing and new LNG terminals and satellite LNG vaporization facilities, Table 9.2 
shows how the total capacity to deliver gas to New England is increasing over time (taking care 
to avoid double-counting of LNG capacity that feeds into pipeline capacity).9  Starting from 
about 5.4 Bcf/d in 2005, several pipeline expansions and new LNG import terminals have 
increased this significantly, to 7.6 Bcf/d in 2010.   
 

                                                 
9  Other proposed infrastructure additions that are more speculative have not been included here.  E.g., the 

proposed Weaver’s Cove LNG terminal in Fall River, Massachusetts is farther from completion, and is not 
included here.  Also, to avoid double-counting, LNG facilities that feed pipelines already considered do 
not appear separately here.  E.g., the Canaport LNG terminal feeds into the Maritimes & Northeast 
pipeline, so does not appear separately.   
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Table 9.2 
Peak Day Natural Gas Delivery Capacity into New England (Bcf/d) 

 
2004 2005 2006 2007 2008 2009 2010 2011 2012 2013-2020 Notes

Existing Pipeline
Algonquin 1.4 1.4 1.4 1.4 1.4 1.4 1.4 1.4 1.4 1.4 [1]
Tennessee 1.1 1.1 1.1 1.1 1.1 1.1 1.1 1.1 1.1 1.1 [1]
Iroquois 0.3 0.3 0.3 0.3 0.3 0.3 0.3 0.3 0.3 0.3 [1]
Vermont Gas 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 [1]
PNGTS 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 0.2 [1]
Maritimes & Northeast 0.4 0.4 0.4 0.4 0.4 0.4 0.4 0.4 0.4 0.4 [1]
Total Existing Pipeline (2004): [a] 3.5 3.5 3.5 3.5 3.5 3.5 3.5 3.5 3.5 3.5 [1]

Everett LNG [b] 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 0.7 [1]
Northeast Gateway (Excelerate) [c] 0.6 0.6 0.6 0.6 0.6 0.6 [4]
Satellite Vaporization [d] 1.2 1.2 1.2 1.2 1.3 1.3 1.3 1.3 1.3 1.3 [1]

Proposed Pipeline Expansions
Northeast ConneXion (Tennessee) 0.1 0.1 0.1 0.1 0.1 0.1 0.1 [2]
Maritimes & Northeast Phase IV 0.4 0.4 0.4 0.4 0.4 [6]
Maritimes & Northeast Phase V 0.2 0.2 0.2 0.2 [5]
Total Pipeline Expansion (2007- 2020): [e] 0.1 0.1 0.6 0.7 0.7 0.7 0.7
Total Pipeline Capacity Including Expansions: 5.4 5.4 5.4 5.6 6.2 6.7 6.8 6.8 6.8 6.8

New LNG Projects
Neptune LNG (Suez) 0.8 0.8 0.8 0.8 [3]
Total New LNG Capacity: [f] 0.0 0.0 0.8 0.8 0.8 0.8

Total Peak Day Capacity (a+b+c+d+e+f): 5.4 5.4 5.4 5.6 6.2 6.7 7.6 7.6 7.6 7.6

Sources and Notes:
[1]: March 2005 report by The Power Planning Committee of the New England Governors' Conference, page 24, Table 3-5. All numbers in Table 3-5 
were correct as of 2004, the same  numbers are extrapolated beyond 2012.
[2]: Statistical Guide to the Northeast U.S. Natural Gas Industry 2007, by Northeast Gas Association, page 45-47.
[3]: NECA Fuel Conference Presentation by Tom Lockett, September 2009.
[4]: Statistical Guide to the Northeast U.S. Natural Gas Industry 2008, by Northeast Gas Association, page 13.
[5]: NECA Fuel Conference, 2008 by Rob Hansen.
[6]: NECA Fuel Conference, 2009 by Sean Foley.  

 
 
Figure 9.17 illustrates how this delivery capacity has changed over time, and compares this with 
illustrative composite projections of peak-day demand.  The Governors’ study noted above did 
not capture potential future variation in the gas demand from electric generation, e.g., due to 
differences in future buildout of gas-fired generation, the effects of carbon legislation which may 
shift consumption from coal and oil to natural gas, and the effect of intermittent renewables 
which may put more reliance on gas-fired capacity to meet reliability.  Because of this, we 
considered the gas demand from electric generation that was found in the simulation results from 
this study.  The solid blue line in Figure 9.17 shows LDC demand only from the March 2005 
New England Governors’ Report (the solid red line adds electric peak-day gas demand from that 
report).  The individual green points in Figure 9.17 start with the Governors’ LDC-only demand 
projection, and add the power sector gas demand from the Base Case simulation results of this 
study.  One important point here is that the electric sector’s winter gas demand is actually 
decreasing over time, driven by the large increase in wind capacity to meet renewable portfolio 
standards.  (Average annual gas demand for power generation is fairly flat, and summer gas 
demand is increasing.)  Wind capacity produces a lot of energy (displacing mostly gas-fired 
generation) in the winter months, but produces much less energy in the summer season.  Thus, 
although the added wind capacity contributes relatively little toward summer peak electric 
capacity requirements, it does help to reduce the system’s reliance on natural gas during the 
winter heating season when gas supplies are tightest.  The blue points on the figure show the gas 
demand in a scenario with particularly high gas demand – the case with insufficient renewable 
capacity, combined with low gas price and low CO2 price.  This case does result in significantly 
higher winter gas demand for power generation.    
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Figure 9.17 
New England Peak-Day Delivery Capacity and Winter Demand for Natural Gas 
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Note that this analysis of gas demand does not account for the ability to rely on non-gas 
generation if gas supplies are tight, nor for dual-fuel capability of some gas-fired generating 
capacity.  Instead, it essentially reflects the extent that gas would be used if delivery capacity 
were not an issue.  Also, the delivery capacity displayed here does not account for a number of 
contractual and operating constraints that would affect actual gas deliverability at a particular 
point in time, nor does it reflect deliverability to particular generators or other loads within New 
England.  Thus it is not possible to directly compare the gas demand with the delivery capacity 
shown here to reach a firm conclusion about the sufficiency of gas deliverability to meet electric 
generation needs at any particular location and point in time.   
 
However, what is apparent is that from about 2005 to 2010, gas delivery capacity to New 
England has increased markedly – by about 40 percent.  While non-electric winter demand for 
gas may increase over time, winter electric demand for gas actually decreases in our Base Case 
simulation.  Combined, these factors imply that the balance between gas supply and demand has 
improved and is likely to remain better for some time, at least until winter gas demand grows to 
utilize the expanded delivery capacity.   
 
ISO-NE also concludes that gas supply infrastructure has improved and should be adequate for 
electric needs for years: 
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Recent infrastructure enhancements to the regional natural gas 
systems should satisfy the needs of New England‘s core space 
heating and power generation markets for years to come. These 
improvements include new and expanded natural gas sources, 
pipelines, storage, and liquefied natural gas (LNG) facilities. The 
improvements in the natural gas system and the addition of dual-
fuel electric power resources have reduced the historical concerns 
about electric power system reliability stemming from the high 
dependence on gas-fired generation within New England.10 
 

In the Energy Security section of this report, we perform an analysis of the limits of winter gas 
dependency, in which we simulate the extent that the system actually relies on natural gas, 
accounting for winter electric demand and non-gas and dual fuel generating capability.   

9.H NATURAL GAS PRICE FORECAST AND SCENARIOS 

For the purpose of a planning study such as this, it is important to characterize future fuel prices, 
particularly for so important a fuel as natural gas is to New England.  Unfortunately, it is not 
possible to predict accurately what natural gas prices will be in the future.  Past gas prices have 
varied widely, and have deviated widely from prior forecasts and predictions.  As an example, 
the EIA graphic in Figure 9.18 below compares actual gas prices (white line) to the various 
forecasts it has made over time (colored lines).  As can be seen, for over a decade actual prices 
were far below prior EIA forecasts.  Then starting around 2000, the relationship largely reversed, 
with actual prices being generally higher than recent prior forecasts.  The “forecast error” 
illustrated here has often been on the order of a factor of two or even more; that is, actual prices 
have often been double, or at other times half, the value forecasted by EIA even just a few years 
before.  This is not simply the consequence of poor forecasting.  Similar results can be seen by 
comparing actual gas prices with just about any series of long-term gas price forecasts, including 
the market’s own “forecast” of natural gas prices – NYMEX futures prices for natural gas.  
 

                                                 
10  ISO-NE 2009 Regional System Plan, page 60. 
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Figure 9.18 
EIA Natural Gas Wellhead Price Forecast Comparison— 

AEO 1982–2008 

 
Source: EIA: Annual Energy Outlook 2008 Retrospective Review. 

 
 
Future uncertainties affecting gas prices include the amount of recoverable gas in new 
unconventional reserves, the cost of developing it and the rate at which it will be developed.  
These may be affected by incomplete information about the geology, environmental concerns 
and requirements, and technological progress.  Natural gas demand is also quite uncertain – 
influenced by factors such as overall economic activity and energy demand, the extent of 
switching from higher-carbon fossil fuels to natural gas that may be prompted by carbon 
legislation (which is itself highly uncertain), and the availability of other energy sources, such as 
renewables.  Shorter-term and more localized factors such as seasonal weather demands, storage 
inventories and deliverability constraints can also have an effect.   
 
However, while future natural gas prices cannot be predicted with confidence, it is possible to 
develop a reasonable characterization of their likely value and the potential range over which 
they may vary.  Though a wide range of potential gas prices may be plausible, in order to 
understand the effect on the power system it can be useful to examine several particular gas price 
levels, chosen to illustrate the potential range.  Considering several different scenarios on natural 
gas prices – e.g., Expected, High and Low gas price cases – in combination with other variables 
that affect the power system, can be an important part of evaluating different resource strategies.   
 
The relevant natural gas price for New England power markets is the delivered price paid by 
generators.  This delivered price can be thought of as the sum of three components:    

• Commodity Price (typically quoted at Henry Hub, Louisiana) 

• Basis Differential (difference between New England price and Henry Hub price) 
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• Distribution Cost (local distribution company charges or pipeline interconnection costs) 

 

Of these three price components, the commodity (Henry Hub) price dominates, both in 
magnitude and in its effect on the uncertainty in the overall delivered gas price.   
 
The gas basis differential, the price difference between Henry Hub and the New England market 
region, shows substantial seasonality (higher in the winter heating season), and also some short-
term variability, but it is not a primary driver of gas price or price uncertainty.  In the long run, 
basis differentials may be affected by changes in the geographic patterns of gas flows and prices.  
Traditional Gulf and Canadian gas supplies, which were already in decline, are likely to diminish 
further.  Unconventional gas supplies, some located much closer to gas demand centers including 
New England, will become more prominent.  The basis differential between New England and 
Henry Hub could fall considerably if nearby Marcellus Shale supplies are developed and there is 
adequate delivery capacity over the short distance to New England.   
 
The distribution costs paid by a generator can vary by location and individual plant, but are 
modest and typically fixed.  For the purpose of this planning study distribution costs are assigned 
by state, and are also varied based on the in-service date of the plant as a proxy for whether the 
plant is served via a local distribution company (LDC) or is directly connected to a pipeline 
(newer plants tend to have direct pipeline connection, which is typically less costly).   
 
In developing scenarios on natural gas price below, we do not explicitly characterize uncertainty 
on each of the three components of gas price.  The resulting delivered price scenarios should be 
interpreted as scenarios on the full delivered price, recognizing that these delivered price values 
might be achieved with different combinations of the price components.   

9.H.1 Developing Natural Gas Price Scenarios 

Market information about future natural gas prices can be used to guide judgment about choosing 
a set of gas price cases for planning purposes.  Natural gas futures contracts (standardized, 
exchange-traded forward contracts to transact gas) are widely traded for a number of years into 
the future.  The current futures price is essentially the market’s “expectation” of future gas price 
(though strictly speaking, it also includes a risk adjustment).  Recent changes in market prices 
reflect the change in the supply outlook discussed above (as well as shorter-term demand 
effects).  Over the past year or two, gas prices have fallen dramatically; only in the past couple 
months have they begun to recover, but not to previous levels (Figure 9.19).  This is particularly 
true of short-term gas prices, which have fallen from over $13.50/MMBtu in summer 2008 to a 
low of $2.85/MMBtu in September, 2009, and have more recently rebounded to over 
$5.00/MMBtu.  Long-term gas prices have also moved significantly, if not quite as dramatically.  
Gas for delivery in 2013 (12-month average) was $10.05/MMBtu in July 2008, but by November 
2008 it was at $7.01/MMBtu.   
 



9-26 

Figure 9.19 
Natural Gas Futures Price Change – July 2008 to November 2009 
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Source: NYMEX. 

 
 
Current gas futures prices show gas prices increasing for several years from depressed near-term 
prices, and then staying essentially level in real terms thereafter (i.e., growing roughly with 
expected inflation), illustrated in Figure 9.20.  The upper curve is the actual NYMEX futures 
prices, which are in nominal dollars; the lower curve is the same values converted to real 2010 
dollars.  Hereafter, prices are in real dollars unless otherwise indicated.  As this figure shows, the 
market is essentially predicting that long term gas prices are expected to be flat at about 
$7.00/MMBtu in real 2010 dollars.   
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Figure 9.20 
NYMEX Natural Gas Futures Prices 
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The market also offers options on natural gas, which gives information about the market’s view 
of the potential range of future gas prices.  A “call” option gives the holder the right, but not the 
obligation, to purchase gas at a specified price at a particular future time; a “put” option gives the 
right to sell at a specified price.  The market price of the option is related to the market’s 
assessment of the range of potential future gas prices.  A higher option price implies the market 
believes there is a wider range of potential future gas prices.  This makes it possible to estimate 
the market’s view of the potential range of future gas prices (this is referred to as “implied 
volatility” – the volatility in future gas prices that is implied by the observed market price of 
options contracts).  This approach yields a full implied probability distribution on future prices, 
which can be illustrated with percentiles on the estimated distribution.  (For example, there is a 
90 percent chance that the actual value will be below the 90th percentile value.)   
 
Figure 9.21 below shows the “expected” price of natural gas given by NYMEX natural gas 
futures price data.  It also illustrates potential High and Low values of gas prices – the 10th and 
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90th percentiles of the implied distribution on 5-year average gas prices, based on the implied 
future volatility as derived from the current market price of option contracts.11 
 

Figure 9.21 
Natural Gas Price Scenarios 
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Current option prices imply that by 2015, there is a 10 percent chance that the (long-term) gas 
price will be above about $9.68/MMBtu, and a 10 percent chance it will be below $4.37, with an 
expected value of $6.82.  These 90/10 percentile bands are used to characterize potential High 
and Low gas price trajectories, which are used in the development of scenarios against which to 
evaluate potential resource strategies in this IRP.   
 

                                                 
11  The exchange-traded options for which data is available are monthly options – i.e., each option contract is 

for a specific monthly delivery period. The monthly price volatility implied by the monthly option contract 
data was adjusted to reflect the volatility of 5-year average gas price.  There are a number of short-term 
factors, such as weather, storage conditions and pipeline events, that can drive gas prices to temporary 
extremes, and this is reflected in the prices of the monthly options contracts.  But the price for a longer 
delivery period tends to be significantly less volatile than monthly prices.  The adjustment performed here 
corrects for this to reflect the volatility in 5-year average gas prices that is implied by the monthly options 
prices (see Uncertainty Representation: Estimating Process Parameters for Forward Price Forecasting, 
EPRI TR-114201).  This adjustment was made because the very short-term component of volatility was 
judged to be less relevant for a long-term planning study such as this; much of this short-term variability 
tends to “average out” over longer time periods.   
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To develop the final delivered natural gas trajectories, the Reference, High and Low values here 
are increased by the basis differential and distribution cost adders discussed above to yield 
scenarios on the delivered gas price.12  Though the scenario development process did not 
separately characterize uncertainty on each of the three components of gas price, the resulting 
delivered prices should interpreted as scenarios on the full delivered price, recognizing that these 
delivered price values might be achieved with different combinations of the price components.   
 
The High Gas Price scenario, nearly $3/MMBtu (over 35 percent) above the reference price by 
2015, could occur if the expected development of shale gas is delayed or limited (e.g., due to 
environmental concerns), which might accompany a high basis differential, or could occur if it is 
simply more costly than expected.  The Low Gas Price scenario, about $2.50/MMBtu (over 30 
percent) below the reference price, could occur if the Marcellus and other shale plays are 
developed quickly and extensively, at costs that are on the low side of current estimates, which 
might correspond to a fall in the basis differential (Henry Hub to New England).  Of course, 
variants of these or entirely different combinations of factors could also explain these price 
levels. 

9.H.2 The Relationship between Natural Gas and Oil Prices 

Oil, in the form of FO2 (distillate) and FO6 (residual fuel oil), is also used as a generation fuel in 
New England.  It plays a much smaller role than natural gas, particularly when, as now, oil is 
costly compared to natural gas.  Nonetheless, it is necessary to consider petroleum fuels and their 
prices.  As with natural gas, futures markets for oil products provide information about the 
expected price of FO2 and FO6.13  Since oil plays a relatively minor role in New England power 
markets, considering separate scenarios on high or low oil prices, independent of gas prices, 
would not be a significant driver of power markets.  However, oil and natural gas prices have 
been related historically, so it is important to ensure that oil and gas prices are consistent within 
the scenarios that will be analyzed.   
 
Gas prices have often maintained about an 85 percent parity with crude oil on a Btu basis.  That 
is, a Btu of natural gas has typically cost about 85 percent of the cost of a Btu of crude oil.  
However, recent developments in the U.S. natural gas market have pushed gas prices sharply 
downward relative to world oil prices, causing gas and oil prices to break from this historical 
relationship.  Current gas prices (including gas futures) are significantly below that 85 percent 
parity level.  For example, gas futures for 2013 delivery are now approximately 45 percent of the 
cost of crude oil futures on a Btu basis.  The market appears to believe that, at least in 
expectation, natural gas and oil prices are likely to remain de-linked for some time into the 
future.   
 

                                                 
12  The basis differential is a monthly adder, distinguished between southern New England (Connecticut, 

Massachusetts, Rhode Island; annual average $1.09/MMBtu) and northern New England (Maine, New 
Hampshire, Vermont; averaging $0.84/MMBtu).  Distribution costs vary by state and plant, range from 2.5 
to 30¢/MMBtu.   

13  Futures prices are not available directly for FO6.  A proxy for FO6 prices is developed from futures on 
crude oil, adjusting according to the statistical relationship between historical FO6 and crude oil prices.   
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However, if gas prices were to increase significantly, this parity relationship could in principle be 
restored, and this should be considered in developing scenarios to ensure that the gas and oil 
prices within a given scenario are consistent.  For example, in a high gas price scenario, the gas 
price might get high enough to re-link with oil prices.  In fact, current expectations of gas and oil 
prices are such that even in the high gas price case developed above, the gas price would still be 
below the 85 percent parity level with crude oil.14  Because of this, oil prices were maintained at 
their expected level across all scenarios, as illustrated in Figure 9.22   
 

Figure 9.22 
Oil Price Trajectories 
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14  A new factor may be CO2 prices, which would have a differential effect on the effective price of natural 

gas and oil (oil has more CO2 per Btu than gas), and thus might enter the gas/oil pricing relationship if 
they were to re-link.  That is, in future the 85 percent price parity relationship, if it is restored, might apply 
to the effective price of gas and oil, inclusive of CO2 price.  Considering this, we found that the conclusion 
regarding expected oil price being above even the high gas price is still true (and in fact is even more true) 
if CO2 price were to enter the traditional price parity relationship.   
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9.I APPENDIX 9-1: PIPELINE/LNG IMPORT CAPACITY SERVING NEW ENGLAND 

Algonquin Gas Transmission Company (Sub. of Spectra Energy):  Interstate pipeline with 11 
interconnections/receipt points between New Jersey (Texas Eastern) and southeastern 
Massachusetts.  Capacity = 2.5 Bcf/d. 

Distrigas of Massachusetts Corporation (DOMAC) (Sub. of GDF SUEZ):  LNG import 
terminal in Everett, Massachusetts with interconnections with Tennessee and Algonquin systems.  
Capacity = about 1 Bcf with sustained vaporization sendout of approximately 715 MMcf/d, with 
another 100 MMcf/d by truck.  Storage capacity = 3.4 Bcf. 

Granite State Gas Transmission, Inc. (Sub. of Unitil):   Interstate pipeline from Massachusetts-
New Hampshire border to Portland, Maine connecting Maritimes & Northeast and Portland 
Natural Gas Transmission pipelines.   

Iroquois Gas Transmission System (Owned by a partnership of 5 United States and Canadian 
energy companies):  Transports from TransCanada PipeLine at the Ontario/New York border 
through New York and Connecticut to Long Island and the New York City area.  Capacity = 
about 1.5 Bcf/d.  

Maritimes & Northeast Pipeline (M&NE) (Sponsored by an international consortium 

of energy companies):  Transports from the Sable Island Offshore Energy Project of Nova Scotia 
to markets in Atlantic Canada and New England.  Capacity = 800 MMcf/d. 

Northeast Gateway LNG Port facility (Sub. Of Excelerate Energy):  13 miles offshore  Cape 
Ann, Massachusetts.  First shipment May 2008. Interconnects with HubLine pipeline operated by 
Algonquin Gas Transmission.  Capacity =  800 MMcf/d. 

Portland Natural Gas Transmission (PNGTS) (Sponsored by an international consortium of 
energy companies - TransCanada PipeLines and Gaz Métro):  Transports western Canadian gas 
to New England from an interconnection with TransCanada PipeLines (through the TQM 
extension). Interconnects with Maritimes & Northeast through the Joint Facilities line.  Capacity 
= 168 MMcf/d.  

Repsol/Irving Oil Canaport LNG facility in Saint John, New Brunswick, Canada:  First 
shipment in June 2009. Two storage tanks of 3.3 Bcf each, and third tank of similar size expected 
in-service in spring 2010. Capacity = 1 Bcf/day.  Regasified LNG from the terminal flows 
through the Brunswick Pipeline, a 90 mile pipeline connecting the terminal to the Maritimes & 
Northeast Pipeline at the Maine border. 

Tennessee Gas Pipeline Company (Sub. Of El Paso Corporation):  Enters New England at two 
points: western Massachusetts near West Pittsfield and southern Connecticut near Greenwich.  
Storage capacity = 90 Bcf; capacity = 6.5 Bcf/d. 

 
Source:  Northeast Gas Association (www.northeastgas.org)  
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9.J APPENDIX 9-2: NORTHEAST PIPELINE PROJECTS IN PROGRESS 

 

 
Source:  Northeast Gas Association (www.northeastgas.org)  
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10. EMERGING TECHNOLOGIES 

10.A SUMMARY AND KEY FINDINGS 

Summary 

A number of uncertainties come into play in resource planning, and one is the potential for new 
or emerging technologies to change the planning landscape.  In the 2009 IRP, we explored a 
range of new technologies, several of which were found to have limited relevance or application 
to New England, such as geothermal, concentrating solar thermal electric and carbon capture and 
storage.  Other technologies were potentially more relevant, but their prospects showed little 
change over the past year, such as energy storage.  Two technologies more likely to affect 
resource planning over the next decade are examined in other sections of this report:  
photovoltaic (PV) systems are discussed in the Renewables Section and fuel cells are 
incorporated into the Combined Heat and Power Section. 
 
In this section, we examine two emerging technologies that were addressed in the 2009 IRP and 
which appear to have gained momentum in their prospects for influencing electricity demand 
over the next decade.  These are plug-in electric vehicles (PEVs) and advanced metering 
infrastructure (AMI), which is a critical component of the “Smart Grid” concept that has gained 
momentum over the past several years.  Although advances in these technologies over the past 
year warrants additional analysis, their potential impacts over the next decade are not yet 
sufficiently clear to incorporate into the simulation analyses presented in Section II.   
 

Key Findings 

• Because of the growing commitments to plug-in electric vehicle (PEV) manufacturing 
and charging infrastructure on the part of vehicle manufacturers and electric utilities, 
PEVs appear poised to achieve an uncertain but potentially significant fleet penetration 
over the next decade. 

• A 5 percent level of fleet penetration by 2020 represents an optimistic view of PEV 
vehicle sales over the next decade, but one that is worth exploring for its potential impact 
on the New England electricity system. 

• Even an optimistic view of PEV penetration in New England over the next two decades is 
unlikely to pose any unmanageable issues for maintaining reliable electric service.   

• An optimistic view of PEV penetration in New England is likely to produce a modest 
environmental benefit, with net CO2 and NOX emissions decreasing and only a negligible 
increase in SO2 emissions. 

• Widespread implementation of advanced metering infrastructure (AMI) has the potential 
to decrease peak loads.  The magnitude of the decrease will depend on customer 
participation rates in dynamic pricing programs and their responsiveness to near-term 
price signals. 
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• Enabling technologies can help customers respond more effectively to price signals, and 
AMI programs that encourage these technologies are more likely to yield more 
pronounced responses. 

10.B PLUG-IN ELECTRIC VEHICLES (PEV) 

Powering a vehicle using a rechargeable battery and an electric motor is not a new concept; 
electric vehicles (EVs) have been around for more than a century.  However, due to their 
relatively limited driving range, long recharging times, high costs and lack of availability, EVs 
have not had a significant market penetration.1  The introduction of hybrid electric vehicles 
(HEVs) offers a new way to capture some of the advantages of EVs by combining the internal 
combustion engine of a conventional vehicle with the battery and electric motor of an electric 
vehicle.  HEV sales have grown by more than 80 percent annually in the US over the last 8 
years, and they currently represent about 3 percent of total U.S. vehicle sales.2,3  

Plug-in electric vehicles (PEVs) are seen as a next step in advanced vehicle technologies.  There 
are several types of PEVs, ranging from pure electric vehicles (EVs) to plug-in hybrid electric 
vehicles (PHEVs) that combine grid-rechargeable electric motors with internal combustion 
engines.  A PHEV is essentially a hybrid vehicle with a much larger battery, and the ability to be 
plugged into the electric grid for charging that battery.  Its primary source of power is electricity, 
so it can potentially provide a cleaner option than conventional hybrids, depending on the 
electricity source.  Toyota announced its plug-in version of the Prius hybrid in December 2009, 
with an all-electric range of about 14 miles.  There are also extended range electric vehicles 
(EREVs) that primarily operate on battery power with a small gasoline engine available to 
charge batteries, instead of providing power directly to the drivetrain as in a conventional hybrid.  
General Motors plans to launch an extended-range (40 mile) EREV, the Chevy Volt, by late 
2010.  It is also possible that all-electric vehicle technology may become a viable alternative; 
recent and projected improvements in battery technology may finally make all-electric vehicles 
attractive.  Ford intends to start selling a battery-powered version of its Transit Connect 
commercial van in 2010, followed by an electric Ford Focus sedan in 2011. Nissan is introducing 
its electric car, the Leaf, to selected business fleets next year and to consumers by 2011. 

The electric utility industry has begun to consider investments in charging infrastructure.  In 
Connecticut, the EDCs participate in the Governor’s Electric Vehicle Infrastructure Council 
established under Executive Order No. 34, and also have joined the Regional Electric Vehicle 
Initiative (REVI), a collaborative effort of New England utilities to promote the development of 
electric transportation infrastructure. 

                                                 
1  According to Annual Energy Review 2007 (EIA), there are about 55,000 electric vehicles in use in the 

United States by 2007 (less than 0.05 percent of total light-duty vehicles). 
2  Lemoine, D., et al. An innovation and policy agenda for commercially competitive plug-in hybrid electric 

vehicles, Environmental Research Letters 3, 1-10 (2008). 
3  Madian, A. L., et al. U.S. Plug-In Hybrid and U.S. Light Vehicle Data Book: Hybrid Vehicles, Battery 

Technology, Travel Patterns, Vehicle Stock, Sales Trends, Performance Trends. LECG (2008). 
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Since PEVs would be a fundamentally new electric load, they have the potential to increase the 
overall electricity demand, but may also have the potential to reduce overall greenhouse gas 
(GHG) emissions as well as dependence on imported oil.  Important questions for the electric 
sector are what level of penetration PEVs might have, and whether the level of penetration will 
be enough to materially affect electric loads (peak and/or energy) or overall emissions.  Because 
of the growing commitments to PEV manufacturing and charging infrastructure on the part of 
vehicle manufacturers and electric utilities, PEVs appear poised to achieve an uncertain but 
potentially significant fleet penetration over the next decade. 

10.B.1 Potential Market Penetration 

The market penetration rate of PEVs depends in part on the relative economics compared to 
conventional vehicles (including gas-electric hybrids) as well as performance, customer 
acceptance, and concerns on energy security and climate change.  Depending on how each of 
these factors may evolve, future market share projections range widely.  On purely economic 
terms (i.e., comparison of fuel cost savings to higher vehicle prices), PEVs face substantial 
hurdles unless battery costs decline substantially and/or gasoline prices rise dramatically.  
However, potential customers may embrace PEVs for reasons beyond a strict cost advantage 
over conventional vehicles, and supportive public policies coupled with innovative designs and 
effective marketing will broaden their appeal. 
 
The Energy Information Administration (EIA) estimates that the annual sales of PEVs will grow 
to almost 140,000 vehicles by 2015, and 400,000 vehicles by 2030, supported by tax credits 
enacted in 2008.  Other studies have analyzed the impacts of plug-in hybrid technology 
penetration on the electric grid and the environment.  A report prepared by MIT Laboratory for 
Energy and Environment assumes plug-in hybrids will account for 2-3 percent of new car sales 
by 2020, and 10 percent by 2030.4  A more optimistic scenario prepared by the Electric Power 
Research Institute (EPRI) assumes 35 percent for 2020, and 50 percent for 2030.5 
 
Most recently, the National Research Council released a study that projected a “maximum 
practical” overall fleet penetration of PHEVs of about 13 percent by 2030, with a “more 
probable” penetration of less than 5 percent of the vehicle fleet by 2030.6  The share of PEVs in 
the stock of the vehicle fleet at any given time is much lower than the percentage of new car 
sales, because older vehicles are only slowly replaced by newer ones.  However, the impact of 
PEVs on transportation fuel demand, electricity use and the environment is more closely related 
to the composition of the fleet (and the usage of those vehicles) than to annual new car sales. 
 

                                                 
4  Heywood, J., et al. On the Road in 2035: Reducing Transportation’s Petroleum Consumption and GHG 

Emissions. MIT Laboratory for Energy and the Environment, Report No. LFEE 2008-05 RP (2008). 
5  Duvall, M., E. Knipping. Environmental Assessment of Plug-In Hybrid Electric Vehicles. Volume 1: 

Nationwide Greenhouse Gas Emissions. Report No. 1015325, Electric Power Research Institute (2007). 
6  National Research Council Committee on Assessment of Resource Needs for Fuel Cell and Hydrogen 

Technologies, Transition to Alternative Transportation Technologies – Plug-in Hybrid Electric Vehicles, 
National Academy of Sciences, 2009. 
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Overall, it seems that the short-term market penetration of PEVs would be limited to only a few 
percentages of new car sales (primarily due to barriers such as cost, uncertainty and need to 
develop manufacturing capability).  If these barriers could quickly be reduced or eliminated, and 
initial consumer acceptance is high and sustained over time, it appears possible that PEVs could 
achieve a 20 percent share of new car sales by 2020, and perhaps 50 percent by 2030 (accounting 
for roughly 5 percent of the overall automobile fleet in 2020, and about 25 percent in 2030).  A 5 
percent level of fleet penetration by 2020 represents an optimistic view of PEV vehicle sales 
over the next decade, but one that is worth exploring for its potential impact on the New England 
electricity system. 

10.B.2 Impact on the Grid 

A recent study by Pacific Northwest National Laboratory shows that up to 84 percent of the U.S. 
cars, pickup trucks, and SUVs could theoretically be converted to plug-in hybrids without the 
need for additional electric infrastructure, if all the excess generating capacity could be fully 
utilized (i.e., by charging only at off-peak times when much of the electric generating capacity is 
otherwise idle).7  However, the actual timing of electric demand will depend heavily on drivers’ 
recharging patterns (when, how often, and how quickly).  It is very unlikely that the additional 
electricity demand from plug-in hybrid cars would be perfectly aligned with the system’s excess 
generating capacity. 
 
Another study by Oak Ridge National Laboratory examines how increased penetration of plug-in 
hybrids could affect the regional power requirements, depending on when and how quickly the 
batteries are recharged.8  It estimates that the increase in the energy demand will be about 1-2 
percent in 2020, and about 2-5 percent in 2030 (assuming that plug-in hybrids will have 10 
percent fleet penetration by 2020, and 25 percent by 2030).  It finds that faster recharging, if 
concentrated on the evening period after people go home from work, could increase the annual 
peak demand substantially (in some extreme scenarios, increases could be as high as 10 percent 
in 2020, and more than 25 percent in 2030).  However, if PEVs are recharged at times that are 
less coincident with system peak (i.e., recharged later or more slowly, or not at the same time), 
they might have a much modest effect on peak load, and potentially no effect at all (if all 
recharging occurs during off-peak times). 
 
Access to charging spots is an important factor shaping drivers’ recharging patterns.  More 
diverse opportunities to charge vehicles would reduce the likelihood of all drivers recharging 
their batteries within a very narrow time window that is coincident with peak demand hours.  
Increased deployment of charging spots at private homes, workplaces, and public locations could 
encourage drivers to recharge their batteries more than once per day (which also increases the 
fraction of vehicle miles traveled in electric mode).  
 

                                                 
7  Kintner-Meyer, et al. Impacts Assessment of Plug-in Hybrid Vehicles on Electric Utilities and Regional 

U.S. Power Grids. Part 1: Technical Analysis. Pacific Northwest National Laboratory (2007).  This study 
assumes 260-450 Wh per mile in battery-depleting mode, depending on vehicle size. 

8  Hadlew, S.W. and A. Tsvetkova. Potential Impacts of Plug-in Hybrid Electric Vehicles on Regional 
Power Generation. ORNL/TM-2007/150, Oak Ridge National Laboratory (2008). 
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Time-varying electricity prices, facilitated by new electric metering infrastructure, could enhance 
consumers’ incentives for off-peak recharging.  Yet, it is not clear how the PEVs drivers would 
respond to such programs.  Many PEV drivers may prefer to keep their batteries full, just in case, 
instead of getting the savings offered by lower off-peak prices.  
 
Figure 10.1 below illustrates how the distribution of incremental PEV load can vary under 
different recharging patterns.  Evening Concentrated assumes that all drivers’ start recharging 
their batteries more or less at the same time around 5-6pm, and they use rapid chargers.  Evening 
Diversified assumes that some drivers’ start around 5-6pm, some a little later, and they use 
relatively slower, more gradual chargers.  In Increased Work Access, half of the recharging starts 
during morning around 8-9am, and the other half starts around 5-6pm.  In Off-Peak, recharging 
occurs during night, starting from 10-11pm until early morning.  
 
 

Figure 10.1 
Hourly Distribution of the Incremental Plug-in Hybrid Load 
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Source: The Brattle Group, based primarily on 2008 Oak Ridge study. 

 
 
Figure 10.2 below illustrates the potential impact of plug-in hybrids on the New England 
electricity demand for different charging scenarios.  Bars represent impacts for an assumed fleet 
penetration rate of 5 percent in 2020 and 25 percent in 2030).  The results indicate that the peak 
increase due to plug-in hybrids would be limited to 3.5 percent in 2020, and less than 0.5 percent 
in most cases.  The incremental energy added to the system is below 0.6 percent in all charging 
scenarios.  On the other hand, 25 percent fleet penetration rate may significantly affect the 
system peak if all drivers simultaneously charge their batteries close to the peak hours, adding 
between nearly 19 percent to peak demand for evening concentrated charging modes.  However, 
with a little bit of diversification in charging time, the peak impact could be greatly reduced, and 
since the impact on peak would grow slowly over two decades, any implied increase in 
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generating capacity needs should be easily met through normal market-driven adjustments.  The 
potential increase in annual energy consumption is estimated to be about 3 percent in 2030.9  
Therefore, even an optimistic view of PEV penetration in New England over the next two 
decades is unlikely to pose any unmanageable issues for maintaining reliable electric service.   
 

Figure 10.2 
Potential Impact of Plug-In Hybrids on New England System Demand 
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Notes: 
[1] 40 miles/day, 42 mpg (CS mode) and 200 Wh/mi (CD mode) for PHEV 
[2] 200 million fleet size for the U.S. in 2020, and 5.2 percent fleet share for New England. 
[3] 2020 hourly system load based on DAYZER simulation inputs. 
[4] 2030 projections are based on 2020 hourly data, assuming an average 1.1 percent/year growth  

rate from 2020 to 2030. 
 
 

                                                 
9  Although the impact on overall system demand appears modest, it is possible that some localized 

constraints could emerge depending on the geographic patterns of PEV charging 
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10.B.3 Gasoline Savings 

A fleet penetration rate of 5 percent reduces the gasoline consumption in New England by about 
200 million gallons in 2020 (assuming that PEVs replace 25 mpg ICE vehicles).  This 
corresponds to roughly 2.5 percent of total current motor-fuel use in New England.10 

10.B.4 Impact on the Environment 

Carbon dioxide (CO2) emissions from internal combustion engine cars depend on the carbon 
content of the fuel used, and the fuel economy of the cars (which in turn depends on the technical 
fuel efficiency and vehicle use, e.g., urban or highway driving).  For gasoline-powered cars, the 
emission rate is about 19.4 lbs/gallon.  This corresponds to a total of 11,330 lbs CO2 emission 
per year for a car that averages 25 miles/gallon with an average daily commute of 40 miles.11 
 
Nitrogen oxide (NOX) and sulfur oxide (SO2) emission rates depend, to a great extent, on the 
exhaust control technologies and the vehicles driving cycles (urban vs. highway).  The average 
emission rates provided by the model developed by Argonne National Laboratory are 0.069 
grams of NOX and 0.006 grams of SO2 per mile for a standard 25 mpg gasoline-powered 
vehicle.12  
 
Plug-in electric vehicle emissions, on the other hand, depend largely on the emission rates 
associated with marginal electricity generated to recharge the batteries.  Figure 10.3 below shows 
the marginal generation by fuel type in New England derived from the 2020 Base Case 
simulations.  Annually, natural gas has the largest share on the margin (73 percent), followed by 
biomass and refuse (12 percent), and then oil (6 percent).  During the day, the share of natural 
gas is about 80 percent, and oil covers most of the remaining 20 percent.  However, between 
11pm and 8am, biomass and refuse is about 40-50 percent of the time at the margin, and share of 
natural gas drops to 40 percent. 
 

                                                 
10  U.S. Department of Transportation, Federal Highway Administration, Highway Statistics 2007, 

Washington, DC: 2008, table MF-21, available at http://www.fhwa.dot.gov/policy/ohpi/hss/hsspubs.cfm as 
of February 17, 2009. 

11  However, this only accounts for the emissions directly generated by the vehicles (i.e., tank-to-wheels). 
CO2 emission rate related to the production of gasoline (i.e., well-to-tank) is another 4.6 lbs/gallon, which 
increases the total emissions to almost 10,000 lbs per year.  In these comparisons, we will not consider full 
fuel cycle emissions of either gasoline or the production of electric generating fuels. 

12  http://www.transportation.anl.gov/modeling_simulation/GREET/. 
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Figure 10.3 
New England Marginal Generation by Fuel Type in 2020 
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Source and Notes:  
[1] DAYZER simulation results for 2020 Base Case.  
[2] “Other” includes pumped storage, hydro, and nuclear. 
 
 
Figure 10.4 plots the average marginal emission rates by hour, based on DAYZER simulation 
results for 2020.  Our analysis suggests that marginal emission rates are relatively stable between 
10am to 10pm, as the marginal generation mix does not dramatically change.  However, the CO2 
emission rates decrease, and NOX/SO2 emission rates increase significantly in other hours.  
These figures suggest that the future New England marginal fuel mix may be quite different than 
in many other regions, in that CO2 rates decline in off-peak hours.  In contrast, many other 
electricity systems’ overnight marginal fuel mix is dominated by coal, which would yield greater 
marginal CO2 emission rates during off-peak hours. 
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Figure 10.4 
Average Hourly Marginal Emission Rates for Electricity Generation 

in New England in 2020 
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Figure 10.5 compares the emissions from a plug-in hybrid to the emissions from a 25 mpg 
gasoline ICE.  Horizontal bars represent “tank-to-wheels” emissions from the gasoline ICE, 
which of course are invariant to the charging profile of the PEV vehicle.  The circles represent 
the “direct” emissions from a 40-mile range plug-in hybrid (direct emissions from marginal 
electricity generation, plus tank-to-wheel emissions from the additional gasoline consumption).  
The differences between the emissions expected from the PEV and the ICE vehicle is 
represented by the vertical lines.  Since the marginal generation type and emissions are not 
constant across all hours, the results differ based on charging scenario considered. 
 
In this single-vehicle comparison analysis, CO2 emissions are reduced by 65 percent to 70 
percent for all scenarios, with Off-Peak showing the largest reductions because more biomass is 
at the margin during off-peak hours, with lower CO2 emission rates.  NOX emissions are reduced 
by about 40 percent-50 percent for all scenarios, but for NOX the Off-Peak charging pattern 
yields smaller reductions because biomass typically has higher NOX emission rates.  In contrast, 
SO2 emission rates more than triple relative to gasoline ICE, and increase by a factor of five for 
the Off-Peak charging profile. 
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Figure 10.5 
Potential Impact of Plug-In Hybrids on CO2, NOX and SO2 Emission Rates 
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Assuming that this single vehicle comparison were representative of an overall PEV penetration 
scenario in 2020, the results can be aggregated to derive the magnitude of emissions changes 
expected.  A 70 percent reduction of CO2 emissions from 5 percent of the New England 
passenger car fleet would translate into an overall reduction of 1.5 million tons of CO2 per year 
(equivalent to 4 percent of the total CO2 emissions associated with power generation in New 
England in 2020).  Similarly, a 50 percent reduction in NOX emissions from 5 percent of the 
New England passenger car fleet would reduce the emissions by about 250 tons/year (equivalent 
to 1.5 percent of the total NOX emissions from power generation in 2020).  On the other hand, 
400 percent increase in SO2 emissions from 5 percent of the New England passenger car fleet 
increases emissions by 170 tons/year (equivalent to less than 0.4 percent of the SO2 emissions 
from power generation in 2020).  Therefore, an optimistic view of PEV penetration in New 
England is likely to produce a modest environmental benefit, with net CO2 and NOX emissions 
decreasing and only a negligible increase in SO2 emissions. 
 
It is important to note that this analysis is only for illustrative purposes, and care must be taken 
not to generalize the results, as they could readily change for different sets of assumptions (all-
electric range, driving cycle, emission control technologies, marginal generation mix, etc.).  
Also, as the incremental load due to plug-in hybrids increase, the incremental generation needed 
for recharging batteries may not be identical to the marginal generation simulated without 
accounting for the additional demand (although this potential effect is probably small). 
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10.C ADVANCED METERING INFRASTRUCTURE 

10.C.1 Technology and Pricing Systems 

Advanced metering infrastructure (AMI) is a critical component of the “Smart Grid” concept that 
has gained momentum over the past several years.  The Smart Grid represents a broad vision in 
electricity supply and transmission management, real-time communication, and customer 
participation.  Whether this broad vision is achieved over the next decade or several, the growing 
interest and investment in AMI and associated enabling customer technologies represents the 
initial stages of Smart Grid development.  
 
AMI refers to a measurement and two-way data collection system that includes meters at the 
customer site, communication networks between the customer and a service provider, and data 
reception and management systems that make the information available to the service provider.13  
Unlike automated meter reading (AMR), it is capable of two-way communication between the 
customer and the service provider, enabling customers to receive pricing signals and respond to 
dynamic pricing programs such as critical-peak-pricing (CPP), peak time rebates (PTR) or real-
time pricing (RTP).14  AMI also enables time-of-use (TOU) pricing on a broad scale.  Dynamic 
pricing can decrease the need for peaking generation capacity, reducing energy and capacity 
costs (generation, transmission, and distribution).  AMI also offers operational benefits including 
faster outage detection, improved energy theft detection capability, enhanced communications 
with customers, better management of connects and disconnects and avoided meter reading costs 
(either manual or from an existing automated meter reading system) and could facilitate the 
integration of distributed generation.  However, these benefits must be weighed against the costs 
of installing AMI systems, which encompasses a range of equipment such as meters, 
communication systems and IT systems.15    
 
The installation of an AMI system would also open the door to a new suite of enabling 
technologies which would allow customers to take advantage of the enhanced communication 
capability and more granular usage information that the system provides.  One such technology 
is the programmable communicating thermostat (PCT).  With a PCT, a customer’s thermostat 
can receive signals directly from the utility and automatically reduce air-conditioning load in 
response to critical events.  The presence of this technology has been shown to significantly 
increase customer response to dynamic rates.16  This concept could be extended to other end-uses 
within the home as well, such as smart appliances (i.e., washer dryers, refrigerators, etc.), leading 
to even greater peak reductions (a concept often referred to as “prices-to-devices”).  In fact, the 
Auto-DR system for commercial and industrial customers does exactly that, by coordinating 
energy reductions at multiple end-uses through a facility’s energy management system.  These 
                                                 
13  Electric Power Research Institute (EPRI). 
14  TOU: price depends on time of use, prices typically varies modestly; CPP: high prices at declared critical 

peak times, timing is unknown in advance; RTP: linked to hourly wholesale prices, either day-ahead or 
hour-ahead basis. 

15  Faruqui, A. and L. Wood. Quantifying the Benefits of Dynamic Pricing in the Mass Market. Prepared for 
Edison Electric Institute, January 2008. 

16  Ibid. 
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systems have been shown to produce large incremental increases in customer response as well, 
depending largely on the size and type of customer that is equipped with the system.17 
 
A second type of technology that is enabled by an AMI system is the in-home display (IHD).  
Whereas the smart meter provides real-time electricity consumption data to the utility, the IHD 
provides this information to the consumer.  The IHD essentially acts as a speedometer for the 
customer’s electricity consumption.  It can provide recent information on hourly (or even 
quarter-hourly) consumption patterns as well as pricing information.  Information can also be 
sent to a website where utilities can give recommendations to customers for easy ways to 
consume electricity more efficiently to reduce costs.  By increasing customer awareness of the 
relationship between the amount of electricity they consume and the cost of consuming it, IHDs 
have been shown to produce an overall conservation effect of anywhere between 0 and 28 
percent.18  IHDs can take many forms, from internet websites to simple electrical socket plug-ins 
to more advanced and interactive display modules. 

10.C.2 Recent Activity in AMI in Connecticut 

The potential impact of AMI deployment on system peak reduction depends on several factors 
such as dynamic rate design, customer participation level, and customer responsiveness, factors 
that interact at the customer levels.  For example, alternative rate designs can attract different 
levels of customer participation and influence the degree of responsiveness to price signals.  The 
amount of peak reduction achievable depends on the type of pricing program that is offered.  
Time-of-use (TOU) pricing, although not a dynamic pricing program, typically generates less 
peak reduction than critical-peak-pricing (CPP) or peak-time rebates (PTR).   
 
Of course, some loads in Connecticut and New England, particularly large industrials, already 
have some version of advanced metering installed, and the Demand-Side Management section 
evaluates the effect of existing and planned DSM programs, some of which rely on AMI.  UI has 
had a version of advanced metering in place for nearly a decade, which has enabled about 13 
percent of its residential customers to elect TOU pricing rates, and over 25 percent of its 
commercial customers.  UI has also proposed to enhance their metering system to AMI and 
explore dynamic pricing systems.19  UI’s approved plan outlines the manner in which UI intends 
to “migrate” to an enhanced (i.e., full mesh, two-way communication) AMI system in a scalable 
and flexible manner that maintains full current system capabilities while allowing for full 
deployment of “smart” meters throughout the service territory, where appropriate and where 
required.  This approach meets customer, supplier and regulatory needs, is a cost effective 
approach and maintains UI‘s “smart metering system” for all consumers and rate payers.  This 
approach is a low cost solution that will enable the utilization of emerging technologies, allow 
for a more robust communication network, and be capable of incorporating “smart” meter 

                                                 
17  G. Wikler et al. “Enhancing Price Response Programs through Auto-DR: California’s 2007 

Implementation Experience,” prepared for Lawrence Berkeley National Laboratory, January 2008. 
18  EPRI. Characterizing and Quantifying the Societal Benefits Attributable to Smart Metering Investments.  

July 2008. 
19  UI submitted its proposal Advanced Metering Infrastructure Plan to the DPUC (Docket No. 07-07-02) in 

July 2007.  The DPUC approved the UI plan in a March 19, 2008 decision.  
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installations where required.  The system would also enable future benefits such as home 
automation, full programmability and firmware upgrade of meters and internal disconnect 
switch, to name a few.  This, in concert with the Meter Data Management (MDM) and Customer 
Information System (CIS) system upgrade/integration will enable all future requests for 
enhanced services, rates, Real Time Pricing/”Dynamic Pricing” (RTP) and options. 
 
CL&P conducted a Rate Pilot and the Meter Study from June 1, 2009 through August 31, 2009, 
in order to ascertain the magnitude of potential impacts of AMI coupled with dynamic pricing.  
The pilot, branded the “Plan-it Wise Energy Program,” helped gain insight into customer interest 
in, and response to, dynamic pricing rates, while at the same time gathered experience and 
insight into the capabilities and maturity of certain AMI technologies.20  The pilot enrolled 1,251 
residential customers and 1,186 commercial and industrial (C&I) customers and offered three 
types of rates: 

• A critical peak pricing (CPP) rate that used higher rates during 40 “critical peak” hours 
over 10 designated event days, and offered slightly lower rates otherwise 

• A peak time rebate (PTR) rate that retained normal rates but  provided a significant rebate 
for reducing energy consumption during 40 critical peak hours 

• A time-of-use rate that featured static differentials between peak and off-peak hours. 

 

Table 10.1 shows the rate differentials for the three rates in $/kWh. 
 
 

Table 10.1 
Rate Price Differentials by Rate Design 

($/kWh) 
 

-0.049-0.0200.0000.000-0.062-0.031Off-Peak

1.6010.6501.6010.6500.1380.069PeakC&I            
(Rate 30 & 35)

-0.036-0.0150.0000.000-0.058-0.029Off-Peak

1.6140.6551.6140.6550.1420.071PeakResidential 
(Rate 1 & 5)

HighLow HighLow HighLowPeriodCustomers

CPPPTRTOURATE->

-0.049-0.0200.0000.000-0.062-0.031Off-Peak

1.6010.6501.6010.6500.1380.069PeakC&I            
(Rate 30 & 35)

-0.036-0.0150.0000.000-0.058-0.029Off-Peak

1.6140.6551.6140.6550.1420.071PeakResidential 
(Rate 1 & 5)

HighLow HighLow HighLowPeriodCustomers

CPPPTRTOURATE->

 
 
 
Some participants were given enabling technologies such as PCT or central air conditioning 
switches to assist them to manage energy use to determine what impact such technologies might 
have on customer responses. 
 

                                                 
20  Docket No. 05-10-03 DPUC, Compliance Filing, December 1, 2009. 
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The results of the pilot program were deemed useful in assessing the prospects for wider 
deployment of AMI and dynamic pricing systems.  As expected, the two dynamic rates (CPP and 
PTR) elicited the greatest customer response (especially for residential customers), while TOU 
rates had very little impact.  Enabling technologies has a measurable impact on enhancing 
customer response under dynamic rates.  Overall energy consumption remained about the same 
under all rates.  The results on measured peak load and energy use are shown in Table 10.2. 
 
 

Table 10.2 
Demand Impact Results of CL&P Pilot Program 
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The results of the pilot suggest that dynamic price programs could reduce participating 
customers’ peak energy use by somewhere between 11 and 23 percent in the residential sector, 
and up to 7 percent in the C&I customer class.  Caution must be used in generalizing the results 
of the pilot program, since the customers who opted into the pilot might not be representative of 
average customer responsiveness over longer time periods, not all customers would elect to 
participate in a broader AMI effort and the summer of 2009 was unusually mild.  Based on 
results and insights gained from the pilot, CL&P is evaluating the cost-effectiveness of a future 
AMI and dynamic rate program, and will present its recommendations to the DPUC by March 
31, 2010. 
 
While revealing important insights into potential customer responsiveness, the pilot program did 
not explore many other interactions that may prove important over the long run.  For example, as 
was discussed above, if plug-in vehicles achieve significant market penetration, AMI may 
become particularly important as a way to manage the new transportation loads.  This may 
provide a particular motivation for increasing AMI for residential customers.  The pilot program 
also did not fully explore the potential impact of AMI on customer energy consumption habits or 
conservation efforts. 
 
In summary, widespread implementation of AMI has the potential to decrease peak loads.  The 
magnitude of the decrease will depend on customer participation rates in dynamic pricing 
programs and their responsiveness to near-term price signals.  Enabling technologies can help 
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customers respond more effectively to price signals, and AMI programs that encourage these 
technologies are more likely to yield more pronounced responses. 
 



APPENDIX:  SECTION 51 OF PA 07-242  

Sec. 51. (NEW) (Effective from passage) (a) The electric distribution companies, in consultation 
with the Connecticut Energy Advisory Board, established pursuant to section 16a-3 of the 
general statutes, as amended by this act, shall review the state's energy and capacity resource 
assessment and develop a comprehensive plan for the procurement of energy resources, 
including, but not limited to, conventional and renewable generating facilities, energy efficiency, 
load management, demand response, combined heat and power facilities, distributed generation 
and other emerging energy technologies to meet the projected requirements of their customers in 
a manner that minimizes the cost of such resources to customers over time and maximizes 
consumer benefits consistent with the state's environmental goals and standards.  

(b) On or before January 1, 2008, and annually thereafter, the companies shall submit to the 
Connecticut Energy Advisory Board an assessment of (1) the energy and capacity requirements 
of customers for the next three, five and ten years, (2) the manner of how best to eliminate 
growth in electric demand, (3) how best to level electric demand in the state by reducing peak 
demand and shifting demand to off-peak periods, (4) the impact of current and projected 
environmental standards, including, but not limited to, those related to greenhouse gas emissions 
and the federal Clean Air Act goals and how different resources could help achieve those 
standards and goals, (5) energy security and economic risks associated with potential energy 
resources, and (6) the estimated lifetime cost and availability of potential energy resources.  

(c) Resource needs shall first be met through all available energy efficiency and demand 
reduction resources that are cost-effective, reliable and feasible. The projected customer cost 
impact of any demand-side resources considered pursuant to this subsection shall be reviewed on 
an equitable bases with nondemand-side resources. The procurement plan shall specify (1) the 
total amount of energy and capacity resources needed to meet the requirements of all customers, 
(2) the extent to which demand-side measures, including efficiency, conservation, demand 
response and load management can cost-effectively meet these needs, (3) needs for generating 
capacity and transmission and distribution improvements, (4) how the development of such 
resources will reduce and stabilize the costs of electricity to consumers, and (5) the manner in 
which each of the proposed resources should be procured, including the optimal contract periods 
for various resources.  

(d) The procurement plan shall consider: (1) Approaches to maximizing the impact of demand-
side measures; (2) the extent to which generation needs can be met by renewable and combined 
heat and power facilities; (3) the optimization of the use of generation sites and generation 
portfolio existing within the state; (4) fuel types, diversity, availability, firmness of supply and 
security and environmental impacts thereof, including impacts on meeting the state's greenhouse 
gas emission goals; (5) reliability, peak load and energy forecasts, system contingencies and 
existing resource availabilities; (6) import limitations and the appropriate reliance on such 
imports; and (7) the impact of the procurement plan on the costs of electric customers.  

(e) The board, in consultation with the regional independent system operator, shall review and 
approve or review, modify and approve the proposed procurement plan as submitted not later 
than one hundred twenty days after receipt. For calendar years 2009 and thereafter, the board 



shall conduct such review not later than sixty days after receipt. For the purpose of reviewing the 
plan, the Commissioners of Transportation and Agriculture and the chairperson of the Public 
Utilities Control Authority, or their respective designees, shall not participate as members of the 
board. The electric distribution companies shall provide any additional information requested by 
the board that is relevant to the consideration of the procurement plan. In the course of 
conducting such review, the board shall conduct a public hearing, may retain the services of a 
third-party entity with experience in the area of energy procurement and may consult with the 
regional independent system operator. The board shall submit the reviewed procurement plan, 
together with a statement of any unresolved issues, to the Department of Public Utility Control. 
The department shall consider the procurement plan in an uncontested proceeding and shall 
conduct a hearing and provide an opportunity for interested parties to submit comments 
regarding the procurement plan. Not later than one hundred twenty days after submission of the 
procurement plan, the department shall approve, or modify and approve, the procurement plan. 
For calendar years 2009 and thereafter, the department shall approve, or modify and approve, 
said procurement plan not later than sixty days after submission.  

(f) On or before September 30, 2009, and every two years thereafter, the Department of Public 
Utility Control shall report to the joint standing committees of the General Assembly having 
cognizance of matters relating to energy and the environment regarding goals established and 
progress toward implementation of the procurement plan established pursuant to this section, as 
well as any recommendations for the process.  

(g) All electric distribution companies' costs associated with the development of the resource 
assessment and the development of the procurement plan shall be recoverable through the 
systems benefits charge.   
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I. INTRODUCTION 
 
A.  SUMMARY 
 

Pursuant to the General Statutes of Connecticut (Conn. Gen. Stat.) §§ 16a-3a 
through 16a-3c, the Department of Public Utility Control (Department) approves with 
modifications, the 2010 Integrated Resource Plan (IRP) submitted by the electric 
distribution companies (EDCs) and the Connecticut Energy Advisory Board (CEAB).  
The Department agrees with the EDC and CEAB assessment that Connecticut is not 
forecasted to have a shortage of any energy or capacity requirements during the 
statutorily-defined planning horizon.  The Department finds that no further action needs 
to be taken at this time to procure new energy or capacity resources.  However, 
because uncertainties exist, the Department will carefully monitor resource need.  As 
such, the Department will initiate a process to develop a Request for Proposal (RFP) 
and evaluation methodology for repowering and other resources so the Department is 
ready to act quickly should the need for a procurement occur.  The Department 
supports more conservation but does not endorse a significant increase in ratepayer 
funding at this time.  The Department believes that there are sufficient renewable 
resources to meet the State’s Renewable Portfolio Standard (RPS) over the next few 
years.  However, the supply and cost to meet our renewable resource requirements is 
more uncertain over the longer term.  The Department supports a re-evaluation of the 
State’s RPS requirements to 2020. 

 
B. DEPARTMENT’S LEGAL REQUIREMENTS REGARDING THE IRP 
 
 On January 1, 2010, the EDCs submitted their Integrated Resource Plan for 
Connecticut (EDC Plan) to the CEAB pursuant to Conn. Gen. Stat. § 16a-3a(b).  On 
April 27, 2010, pursuant to Conn. Gen. Stat. § 16a-3a(e), the CEAB submitted its review 
of the EDC Plan entitled, 2010 Comprehensive Plan for the Procurement of Energy 
Resources (CEAB Plan) to the Department.  

 The Department finds that the EDCs and the CEAB have complied with Conn. 
Gen. Stat. §§ 16a-3a(b) and 16a-3a(e), respectively. 

 Pursuant to Conn. Gen. Stat. § 16-3a(e), the Department must consider the 
CEAB Plan filed on April 27, 2010, in an uncontested proceeding, conduct a hearing 
and provide a opportunity for interested parties to submit comments regarding the 
CEAB plan.  Not later than 120 days after the CEAB files its plan, the Department must 
approve or modify and approve the CEAB plan. 

 
C. CONDUCT OF THE PROCEEDING 
 

The Department has recognized the following as participants in this proceeding:  
Comverge, Inc. 4 Woodhaven Road, Newton, MA 02468; Constellation Energy 
Commodities Group, Inc., 111 Market Place, Suite 500, Baltimore, MD 21202; 
Constellation Energy Group, 1810 7th Ave, Suite 400, New York, NY 10019; 
Constellation Energy Resources, LLC, 100 Constellation Way, Suite 500C, Baltimore, 
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MD 21202; Constellation New Energy, 280 Trumbull Street, Hartford, CT 06103-3597; 
The Connecticut Energy Advisory Board, 450 Capital Avenue, Hartford, CT 06106; The 
Connecticut Clean Energy Fund (CCEF), 200 Corporate Place, Rocky Hill, CT 06067; 
Connecticut Light and Power Company (CL&P), P.O. Box 270, Hartford, CT 06141-
0270; Office of the Attorney General (AG), Ten Franklin Square, New Britain, CT  
06051; Office of Consumer Counsel (OCC), Ten Franklin Square, New Britain, CT  
06051;  EnerNoc, Inc., 75 Federal Street, Suite 300, Boston, MA 02110; Environmental 
Energy Solutions, 38 Brookmoor Road, West Hartford, CT 06107; Environment 
Northeast (ENE), 15 High Street, Chester, CT 06412; FirstLight Power Resources, Inc., 
20 Church Street, 16th Floor, Hartford, CT 06103;  Kleen Energy Systems, 90 State 
House Square, Hartford, CT 06103;  NRG Energy, Inc, 211 Carnegie Center, Princeton, 
NJ 08540-6213; New England Power Generators Association, Inc., 141 Tremont Street, 
Sixth Floor, Boston, MA 02111; Plainfield Renewable Energy, LLC, 20 Marshall Street, 
Suite 300, Norwalk, CT 06854; and the United Illuminating Company (UI), 157 Church 
Street, P.O. Box 1564, New Haven, CT 06506-0901. 

 
Pursuant to Conn. Gen. Stat. § 16a-3a(e), the Department conducted an 

uncontested proceeding on this Docket.  The Department held a hearing on June 2, 3, 
4, 7 and 16, 2010, on this matter in the offices of the Department, Ten Franklin Square, 
New Britain, Connecticut  06051. 
 
II. PARTICIPANT IRP SUBMISSIONS 
 
A. SUMMARY OF EDCS’ MAJOR FINDINGS AND RECOMMENDATIONS 
 

On January 1, 2010, the EDCs presented the 2010 EDC Plan, prepared by The 
Brattle Group, to the CEAB.  The EDC Plan builds upon the EDC Plans submitted in 
2008 and 2009.  The EDC Plan received input from the following stakeholder groups:  
Connecticut Department of Environmental Protection (DEP), CCEF, ISO-NE, electric 
generators, and other industry stakeholders and the public.  The EDC Plan found that 
there is no current need for additional resources during the statutorily-mandated IRP 
planning horizon through 2020, consistent with the findings in the 2008 report.  
Summarized below are the EDCs’ primary findings associated with the submitted white 
papers: 
 

1. EDC Findings 
 
1. Assuming the New England states are successful in building sufficient new 

renewable generation and associated transmission to meet each state’s RPS 
requirement, there is no need for additional generation resources to meet resource 
adequacy requirements during the next ten years, under a wide range of future 
demand assumptions. 

 
2. Using reasonable assumptions regarding supply and demand transmission, 

Connecticut has sufficient generation installed or under contract to assure locational 
resource adequacy requirements for reliability over the next ten years, even if 
significant uneconomic, high-emissions generating plants retire. 
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3. Due primarily to the impact of RPS and climate legislation, power supply-related 

costs are expected to increase from the current 11¢/kWh and estimated in 2013, to 
nearly 14¢/kWh in 2020 (2010 dollars) under expected supply and demand and 
moderate fuel and emission costs.   

 
4. A targeted expansion of Demand Side Management (DSM) programs beyond those 

currently planned can lead to significant reductions in emissions and costs.  It is 
anticipated that the additional program costs would be more than offset by a 
reduction in generation service costs and rates. 

 
5. For New England to meet each respective state’s 2020 Class I RPS, the region 

needs to add approximately 4800 MW of new renewable generation, primarily wind, 
that will be located in areas distant from load centers, which would require 
investments of approximately $20 billion in new renewable generation and about $10 
billion in investment in transmission resources to access this new renewable 
generation.   

 
6. Assuming the Class I renewable generation additions and continuation of the 

Connecticut DSM measures, New England’s CO2, NOx and SO2 emissions in 2020 
will be significantly below 2007 actual levels. 

 
7. New England electric rates are highly dependent on natural gas prices.  It is 

forecasted that the large supply of economically viable shale gas, which can be 
found in New York and Pennsylvania, may allow natural gas prices to remain 
moderate and help to moderate energy prices. 

 
EDC Plan, p. I-3. 
 

2. EDC Recommendations: 
 
 Based on the analysis undertaken, the EDC Plan contains two primary resource 
procurement recommendations to be implemented immediately: 
 
1. Given that the Targeted DSM Expansion strategy would reduce customer costs and 

emissions while even reducing rates for non-participants, the EDCs recommend that 
this strategy be funded. 

 
2. Connecticut policy makers need to engage with other New England states to 

develop a comprehensive regional renewable energy policy.  The New England 
states should work to define the best and most cost-effective means to expand 
renewable energy development in New England and the surrounding regions while 
meeting environmental goals. 

 
 The EDC Plan includes a third recommendation regarding additional study:   
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3. UI recommends, in light of the potential benefits of a nuclear strategy identified in 

EDC Plan, that the CEAB conduct, sponsor, or otherwise support a more detailed 
study of the potential costs and benefits of nuclear power, with the objective of 
providing a more complete picture of the tradeoffs encountered with nuclear power 
as a long-term resource strategy for Connecticut. 

 
EDC Plan, p. I-4.  
 

3. EDC Plan Resource Strategy Scenarios 
 
 In addition, the EDC Plan examined six resource strategy scenarios: 
 
1. Reference -- continue current levels of DSM programs and support regional 

development of renewables (primarily wind) sufficient to meet RPS requirements. 
2. Targeted DSM Expansion -- focus on four high-potential energy efficiency initiatives. 
3. All Achievable Cost-Effective DSM -- incorporate all achievable efficiency programs 

that were identified in a recent “Potential” study as having benefits in excess of 
costs. 

4. Limited Renewables -- not enough renewables are developed to comply fully with 
RPS mandates and EDCs must resort to making alternative compliance payments. 

5. In-State Renewables -- Connecticut’s RPS requirements are met through the 
development of in-state fuel cells and photovoltaics instead of regional (mostly wind) 
resources. 

6. Efficient Gas Expansion -- involves developing combined cycle capacity in 
Connecticut, in advance of a reliability-based need for generating capacity. 

 
EDC Plan, pp. II-26 – II-27; Sections II and III. 
 
 A seventh resource strategy for nuclear energy was developed for illustrative 
reasons, because it would not be possible to develop and construct a new nuclear plant 
in Connecticut in the ten-year scope of the IRP.  EDC Plan, Section III.5. 
 
B. SUMMARY OF FINDINGS IN EDC IRP WHITEPAPERS 
 
 The EDC 2010 IRP, Section III contained ten white papers.  The main analyses 
and conclusions are summarized below: 
 

1. Resource Adequacy 
 

 There will likely be a substantial surplus relative to Connecticut's local resource 
requirements through 2020, due to a lower load forecast than utilized in prior IRPs, 
planned generation additions in Connecticut, planned DSM, and increased Connecticut 
import capability, even after accounting for forecasted retirements (which are 
substantial).  Given this, Connecticut's access to adequate resources depends on 
resource adequacy in New England as a whole. 
 A capacity surplus is expected in New England through at least 2015, and likely 
through 2020.  This region-wide surplus is due to a lower load forecast than in prior 
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IRPs, the likely addition of renewable generation to meet RPS requirements, planned 
DSM, and planned generation additions in Connecticut even after accounting for 
forecasted retirements (which are substantial).  Some combinations of strategies and 
scenarios may lead to a need for additional resources after 2015 in cases that involve 
higher load, lower renewable additions, and/or higher retirements. 
 The prospect of capacity surpluses and consequently low capacity prices, 
combined with tighter environmental requirements, is likely to induce the retirement of 
substantial amounts of old, high emission, oil-fired steam units.  Retirements are 
estimated at 2,446 MW in New England in the Base Case (1,504 MW in Connecticut).  
There is substantial uncertainty around these estimates.  Retirements could exceed 
4,000 MW under market conditions that induce earlier new entry and reduced capacity 
prices. 
 

2. Demand-Side Management  
 
 Although Connecticut is a leader in DSM, with established programs and 
demonstrated results, there is much unrealized, cost-effective, emissions-reducing 
potential remaining.  The Targeted DSM Expansion Strategy meets the criteria 
established by the Department in its February 18, 2009 Decision in Docket No. 08-07-
01, DPUC Review of the Integrated Resource Plan for procurement absent an 
immediate reliability need by reducing total customer costs and CO2 and NOX emissions 
in all five scenarios tested, and by slightly reducing rates in all but one scenario.  
Funding this strategy through the system benefit charge (SBC) would require increasing 
the SBC rate from 3 mills to 3.7 mills, but based on the 2020 analysis, reduced 
generation service charge (GSC) costs and rates would more than offset the increase. 
 The All-Achievable Cost Effective DSM Strategy also meets the criteria set forth 
in the Docket No. 08-07-01 Decision; but while it reduces total customer costs and CO2 
and NOX emissions in all five scenarios, it also raise average rates per kWh consumed.  
The SBC rate would increase to 5.6 mills, and the 2020 analysis indicates that the GSC 
rate impacts would not fully offset the SBC rate increase.  Hence, costs for non-
participants would increase while costs for participants would decrease by a larger 
amount. 
 Funding the Targeted DSM Expansion strategy would require an additional 
outlay of approximately $19 million per year (2010 dollars).  The All Cost-Effective DSM 
Strategy would require an outlay of approximately $65 million per year through 2020.  
Although both strategies would create cost savings in excess of the program costs (thus 
providing emissions reductions at a negative net cost), only the Targeted DSM strategy 
would result in lower rates for non-participants over time. 
 

3. Renewable Energy 
 
 Connecticut has limited cost-effective renewable potential in-state.  Moreover, an 
in-state renewable strategy would rely heavily on natural gas powered fuel cells, and 
would not significantly abate CO2 emissions.   
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 The optimal strategy for meeting the State’s RPS requirement is to procure 
renewable energy as part of a New England regional market.  The RPS requirements of 
the New England states are likely to be met through 2012.  Renewable potential in New 
England is substantially larger than needed to meet the 2020 RPS.  Landfill gas, 
biomass, small hydro, and onshore wind are estimated to require Renewable Energy 
Credit (REC) prices that are below the Connecticut’s Alternative Compliance Payment 
(ACP).  However, fuel cells, offshore wind, and solar PV would require payments 
greater than the ACP and would require additional subsidies or out-of-market 
instruments to be developed. 
 Substantial transmission investment will be needed to connect sufficient 
renewables to meet regional RPS requirements.  The cost of such transmission is likely 
to be large, but much less than the cost of building renewables in-state, and not 
significantly larger than the cost of failing to meet the RPS entirely. 
 Constructing sufficient new renewable generation in New England would require 
a major capital investment, about $20 billion for the generation plus $10 billion for 
associated transmission by 2020.  Much of the capital investment in generation would 
be paid for by revenues from the energy and capacity markets, but REC payments and 
out-of-market payments would be required for some resources. 
 Connecticut policy makers need to engage with other New England states to 
develop a comprehensive regional renewable energy policy.  The New England states 
should work to define the best and most cost-effective means to expand renewable 
energy development in New England and the surrounding regions while meeting 
environmental goals. 
 

4. Transmission 
 
 The EDCs proposed a process to provide an efficient and effective means of 
considering alternatives to transmission upgrades by integrating Connecticut state 
processes and statutes with the region-wide open and transparent planning process 
administered by ISO New England.  Connecticut state agencies (e.g., the Department, 
CEAB, OCC) will benefit from early warning of upcoming major transmission projects, 
and have an opportunity to influence outcomes by monitoring the Regional System Plan 
and the multiple ongoing Connecticut-related transmission studies by participating in 
regional processes. 
 

5. Nuclear Power  
 
 Nuclear generation has significant environmental benefits, including displacing 
fossil generation and associated greenhouse gases, while making Connecticut less 
reliant on natural gas generation.  Nuclear capacity expansion is a long-term prospect, 
10 to 15 years from the start of preparing a license application to commercial online 
date.  New merchant nuclear capacity is unlikely to be developed in New England 
without a cost recovery approach that can mitigate the risks of high and uncertain 
capital costs, long lead time, and the potential for costly delay. 



Docket No. Error! 
Reference source not 

Page  7

found. 
 
 

6. Combined Heat and Power 
 
 Connecticut already enjoys high penetration of combined heat and power (CHP) 
for the most attractive large industrial applications, so there is limited remaining 
potential in this sector.  However, smaller, mostly commercial and institutional 
applications have significant remaining technical potential in Connecticut. 
 

7. Environmental Regulations Affecting Electricity 
 
 The EDC Plan included a range of CO2 prices in its analysis.  Since Connecticut 
and other parts of New England are not in attainment with air quality standards, 
additional NOX control requirements will likely be imposed on generators.  The EDCs 
and the DEP have worked together to establish likely future NOX emission requirements 
which were reflected in the simulation of the New England electricity market.  The cost 
of these controls is projected to cause retirements of older fossil steam units in our 
analysis. 
 Emission allowance prices – for SO2, NOX and CO2 – will raise the costs of 
generation in proportion to unit emission rates, and will impact the dispatch of resources 
in New England and thereby reduce overall emissions.  Although the prices of 
allowances for each pollutant are determined by aggregate emissions relative to an 
emission cap, these markets are not wholly independent; the analysis showed the price 
of CO2 allowances can influence the price of SO2 and NOX allowances. 
 

8. Energy Security 
 
 The power system is planned, designed, and operated to maintain high energy 
security, building in spare capacity, redundancy, and operational flexibility.  National, 
regional, and state agencies oversee and enforce reliability.  Key resources for energy 
security include natural gas and nuclear generation, because of the system’s heavy 
reliance on these generation types and the risks that could affect their operability, as 
well as the electric transmission system.  Resources such as oil, coal, and renewables 
are unlikely to pose similar energy security concerns. 
 The New England power system’s reliance on natural gas was stress-tested by 
analyzing the loss of access to natural gas for several days during the winter months.  
This analysis suggests that there would be other adequate generation resources 
available to serve winter load, with little or no reliance on natural gas.  This is due to 
several seasonal factors that improve the winter resource balance, plus dual fuel 
capability that allows many gas-fired generators to utilize oil if gas is not available. 
 A prolonged, simultaneous shutdown of multiple nuclear units at peak load times 
could stress the system’s ability to serve load.  However, it appears that even with the 
loss of both Connecticut nuclear units, the implementation of existing emergency 
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operating procedures and additional reliance on imports from neighboring regions would 
allow the system to continue to serve load. 
 The electric transmission system is designed and operated with a level of 
redundancy that allows it to absorb isolated failures with no impact on customers.  If an 
extreme event were to cause a more widespread transmission failure, the transmission 
owners’ recovery capabilities and procedures ensure that any service interruption would 
be brief. 
 

9. Natural Gas 
 
 The overall supply picture for domestic natural gas appears promising, due 
particularly to the advent of new unconventional gas supplies such as shale gas.  This 
expanding supply should be adequate to accommodate even increased gas demand, 
though the ultimate extent and pace of the new supplies coming online is not certain. 
 Pipeline and liquified natural gas (LNG) delivery capacity to New England have 
increased over the past several years, with additional new expansion projects still in 
development for the near future.  Gas delivery capacity to serve average and peak 
needs has improved measurably from a few years ago (though this does not address 
gas local distribution company (LDC) deliverability issues, where additional expansions 
may be necessary). 
 LNG and Canadian conventional gas may be less important for augmenting New 
England gas supplies than was expected in the recent past, due to the advent of new 
domestic supplies at lower prices.  They will nonetheless continue to serve as a 
backstop for the availability and price of domestic gas supplies.  Regardless of whether 
it actually does substitute for domestic gas more widely, LNG will remain a crucial 
component of New England’s ability to meet peak gas demands in the winter heating 
season. 
 Natural gas prices are expected to remain reasonable at around $7.00/MMBtu 
(real dollars) in the long term, driven largely by new unconventional supply sources.  
However there is no certainty that these current price expectations will be fulfilled; a 
long-term gas price range of approximately $4.00-10.00/MMBtu was examined in this 
study.  Regardless of what happens to the long-term price of gas, short-term gas prices 
can be volatile. 
 

10. Emerging Technologies 
 
 Plug-in electric vehicles (PEV) appear poised to achieve an uncertain but 
potentially significant fleet penetration over the next decade.  A five percent level of fleet 
penetration by 2020 represents an optimistic view of PEV vehicle sales growth.  This 
level of PEV penetration in New England is unlikely to pose any unmanageable issues 
for maintaining reliable electric service.  The forecasted level of PEV penetration in New 
England is likely to produce a modest CO2 and NOX emissions decrease and a 
negligible increase in SO2 emissions. 
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 Widespread implementation of advanced metering infrastructure (AMI) has the 
potential to decrease peak loads.  The magnitude of the decrease will depend on 
customer participation rates in dynamic pricing programs and their responsiveness to 
near-term price signals.  AMI programs that encourage these technologies are more 
likely to yield more pronounced responses. 
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C. CEAB PLAN 
 

1. 2010 Procurement Plan 
 
 In its CEAB Plan, the CEAB established the following key objectives that will 
drive the need for energy resource implementation over the next decade:  (1) provide 
electric services at an affordable and competitive cost, (2) reliability, (3) improve 
environmental performance of the electric system, and (4) energy independence and 
security. 
 

The CEAB noted the following key drivers that underlie energy resource 
planning:   

 
1. Connecticut and New England are, and will likely continue to be, dependent on 

natural gas for significant portions of the power supply. 
2. Connecticut and other New England states are required to fulfill renewable 

portfolio standards that will require an approximate 400 percent increase in 
renewable energy by 2020. 

3. Connecticut resource planning must comply with stringent air and water quality 
regulations. 

4. Resource planning must accommodate regional, and possibly, national 
greenhouse gas emission limits. 

5. Many of the resource options under consideration will require significant 
financing. 

6. Connecticut’s electric resource demands will need to meet the changing 
demographics and business activity of its citizens. 

 
CEAB Plan, pp. 6-9. 
 
 In evaluating Connecticut’s electric system needs and the aforementioned key 
objectives and drivers, the CEAB considered the following resource portfolio planning 
options and achieved the following results: 
 
1. Maximize Achievable Energy Efficiency – Across a range of cases and 

sensitivities evaluated, maximizing the identified cost-effective potential for 
energy efficiency resources provided the most desirable cost and environmental 
result, significantly more cost effective during the first ten years and the next ten 
years thereafter than the range of supply-side alternatives considered. 

2. Renewable Energy Development – New England states’ RPS requirements, 
including Connecticut’s 20 percent renewable requirement by 2020, will require 
approximately 4,000 MW of new renewable projects over the next ten years.  
Meeting Connecticut’s aggressive RPS requirement raises several concerns:  (a) 
the ability of market mechanisms to develop the resources on schedule, (b) 
transmission investments needed to transport renewable resources, (c) the high 
cost of renewable resources and transmission, and (d) given these high costs, 
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the opportunity cost to Connecticut of developing these resources.  CEAB raises 
the issue whether to reassess the RPS policy in effect for the next ten years. 

3. Proactive Assessment of Transmission and Alternatives – The CEAB proposes a 
Proactive RFP approach to alternatives assessment and plans to undertake that 
process to the Hartford-area Needs Assessment study now beginning at ISO-NE. 

4. Development of Natural Gas Generation – The CEAB’s analysis indicates that 
the region will remain reliant on natural gas in the foreseeable future.  Natural 
gas remains a clean and economically attractive fuel for repowering old fossil fuel 
plants.  However, the reduced growth rate of electric demand due to the 
economic slowdown and continued Energy Efficiency (EE) programs suggest 
that procurement for natural gas plants would be premature. 

5. Prepare Options for the Future – The CEAB looks toward 2030 in considering 
lead time for planning for additional energy resources such as emerging end use 
technologies, nuclear power, imports of hydro power or renewable energy from 
Canada.  The CEAB recommends that Connecticut policymakers begin to plan 
for the development of these technologies. 

CEAB Plan, pp. 12-20. 
 

2. CEAB Findings and Recommendations 
 
 The CEAB made the following findings based on the information and planning 
scenarios in its Plan. 
 
1. Overall, the resource needs over the coming decade are defined by economic 

and environmental factors. A number of factors lead to the overall cost of power 
supply to increase, including transmission costs, RPS costs, fuel prices, and, 
potentially the cost to meet carbon reduction goals.  Demand-side resources best 
meet the combination of economic and environmental objectives. 

 
2. The State and the region are likely to have ample installed capacity to meet 

resource adequacy for the coming decade assuming current load projections, 
aggressive regional demand-side programs, development of renewable 
resources to meet regional RPS targets, and limited retirements of existing fossil 
steam generation.  Reference Case demand-side resources and build-out of 
renewable to meet the RPS will, if implemented, add significant capacity 
resources to the State and regional supply over this period. 

 
3. Reliability issues, if any, are most likely to arise as a result of the ISO-NE study 

of the remaining New England East-West Solution (NEEWS) transmission project 
and the four area studies underway within Connecticut. 

 
4. Economic analysis of energy efficiency potential shows economic benefits of an 

aggressive demand-side program to be significant under a broad range of 
scenarios and assumptions over the longer-term. 

 
5. The estimated cost of renewable energy projects needed to meet Connecticut 

and regional RPS requirements are high, due to both the amount of supply called 
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for in the RPS and the expected cost of the resources.  The scale of the RPS 
requirement over the next decade could require transmission expansion to 
integrate those resources into the regional grid. 

 
6. The environmental performance of the Connecticut power system must meet 

more stringent NOx emissions in the coming years. Demand-side resources help 
meet these requirements, along with some assumed retirements and added 
emissions controls. 

 
7. Under Waxman/Markey-like Federal carbon cap-and-trade regimes, carbon 

emissions in the region decline somewhat over the planning horizon, due to the 
addition of RPS renewables and the significant reduction in coal-fired power 
production when carbon allowance costs approach $30/ton. 

 
CEAB Plan, pp. 20 and 21. 
 
The CEAB made the following procurement recommendation:  
 
1. Maximize the utilization of demand-side resources to achieve all cost-effective 

energy efficiency (A-ACE) while minimizing ratepayer impacts through the use of 
expanded financing options, market mechanisms, codes and standards, and 
other innovative approaches.   

 
CEAB Plan, p. 22. 
 

The CEAB made the following planning recommendations: 
 
1. Conduct a public stakeholder process to fully review Connecticut’s renewable 

portfolio standard and renewable energy policy to assure the policy is consistent 
with the current objectives of the State. 

 
2. Develop a proposal for the legislature to restructure Connecticut’s energy-related 

entities to provide a single State entity for oversight and accountability of energy 
policy and planning. 

 
3. Strengthen the CEAB and State connections and coordination with ISO-NE, New 

England States Committee on Electricity (NESCOE) and other regional 
organizations whose decision-making directly impacts electric system costs for 
Connecticut. 

 
4. The CEAB will implement a proactive planning and RFP process, in conjunction 

with the Department, to assure that Non-Transmission Alternatives (NTAs) to 
proposed transmission solutions are properly investigated, solicited and, if and as 
needed, successfully implemented. 

 
5. Collaborate with ISO-NE in its Needs Assessment and Transmission Solutions 

studies for the Greater Hartford area.  Conduct a concurrent assessment of the 
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potential for non-transmission solutions to address the identified reliability need.  
If warranted, conduct a proactive RFP for non-transmission alternatives. 

 
6. Identify opportunities and promote development of CHP and district energy 

development. 
 

7. Prepare a potential procurement for efficient, combined-cycle gas unit(s) or 
comparable facilities following the 2012 IRP process by 2020. 

 
8. Proceed with Connecticut Academy of Science and Engineering (CASE) to study 
the State’s capabilities for nuclear energy options. 
 
CEAB Plan, pp. 24-36. 
 
D. OTHER PARTICIPANTS 
 
 The following participants also submitted prefiled testimony. 
 

1. OCC 
 
 The OCC’s consultant, Levitan & Associates, Inc. (LAI) presented prefiled 
testimony and evaluated the EDCs’ and the CEAB IRP Plans.  LAI’s major conclusions 
are as follows: 
 
1. The net benefits of the EDCs’ Targeted DSM and CEAB’s A-ACE scenarios are 

overstated and uncertain.  Non-participants are likely to see their rates increase 
under both of these scenarios. 

 
2. No additional funding for DSM in excess of the existing three mill charge is 

warranted in the near-term. 
 
3. There is no need for conventional supply side resources in Connecticut or the 

region in the next ten years.  However, re-evaluation of the need for procuring 
new or repowered resources should be undertaken in the 2012 IRP. 

 
4. The OCC concurs with the EDCs and the CEAB that requiring new renewable 

energy sources to be located in Connecticut would create a significant economic 
burden on the State’s ratepayers. 

 
5. Solar PV energy continues to be the highest cost renewable energy source for 

Connecticut.  The OCC supports evaluating whether additional sources, such as 
high-head hydro-electric, should be added as an eligible renewable energy 
source. 

 
LAI PFT, pp. 43-45. 
 

2. CCEF 
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 The CCEF supports the CEAB’s recommendation to initiate a public stakeholder 
process to review the Connecticut RPS and its role in the development of renewable 
energy projects in the state and the region.  The CCEF notes that the cost of renewable 
resources has declined over time.  The development of in-state renewable energy will 
confer benefits to the state but will be costly.  CCEF PFT.   
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3. ENE 
 
 ENE supports the EDCs’ proposed All Achievable Cost-Effective DSM strategy, 
and recommends that the target spending and efficiency levels be ramped up within five 
years.  ENE also supports the CEAB’s recommendation to pursue the A-ACE DSM 
strategy.  ENE believes that both the EDCs’ and CEAB’s strategies minimize the cost of 
resources and maximize the benefits to customers over time, as required by Conn. Gen. 
Stat. § 16a-3a.  ENE PFT, pp. 2 and 3. 
 

4. Algonquin Power 
 
 Algonquin Power (Algonquin) supports the development of long-term purchased 
power agreements (PPAs) between CHP/cogeneration facilities and the EDCs, subject 
to approval by the Department, as a means of promoting the development of 
CHP/cogeneration facilities in Connecticut.  According to Algonquin, CHP/cogeneration 
participation in the ISO-NE regional electric market is overly complex and costly for 
small facilities; a long-term PPA with an EDC would foster more CHP and cogeneration 
in the state.  Algonquin PFT. 
 
III. DEPARTMENT ANALYSIS 
 
A. RESOURCE ADEQUACY 
 

1. EDC Analysis 
 
 The EDCs projected that the supply of capacity over the next ten years will be 
substantially greater than needed to meet resource adequacy requirements in ISO-NE 
and in the Connecticut sub-area.  The surplus is attributable to a lower load forecast 
than used in the past due to the economic downturn; planned new generation and likely 
additional generation to meet RPS; and new transmission into Connecticut.  However, 
some of the surplus is likely to be offset by the retirement of existing oil-fired steam 
units.  Assuming the DEP imposes strict NOX emissions rate limits, and the ISO-NE 
abolishes the capacity price floor, the EDCs estimated that 2,446 MW of oil-fired steam 
generation, including 1,504 MW in Connecticut, is likely to retire by 2017.  This would 
advance the need for new capacity in New England from 2029 to 2021.  It is unlikely 
that new capacity will need to be located within Connecticut until well beyond 2020 
unless retirements within Connecticut are much higher than anticipated.  EDC Plan, p. 
II-3. 
 
 Two of the seven EDC primary findings are related to meeting resource 
adequacy requirements are: 
 
1. Connecticut has sufficient generation installed or under contract to assure 

locational resource adequacy requirements for reliability over the next ten years, 
even if significant uneconomic, high-emissions generating plants retire based on 
its assumptions regarding supply and demand and transmission. 
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2. There should be no need for any additional generating resources for resource 

adequacy purposes over the next ten years under a wide range of demand 
uncertainty if the New England states are successful in building enough new 
renewable generation and associated transmission to meet RPS requirements.   
 
EDC Plan, p. I-3. 
 

 ISO-NE defines four separate resource adequacy requirements to ensure that 
there is sufficient capacity to meet expected load and ensure system reliability.  The 
four resource adequacy requirements that affect Connecticut are: 

 
1. ISO-NE-wide Net Installed Capacity Requirement (NICR), which is an ISO-wide 

requirement to meet a one day in ten years loss-of-load expectation; 
 

2. Connecticut Local Sourcing Requirement (CT LSR) is intended to ensure that 
sufficient capacity is physically located in a sub-area to maintain local reliability; 

 
3. Connecticut requirement under the Transmission Security Analysis (CT TSA), is 

a more stringent local requirement that is essentially the ISO’s 90/10 peak load 
forecast plus the capacity required to cover the area’s first-order generation 
contingency which is Millstone 3, or 1,235 MW; and  

 
4. Connecticut requirement in the Locational Forward Reserve Market (LFRM), 

which provides for local second contingency coverage in the form of non-
spinning thirty minute reserves (fast-start capacity).  

 
EDC Plan, p. II-5. 

 
 The EDCs claim that these requirements are likely to be met and will have 
surplus capacity through 2020 and beyond.  An important element of the projections is 
the inclusion of the NEEWS, a transmission project planned to be in service by 2014.  
NEEWS will support Locational Resource Adequacy in Connecticut both by increasing 
the Connecticut import capability by 1,100 MW and by incorporating the Lake Road 
generating facility electrically into the Connecticut sub-area.  EDC Plan, p. II-5. 
 
2. CEAB Analysis 
 
 The CEAB believes that Connecticut will likely have adequate resources for 
reliability, as defined by ISO-NE under its current criteria, through 2030 even with 
assumed retirements of 1,500 MW and assuming all four components of NEEWS are 
constructed as planned.  Under the CEAB Reference Case assumptions, Connecticut 
surplus does not fall below 500 MW through 2020, while in the same period, the New 
England regional surplus does not fall below 1,000 MW.  Through the next two decades 
there is generation surplus for Connecticut except under the Local Sourcing 
Requirement (LSR) criteria in 2030.  Key reasons for the Connecticut surplus are slower 
growth in demand, the expected continued demand response (DR) participation and 
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energy efficiency program expenditures at the current level, along with the recent 
commitments to new generation and transmission.  CEAB Plan, pp.102 and 103. 
 
 The ISO-NE region is also in a strong reliability position as a result of the region’s 
plans and targets for energy efficiency, demand response and renewable generation all 
of which contribute to the surplus on both a regional and in-state basis.  CEAB Plan, 
p.103. 
 
 Although Connecticut surplus is expected to be approximately 2,000 MW in 
2020, which includes roughly 1,200 MW of existing oil/gas and coal steam fired 
generating capacity after accounting for 1,500 MW of retirements, there are several 
resource contingencies that need to be considered relative to this surplus.  Out to 2030, 
the need for local capacity could be triggered by generation retirements, deferral of 
regional transmission upgrades, or more localized reliability needs.  CEAB Plan, p.104. 
 
 If the Interstate and Central NEEWS components are not built by 2014 as 
planned, an additional 1,300 MW of capacity would be required to maintain the same 
level of surplus.  Importantly, if these components are not built, they would reduce the 
assumed transfer limit and leave the 766 MW Lake Road facility electrically outside of 
Connecticut.  Though there may be alternative ways to bring Lake Road generation to 
Connecticut, without these NEEWS components, an in-state resource adequacy need 
could arise within the next decade.  CEAB Plan, p.104. 
 
 In addition, although it is already under construction and has the commitment of 
a long-term contract with Connecticut, the recent accident at the Kleen Energy (Kleen) 
plant has created some uncertainty regarding Kleen's future.  It is not yet clear that the 
620 MW Kleen gas-fired combined cycle plant will move forward on its proposed 
schedule to be operational by June 2011.  CEAB Plan, p.104. 
 
 Another contingency is the impact of higher load growth.  Like the EDCs, the 
CEAB analysis assumes load growth based upon the ISO’s 2009 Capacity, Energy, 
Loads and Transmission (CELT) forecast that reflects normal weather (“50/50”) and 
base economic growth conditions.  If higher load growth should result, such as the 2009 
CELT’s 90/10 projection, then Connecticut may have its surplus reduced by 1,186 MW 
compared to that projected under the Reference Case assumptions.  Though more 
recent ISO-NE load projections have actually decreased projected load growth, this 
remains something to monitor.  CEAB Plan, pp.104 and 105. 
 
 The outlook for 1,500 MW of retirements is also subject to uncertainty.  Changes 
in regional or federal carbon legislation or other environmental policies such as 
legislated reductions in impacts to marine habitat from generation plant cooling systems 
could result in a higher level of retirements.  Most generation at risk is existing coal-fired 
unit that would be heavily impacted by proposed federal carbon legislation.  CEAB Plan, 
p.105.  Under policies resulting in reference level carbon prices that could result from 
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the Waxman-Markey Bill1, coal-fired units will become less economically viable due to 
lower expected capacity factors.  This creates the risk of coal unit retirements due to 
economic obsolescence and may result in 564 MW of additional retirements in 
Connecticut not assumed in the Reference Case.  Moreover, all aging steam capacity in 
the region may face obsolescence from potential costs to address environmental 
challenges like ozone standards and water intake impacts. This places an additional 
645 MW in Connecticut at risk for retirement.  All of these sensitivity factors must be 
monitored as Connecticut continues its resource planning efforts over the next several 
years.  CEAB Plan, p.105. 
 
 CEAB concluded that Connecticut has adequate resources for reliability, as 
defined by ISO-NE criteria.  Connecticut has resource options at its disposal if needed 
to address potential resource adequacy concerns in the future, which would support 
State goals of maximizing DSM, and meeting RPS targets.   CEAB Plan, p.110. 
 

3. OCC Position 
 
 The OCC states that Connecticut is in a capacity surplus position and is 
expected to remain in a capacity surplus position throughout the next ten years.  
Although a number of market-related events could significantly reduce the magnitude of 
the capacity surplus, the OCC believes that the likelihood of a capacity deficit arising 
over the planning period is very low.  The OCC also believes there will be a much 
higher level of certainty surrounding these market conditions in the 2012 IRP time 
frame.  The OCC claims that for this reason and others, the evidence before the 
Department supports the OCC view that the benefit of waiting until 2012 to consider 
procuring new resources outweighs the risk of not proceeding at once.  OCC Brief, p.1. 
 
 The OCC found that under the Reference strategy formulated in the EDCs’ Plan, 
a capacity surplus will persist in Connecticut through 2020, even assuming that a total 
of about 1,500 MW of the State’s steam turbine generators (STGs) permanently retires 
by 2016.  The CEAB Plan arrived at a similar result.  
 
 The resource adequacy analysis results in a capacity deficiency prior to 2020 
only under extreme conditions if: 
 
1. the Kleen project is cancelled; 

 
1 The Waxman-Markey Bill, H.R. 2454: The American Clean Energy and Security Act of 2009, was 
passed in June 2009 by the full House but as of today, it has not been voted on in the Senate.  It is a cap 
and trade bill that plans to reduce American greenhouse gas emissions to 20% below 2005 levels by 
2020, and to 83% below 2005 levels by 2050.  It also mandates that 25% of the nation’s energy be 
produced from renewable sources by 2025, creates new energy efficiency programs, puts limits on the 
carbon content of motor fuels, and requires greenhouse gas standards for new heavy duty vehicles and 
engines.  This bill would give away most of the initial carbon credits, auction off some, and then use the 
proceeds to give subsidies to some industries including coal as well as to low-in-come tax payers.  It 
explicitly states that the new cap and trade system it creates will replace any regulation promulgated by 
the Environmental Protection Agency under the authority of the Clean Air Act.  
http://www.govtrackinsider.com/articles/2010-04-27/climate-change. 
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2. only the Greater Springfield Reliability Project (GSRP) portion of NEEWS is 

constructed; and 
3. all 1,500 MW of Connecticut’s old-style steam STGs indeed retire by 2016. 

 
 Under these extreme conditions, the EDCs forecast a small resource deficiency 
starting in 2016 – about 100 MW for the LSR analysis, and about 300 MW for the TSA 
analysis.  The OCC asserts that this combination of market conditions is highly 
improbable.  Therefore the likelihood of a capacity deficit materializing in Connecticut on 
or about 2016 is low. If transmission security objectives are in jeopardy, ISO-NE would 
not allow needed capacity resources in Connecticut to retire.  Furthermore, if the 
capacity overhang incorporated in the EDCs’ Plan diminishes at a faster rate than 
contemplated in the EDCs’ capacity price forecast, there would be upward pressure on 
FCM prices resulting in greater supply elasticity.  STG units that were predicted to retire 
under the EDCs’ Reference strategy attrition model would be financially revitalized by 
higher capacity revenues, thereby making it easier to rationalize incremental investment 
in required environmental upgrades while operating under more stringent regulations.  
Higher capacity prices under the FCM would also attract new DSM resources.  The 
OCC believes that under the range of scenarios contemplated in this proceeding, it is 
difficult to construe a likely scenario that would result in a significant capacity resource 
deficit prior to 2020.  OCC Brief, pp. 37-36.      
 
 Mr. Shuckerow of CL&P concurred that issues surrounding Kleen and NEEWS 
will become more certain in two years, but they will be replaced with other uncertainties 
two years from now.  Tr. 6/3/10, p. 431.  The OCC agrees that there will always be 
economic, market, political and regulatory uncertainties affecting the long-term resource 
planning process that warrant sensitivity analysis.  In this instance, the resource swing 
of over 2,100 MW attributable to Kleen and NEEWS will likely be resolved in a 
reasonably short time.  In light of the anticipated capacity overhang, Connecticut can 
afford to delay a procurement decision for a year or so, by which time there is likely to 
be resolution at ISO-NE regarding the interstate segment of NEEWS and much greater 
clarity on the timing of Kleen, and greater clarity about carbon reduction.  Confirming 
that these resources will or will not be constructed will sharpen the forecast of 
Connecticut’s need date under the LSR and TSA analyses.  Moreover, an assessment 
of the net benefits of proposed new resources will be facilitated and refined if this 
uncertainty is removed.  OCC Brief, pp. 35-37. 
 
 The OCC asserts that if a recommendation to procure new generation resources 
emerges upon issuance of the next IRP on January 1, 2012, then the regulatory and 
development timeline would allow for such new resources to be commercialized 
substantially before 2020.  Assuming the Department issues its final decision approving 
such procurement by August 2012, the RFP process would need to be completed no 
later than the second quarter of 2014, but reasonable efforts to reduce the RFP process 
should be exercised in order to shave one or two quarters from the regulatory review 
process.  According to Mr. Milley of NRG, a three to five year period would be required 
for design, financing and construction thereby culminating in new operational capacity 
substantially ahead of the EDCs’ expected 2021 need date.  Tr. 6/7/10, p. 1312.  In the 
unlikely event that a capacity crunch materializes as early as 2016 as shown in Late 
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Filed Exhibit No. 19, the OCC acknowledges that there will not be sufficient time for new 
or repowered generation assets to achieve commercial operation if the procurement 
decision is delayed until the next biennial planning cycle.  However, the OCC asserts 
that the risk of a capacity shortfall is low and worth the potential reward associated with 
investing the time to undertake the requisite analysis of the best repowering plan for 
Connecticut.  If capacity markets tighten in New England, FCM prices will rise, thereby 
providing incumbent generators that might otherwise retire or mothball with the 
necessary economic inducement to delay such decisions.  OCC Brief, p. 43. 
 
 

4. Department Analysis of Resource Adequacy 
 

(a) Base Case and Alternative Scenarios 
 
 The EDC and the CEAB Connecticut base case plans are the same and were 
developed upon the following assumptions: 
 
1. The 2009 Independent System Operator of New England (ISO-NE) 50/50 peak  
 load forecast;  

 
2. The 504 MW of peaking facilities under Department contracts come on-line by 

2012;  
 
3. PA 05-01 contracts add 716 MW by 2010, which includes the 620 MW Kleen 

Energy Plant; 
 
4. 140 MW of new capacity cleared in Forward Capacity Auction (FCA) #1, #2 and 

#3 starting in 2010; 
 
5. Renewable Project 150 supplies 85 MW starting in 2012; 

 
6. New RPS sources increase from 5 MW in 2010 to 83 MW in 2020; 

 
7. Connecticut fossil fired retirements of 696 MW occur in 2013 and 1,504 MW in 

2016; 
 
8. The four NEEWS projects come on line in 2014 increasing transfer capability 

(import limits) by 1,100 MW and the 766 MW Lake Road facility is counted as a 
Connecticut supply source; 

 
9. Demand Resources increase from 636 MW in 2010 to 1,117 MW in 2020; and 

 
10. Purchase and sales of 100 MW from 2010 through 2020 through the Cross 

Sound Cable. 
 
 Table 1 and Figure 1 illustrate the resource surplus under the three ISO-NE 
resource adequacy requirements pertaining to Connecticut in the EDC and the CEAB 
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Plans under base case assumptions.  Table 1 illustrates that Connecticut is expected to 
have adequate capacity over the next ten years.  Connecticut is projected to have a 
surplus of over 2000 MW under the CT LSR analysis and over 1,000 MW under the 
stricter TSA analysis in 2010. The surplus declines significantly in 2013 but then 
increases again in 2014 and remains high for the rest if the decade.   
 

The large decrease in the 2013 surplus from that in 2012, 747 MW in LSR and 
685 MW in TSA is primarily due to the retirement of 696 MW of fossil units.  The large 
decrease in the 2016 surplus from that in 2015, 806 MW in LSR and 780 MW in TSA is 
primarily due to the retirement of 808 MW of fossil units. 
 

The large increase in the 2014 surplus from that in 2013, 1,917 MW in LSR and 
1,802 MW in TSA is primarily due to the four NEEWS projects coming on line and 
providing 1,866 MW by increasing the transfer limits by 1,100 MW and allowing the 766 
MW Lake Road facility to be counted as a Connecticut resource. 
 

The LFRM 260 MW shortfall in 2009 increases to a 244 MW surplus in 2012 due 
to a Department peaking contract unit coming on line each year beginning in 2010 
through 2012 to provide required quick start capacity.2 
 

Table 1 
Resource Adequacy under EDC Base Case Assumptions (MW) 

 
2 The Department’s peaking contract units are GenConn’s 188 MW in Devon coming on-line in 2010, 188 

MW in Middletown coming on-line in 2011 and PSEG’s 130 MW in New Haven coming on-line in 2012. 
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Local Sourcing Requirement in Connecticut  (LSR) Source: EDC Plan, Table 1.A-1

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020
Connecticut Sub-Area 
50/50 Peak Load a 7,415 7,480 7,565 7,650 7,725 7,800 7,870 7,920 7,965 8,020 8,075 8,131

Local Sourcing 
Requirement in CT b n/a 6,496 6,912 7,325 7,433 6,341 6,408 6,455 6,498 6,557 6,625 6,708

Total Installed Capacity in 
CT c 7,675 8,591 8,967 9,132 8,493 9,318 9,368 8,609 8,669 8,716 8,762 8,808

CT LSR Surplus 
(Shortfall) c-b n/a 2,095 2,055 1,807 1,060 2,977 2,960 2,154 2,171 2,159 2,137 2,100

Connecticut Requirement Under Transmission Security Analysis (TSA) Source: EDC Plan, Table 1.A-2
2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Connecticut Requirement 
under Transmission 
Security Analysis

a 7,273 7,464 7,631 7,637 7,683 6,706 6,782 6,803 6,863 6,913 6,964 7,015

CT Sub-Area 90/10 Peak 
Load b 7,940 8,010 8,105 8,205 8,285 8,370 8,445 8,505 8,565 8,615 8,665 8,716

Total Installed Capacity in 
CT

c 7,675 8,591 8,967 9,132 8,493 9,318 9,368 8,609 8,669 8,716 8,762 8,808

CT TSA Surplus 
(Shortfall) c-a 402 1,127 1,336 1,495 810 2,612 2,586 1,806 1,806 1,803 1,798 1,793

Connecticut Requirement Under Locational Forward Reserve Market, Summer (LFRM)
           Source: EDC Plan, pp. 1-7 and 1-8, Table1.3

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020
Connecticut Requirement 
Under LFRM ( may be 
reduced after 2013)

a 1,250 1,250 1,250 1,250 1,250 1,250 1,250 1,250 1,250 1,250 1,250 1,250

CT Sub-Area Internal 
Quick Start Capacity-
Installed

b 894 990 1,178 1,364 1,494 1,494 1,494 1,494 1,494 1,494 1,494 1,494

CT Sub-Area Internal 
Quick Start Capacity-
Planned

c 96 188 186 130

Total Installed Quick Start 
Capacity in CT d 990 1,178 1,364 1,494 1,494 1,494 1,494 1,494 1,494 1,494 1,494 1,494

CT LFRM Surplus 
(Shortfall) d-a (260) (72) 114 244 244 244 244 244 244 244 244 244  
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Figure 1 
Annual Surplus under ISO-NE Requirements for Base Case Assumptions  

Source: Table 1
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 Based on the resource surplus shown in Table 1 for the three ISO-NE resource 
adequacy requirements for Connecticut, the Department agrees with the CEAB and the 
EDCs that Connecticut can meet its capacity requirements during the next ten years 
under the assumptions for resource availability utilized in their base case plans. 
 

(b) Resource Uncertainty 
 
 The base case makes several key assumptions that have a large impact on 
resource adequacy.  The most significant are retirements, Kleen and the NEEWS 
transmission projects.  During the hearings, the Department asked for a late file exhibit 
to examine the sensitivity of the EDCs’ findings to these key assumptions.  Tr. 6/4/10, 
pp 802 and 845. 
 
 In the EDCs’ response to Interrogatory EL-12, resources were reduced in an 
alternative scenario to determine the effect on the resource surplus due to the recent 
Kleen accident in February 2010 and ISO-NE’s decision to re-evaluate alternatives for 
the last two NEEWS projects.  It was assumed that the Kleen plant would be delayed 
three years to 2013 and that the last two NEEWS projects would not be built. 
 
 Table 2 and Figure 2 illustrate the resource surplus under LSR and TSA analysis 
for resource adequacy using the EDCs’ response to Interrogatory EL-12 assumptions.  
Compared to the base case surplus, the LSR surplus decreases by 620 MW in 2010 
and by 683 MW in 2012.  The surplus under TSA requirements decreases by 588 MW 
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in 2010 and 649 MW in 2012.  The LRS and TSA surplus decreases are primarily due to 
due to the 620 MW three year delay of Kleen.   
 
 After Kleen comes on-line in 2013, the surplus for LSR decreases by 1,708 MW 
and the surplus under TSA requirements decreases by 1,593 MW compared to the 
2014 base case due to the last two NEEWS projects not being built.  Most of the LSR 
surplus decrease, 1,532 MW, is due to the 766 MW Lake Road facility not being 
classified as a Connecticut resource and another 766 MW increase in local source 
requirements.  The majority of the TSA surplus decrease is due to the 766 MW Lake 
Road facility not being classified as a Connecticut resource and an 800 MW reduction in 
import limits from the NEEWS projects not being constructed. 
 
 After 2015 the surplus drops below 500 MW in the LSR analysis and to 
approximately 200 MW in the TSA analysis.  Under these assumptions, Connecticut 
would meet its LSR and TSA requirements if Kleen is delayed three years to 2013 and if 
the last two NEEWS projects are not built before 2020 due to the minimum surplus 
under LSR being 369 MW and under TSA being 179 MW both occurring in 2020, the 
last year of Connecticut’s required planning period. 
 

Table 2 
Resource Adequacy under EDCs’ response to Interrogatory EL-12 

Assumptions 
Local Sourcing Requirement in Connecticut  (LSR) Source: EDC Response to Interrogatory EL-12

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020
Connecticut Sub-Area 
50/50 Peak Load a 7,415 7,480 7,565 7,650 7,725 7,800 7,870 7,920 7,965 8,020 8,075 8,131

Local Sourcing 
Requirement in CT b n/a 6,496 6,912 7,325 7,433 7,216 7,283 7,330 7,373 7,432 7,500 7,583

Total Installed Capacity in 
CT c 7,675 7,971 8,333 8,449 8,430 8,485 8,530 7,767 7,824 7,867 7,910 7,952

CT LSR Surplus 
(Shortfall) - with EL-12 
modifications

c-b n/a 1,475 1,421 1,124 997 1,269 1,247 437 450 435 409 369

Connecticut Requirement Under Transmission Security Analysis (TSA) Source: EDC Response to Interrogatory EL-12
2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Connecticut Requirement 
under Transmission 
Security Analysis

a 7,273 7,432 7,599 7,604 7,680 7,465 7,541 7,561 7,622 7,672 7,722 7,773

CT Sub-Area 90/10 Peak 
Load b 7,940 8,010 8,105 8,205 8,285 8,370 8,445 8,505 8,565 8,615 8,665 8,716

Total Installed Capacity in 
CT

c 7,675 7,971 8,333 8,449 8,430 8,485 8,530 7,767 7,824 7,867 7,910 7,952

CT TSA Surplus 
(Shortfall) - with EL-12 
modifications

c-a 402 539 734 846 750 1,019 989 205 202 195 187 179
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Figure 2 
Annual Surplus under ISO-NE Requirements for EDCs’ Response to Interrogatory EL-12 

Assumptions 

Source: Table 2
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 In Late Filed Exhibit 19, resource assumptions were reduced further than in the 
EDCs’ response to Interrogatory EL-12 to determine the effect on the resource surplus 
due to the Kleen accident in February 2010 and the re-evaluation of alternatives for the 
last two NEEWS projects.  It was assumed that in addition to the last 2 NEEWS projects 
not being built, the Kleen plant would also not be built before 2020.  
 
 Table 3 and Figure 3 illustrate the resource surplus under LSR and TSA ISO-NE 
resource adequacy requirements pertaining to Connecticut in the EDC and the CEAB 
plans under LFE-19 assumptions.  Without Kleen and the last two NEEWS projects, a 
resource shortfall of 107 MW under LSR and 312 MW under TSA requirements occur in 
2016 and both increase slightly through 2020. 
 
 Based on EL-12 and LFE-19, the critical year for new resources is 2016.  The 
2016 shortfall can be avoided if Kleen is delayed six years until 2016 or if the last two 
NEEWS projects are delayed two years to 2016 but still come into service.  Another key 
assumption that was not examined in these late filed exhibits scenarios is retirements.  
Changes to the level of retirements could compound or offset any problems due to 
Kleen or NEEWS.   



Docket No. Error! 
Reference source not 

Page  26

found. 
 
 

Table 3.  Resource Adequacy under LFE-19 Assumptions (MW) 
Local Sourcing Requirement in Connecticut  (LSR) Source: LFE-19

2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020
Connecticut Sub-Area 50/50 
Peak Load a 7,415 7,480 7,565 7,650 7,725 7,800 7,870 7,920 7,965 8,020 8,075 8,131

Local Sourcing Requirement 
in CT b n/a 6,496 6,912 7,325 7,433 7,216 7,283 7,330 7,373 7,432 7,500 7,583

Total Installed Capacity in CT c 7,675 7,971 8,347 8,512 7,873 7,932 7,982 7,222 7,283 7,330 7,376 7,421

CT LSR Surplus (Shortfall) - 
with LF-19 modifications c-b n/a 1,475 1,435 1,187 440 716 699 (107) (90) (102) (125) (162)

Connecticut Requirement Under Transmission Security Analysis (TSA) Source: LFE-19
2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020

Connecticut Requirement 
under Transmission Security 
Analysis

a 7,273 7,432 7,599 7,607 7,653 7,438 7,514 7,535 7,595 7,646 7,696 7,747

CT Sub-Area 90/10 Peak 
Load b 7,940 8,010 8,105 8,205 8,285 8,370 8,445 8,505 8,565 8,615 8,665 8,716

Total Installed Capacity in CT c 7,675 7,971 8,347 8,512 7,873 7,932 7,982 7,222 7,283 7,330 7,376 7,421

CT TSA Surplus (Shortfall) - 
with LF-19 modifications c-a 402 539 748 905 220 494 468 (312) (312) (316) (320) (326)

 
 

Figure 3.  Annual Surplus under ISO-NE Requirements for LFE-19 Assumptions 

Source: Table 3
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The Department concludes that Connecticut should have adequate resources to 
meet its reliability requirements over the next decade; however, there is significant 
uncertainty surrounding this forecast.  The fate of the Kleen project is expected to be 
more certain in the months ahead.  In addition, both NEEWS projects are being 
reviewed and decisions to permit these projects to be constructed should be made by 
ISO-NE and the Connecticut Siting Council (CSC) within the next few months.  The 
CEAB and the Department therefore should not wait until the next IRP filing to examine 
resource adequacy again.  The Department must continually monitor resource 
adequacy to ensure that there will be sufficient time to develop and install alternative 
solutions if action is required.    
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B. IMPACT OF ENVIRONMENTAL REGULATIONS ON RESOURCE PLANNING 
 

The Clean Air Act was last amended in 1990 and required the United States 
Environmental Protection Agency (EPA) to set National Ambient Air Quality Standards 
(NAAQS) for six identified criteria pollutants.  Five of the pollutants commonly 
associated with electric generating units are:  particulate matter, lead, nitrogen oxide 
(NOX), ozone, and sulfur dioxide (SO2).  The Clean Air Act established primary and 
secondary national air quality standards.  Primary standards protect public health, 
whereas secondary standards protect public welfare, including protection against 
visibility impairment, damage to animals, crops, vegetation, and buildings.  EDC Plan, 
pp. 7-11. 

 
Connecticut is one of the states engaged in implementing environmental 

regulations to meet its air quality standards.  The EDC Plan discussed Connecticut’s 
effort in implementing measures to meet Federal NOX emissions standards.  The 
Federal climate change and greenhouse policies are all efforts to help control air quality 
standards in the environment.  EDC Plan, pp. 7-1 and 7-3.  The EDC Plan discussed 
several other state and federal environmental regulations regarding CO2 and NOX 
emission limits.  Currently, Connecticut is participating in the Regional Greenhouse Gas 
Initiative (RGGI), a market based program designed to reduce CO2 emissions in the 
Northeast and Mid-Atlantic states.  CEAB Plan, p. 164.  RGGI was proposed in April 
2003 and implementation began on January 1, 2009.  The program targets fossil fuel-
fired electricity generating units with a capacity of at least 25 MW and implements a 
regional CO2 emissions cap and allowance trading program.  On January 1, 2009, 
electric generators in RGGI states began collecting enough allocations to balance what 
they pollute or emit.  EDC Plan, p. 7-3; Tr. 6/4/10, p. 831. 

 
The EDC Plan addressed the issue of the anticipation of a federally mandated, 

economy-wide approach to limit or discourage CO2 emissions from fossil fuel 
combustion.  EDC Plan, p. 7-1.  The DEP testified in support of the Federal approach to 
limit or discourage CO2 emissions from fossil fuel combustion.  The proposed Federal 
standards would require higher emitting generating units to install additional emission 
control equipment.  The DEP stated that Connecticut does not have a CO2 emissions 
standard at the moment.  However, there is a possibility for EPA to provide some 
measures of guidance to the states on how to review permitting requirements 
associated with a CO2 emission standard.  Tr. 6/2/10, pp. 210-215.   
 

The EDC Plan discussed Connecticut’s effort to implement a more stringent NOX 
emissions standard.  In support of this, the DEP testified that Connecticut is not in 
attainment with Federal air quality standards, and as a result, it is always looking for 
reductions on an ongoing basis.  Tr. 6/2/10, pp. 205 and 206.  The EDC Plan also 
indicated that Connecticut has signed a Memorandum of Understanding (MOU) with 
other Ozone Transport Commission states to reduce NOX emissions from high electric 
demand days (HEDD) units.  HEDD are days most likely to result in ozone standard 
violations due to the ambient air quality standards.  This is because higher demand for 
electricity results in a dramatic increase in ozone forming air pollution on summer days.  
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EDC Plan, pp. 7-13 and 7-14.  The EDC Plan indicates that under the MOU, 
Connecticut agreed to an overall NOX reduction of 11.7 tons per day, which represents 
a 25% reduction in emissions from HEDD units.  EDC Plan, p. 7-14; Tr. 6/2/10, p. 204.  
In its simulation in this year’s IRP modeling, the EDCs indicated that uncontrolled NOX 
emissions in Connecticut on HEDD days would exceed target levels of 42.7 tons/days in 
2013 and 2015, and 31 tons/day in 2020, even under normal conditions.  Based on 
these observations, the DEP advised it would likely need to restrict oil and gas fired 
steam units’ emission rate to 0.125 Ib/MMBtu by 2013 and 0.07 Ib/MMBtu by 2017.  
EDC Plan, p. 7-14.  The DEP testified that NOX emission rules have been made at the 
Federal level.  The finalization of Federal rules will prompt Connecticut to proceed with 
setting its own regulations on the emission rate.  Tr. 6/2/10, p. 211.   
 
 With regard to the allowable running time permitted for generating units that 
switch and use alternative fuels such as No. 2 fuel oil on a peak day under the DEP air 
permit, the DEP testified that the allowable operating hours depends on the specific 
unit.  Nonetheless, most of the permits include provisions to run on dual fuels.  The DEP 
explained that the allowable running time is exercised annually unless the unit is a base 
load unit.  The DEP stated that the new standard for generating units would require 
emission control equipment, but not necessarily reduce run time for units with 
alternative fuels.  Tr. 6/2/10, pp. 208-214.   
 
 The EDCs forecasted that 1,504 MW of oil-fired steam capacity would retire in 
Connecticut and 646 MW would install emissions controls such as selective catalytic 
reduction (SCR).  EDC Plan, p. 7-14.  The cause for retiring and installing SCRs on oil-
fired steam generators is the result of lower HEDD NOX emissions.  The EDCs 
performed an analysis through its energy and capacity price forecasts to project each 
unit’s revenues to determine if it stays on line and compared that to future costs.  The 
analysis indicated that if the net present value of the units’ expected future value would 
be negative, then that unit is better off retiring.  Most of the retirements would likely 
occur in 2013 and 2020, and possibly 2027 due to the timing of the changes in 
environmental regulations.  Tr. 6/4/10, pp. 833-835.   
 
 The EDC Plan and the 2010 CEAB Plan raised concerns regarding 
environmental regulations affecting electricity generation.  The Department reviewed 
and analyzed the existing and potential future environmental regulations and legislation 
presented in this proceeding.  The Department concludes that the approach to limit or 
discourage CO2 emissions from fossil fuel combustion and the effort to reduce NOX 
emissions limit on HEDD units do not pose any immediate reliability concerns to electric 
generating units.  However, if the proposed emission limits are implemented in 
response to Federal requirements, it will force older electric generating units to either 
retire or to be upgraded.  The Department finds that while the implementation of these 
proposed emission limits are possible, it is not certain when it would occur.  The 
Department determined that the proposed emission limits would not have any impact on 
the number of hours generation units using alternative fuel could operate annually.  The 
Department believes these units would need to install new environmental emission 
control units to meet the new standards.  The Department will monitor and keep abreast 
of changes on the timeline for the implementation of these proposed emission limits.   
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C. TRANSMISSION PLANNING: 
 

The Department recognizes that the EDCs’ and CEAB’s transmission process 
continues to improve and be refined, with processes such as the technical meeting 
which commenced in November of 2009 moving the process forward.   
 

The Department will reiterate its conclusion from Docket No. 09-05-02 that a 
longer time frame between the IRP process and the proposed transmission project is 
necessary in order to have a successful process that does not jeopardize the system’s 
reliability.  The Department again stresses extreme caution in the upcoming CEAB RFP 
process when considering alternatives to the NEEWS transmission project.  The 
Department is concerned that the appropriate expertise and process has not been 
developed to make those decisions without jeopardizing system reliability.  The 
Department will give careful consideration to ISO-NE findings of the need for NEEWS to 
support reliability and the inherent risks of moving down another path at this late stage 
in the process.  The Department continues to stand by its previous conclusion that it is 
highly improbable that in the limited time frame available to review alternatives to the 
Greater Springfield Reliability Project, the Rhode Island Reliability Project, and the 
Interstate Reliability Project portions of NEEWS that CEAB or any third party can 
adequately model all of the issues of reliability that the NEEWS project will resolve.  
Further, the Department finds that the regional aspect of the NEEWS projects would 
make any comparison of the reliability benefits of those projects as compared to NTAs 
especially difficult.  The Department also recognizes that any options considered during 
any RFP process will only be in the initial phase.  The Department’s experience has 
been that a comparison of a fully fleshed out project with cost data and significant 
modeling of the reliability benefits is far different from an initial proposal without any type 
of contract. 

 
In the last IRP, the Department concluded that CEAB must continue to work with 

the parties to further improve this process of looking at alternatives to transmission at a 
much earlier stage of the process.  Further, the Department found that the CEAB must 
provide firm deliverables for alternatives so that they can craft a proposal that meets the 
need and is fully comparable.  Docket No 09-05-02, DPUC Review of the 2009 
Integrated Resource Plan, p. 11.  Included in CEAB’s request for alternatives should be 
such critical data as MWs provided by the proposed transmission, and the types of 
benefits that are provided by the transmission proposal (voltage support, capacity 
imports, etc.).  The Department is including this language again to clarify that the 
transmission owners (TOs) have not been assigned the task of identifying non-
transmission alternatives that would fulfill needs identified by ISO-NE.  The Department 
does not concur with the CEAB that it is appropriate that the EDCs provide hypothetical 
alternatives as suggested in the testimony.  Tr. 6/3/10, p. 702.  However, the 
Department does find that there would be a benefit if the EDCs filed a report as outlined 
in the CEAB Plan and noted in CL&P’s brief.  The report would provide an explanation 
of needs for which transmission solutions may be proposed, in sufficient detail, for 
market participants to come forward with a market alternative that will obviate the need 
for the transmission improvement; or, failing that, for the CEAB to issue a pro-active 



Docket No. Error! 
Reference source not 

Page  30

found. 
 
RFP for alternative solutions that could involve State procurement actions.  CL&P Brief, 
p. 18.  However, the Department finds that the section described as “assessment of 
alternatives” would only be included to the extent that a non-transmission alternative 
(NTA), had been proposed and its description, economic, environmental, and social 
objectives were developed by the proponent.  NTAs may include energy efficiency, 
generation, demand resource, and other alternatives that delay or replace the need for 
transmission.  Lastly, any costs associated with the analysis of an NTA must be 
absorbed by the proponent and would be eligible for recovery only if their project were 
chosen to replace a transmission project.    

 
 The Department concurs with the CEAB that initiating an NTA process 
associated with the Hartford needs assessment is appropriate.  The Department will 
work with the CEAB, and other interested parties, to better define the appropriate 
process.  The Department’s involvement with this process would be to assist CEAB to 
define the process and then to allow CEAB to conduct and evaluate an RFP that would 
then be filed with the Department.  The Department would make a final decision as to 
the merits of the CEAB evaluation and recommendation on the NTA and then would 
approve or reject the proposal.  Further, the Department supports the CEAB’s 
collaboration with ISO-NE’s needs assessment and transmission solution studies as 
necessary to achieve this goal. 
 
 The Department believes that the necessary initiatives and processes are in 
place for the state to effectively coordinate with ISO-NE, NESCOE, and other regional 
organizations whose organizations impact electric systems costs.  Therefore, the 
Department does not think that there is any need to take any actions with regard to the 
CEAB’s suggestion to alter these relationships. 
 
D. GAS GENERATION 
 

1. RFP Design Compliance 
 

The Department has carefully reviewed the recommendations of CEAB, the 
OCC, the AG, CL&P, UI, and others who generally, or specifically, proposed that the 
Department should forego issuing an RFP for any generation resources and those such 
as NRG which recommends initiating an RFP process immediately.  The Department 
will not address all of the points that the parties made on an issue-by-issue basis in this 
Decision regarding any future RFPs. 
 

First, the Department notes that the EDCs have the responsibility and the 
opportunity under current statutory authority to investigate and enter into bi-lateral 
contracts, pending Department approval that can bring forth new resources and benefit 
ratepayers.  The Department encourages the EDCs to thoroughly investigate 
opportunities and to bring any proposals forward.  The Department’s process, set forth 
in this Docket, does not replace the EDCs’ statutory authority, pursuant to Conn. Gen. 
Stat. §16-244c(n) and as further spelled out in 06-01-08 RE03 Development and 
Review of Standard Service and Last Resort Service – Long-Term Contract Review, 
Decision dated September 30, 2009, but rather complements it and acts as a backstop 
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should such deals not materialize.  The Department recognizes that the EDCs can play 
an important role with their ability to leverage their expertise to negotiate and analyze 
proposals that provide opportunities to yield meaningful benefits.  The Department will 
give expeditious treatment to any plans brought forward by the EDCs under their 
statutory authority.  

 
The Department believes that establishing a process now to look at what a future 

RFP might look like is prudent.  Such an RPF might solicit bids simultaneously for 
repowering at existing cites, generation at new cites, renewables, EE and DSM.  The 
Department would want such an RFP to generate bids from disparate resources but 
comparable on a consistent, and preferably quantitative, basis.  The Department 
recognizes that the “RFP question”, if not formulated carefully, can predetermine or bias 
the “bid answer.”  The Department’s intent here is to avoid the question predetermining 
the answer.  The Department’s goal is to seek the assistance of the providers of 
disparate resource types and solutions in designing an RFP and RFP process that, if 
and when it need to be used, would sufficiently value their resource, allow for effective 
comparisons between resources and enable the Department to efficiently identify the 
best bids. 

 
The Department believes that the benefit/cost methodology described in 

Section III.I.1. Benefit Cost Methodology would provide a good analytical tool to 
evaluate the economic benefits of projects.  Rate impacts and other economic and 
environmental matrices used by the EDCs in their IRP analysis might also be used to 
evaluate actual projects.  It would be helpful to determine how such measures should 
be balanced and weighted to evaluate projects in an RFP.  

 
The ability to issue an RFP that is structured or designed so that disparate 

resources proposals received under the RFP would enable the Department to 
determine the best course of action is highly valuable.  The Department views the 
development of an RFP or process that can accomplish this as an important goal in and 
of itself, which will require the parties to propose potential RFP terms, conditions, 
elements, time frames, metrics, formulas, etc.  

 
The Department believes that under the most likely scenarios, no further capacity 

resources will be required in Connecticut over the near term; however, the Department 
also recognizes that the assumptions underlying these scenarios can change rapidly 
and there are some scenarios where Connecticut could end up capacity constrained 
over the near-term or in which other economic and environmental opportunities 
beneficial to ratepayers present themselves.  Therefore, establishing a process now to 
craft an RFP and have it ready to execute when necessary will provide the Department 
with a much more organized and fruitful end result when a resource need or benefit 
does appear. 

 
Further, the Department concludes that waiting to establish a process in or upon 

the conclusion of the 2012 IRP or when an EDC brings forth a proposal, may not yield a 
sufficiently robust analysis of conflicting goals and methods to resolve them.  The 
assumptions relied on by many of the participants that recommended for or against any 
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procurement starting at this time are the same assumptions that encourage the 
Department to begin establishing an RFP design process now.  As a result, undertaking 
this process now will prepare the Department to react quickly and efficiently should any 
economic, environmental, or unforeseen event change the landscape of the Connecticut 
electric market.   The Department must have the RFP process described above readily 
available to be most prepared to support system reliability if market solutions fail to 
materialize under the adverse assumptions discussed during this proceeding. 

 
Additionally, the Department cannot ignore the possibility raised by the CEAB 

that the repowering of resources, or other actions, can potentially provide substantial 
economic or environmental benefits to Connecticut ratepayers.  The Department 
believes it is important to note that legislation passed the House and Senate this past 
session, Public Act No. 10-97, but was vetoed by Governor Rell on May 24, 2010.  That 
legislation, among other things, would have required the IRP developed in 2010 to 
indentify options to reduce the price of electricity by at least fifteen percent.  Though the 
parties noted in this Docket that a 15% rate reduction was almost assuredly 
unachievable, the Department cannot ignore that the resource decisions made now and 
in the future effect current and future rates.  The Department encourages the parties to 
include in their filings an RFP proposal and RFP process that could lead to bids that 
significantly reduce current rates.  Such a bid result would most certainly be found to be 
one of the best bids.  

 
The Department believes that these filings can provide the Department with 

information necessary to provide the most informed input to Connecticut’s lawmakers.  
Further, any RFP design or RFP process proposed by the parties should be mindful of 
the Department’s criteria in Docket No. 08-07-01 when there is no resource need.  If 
there is no resources need, would the proposal be funded by ratepayer investment 
rather than market revenues, direct participant funding, private investor funding, or other 
market-based means?  Is there a great degree of certainty that the proposal will 
substantially reduce costs or produce savings for ratepayers that exceed the cost of 
ratepayers’ investment or substantially improve the environment?  Would any near-term 
rate increases cause substantial hardship to ratepayers?  Would the products or 
services offered in the proposal count toward satisfying Connecticut’s energy or 
capacity requirements?  Would they displace some existing older, more expensive, less 
efficient, more polluting resources?  Would they reduce the future need for additional 
resources to meet Connecticut’s requirements?  See, Docket No. 08-07-01, Decision at 
p. 14. 
 

Based on several methods of statutory construction, (See, Decision, Section 
III.E.5.(a)) the Department continues to believe that any resource selected must meet a 
high standard to justify its procurement if there is not a reliability based need in the near 
or intermediate term.  A resource proposal, absent a near or immediate need must 
provide a cost savings or remedy a significant environmental deficiency to justify its 
selection.  The resource should identify and quantify the resources to be acquired, 
replaced or eliminated and a quantifiable goal.  An RFP or RFP process that fails to 
meet these objectives would be inadequate at worst and difficult to justify at best.  The 
Department will determine how it will proceed after reviewing the RFP design filings.  As 
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appropriate, the Department may conduct a compliance filing review or open a docket 
regarding the substance of the compliance filings as may be appropriate at the time. 

 
2. Peak Day Gas Demand Forecast and Delivery Capacity 

 
The EDCs report that natural gas plays a critical role in the Connecticut and New 

England electric systems.  Gas fuels the largest share of New England’s power 
generation, approximately 41% of the electricity produced in 2008.  EDC Plan, p. 9-1.  
The availability of natural gas supplies needed to operate gas-fired electric generation is 
a concern during New England’s winter heating season, when gas demand is at its 
peak.  Natural gas is used primarily by gas LDCs to serve their core customers and by 
electric generators.  Gas LDCs contract for primary firm service on the gas 
transportation system.  Electric generators typically either contract for a lower quality 
delivery service (non-firm or interruptible) or purchase spot supplies on a daily basis.  
When the interstate pipeline system is constrained, gas LDCs have first priority and the 
electric generators face potential curtailment.  If this constraint occurs at a time when 
gas is needed to fuel generators to meet electric load, it could potentially cause a 
reliability concern for electric generation units.  EDC Plan, pp. 8-7 and 8-8. 

 
The EDCs indicated that the current electric system reliance on natural gas for 

electric generation during the winter peak gas demand period is mitigated by various 
factors.  Due to lower ambient air temperatures, the electric generators’ ability to 
generate electricity is about 9% higher during the winter than in the summer.  However, 
the winter electric peak day demand is 20% lower than the summer peak day demand.  
Due to these two factors, there is additional slack in the winter resource balance and 
winter peak loads can be served with significantly less reliance on gas-fired capacity 
compared to the summer peak.  The EDCs also stated that the generators’ dual-fuel 
capability can help alleviate the gas dependence issues.  Dual fuel capability is the 
ability of a generation unit to switch fuels and burn oil instead of natural gas.  In total, 
about 25% of New England’s generation consists of dual fuel units that have both the 
physical capability and the necessary permits to burn either gas or oil.  EDC Plan, pp. 8-
7 and 8-8. 

 
The EDCs provided in two tables the overall natural gas demand and supply;  

Table 9.1 “Peak Day New England Natural Gas Demand Forecast” (Table 9.1) and 
Table 9.2 “Peak Day Natural Gas Delivery Capacity into New England” (Table 9.2).  
EDC Plan, pp. 9-2 and 9-22.  The tables are a combination of data from the March 2005 
report by The Power Planning Committee of the New England Governors Conference 
and additional forecast data determined by the EDCs.  The tables indicate that since 
2005, there has been an increase in pipeline expansions and new LNG import 
terminals.  Based on the data presented in the tables, the EDCs concluded that capacity 
to deliver gas has increased in New England by about 40% and, therefore, total gas 
supply exceeds total gas and electric demand.  The EDCs believe that there is 
adequate gas supply to serve both gas LDC customers plus electric generation demand 
for years to come.  The EDCs state that the delivery capacity presented in Table 9.2 
does not account for a number of contractual and operating constraints that would affect 
actual gas deliverability at a particular point in time, nor does it reflect deliverability to 



Docket No. Error! 
Reference source not 

Page  34

found. 
 
particular generators or other loads within New England.  The EDCs’ Base Case 
simulation of electric demand and supply concludes that the winter electric demand for 
gas decreases during the forecast period.  At the same time, the IRP states that non-
electric (gas LDC customer usage) winter demand for gas may increase over the 
forecast period.  The EDCs concluded that the balance between gas supply and gas 
demand has improved during the last several years and is likely to improve during the 
foreseeable future.  EDC Plan, pp. 9-20 to 9-22; Tr. 6/3/10, p. 609. 

 
Using the data in Tables 9.1 and 9.2 of the EDC Plan, the CEAB consultants 

arrived at the same conclusions as the EDCs.  The CEAB Plan states that the EDCs’ 
tables illustrated that there is sufficient interstate pipeline capacity available in New 
England to serve all demand.  This includes projected gas LDC usage plus electric 
generation load under both normal and high demand scenarios.  The CEAB Plan 
assumes there will be no change in gas delivery capacity.  Therefore, New England 
appears to have more than enough capacity to meet the estimated electric summer and 
winter peak-day demands between 2013 and 2020.  CEAB Plan, p. 187. 

 
The OCC disputes the findings in both the EDC Plan and CEAB Plan.  The OCC 

believes that the supply data presented in Table 9.2 improperly assumes that specific 
LNG terminals add delivery capacity to New England.  The OCC described the 
presentation in Table 9.2 as a rosy characterization of New England’s peak day gas 
delivery capacity, arguing that the presentation is unrealistically optimistic.  Finally, 
Tables 9.1 and 9.2 improperly combine sources of gas supply with conventional 
interstate gas pipeline capacity and local peaking resources.  Tr. 6/3/10, pp. 531-537; 
OCC Brief, p. 41. 

 
The gas LDCs also disputed the findings of these reports.  Specifically, the gas 

LDCs state that LNG imports are not a capacity resource unless they are coupled with a 
primary firm transportation capacity contract.  Gas LDC Written Comments, p. 4.  The 
gas LDCs question the title of the EDC Plan Table 9.2, which cited natural gas delivery 
capacity, versus the actual data included in the table, which is specifically related to 
supply.  Natural gas delivery capacity is a separate function from gas supply and should 
not be mixed together.  The table should have been labeled, “Supply Availability into the 
Region” as opposed to Take-Away or Delivery Capacity.  Tr. 6/4/10, pp. 984 and 985.   

 
The gas LDCs testified that Table 9.2 portrays the potential of delivering gas to 

the border of New England.  It does not indicate whether any LNG facilities listed in the 
table can increase the delivery of gas to specific points in New England for the 
consumption of electric generation units.  Tr. 6/4/10, pp. 991-998.  The EDCs 
responded that this table was a simplified analysis and did not portray the details of 
delivery capacity in New England.  The EDCs did not try to link the LNG terminal 
capacity to interstate pipeline capacity because it was beyond the scope of their 
analysis.  Tr. 6/3/10, pp. 614-617. 

 
The EDC witnesses testified that Table 9.2 included LNG peaking facilities both 

owned and operated by gas LDCs and other entities.  According to the witnesses, the 
gas LDCs are not expected to use LNG peaking resources to satisfy electric generation 
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needs on a peak day or a peak period.  The EDC witnesses did not assume that any 
LNG peaking facility in New England could be relied on to serve electric generation 
load.  Tr. 6/4/10, pp. 988 and 989.  Finally, the EDC witnesses claim that it would be 
very difficult to imagine any gas LDC’s storage supplies being used to serve power 
generation on a peak day or during peak conditions.  Storage is typically a component 
of the gas LDCs’ gas supply portfolio, which is designed to meet firm load rather than 
interruptible load.  Tr. 6/3/10, p. 524. 

 
The Department finds that the data and conclusions presented in the testimony 

and tables of the EDC Plan have numerous inaccuracies and shortcomings that need to 
be addressed in future IRP electric filings.  The EDC Plan focuses on the supply of 
natural gas as opposed to the ability of the generation facilities to transport and deliver 
gas to specific power plants.  There are three areas that should have been included in 
the EDC Plan:  1) distinguishing between gas supply commodity and gas deliverability 
capacity with the focus on deliverability rather than supply; 2) the practical availability of 
gas LDC peaking facilities to serve electric generator loads and the estimated level of 
availability; and 3) a description of the ability of the current gas infrastructure to deliver 
gas to electric generators including identifying any limitations during both summer and 
winter periods.  Based on the above, the Department directs the EDCs to include in 
future IRP filings accurate testimony on these three issues.   
 

3. EDC and CEAB Findings Regarding Natural Gas 
 

The EDCs and their consultant, the Brattle Group, testified that they jointly had 
made several inaccurate key findings and statements regarding natural gas 
deliverability and the gas LDCs’ distribution systems in the EDC Plan.  These same 
inaccurate key findings and statements were then repeated verbatim in the CEAB Plan.  
Tr. 6/3/10, p. 626. 

 
The key findings in both reports state that the gas LDCs have the following 

issues regarding the delivery of natural gas to their customers.  Specifically, each report 
stated that the “[g]as delivery capacity to serve average and peak needs has improved 
measurably from a few years ago (though this does not address gas local distribution 
deliverability issues, where additional expansions may be necessary).”  EDC Plan, p. 
9-3; 2010 CEAB Plan, p. 179.  The Department finds that the EDCs’ testimony 
regarding this statement needs further review and analysis.  The Department finds that 
the data and conclusions presented in the testimony and tables of the EDC Plan fail to 
include certain areas that need to be addressed in future IRP filings.  The EDCs 
admitted during the hearing that the key finding regarding gas LDC deliverability issues 
was improper and should not have been included in the IRP filing.  Tr. 6/3/10, pp. 626-
629.   

 
Second, the EDC Plan filing specifically stated that “[i]n deregulated markets, gas 

LDCs and electric distribution companies may have difficulty in getting regulatory 
support for long-term contracts.”  EDC Plan, p. 9-18.  During cross-examination, the 
EDCs and the Brattle Group were specifically asked to provide relevant evidence 
supporting the above cited statement.  Neither could support the statement.  However, 
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another EDC witness who indicated that he had direct experience with gas LDC 
purchases of pipeline capacity stated that the gas LDCs had not historically obtained or 
requested pre-approval by the Department of purchases of long-term capacity 
contracts.  Tr. 6/3/10, pp. 637 and 638. 

 
As stated above, the gas LDCs do not have deliverability issues on their 

distribution systems or difficulty obtaining long-term capacity contracts associated with 
pipeline capacity, storage contracts or even peaking resources.  Many of the EDCs’ and 
CEAB key findings and statements indicate a limited understanding regarding the 
operations of the gas LDCs’ distribution systems and gas supply portfolios.   

 
All future IRP testimony and gas capacity and demand table presentations 

should accurately portray gas supply and capacity issues and the ability of the gas 
infrastructure to serve the future needs of electric generators.  This can be 
accomplished in the IRP process through direct interactions and communication with 
the gas LDCs regarding their expertise related to gas capacity and deliverability issues 
in New England.  Several issues arose during this proceeding that may potentially affect 
the future supply and demand of natural gas for Connecticut.  These issues will be 
examined further by the Department in Docket No. 08-10-02, DPUC Review of the 
Connecticut Gas Utilities Forecast of Demand and Supply 2009-2013. 
 
E. DEMAND SIDE MANAGEMENT 
 
1. Position of the EDCs 
 
 The EDCs provided the DSM analysis in the Reference Resource Strategy, 
which reflects a continuation of the Connecticut EDCs’ current energy efficiency 
programs at current funding levels, and the resulting effects on resource adequacy.  
The EDCs also compared Connecticut’s energy efficiency programs to those in other 
states.  EDC Plan pp. 2-1 and 2-2. 
 
 The EDCs also developed and evaluated two expanded energy efficiency 
resource strategies - Targeted DSM Expansion and A-ACE.3  The EDCs state that 
Targeted DSM Expansion comprises four high potential initiatives that would require 
additional funding and would achieve a net reduction in customer costs while eliminating 
load increases over the next five years.  A-ACE reflects a major expansion of 
cost-effective programs and is similar to the expanded energy efficiency case presented 
in the 2009 IRP.  This strategy was constructed based on a draft of the Connecticut 
energy efficiency potential study completed in 2009 by the Energy Efficiency Board.4  
Both the Targeted DSM Expansion and the A-ACE resource strategies are compared to 
the Reference resource strategy based on customer costs and emissions.  Id. 
                                            
3  This IRP focuses on the energy efficiency component of DSM.  The other traditional component, 

demand response, is de-emphasized since there will no longer be planned funding beyond what would 
pay for itself through participation in the FCM.  The quantity of cost-effective DR is forecasted in this 
IRP by using cleared offers from the forward capacity auctions with no growth or attrition assumed 
over time nor variation across resource strategies evaluated. 

4  “Potential for Energy Efficiency in Connecticut,” KEMA, Inc., May 2009. 
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 The EDCs presented these key findings: 
 
1. Although Connecticut is a leader in DSM, with established programs and 

demonstrated results, there is much unrealized, cost-effective, emissions-reducing 
potential remaining; 

2. The Targeted DSM Expansion strategy meets the criteria established by the 
Department in its February 18, 2009 Decision in Docket No. 08-07-01, DPUC 
Review of the Integrated Resource Plan, for procurement absent an immediate 
reliability need by reducing total customer costs and CO2 and NOx emissions in all 
five scenarios tested, and by slightly reducing rates in all but one scenario.  Funding 
this strategy through the SBC would require increasing the SBC rate from 
3 mills/kWh to 3.7 mills/kWh.  However, based on the 2020 analysis, reduced 
generation service charge (GSC) costs and rates would more than offset the 
increase. 

3. A-ACE also meets the criteria set forth in the Docket No. 08-07-01 Decision; 
however, while it reduces total customer costs as well as CO2 and NOx emissions in 
all five scenarios, this approach would impact electric rates, increasing the SBC rate 
to 5.6 mills/kWh.  Additionally, the 2020 analysis indicates that the GSC rate 
reduction would not fully offset the SBC rate increase.  Hence, costs for non-
participants would increase while costs for participants would decrease (by a larger 
amount). 

4. In summary, funding the Targeted DSM Expansion strategy would require an 
increase in annual rates by approximately $19 million (2010 dollars), and the A-ACE 
would increase annual rates by approximately $65 million through 2020.  Although 
both strategies would create cost savings in excess of the program costs (thus 
providing emissions reductions at a negative net cost), only the Targeted DSM 
Expansion would result in lower rates for non-participants over time. 

5. Codes and standards are critical components of public policy complementing utility 
DSM programs, but they are not a substitute for such programs and do not 
effectively address existing structures.   

 
 Based on their review, the EDCs recommend the Targeted DSM Expansion 
strategy be funded because it would reduce customer costs and emissions while 
reducing rates for non-participants.  However, it will be necessary to identify the best 
source(s) of funding to meet increased program costs and also to provide financing 
options to help customers pay for their out-of-pocket costs.  Id.; UI Brief, pp. 11-17. 
 
 Regarding the All Achievable Cost-Effective DSM strategy, the EDCs do not 
recommend this approach because of the potential rate impacts for non-participants.  
However, they believe this strategy is worth considering for future implementation 
because it provides positive economic benefits to Connecticut while substantially 
reducing emissions (at a negative net cost).  The EDCs note that this recommendation 
recognizes that the DSM infrastructure necessary to deliver this level of efficiency would 
take time to build (or rebuild if programs are cut).  Id. 
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 The EDCs state that pursuing the Targeted DSM Expansion is a recommended 
policy direction, not an application for approval of a specific program plan.  Program 
planning to implement this strategy would still have to go through the rigorous planning, 
review, approval, and evaluation process that is in place for current Conservation and 
Load Management (C&LM) programs.  Id. 
 

2. Position of the CEAB 
 
 The CEAB’s economic analysis of energy efficiency potential shows the 
economic benefits of an aggressive demand-side program to be significant under a 
broad range of scenarios and assumptions over the longer-term.  CEAB Plan, p. 21. 
 
 The CEAB states that the analytics conducted by the EDCs and the CEAB show 
clearly that energy efficiency is superior to the alternatives in terms of reducing the need 
to invest in increasingly expensive supply resources and added transmission.  Further, 
investments in efficiency mitigate reliance on imported fuels, reduce the emission of key 
air pollutants, while providing in-state jobs.  On a total resource cost basis, the untapped 
potential for investments in efficiency are significant, based on work commissioned by 
the Energy Efficiency Board, and are much less costly than other supply options, 
particularly the renewable resources anticipated to meet the RPS requirements.  Id., 
p. 22. 
 
 The CEAB notes that a finding regarding the economics of increasing energy 
efficiency is not a surprise; however, significant challenges remain to realize this 
additional efficiency potential.  While the determination that significant, additional 
cost-effective energy efficiency potential is clear, the best approach to acquiring those 
demand-side resources has yet to be determined.  Connecticut’s current approach, 
primarily a ratepayer-funded incentive mechanism, is already a substantial program by 
national standards.  Therefore, rather than expanding the current paradigm (i.e., 
business-as-usual with higher incentives from ratepayer funds through increased rates) 
the CEAB recommends that the State identify and develop ways to help reach A-ACE 
while seeking to avoid increasing the burden on ratepayers generally.  Therefore, the 
Department should adopt a longer term goal of A-ACE as the level of efficiency that 
Connecticut is committed to achieving and to achieve A-ACE by using its best efforts to 
maximize the utilization of energy efficiency resources by expanding financing options, 
market mechanisms, codes and standards, and by refocusing the ratepayer-funded 
programs as a way to complement and expanded current initiatives.  Id.; CEAB Brief, 
p. 3. 
 
 The CEAB believes that moving from the current approach of developing C&LM 
programs to planning for the most effective use of available funds to creating plans that 
seek to capture all cost-effective energy efficiency opportunities requires a new 
paradigm, not simply a bigger budget.  A larger budget from ratepayers, such as for the 
EDCs’ proposed Targeted DSM Expansion, may be part of that new paradigm, at least 
as a transitional measure.  However, a plan to accomplish this aggressive goal must 
consider broader approaches to overcome the barriers to energy efficiency that 
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currently precludes the primary beneficiaries of the energy efficiency savings from 
pursing those savings themselves.  CEAB Brief, p. 4. 
 
 To fulfill its recommendations, the CEAB requests that the Department require 
the EDCs and Energy Efficiency Board to develop the following three-alternative C&LM 
program plan and budget scenarios for submission in October 2010: 
 
1. A plan that complies with the Department’s most recent C&LM order, which would 

maximize the amount of energy savings and demand reduction without increasing 
any funding beyond the current System Benefits Charge and the current secondary 
funding sources such as the capacity market payments and from RGGI collections; 

2. A schedule and goals for the implementation of the Targeted DSM Expansion, 
including the year-by-year costs, savings, benefit and rate impacts; and, 

3. A strategy to target A-ACE and provide a full reexamination of programs including 
pilot programs and legislative initiatives to promote enactment of changes in codes 
and standards to achieve the levels of A-ACE efficiency within the next ten years.  
This should include recommendations for legislative actions that could support 
energy efficiency measure implementation without requiring Energy Efficiency Board 
programs. 

 
 This preliminary plan toward the implementation of A-ACE efficiency levels 
should be filed in October 2010 in order to provide context and comparison for the 
consideration of any program funding expansion required by the Targeted DSM 
Expansion EE strategy.  Id. 
 
 The CEAB states that recent legislative action redirecting funds from the Energy 
Efficiency Fund to the General Fund underscores the need to find more funding as well 
as more non-ratepayer funded sources for energy efficiency, like those described in the 
CEAB 2010 Plan.  ENE Brief, p. 3, footnote. 
 

3. Position of the OCC 
 
 The OCC states that neither the CEAB nor the EDCs established a 
reliability-based procurement need in this proceeding.  The OCC’s consultants also 
confirmed this finding.  Therefore, since no capacity need exists, the OCC concludes 
that any procurement of resources ordered in this proceeding, would have to meet both 
the statutory criteria and the Three Criteria Test established by the Department in the 
2009 IRP Decision.  OCC Brief, p. 3. 
 
 The OCC states that despite the clear evidence that no capacity need exists, the 
EDCs, ENE and the CEAB advocate for additional spending on DSM, while others do 
not.  Although most parties agree that funding should not be provided for an immediate 
implementation of A-ACE, various parties seem to operate under the assumption that 
A-ACE is the assumed ultimate goal for DSM resources within the IRP and that funding 
at a level to achieve the Targeted DSM Expansion should be provided to the Energy 
Efficiency Board as a means of “ramping up” to A-ACE.  Thus, the primary area of 
disagreement among the key participants is whether to increase energy efficiency 
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spending to the Targeted DSM Expansion level as part of a goal to ultimately ramp-up 
to the A-ACE level.  Id., p. 4. 
 
 The OCC believes it is necessary to address a recurring and legally unsupported 
notion among various parties to the IRP proceeding that an assumed goal of the IRP 
process is the eventual implementation of A-ACE, with the only issue for debate being 
how to fund or “ramp up” to it.  The OCC argues that Conn. Gen. Stat. §16-3a does not 
require the implementation of A-ACE, because it is not cost-effective (as defined in 
statute) and does not pass the Department’s Three Criteria Test.  Id., p. 10. 
 
 The OCC asserts that by evaluating the cost-effectiveness of the energy 
efficiency programs across all classes and groups of customers, the proponents of the 
proposed incremental DSM programs obscure the reality that only a relatively small 
segment of ratepayers (i.e., participants), primarily commercial and industrial (C&I) and 
affluent residential customers, would realize significant benefits from expansion of the 
existing C&LM programs.  In actuality, most of the remaining customers 
(non-participants) would subsidize the programs without realizing any meaningful 
reduction in their electric bill.  As a result, the OCC concludes that A-ACE is not 
cost-effective because it will benefit relatively few at the expense of many.  
Id. pp. 10-12. 
 
 The OCC also notes that resources must demonstrate reliability in order to be 
procured under the IRP statute, Conn. Gen. Stat. § 16a-3a(c).  The OCC points out 
however that the CEAB testified that the A-ACE DSM programs were not intended to be 
a fixed and immutable set of measures implemented over a specific time period.  
Instead, the programs would be reviewed and revised based on achieved interim 
results.  More specifically, the CEAB suggested that the State should start with the 
Targeted DSM Expansion and then move to the A-ACE level, perhaps five years down 
the road.  This evidence leads the OCC to conclude that there is insufficient basis in the 
record to determine that the A-ACE level of DSM meets statutory reliability standards.  
In summary, the OCC believes A-ACE is a theoretical construct rather than a program 
with concrete achievable goals; thus the claimed benefits are vague and therefore, 
unreliable.  Id. 
 
 Additionally, the OCC also believes that there is significant uncertainty 
surrounding primary participant benefit (i.e., the impact on the price of energy) as well 
as the basis for the claimed value of capacity benefits.  Id., p. 18. 
 
 The OCC further states that A-ACE does not meet the Department’s Three 
Criteria Test for the following reasons.  Criteria 1 requires that the proposal needs to be 
funded by ratepayer investment rather than market revenues, direct participant funding, 
private investor funding, or other market-based means.  The OCC believes that there is 
no need for further EDC sponsorship (i.e., ratepayer funding) of energy efficiency 
beyond the current level of ratepayer funded C&LM activity because merchant providers 
will enter the market to provide these services when ratepayer supported programs are 
curtailed.  In support of its position, the OCC cites to the increased penetration in 
market-based demand response activity that occurred when the Energy Efficiency Fund 
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withdrew its support for these services.  By withdrawing support, Connecticut essentially 
removed a barrier to increased participation that existed in the form of unfair competition 
among demand response providers.  The increased penetration occurred despite the 
decline in FCM payment rates.  The OCC sees no reason to believe that energy 
efficiency would not perform in a similar manner.  OCC speculates that the continued 
use of the current paradigm (i.e., ratepayer supported/EDC administered programs) 
may be creating a barrier to merchant participation and that by terminating ratepayer 
funding, Connecticut may actually remove the same barrier, unfair competition, for 
those wishing to enter the energy efficiency market.  Id., p. 20. 
 
 Criteria 2 states that there must be a great degree of certainty that the proposal 
will substantially reduce costs or produce savings for ratepayers that exceed the cost of 
ratepayer investment or substantially improve the environment and any near-term rate 
increases do not cause substantial hardship to ratepayers.  OCC reiterates its earlier 
argument regarding the ability of these resources to produce reliable results.  In 
addition, OCC notes that the forecasting of Demand Reduction Induced Price Effect 
(DRIPE) LMP benefits is highly speculative.  The OCC submits that the unreliability of 
benefit calculations, coupled with the cost-shifting from participating to non-participating 
load, leads it to conclude that A-ACE does not meet the Department’s second criterion.  
Id., p. 23. 
 
 Criteria 3 requires that the products or services offered in the proposal will count 
toward satisfying Connecticut’s energy or capacity requirements; can displace some 
existing older, more expensive, less efficient, more polluting resources; or, can reduce 
the future need for additional resources to meet Connecticut’s requirements.  The OCC 
indicates that changes regarding the bidding of EDC-sponsored DSM into the FCM 
under proposed new rules make it unclear whether these assets will be eligible to 
participate in the capacity market in the future.  Further, there has been no analysis 
presented in this docket that demonstrates the ability of energy efficiency to displace 
older, more polluting capacity resources.  The OCC believes the retirement of older, 
more polluting units in the EDCs' attrition model is effectuated by imposition of more 
stringent air emission limits, not by the implementation of energy efficiency measures.  
Finally, some participants in this docket continue to claim a reason to ramp up the 
State’s energy efficiency spending is the potential for infrastructure avoidance.  The 
OCC argues that in light of the recent major investment in transmission facilities, the 
likelihood of infrastructure avoidance through greater energy efficiency spending has 
steeply declined over the planning horizon.  Therefore, Criteria 3 cannot be satisfied.  
Id., pp. 23 and 24. 
 
 The OCC states that the evidence in this proceeding also argues against the 
EDCs’ Targeted DSM proposal.  For instance, the EDCs were unable to support their 
claim that the Targeted DSM Program would yield much higher DRIPE savings than the 
average of the C&LM programs.  The OCC also observes that baselines were adjusted 
to make the Targeted DSM Program look more cost-effective than those same 
measures in the C&LM program.  This makes the Targeted DSM Proposal appear 
unduly favorable in comparison to other IRP resources.  Id., p. 30. 
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Additionally, the OCC states that the Targeted DSM Expansion proposal also 
fails to meet Conn. Gen. Stat. § 16a-3a(c), which requires that demand side resources 
have to be evaluated on an equitable basis with supply-side resources, which was not 
done in this case.  The OCC compares the potential to approve the Targeted DSM 
Expansion proposal based on the EDCs’ evidence as submitted to the approval to build 
a power plant as follows:  Connecticut would not hold a procurement for supply-side 
resources “where we simply offer up a pot of dollars to a generation company with the 
details of the size of a power plant, the generating fuel, and the location to be worked 
out later.”  In essence, the Targeted DSM Expansion takes that approach and in that 
regard the EDCs are asking that they and the Energy Efficiency Board be authorized to 
receive dollars for this purpose, with all of the essentials to be determined as it 
proceeds.  Id. 
 
 Further, the OCC states that the primary area of disagreement among key 
participants is whether to increase energy efficiency spending to the Targeted DSM 
Expansion as part of a goal to ultimately ramp-up to the A-ACE Level.  For example, the 
OCC notes that the EDCs recommend the increase in the C&LM budget to the Targeted 
DSM Expansion as a step toward A-ACE.  The OCC also notes that despite the lack of 
clarity about the economic merit of the specific measures, the CEAB endorses the 
Targeted DSM Expansion for the first five years of the IRP horizon.  The OCC further 
notes that the CEAB makes this endorsement while attempting to avoid increasing the 
burden on ratepayers and not continue the business-as-usual approach with higher 
incentives from ratepayer funds but instead considering a broader portfolio of financing 
mechanisms and implementation approaches.  Moreover, the OCC cites to the CEAB, 
this should be accomplished through a re-engineering and re-allocation of the C&LM 
Plan to make it compatible with the goal of A-ACE.  OCC Brief, p. 6. 
 
 The OCC does not support any additional funding for DSM at this time.  The 
OCC acknowledges that most Participants agree that funding should not be provided for 
an immediate implementation of A-ACE, and that some Participants seem to operate 
under the mistaken assumption that A-ACE is the assumed ultimate goal for DSM 
resources in the IRP and that funding at the Targeted DSM Expansion level should be 
provided to the ECMB as a means of “ramping up” to A-ACE.  As a result, the OCC 
believes that it is necessary to address a recurring and legally unsupported notion that 
an assumed goal of the IRP process is the eventual implementation of A-ACE, with the 
only issue for debate being how to fund, or ramp up spending to achieve A-ACE.  The 
OCC believes that testimony in this case conveys that the CEAB has been persuaded 
to adopt an incorrect assumption, namely that A-ACE is an inherent goal of IRP under 
the statutory language.  OCC Brief, p. 8. 
 
 Based on the above, the OCC requests that the Department specifically disavow 
the assumption that an inherent goal of the IRP process is achievement of A-ACE.5  

                                            
5 Inherent in the notion that A-ACE is an assumed goal of IRP is the notion that A-ACE is an actual, 
achievable end-goal.  This is clearly not the case.  We will not be able to take stock in 2030 and say, 
“finally, we have achieved A-ACE”; no matter how much money we spend between now and then.  
This is so because of constant changes in codes and standards, the cost of efficiency measures, and 
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Rather, the goal of the IRP process is to evaluate resource needs and perform a 
comparison of relevant resources, within the framework set forth in the statute and in 
the Department’s Three Criteria Test. 
 

4. Position of ENE 
 
 ENE supports the CEAB’s finding that maximizing the identified cost-effective 
potential for energy efficiency resources provides the most favorable cost and 
environmental performance across the range of cases and sensitivities evaluated.  ENE 
believes that the analyses conducted by the CEAB and the EDCs show that the 
additional energy efficiency resource potential identified is a significant resource option 
and is superior to the range of supply-side alternatives considered.  Energy efficiency 
resources are cost-effective today and, more importantly, later in this decade and 
beyond 2020, proving to be significantly more cost-effective than any of the power 
supply options considered in this proceeding.  ENE Brief, p. 1. 
 
 ENE further supports the Energy Efficiency Board’s recommendation to pursue 
the benefits of the A-ACE energy resource strategy to provide significant energy cost 
savings for consumers and businesses, help meet environmental requirements, provide 
jobs and economic benefits, and achieve Connecticut’s policy’s objectives.  ENE 
believes the Department should adopt this recommendation and increase funding as set 
forth in the Targeted DSM Expansion strategy as the next step to ramping up to the 
higher levels of customer energy efficiency described as A-ACE.  The Department 
would then determine specific programs and details in the upcoming annual C&LM 
docket.  Id., p. 2. 
 
 ENE agrees that the cost of energy, as captured in electric rates, is volatile and 
largely beyond the Department’s control.  However, the Department can influence lower 
energy costs by encouraging decreased energy consumption.  Therefore, ENE urges 
the Department to procure increased levels of energy efficiency to meet Connecticut’s 
energy resource needs in a manner that minimizes the cost of energy resources to 
consumer over time and maximizes consumer benefits consistent with the state’s 
environmental goals and standard.  Id. 
 
 ENE also believes the conclusion that sufficient capacity facilities exist to meet 
reliability requirements does not terminate the inquiry into whether the resource mix 
minimizes customer costs.  According to ENE, just because the electric system can 
burn enough natural gas to meet total electric energy requirements, does not mean that 
such an approach is economically desirable for consumers of the State.  Further goals 
of the statute direct the Department to determine the manner of how best to eliminate 
growth in electric demand and mitigate environmental impacts.  Therefore, ENE 
concludes the Department is required to pursue additional energy efficiency in this 
proceeding.  ENE Brief, pp. 3 and 4. 
 

                                                                                                                                             
improvements in technologies, which render A-ACE a constantly moving target rather than an end 
goal. 
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 In support of its recommendation to pursue A-ACE, ENE notes that the Targeted 
DSM Expansion provides a very narrow focus consisting of four program areas that 
would not address many of the savings opportunities identified in the KEMA Potential 
Study.  Thus, the corresponding incremental benefits from the Targeted DSM 
Expansion would be much smaller than those for the A-ACE Strategy.  As a result, 
A-ACE is clearly the lowest cost energy resource option against all other scenarios and 
across all of the sensitivities examined.  Id., p. 6. 
 
 ENE argues that an important factor in considering the benefits that DSM 
programs can bring to ratepayers and to the State is the effect that they have on the 
State’s economy by contributing to the Gross State Product and increasing employment 
within Connecticut.  While these economy-wide impacts were not included in the 
resource plan metrics, ENE believes that the Department should consider them as part 
of its evaluation of efficiency strategy benefits.  Id., p. 7. 
 
 ENE cites environmental benefits in support of its position as well as pointing out 
that Connecticut has been designated as non-attainment for ozone, signifying an 
existing need for emissions reductions from all sectors.  While Connecticut has already 
mandated economy-wide greenhouse gas emissions targets, the State, along with the 
rest of the country, already faces tighter standards, such as deeper reductions in ozone, 
CO2, NOx, SO2, and other pollutants, including greenhouse gases.  The EDC modeling 
demonstrates that, compared to the Reference Strategy, in a single snapshot year the 
A-ACE Strategy results in significant reductions in these pollutants.  Further, peak load 
reductions from the A-ACE Strategy are estimated to be 561 MW above the Reference 
Strategy, compared to an incremental 191 MW for the Targeted DSM Expansion.  Id., 
p. 8. 
 
 Regarding the CEAB’s recommendation to reengineer the current Energy 
Efficiency Fund programs, ENE cautions that many of the suggested methods have not 
been made clear nor have they been validated and not all of the key assumptions relied 
on by CEAB in formulating this recommendation are reasonable.  In fact, certain 
assumptions appear overly optimistic.  Despite this opinion, ENE thoroughly supports 
the CEAB’s goals of finding innovative ways to make the programs as cost-effective as 
possible and finds that this goal has always been central to the Energy Efficiency 
Board’s planning process and C&LM docket.  However, while the shopping list of 
program improvements is an important tool, it can neither stand alone nor replace the 
added cost-effective efficiency attainable with increased investments.  Id., p. 18. 
 
 In summary, ENE requests the Department approve the objectives of the A-ACE 
Strategy with an efficiency ramp-up that begins in 2011 with the goal of achieving 
A-ACE Strategy funding level within five years.  ENE urges the Department to set 
budget levels and estimated annual energy savings targets for the next two years, and 
to direct the Energy Efficiency Board and the EDCs to develop detailed plans and 
budget modifications to reflect the ramp-up in the 2011 C&LM plan which should also 
include the longer-term budget and program details needed to achieve the full ramp-up.  
This process will allow the Department ample opportunity to review annual program 
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plans and budgets to ensure that the programs meet cost-effectiveness requirements 
established by law.    Id., p. 19. 
 

5. Department Analysis 
 
 The Participants agree with the EDC and CEAB assessments that Connecticut is 
not forecasted to have a shortage of energy or capacity requirements during the 
statutorily-defined planning horizon.  They therefore agree that no new generation 
resources should be procured at this time.  The Department agrees with these 
conclusions.  Despite these findings, which were also reached in Docket No. 08-07-01, 
the EDCs and ENE once again argue for a significant increase in spending for energy 
efficiency. 
 

The first procurement recommendation by the CEAB is:  Maximize the utilization 
of demand-side resources to achieve A-ACE while minimizing ratepayer impacts 
through the use of expanded financing options, market mechanisms, codes and 
standard, and other innovative approaches.  2010 CEAB Plan, p. 22.  The CEAB 
proposes A-ACE but does not recommend any increases to the DSM budget due to the 
negative impact of rate increases.  CEAB supports measures that will not impact rates, 
such as the use of existing funding to support additional financing, reconfiguring current 
DSM programs to increase cost-effectiveness, and implementing more stringent 
building codes.   

 
The EDCs recommended a more modest increase to conservation they call 

Targeted DSM Expansion.  The Targeted DSM Expansion is comprised of four 
initiatives that would target residential and business consumption The EDCs 
recommend increases of approximately $22 million to $36 million annually over the next 
eleven years.  LFE-16.  The EDCs did not recommend the A-ACE strategy, noting that 
under A-ACE that the “costs for non- participants would increase.”  EDC Plan 1-4- 
through 1-6.  The EDCs agree that funding to achieve A-ACE at this time should not be 
authorized.  However, the EDCs support increasing rates to support a ramp-up to 
A-ACE through the proposed Targeted DSM Expansion. 
 

 The 2008 IRP Decision states: 
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Effectively, the DSM Focus Case sets an “install the 
maximum feasible DSM projects that are justified by the 
Total Resource Test” agenda.  The Department believes this 
approach is an incorrect interpretation of §16a-3a(c), for 
several reasons.  The Statute requires all cost-effective DSM 
to be installed before other resource types, subject to the 
need for more resources, but does not require the 
installation of all cost-effective DSM before the need for 
resources has been found.  No need for new resources has 
been found in this proceeding.  Second, the Department 
does not believe that it must automatically increase budgets 
simply because additional DSM spending will result in lower 
overall revenue requirements.  The Department does not 
believe that “all cost-effective” simply means passing the 
electric cost or total resource test.  The Department believes 
that revenue requirements and rate impacts to all customers 
must be considered when DSM funding is considered.  
Given the high rates in Connecticut, the state of the 
economy, and the current budget of approximately $104 
million for 2009, increased expenditures are not warranted.   

 
2008 IRP Decision, p. 47. 

 
 No new generation resources need to be procured at this time.  So, in that regard 
little has changed since the 2008 IRP Decision.  However, since that time the total 
C&LM budget has increased from $104 million for the 2009 program year to just over 
$123 million for 2010.  The increase is due to funding provided by sources other than 
the three mill/kWh conservation assessment, such as the sale of Class III RECs and 
revenues from the RGGI.  Revenues from these sources will continue going forward.  
See, Decision dated March 17, 2010, in Docket No. 09-10-03, DPUC Review of The 
Connecticut Energy Efficiency Fund’s Conservation and Load Management Plan for 
2010, and Docket No. 08-10-02 – DPUC Review of the Connecticut Gas Utilities 
Forecasts of Demand and Supply 2009-2013 and Joint Conservation Plans (2010 
C&LM Decision), p. 6. 
 

(a) Three Criteria Test 
 

In the 2009 IRP Decision the Department established standards related to 
whether a procurement may occur even in the absence of a strict reliability need.  The 
Department laid out what has come to be known as the Three Criteria Test for new 
resources to be authorized when there is no reliability requirement.  The Department 
indicated it would consider performing a procurement of resources to lower costs or 
improve environmental quality if: 
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Criteria 1 - the proposal needs to be funded by ratepayer investment rather than market 
revenues, direct participant funding, private investor funding, or other market-based 
means;6 
 
Criteria 2 - there is a great degree of certainty that the proposal will substantially reduce 
costs or produce savings for ratepayers that exceed the cost of ratepayers’ investment 
or substantially improve the environment and any near-term rate increases do not cause 
substantial hardship to ratepayers; 
 
Criteria 3 - products or services offered in the proposal will count toward satisfying 
Connecticut’s energy or capacity requirements, can displace some existing older, more 
expensive, less efficient, more polluting resources, or, can reduce the future need for 
additional resources to meet Connecticut’s requirements. 
 

(b) Criteria 1  
 
 To meet criteria one the proposal needs to be funded by ratepayers. 
 
 All cost-effective DSM 
 

The ECMB and ENE insist that all cost effective conservation must be pursued 
and funded by ratepayers.  They strongly believe that the ultimate goal is A-ACE.  EDCs 
support A-ACE, but propose to ramp up spending beginning with Targeted DSM 
Expansion.  The CEAB proposes A-ACE but does not recommend any increases to the 
DSM budget due to the negative impact of rate increases.  The OCC requests the 
Department address a recurring and legally unsupported notion among various parties 
to the IRP proceeding than an assumed goal of this process is the eventual 
implementation of A-ACE.  OCC Brief, p. 7. 
 

In their Written Exceptions, ENE suggests that the only method to interpret Conn. 
Gen. Stat. § 16a-3a is by reference to legislative history.  See, ENE Written Exceptions, 
pp. 1-3.  By this method they conclude that the statute requires the Department to 
approve the CEAB plan as filed and fund all cost effective EE regardless of impact on 
current rates.  Although legislative history is a method to interpret a statute, it is but one 
of many.  See, e.g., 82 C.J.S. §§ 311-398.  Equally valid statutory constructions include 
construing statutes in context and harmoniously with other statutes, construing a statute 
with a presumption in favor of coordination and consistency with other statues and 
construing economic regulatory based statutes with an understanding of systemic 
effects caused by regulatory acts.  Towards these methods of statutory construction of 
Conn. Gen. Stat. § 16a-3a the Department refers to Conn. Gen Stat. § 16-19e, “there 
shall be a clear public need for the services provided … that the level and structure of 
rates charged customers shall reflect prudent and efficient management”; all of which is 
reinforced by Conn. Gen. Stat. § 16-11. 
 

 
6 This standard means the Department will consider procuring a project or resource if said project or 

resource requires direct ratepayer support because it is unlikely to be developed through market 
channels. 
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 In the 2009 IRP Decision the Department rejected the assumption that an 
inherent goal of the IRP is achievement of A-ACE, stating: 
 

The Department believes this approach is an incorrect interpretation of 
16a-3a(c), for several reasons.  The Statute requires all cost-effective 
DSM to be installed before other resource types, subject to the need for 
more resources, but does not require the installation of all cost-effective 
DSM before the need for resources has been found.  No need for new 
resources has been found in this proceeding.  2009 IRP Decision, p. 47. 

 
The goal of the IRP is to identify reliability, cost and environmental needs and 

then evaluate, in an integrated manner, the resources necessary to meet those needs.  
Identified needs should then be met through the most cost-effective means identified.  
While C&LM will be evaluated as part of this process, increased spending will only be 
approved to the extent warranted to meet needs.  A-ACE is not a goal in itself. 
 
  Need for Funding  
 

The Department views the A-ACE proposal as thoughtful and laudable; however, 
it does not satisfy the statutory requirement that would be necessary to approve the 
proposal.  Significant ratepayer support for C&LM initiatives would be necessary to 
reach the level of conservation savings envisioned by A-ACE.  The Department 
wholeheartedly supports increases to energy efficiency.  The Department believes that 
more reasonable goals can be achieved and savings should increase over the planning 
horizon without large increases to program budgets. 
 
 Utility-sponsored programs have long been used to transform the market for a 
wide range of energy efficient products and services (e.g., compact fluorescent bulbs 
(CFLs), commercial lighting, and demand response programs).  Market transformation 
in this regard generally implies that ratepayer funded financial support is necessary to 
stimulate the market for specific products or services because markets will not support 
them.  In part, this has been necessary because historically, society did not value 
energy efficiency.  As the product or service being supported becomes more generally 
accepted, or embedded in product standards, ratepayer support is no longer necessary 
and is therefore withdrawn.  A recent example of such transformation is demonstrated 
by the penetration in market-based demand response activity that occurred as the 
Energy Efficiency Fund phased-out its support for these services. 
 

Driven by global events, environmental concerns and significant and sustained 
increases in energy costs, energy efficiency is fast becoming a standard for an 
increasingly energy conscious nation; clearly a cultural shift is emerging.  In response, 
Connecticut’s energy policies have rapidly evolved over the last five years resulting in 
myriad programs and policy initiatives designed to reduce energy consumption, control 
peak demand and increase awareness about the benefits that energy efficiency 
provides.  These programs include Energy Efficiency Partners, Stimulus funding and 
designating DSM as a Class 3 renewable energy resource.  Independent conservation 
and demand side management projects can also sell capacity into the ISO-NE FCM 
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market to generate revenues.  Demand response resources have participated in 
significant numbers which continue to increase.  These efforts, in addition to the 
programs sponsored by the Energy Efficiency Fund and Clean Energy Fund, have 
furthered the cultural shift noted above.  Generally speaking, conservation and energy 
efficiency are being embraced by an ever increasing number of consumers.  This 
presents an opportunity to move away from traditional approaches to stimulating 
interest in energy efficiency such as ratepayer funding for coupons, rebates or direct 
financial grants, and to pursue strategies that do not require increasing utility rates to 
achieve greater penetration. 
 
 As a result of this cultural shift, the Department is witnessing increased 
market-based demand for energy efficiency.7  Therefore, unlike the atmosphere that 
existed in the early 1990s when energy efficient products and services were first 
introduced to the public, today’s environment allows the Department to leverage this 
cultural shift and let markets work in advance of requiring rate increases to support 
rebates or incentives.  Instead, the Energy Efficiency Fund should provide support for 
these market-based energy efficiency initiatives through education and outreach.8  This 
is not to say that financial support for technologies or service is unwarranted.  Rather, 
the Department must be convinced that markets will not support an initiative before 
increasing rates to support it. 
 
 Based on the foregoing, the evidence does not support a finding that the 
proposal needs to be funded by ratepayer investment rather than market revenues, 
direct participant funding, private investor funding, or other market-based means.  
Therefore, the proposal fails Criteria 1.  As discussed below, the Department has 
supported additional financing for over five years and views this as another way of 
achieving greater market participation. 
 

(c) Criteria 2  
 
   Rate Impacts 
  

The CEAB and the EDCs have analyzed a vast amount of information and 
presented it in a format that is easy to understand in their 2010 IRP.  As part of the 
analysis, several metrics were used to compare resources with regard to reliability, cost 
and environmental impacts.  The cost metric most commonly used to justify increased 
DSM expenditures compares the total generation cost.  This is a comparison of the cost 
of conservation to other generation options.  Under this analysis, conservation results in 
a lower overall revenue requirement than other resource options.   

 
The lower costs from DSM can be somewhat misleading when considering the 

impact to non-participants.  The CEAB Plan states that nearly all the benefits of reduced 
electric bills from the current efficiency programs are captured by the program 

 
7 Implementation of the Class III REC market is another example of market-based activity that does not 

rely on direct ratepayer funding. 
8 As an example, the first CFLs required a significant ratepayer supported subsidy to increase consumer 

awareness and acceptance and to overcome a price tag of up to $20/bulb. 
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participants, while incentives are paid by all ratepayers including non-participants.  
Although there are large participant benefits, DSM programs are still predicted to remain 
a net cost to non-participants.  CEAB Plan, p. 77.  The OCC noted that many of the cost 
reduction benefits from DSM relate to avoided energy, which are captured by 
participating customers.  OCC’s calculations indicate that of the $90 million in total net 
benefits projected for the Targeted DSM Expansion in 2020 $82 million, or 91%, 
accrues to participants through avoided electricity costs leaving only $8 million, or 9% of 
net benefits for non-participating load.  OCC PFT p. 21. 

 
The CEAB and the EDCs did a good job in presenting their analyses.  However, 

although rate impact concerns were acknowledged, and were considered in molding the 
CEAB and the EDC C&LM recommendations, the rate impact analysis was inadequate.  
While the rate impact analysis addressed the impact that C&LM processes can have on 
generation costs it failed to include the potential rate increase that occurs when 
transmission and distribution costs are shifted to other customers.  As a result, the 
Department believes that the rate impacts of the Targeted DSM Expansion and A-ACE 
conservation options are calculated incorrectly, significantly understating the rate 
increases that will result from higher DSM expenditures. 

 
The Department addressed the difference between costs and rates in the 2009 

IRP Decision, concluding that a balanced approach is appropriate and that 
consideration of both revenue requirements and rate impacts must be considered when 
evaluating resource options in the IRP.  2009 IRP Decision, pp. 20 and 21 and 45-48.  
The Decision states: 
 

[t]he Department does not believe that it must automatically 
increase budgets simply because additional DSM spending 
will result in lower revenue requirements.  The Department 
does not believe that “all cost effective” simply means 
passing the electric or total resource test.  The Department 
believes that the revenue requirements and rate impacts to 
all customers must be considered when DSM funding is 
considered.  2009 IRP Decision, p. 47. 

 
 In the 2008 IRP Decision, the Department stated, “Connecticut has the highest 
electric rates in the continental U.S. and many ratepayers in Connecticut are 
experiencing financial hardship in the current economic downturn.”  2008 IRP Decision, 
p. 49.  In the Decision dated June 30, 2010, in Docket No. 09-12-05, Application of The 
Connecticut Light and Power Company to Amend Its Rate Schedules, (CL&P 2010 Rate 
Decision) the Department recognized that CL&P rates were among the highest in the 
nation and many Connecticut residents have felt the impact of the current economic 
downturn and continue to struggle.  The Department also recognized that the slowdown 
has created even more stress on low income families and that uncollectibles, while at 
historical levels, continue to increase each year.”  CL&P 2010 Rate Decision, p. 2.  In 
the Decision dated June 30, 2009, in Docket No. 08-07-04, Application of The United 
Illuminating Company To Increase Its Rates and Charges – Reconsideration, (UI 2009 
Rate Decision) the Department stated, “given that UI’s rates are among the highest in 
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the country the Department must retain incentives for UI to control its costs with the goal 
of achieving lower rates.”  UI 2009 Rate Decision, p. 128.  Despite a significant increase 
to the C&LM budget in 2010 and the repeated concern surrounding electric rates 
expressed by the Department in a variety of proceedings the Participants to this 
proceeding persist in their attempt to further increase electric rates.  In addition, the 
Department notes that the CEAB states that recent legislative action redirecting funds 
from the C&LM Societal Benefits Fund to the general fund underscores the need to find 
more funding and more non-ratepayer funded sources for energy efficiency, like those 
described in the CEAB Plan. 
 

The Department has also discussed the importance of rates in its annual C&LM 
Plan decisions.  The Department has required the EDCs to include the rate impact of 
each C&LM program in their annual conservation filing and ordered improvements to 
the methodology in the latest decision.  2010 C&LM Decision, p. 59.  The Department 
continues to believe that rate impact is important and therefore will require the CEAB 
and the EDCs to include a metric for rates when comparing resource options.  This 
metric must include a base case for rates and a comparison of the impact under 
different resource options and should include the full impact on total rates 

 
  Cost of DSM 
 

 The Department would like to see large increases to conservation without 
increasing ratepayer funding as proposed by the CEAB.  The Department supports 
more financing and has been working on this over the past five years.  The Department 
also welcomes and encourages any new ideas to improve programs.  Each year 
programs are scrutinized at the time of the annual C&LM filing.  The programs are 
constantly evolving to reduce costs and improve efficiency.  Realistically, however, the 
Department does not believe that huge increases in C&LM, approaching A-ACE can be 
accomplished at this time without significant ratepayer funding.  The EDCs estimated 
that A-ACE could cost $65 million annually.  It is within this context that the EDCs 
evaluated A-ACE and in which the Department will evaluate this proposal.  
 

Late Filed Exhibit 16 provides information regarding the cost of DSM used by the 
EDCs and the CEAB in their analysis of resource options.  The exhibit includes the 
costs for the Reference Resource Strategy, Targeted DSM Expansion and A-ACE.  The 
exhibit indicates that the cost per kW will decline by approximately 32% in 2011 from 
$2,498/kW in the Reference Resource Strategy case to $1,741/kW in the Targeted 
DSM Expansion case.  The costs are reduced further in the A-ACE case to $1,235/kW, 
or 50% lower than the Reference Resource Strategy.  Costs increase on a kWh basis in 
the Targeted DSM Expansion case, but decline under A-ACE from 3.5 cents/kWh to 
2.2 cents/kWh in 2011. 
 
 The Department has limited faith in these estimates.  C&LM costs have been 
increasing annually on a kW basis and to achieve increased savings through increased 
DSM expenditures, requires the EDCs to pursue more expensive, less cost-effective 
measures.  It is difficult to imagine that with new lighting and other appliance efficiency 
standards how costs per unit of savings will decline in the future as incremental 
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expenditures increase.  As an example, the Department for years has directed the 
EDCs and the Energy Efficiency Board to improve the cost effectiveness of the 
Residential New Construction program which is expected to cost CL&P $4,530/kW and 
6.1 cents/kWh during the 2010 C&LM program year.  2010 C&LM Plan, Table B.  In the 
IRP filing the EDCs propose a Zero Energy Homes program, an initiative that is similar 
to the Residential New Construction program but which includes additional, more costly 
measures.  The cost is estimated at approximately $1,071/kW and 2 cents/kWh.  EDCs 
Response to Interrogatory OCC-3.  The Department can only ask: “if such cost 
reductions are possible, why haven’t they been implemented under the existing C&LM 
budgets?” 
 
 The Department recognizes that the IRP proceeding is an overview of the issues 
and not a venue for detailed program planning.  At the same time, it is important to have 
reasonable estimates and feasible program plans to compare resource options in the 
IRP process.  At present there are few if any consequences to the EDCs for poor C&LM 
estimates, lower savings or higher program costs.  Incentives may decline if costs are 
higher than expected but there are no penalties.  Lower savings have even less of an 
impact.  For instance, if an impact evaluation determines that savings were lower than 
planned, the estimates will be adjusted for the next year; but there is no impact on the 
company’s incentive.  DSM should be held to the same standards as other types of 
energy projects.  For instance, in most cases the contracts with renewable projects, 
peaking and base load generators and non-utility administered DSM projects (e.g., the 
capacity contract with Ameresco) have defined pricing terms and strict deliverables for 
capacity and energy.  Failure to meet these standards results in penalties to the 
responsible party.  The Department will require program administrators to live within 
their estimates of program costs and savings by designing incentives that align with the 
above noted standards for other projects if DSM expenditures are increased in the 
future. 
 
 Based on the foregoing, there is a not a great degree of certainty that the A-ACE 
proposal will substantially reduce costs to customers.  Overall generation costs would 
decline from additional DSM but most of these benefits are captured by participating 
customers.  Rates to all customers would likely increase electric bills to non participants.   
Thus, additional DSM would raise costs to many ratepayers and would not be cost 
effective.  There is considerable uncertainty associated with the cost of additional C&LM 
programs.  Nor is there evidence that any near-term rate increase necessary to support 
the proposals would not cause hardship to ratepayers.  Therefore, the proposal fails 
Criteria 2.  As discussed below, the Department has scrutinized and reconfigured 
programs annually since 2000 to improve cost-effectiveness. 
 

(d) Criteria 3 
 

In order to satisfy the third criterion A-ACE would need to satisfy Connecticut’s 
energy and capacity requirements, displace older, expensive, less efficient more 
polluting resources and reduce the need for additional resources.  DSM does help to 
meet Connecticut energy and capacity requirements.  There is uncertainty to the exact 
savings attributable to conservation activities, however, DSM reduces energy 
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consumption and thereby reduces pollution that would be produced from other 
generation sources.  DSM also provides capacity value regardless of whether it can be 
sold into the ISO FCM market, since system demands are reduced.  The value of 
capacity however is low at this time due to excess capacity.  Therefore there is little 
likelihood that new generation resources will be avoided over the next ten years.    
 

6. DSM Conclusion 
 

For the foregoing reasons, the A-ACE proposal to procure more DSM resources 
does not pass the Three Criteria Test.  Therefore, the Department will not authorize an 
increase to customer rates to fund it.  The Department believes that large increases to 
the DSM budget would be required, adversely impacting rates. 

 
The Department supports increased energy efficiency but reasonable objectives 

must be pursued.  The Department believes that a goal of zero demand growth as 
proposed by the EDCs under their Targeted DSM Strategy is appropriate.  The EDCs, 
however, estimate that this strategy would require an additional outlay of approximately 
$22 to $36 million annually through 2020. 

 
The Department believes that zero demand growth is an appropriate goal and 

may be achievable within current spending levels through the strategies suggested by 
CEAB, discussed below, which minimize the need for additional funding by ratepayers.  
However, this may require the reallocation of current budgets.  Therefore, the 
Department will require the EDCs to examine this issue and be prepared to address it in 
the Department’s review of the 2011 C&LM Plan. 

 
The Department will pursue greater efficiency through strategies it has 

encouraged for many years; specifically, expanding financing options and market 
mechanisms, and by supporting energy efficient codes and product standards, as a way 
to complement and expand current initiatives in order to leverage the energy-related 
cultural shift Connecticut and the nation are experiencing.  The Department will also 
continue to examine and refocus all C&LM programs to maximize energy efficiency at 
the lowest possible cost.  The Department fully supports an effort to redirect current 
spending within the customer class spending guidelines (i.e., rate class parity) noted 
above in an effort to refocus ratepayer funded programs to increase savings and 
improve the cost-effectiveness of these programs.  The Department’s support for 
redirecting current funding by eliminating high cost programs is not new and is also well 
documented in past C&LM Decisions.  See, 2006 C&LM Decision, p. 8, Residential New 
Construction Program. 

 
The Department will not rule on the programs included in the Targeted DSM 

Expansion proposal by the EDCs at this time.  The Department will allow the EDCs to 
submit additional program proposals at the time of their annual C&LM filing.  The 
Department must point out that funding even this additional level of DSM may not be 
possible immediately.  Unfortunately, legislative actions through the adoption of Public 
Act 10-179 will take approximately $19 million from the C&LM fund in 2012 and $27 
million annually from 2013 through 2018 to help reduce the State deficit.  The 
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Department will consider how to deal with this reduction and any program modifications 
and new proposals at the time of the annual C&LM review.   
 
 In its Written Exceptions ENE criticizes the Department’s decision to not increase 
customer rates in order to pursue additional energy efficiency, stating that despite clear 
legislative direction to “meet the state’s energy needs first with all available energy 
efficiency” the Department refuses to approve any additional investment to provide 
consumers the tools necessary to comply with this directive.  In so doing, the 
Department has substituted its judgement for that of the General Assembly.  ENE 
Written Exceptions, p. 2. 
 
 ENE also states that “Connecticut will see its C&LM investments tumble in the 
near term ”as the result of the expiration of ARRA funding and the 35% diversion of 
funding pursuant to Public Act 10-179,” leaving the programs with reduced funding 
within the biennial time frame of the current IRP.  ENE notes that this reduced spending 
comes at a time when surrounding states are ramping up their investment in energy 
efficiency, citing for example Rhode Island’s commitment to “ramp-up efficiency 
spending from $14 million in 2008 to more than $43 million in 2011 for all customer 
sectors.”  ENE Brief, p. 4.  ENE also indicates that the Massachusetts Department of 
Public Utilities approved a three-year plan to investment about $1.2 billion in electric 
efficiency programs and approximately $355 million in natural gas programs.  ENE 
believes this increased spending will leave Connecticut vulnerable to an exodus of 
energy efficiency vendors and a relocation of jobs to areas where there is a more 
sustained level and commitment to C&LM spending.  Id., p. 3. 
 
 Finally, ENE states: 
 

Policymakers enacted P.A.  07-242 to provide Connecticut’s residents and 
businesses with the tools to take control of their energy use.  These are 
not the tools the legislature intended to make available only when 
Connecticut was resource constrained.  Rather, the purpose of the IRP 
was to implement a comprehensive energy plan for the state, while 
increasing our energy independence and moving away from the need for 
building new, expensive fossil-fuel power plants.  Id., p. 5. 

 
 Commencing with Public Act 98-28, An Act Concerning Electric Industry 
Restructuring and culminating with Public Act 07-242, An Act Concerning Energy 
Independence, the General Assembly has provided myriad tools over the last decade to 
address Connecticut’s energy needs and keep pace with rapidly changing energy 
policies over this time.  The result has been a wide range of programs and policy 
initiatives designed to reduce energy consumption, control peak demand and increase 
awareness about energy in general.  These efforts include the following: 
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 Connecticut Energy Efficiency Fund 
 Connecticut Clean Energy Fund 
 The Distributed Generation Grant Program; 
 The Electric Energy Efficiency Partners Programs;9 
 Mandatory TOD rates of large use business customers10; 
 Voluntary variable peak price tariffs; 
 Revised net metering standards to encourage smaller renewable projects; 
 Increased efforts to enroll customers in demand response programs; 
 Short-term measures under Docket No. 05-07-14; 
 Class III RECs; 

 
 Most of these initiatives operate under the traditional model in which rates are 
increased to cover the cost of the programs, which include customer and utility 
incentives, while others increase rates by providing revenues to support market 
participants, such as Class III RECs.  As noted herein, Connecticut has supported 
energy efficiency for over two decades and has seen a ramp-up to current funding 
levels during this time.  As a result, Connecticut has supported energy efficiency at 
levels that far exceed the historical spending of surrounding states and most states 
nationally.  The increased spending in Massachusetts and Rhode Island therefore 
reflect these states “catching up” to Connecticut.  To illustrate, the Department provides 
the following tables.  National Grid serves about 465,000 customers in 38 Rhode Island 
communities.11  Therefore, using the $14 million and $43 million cited by ENE, (and 
assigning this spending only to National Grid) National Grid spent about $30/per 
customer in 2008 to fund these investments ($14 million/465,000) and will spend about 
$92/per customer in 2011. 
 
 By comparison, in 2000 Connecticut’s three mill/kWh assessment provided about 
$90 million12 to the Energy Efficiency Fund, for spending of about $63/customer, over 
twice the historical National Grid amount.  Customers were assessed the three mill/kWh 
charge from 2000 to present.13  In 2010,14 spending increased to about $86/customer.15  

 
9 This program alone has the potential to increase ratepayer funding for energy efficiency by $60 million 

per year.  This equals about 66% of the current statewide C&LM budget. 
10 Implementation of mandatory TOD rates for residential customers has been delayed pending the 

outcome of the Department’s investigation of metering options for CL&P.  See, Decision dated 
December 19, 2007, in Docket No. 05-10-03RE01, Application of The Connecticut Light and Power 
Company To Implement Time Of Use, Interruptible Or Load Response, And Seasonal Rates – Review 
Of Metering Plan. 

11 National Grid website, www.nationalgridus.com/narragansett/about_us/aboutus.asp. 
12 These revenues are based on combined annual sales for CL&P and UI of approximately 30 billion 

kWhs. 
13 Between 2000 to present, customers have contributed three mills/kWh to the Energy Efficiency Fund.  

However, during this period Legislative action has diverted some of these revenues. 
14 A significant increase to spending occurred in 2000 with the creation of the Energy Efficiency and 

Clean Energy Funds.  Total spending on energy efficiency further increased in 2006 as the result of 
spending authorized under Public Act 05-01, An Act Concerning Energy Independence.  This increase 
was funded through the Non Bypassable Federally Mandated Congestion Charge on customer bills.  
Additional spending occurred in 2007 with the infusion of other revenues, such as those provided 
under the RGGI. 
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These amounts do not include spending for Connecticut’s Clean Energy Fund, which 
totals about $30 million annually (30 billion kWh x one mill/kWh), or an additional 
$21/customer per year.  The second table below shows the impact of including Clean 
Energy Fund spending. 

Table 4 
Connecticut National Grid

20001 20102 2008 2011

Budget $90,000,000 $123,300,000 $14,000,000 $43,000,000
No. of Customers3 1,425,000 1,425,000 465,000 465,000
Spending per customer $63.16 $86.53 $30.11 $92.47
1 Revenues based on three mill/kWh assessment only and combined sales (CL&P  & UI) of approximately 30 billion kWh.
2 Reflects all revenue sources for the 2010  budget.  2010 C&LM Decision, p. 6.
3 Customers - Approximate number of customers for CL&P 1.1 million; for UI 325,000.  
 

Table 5 
Connecticut National Grid

20001 20102 2008 2011

Energy Efficiency $90,000,000 $123,300,000 $14,000,000 $43,000,000
Clean Energy Fund $30,000,000 $30,000,000 - -
     Total $120,000,000 $153,300,000 $14,000,000 $43,000,000
No. of Customers3 1,425,000 1,425,000 465,000 465,000
Spending per customer $84.21 $107.58 $30.11 $92.47
1 Revenues based on three mill/kWh assessment only and combined sales (CL&P  & UI) of approximately 30 billion kWh.
2 Reflects all revenue sources for the 2010  budget.  2010 C&LM Decision, p. 6.
3 Customers - Approximate number of customers for CL&P 1.1 million; for UI 325,000.  
 
 Some of the above noted programs are mature while others have only begun to 
achieve their energy savings potential.  For instance, the Energy Efficiency Fund and 
Clean Energy Fund have been in place for over ten years while the Electric Efficiency 
Partners Program was established only recently.  Combined with increased 
opportunities for financing, enhanced code enforcement, and improved appliance 
standards, these programs and the emerging cultural shift offer an unprecedented 
opportunity to produce significant energy savings without increasing to utility rates.  
However, this potential has not been measured or considered.  The Department 
believes it appropriate to consider these impacts before we burden ratepayers with 
additional increases to electric rates. 
 

7. Other CEAB Recommendations 
 

(a) Financing 
 
 CEAB recommends that a strategy to implement A-ACE must consider a broader 
portfolio of financing mechanisms and implementation approaches.  In support of its 

                                                                                                                                             
15 These are arithmetic averages of total revenues divided by total customers and are illustrative only.  

The actual customer contribution varies by class and consumption and is based on the three mill/kWh 
assessment. 
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recommendation CEAB indicates that one of the most significant barriers to investment 
in energy efficiency is access to investment capital.  This can be especially true for 
households and small businesses that either don’t have the cash on hand to invest in 
energy efficiency or do not have access to financing at attractive rates.  Even though 
energy efficiency can save money for years after the initial investment is made, the 
initial cost of the energy efficiency, even with incentives or rebates offered by 
government and utility programs, can be a significant obstacle to implementation of 
even the most cost-effective energy efficiency measures.  For that reason, energy 
efficiency financing offered by the Energy Efficiency Fund program administrators and 
other entities such as banks, manufacturers, leasing companies and energy service 
companies is a key feature of successful EE programs.  Finally, CEAB lists a variety of 
financing models that should be considered.  CEAB Plan, pp. 294-305. 
 
 The Department believes that residential and business consumers are eager to 
reduce their energy consumption and/or address their peak electric demand.  However, 
many consumers cannot afford energy efficiency projects that require a capital 
investment; projects that can provide significant and sustainable savings.  In addition, 
the current lending environment and general economic conditions have made it difficult 
for customers to access financing for these projects through traditional channels.  As a 
result, many projects do not proceed resulting in lost savings opportunities.  Providing 
easy access to lower cost financing for energy efficiency is critical to addressing this 
barrier. 
 
 The Energy Efficiency Board and Department have long recognized the benefits 
that financing provides in achieving energy savings.  For example, for years small 
business customers have been afforded the opportunity to finance their energy 
efficiency projects through unsecured loans offered at zero percent interest with 
convenient on-the-bill loan repayment offered through the Energy Efficiency Fund’s 
Small Business Energy Advantage (SBEA) Program.  The benefits of this financing 
model and its relationship to the success of the SBEA program are well documented.  
See the Decision dated June 19, 2008, in Docket No. 07-10-03 DPUC Review of The 
Connecticut Light and Power Company’s And The United Illuminating Company’s 
Conservation and Load Management Plan For Year 2008, (2008 C&LM Decision), 
pp. 28-31. 
 
 CL&P and UI provide the capital that is loaned under the SBEA program, earning 
interest on these funds at each company’s respective allowed rate of return.  The 
Energy Efficiency Fund supports the interest paid to the utilities (i.e. the interest buy-
down) as well as the cost of any loan defaults.  As such, these are guaranteed 
investments.  This lending structure leverages Energy Efficiency Fund dollars into a 
larger loan pool.  However, the total available capital for these loans is limited to the 
amount each utility is willing to invest.  As a result, the total number of projects and 
resulting energy savings are limited.  Securing lower cost capital for these loans would 
reduce the cost to the Energy Efficiency Fund thereby allowing more projects to 
proceed.  Therefore, greater energy savings would be achieved. 
 

(b) Residential Financing 
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 The Department has addressed the need to expand the availability of residential 
financing for energy efficiency in several C&LM decisions since 2002.  See the Decision 
dated March 17, 2010, in Docket No. 09-10-03, DPUC Review of The Connecticut 
Energy Efficiency Fund’s 2010 Conservation and Load Management Plan For 2010 and 
Docket No. 08-10-02, DPUC Review of the Connecticut Gas Utilities Forecast of 
Demand and Supply 2009-2013 and Joint Conservation Plan, (2010 C&LM Decision), 
pp. 31-40; the Decision dated September 24, 2008, in Docket No. 07-10-03RE01 DPUC 
Review of The Connecticut Light and Power Company’s and The United Illuminating 
Company’s Conservation and Load Management Plan For Year 2008 - Program 
Incentive Structure, (Reopened 2008 C&LM Decision), pp. 15-17; the Decision dated 
May 23, 2007, in Docket No. 06-10-02, DPUC Review of CL&P and UI Conservation 
and Load Management Plan for Year 2007 and 2008, (2007 C&LM Decision), p. 15; the 
Decision dated June 7, 2006 in Docket No. 05-10-02, DPUC Review of The Connecticut 
Light and Power Company and The United Illuminating Company Conservation and 
Load Management Plan for 2006, (2006 C&LM Decision), pp. 4-6; the Decision dated 
March 30, 2005, in Docket No. 04-11-01, DPUC Review of CL&P and UI Conservation 
and Load Management Plan For Year 2005, (2005 C&LM Decision), p. 27; Decision 
dated May 28, 2003, in Docket No. 03-01-01, DPUC Review of The Connecticut Light 
and Power Company’s and The United Illuminating Company’s Conservation and Load 
Management Programs and Budgets for Year 2003 and 2004, (2003 C&LM Decision), 
pp. 18-20; and, Decision dated May 29, 2002, in Docket No. 02-01-22, DPUC Review of 
The Connecticut Light and Power Company’s and The United Illuminating Company’s 
Budgets and Modifications for Conservation and Load Management Activities for Year 
2002 (2002 C&LM Decision), p. 24.   
 

In summary, the Department has sought to provide residential customers the 
same benefits that are available to business customers by implementing an SBEA-like 
financing and repayment model for the residential class. 
 
 The above noted rulings culminated in the implementation of a residential finance 
pilot (Finance Pilot) which was launched on May 26, 2010.  2010 C&LM Decision, 
pp. 31-40; Docket Nos. 09-10-03 and 08-10-02, letters dated June 2, and July 1, 2010.  
As recommended by the Energy Efficiency Board’s Residential Financing Committee, 
the Financing Pilot established a $5 million loan buy-down and/or reserve pool (Loan 
Reserve) using Energy Efficiency Fund dollars in an attempt to attract private investors 
or potentially publicly invested funds (e.g. State Treasurer’s Office).  CL&P and UI 
issued an RFP to select a financial institution to support the Finance Pilot to attract 
lower-than-market rates for these risk-free investments.  The response to the RFP was 
limited and resulted in the Companies securing relatively high cost capital.  See, letter 
dated June 25, 2010, in Docket Nos. 09-10-03 and 08-10-02.  As a result, the Loan 
Reserve will support fewer projects than could have been financed if lower cost capital 
had been secured.  Despite this challenge, the Finance Pilot is underway and will 
provide valuable insight regarding residential customer interest in energy efficiency 
stimulated through unsecured loans at attractive rates.   
 

Key features of the Finance Pilot include: 
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• The Finance Pilot offers tiered interest rates of 0.00% and 2.99% towards the 

implementation of recommended eligible energy efficiency measures; 
• There are no income restrictions; 
• Loans are unsecured; 
• Minimum amount eligible for financing is $2,500 per household; 
• Maximum amount eligible for financing is $20,000 per household; 
• Loan repayment term ranges from 12 to 120 months for all amounts financed; and, 
• Direct billing is done by the financial institution, i.e., no on-the-bill repayment. 
 
 A Loan Reserve enables the Energy Efficiency Fund to create leverage in 
attracting multiples of the initial reserve.  The Energy Efficiency Board’s Residential 
Finance Committee estimated that a reserve could leverage between five and ten times 
the amount of the reserve.16  2010 C&LM Decision, p. 36.  Funds not used by losses 
are recycled into the reserve to be leveraged again into new loans.  Similar to the SBEA 
Program, the Finance Pilot has been structured to be nearly risk-free for the entity 
providing the capital.  Id. 
 
 The Finance Pilot only recently began and the Companies report that $1 million 
in loans has been committed in the first five weeks.  As a result, the Companies believe 
the Finance Pilot shows great promise in encouraging customers to make energy 
efficiency upgrades and improvements to their homes that will provide long-term 
benefits.  While this information is far from conclusive, it is very positive.  Docket 
Nos. 09-10-03 and 10-02-07, letter dated July 14, 2010.  The Department and Energy 
Efficiency Board will continue to explore ways to expand residential and business 
financing and to aggressively pursue the use of publicly invested funds for this purpose. 
 

(c) Building Codes, Market Mechanisms and Other  
 
 It is widely accepted that integrating energy efficiency into any building during its 
design and construction is far more cost-effective than attempting to retrofit a structure 
once it has been built.  Thus, building codes provide the means to assure that energy 
efficiency is incorporated into Connecticut’s homes and businesses.  While these codes 
may impact the cost of construction, they do not increase utility rates.  Therefore, 
enacting and ensuring compliance with energy efficient building codes provides another 
strategy to pursue additional cost-effective conservation and energy efficiency 
measures without increasing rates.  However, energy-related building codes only 
achieve their savings potential when enforced and the degree to which code compliance 
is being achieved is unclear.  The Department is aware of this issue and has directed 
the Energy Efficiency Board to study the matter and develop proposals to improve 
compliance and promote efficient building practices in Connecticut.  See, 2010 C&LM 
Decision, p. 49. 
 

                                            
16 Due to the higher interest costs for the Finance Pilot, the program will only support about three times 

the Loan Reserve, or about $15 million in total loans. 
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 Lack of compliance implies that the building community is either not aware of the 
codes, doesn’t know how to implement them, or is deliberately avoiding them.  In its 
analysis of this issue the Department stressed the critical role that education17 plays in 
fulfilling this potential, stating: 
 

The Department believes that ISE [Institute for Sustainable 
Energy] performs an essential role in training building 
inspectors and administers its operations very 
cost-effectively.  The Department would like to support ISE 
to the extent that it wishes to initiate additional activities to 
promote better code compliance, such as additional courses, 
resources for curriculum development, on-line instruction, 
assistive technology, etc.  To obtain additions to its 2010 
budget, ISE should present any proposals to the ECMB.  
According to ISE, the key to energy efficient building 
practices is incorporating energy efficiency training in 
building design and construction curriculum and developing 
curriculum within vocational schools and community colleges 
to emphasize efficient technologies and practices is critical 
to success.  The Department directs ISE and the ECMB to 
work toward developing a strategic plan and a budget for 
curriculum development in vocational schools and 
community colleges to be submitted in the 2011 C&LM Plan.   
 
2010 C&LM Decision, p. 49. 

 
 Code compliance will be assured if the building community embraces these 
standards.  However, anecdotal evidence suggests that it can sometimes be difficult to 
change the culture of the building community as relates to construction standards 
generally.  Therefore, the cultural change regarding energy efficiency must be 
leveraged to assure that members of the building community recognize the value that 
energy efficiency provides so that ever changing and increasingly more stringent 
efficiency standards are not viewed as burdensome or onerous but as beneficial (e.g., 
an efficient home has greater market value).  Based on the foregoing, while building 
codes have advanced over time we should move more quickly toward higher efficiency 
standards while simultaneously providing the education necessary to have everyone 
involved in the construction industry understand the benefits of these requirements and 
how to incorporate them into their everyday practices. 

 
17 The Department’s support for education in general is well documented.  See, Decision dated May 7, 

2009, in Docket No, 08-10-03, DPUC Review of The Connecticut Light and Power Company’s and 
The United Illuminating Company’s Conservation and Load Management Plan For the Year 2009, 
pp. 3, 15, 16, 20, and 24-30; Decision dated June 19, 2008, in Docket No. 07-10-03 DPUC Review of 
The Connecticut Light and Power Company’s and The United Illuminating Company’s Conservation 
and Load Management Plan For Year 2008, pp. 17-19, 22, and 36; and, Decision dated September 
19, 2001, in Docket No. 01-01-04, DPUC Review of The Connecticut Light and Power Company And 
The United Illuminating Company Conservation and Load Management Plan For Year 2001, pp. 5, 
11-13, 16-20, and 26.  Other examples of educational efforts include the SmartLiving Center and 
Energy Information Line, 877-WISE USE. 
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 Market mechanisms, such as the Energy Efficiency Fund’s Retail Products 
Program, also provide opportunities to educate consumers.  The Department has long 
recognized the value that these programs provide and has supported their use since the 
Energy Efficiency Fund’s inception.  This support is well documented in the 
Department’s C&LM Decisions.  In 2010, these efforts will escalate as the Department 
has directed the Energy Efficiency Fund to take aggressive steps toward market 
transformation efforts for mature products.  For example, beginning in 2010, the EDCs 
will conduct intensified marketing efforts starting with compact fluorescent lighting 
products.  See 2010 C&LM Decision, pp. 60-67. 
 
 Embedding energy efficiency into product standards will provide the same 
benefits that embedding efficiency into building codes, provide; that is, capturing 
long-term energy efficiency without increasing utility rates.  However, higher energy 
efficiency typically adds cost to a product.  While higher prices in the past may have 
created a barrier to a consumer’s buying decision, increased awareness about the need 
to use energy wisely is likely removing this barrier.  Therefore, consumers are more 
likely than ever to accept stringent product efficiency standards.  As a result, this 
strategy too should be aggressively pursued. 
 

(d) Refocus Ratepayer Funded Programs 
 
 The CEAB recommends that ratepayer funded programs be refocused to 
optimize their role in the overall implementation of A-ACE, a strategy that would not 
increase rates but rather redirect current spending to increase energy efficiency.  The 
Department agrees with this approach but notes that the Energy Efficiency Fund 
Programs are constantly being reviewed and modified to maximize savings at lower 
cost.  This too is well documented in the Department’s C&LM Decisions.  A recent 
example is the Residential Finance Pilot in which the EDCs modified the program’s 
guidelines within the first six weeks of the program to assure more projects could be 
completed at an overall lower cost.  See Docket No. 09-10-03, letter dated July 14, 
2010.  See also the Department’s directives to reduce the cost of the Energy Star 
Homes Program in the 2006 C&LM Decision, p. 8. 
 
 Further, the Department, Energy Efficiency Board and EDCs have long been 
aware that targeting energy efficiency efforts at larger commercial and business 
applications will provide greater savings at lower cost.  However, to assure parity in the 
allocation of Energy Efficiency Fund revenues, the Energy Efficiency Board 
recommended, and the Department approved, a standard by which spending for each 
major customer class would, within reasonable limits, mirror each class’ contribution to 
that fund.  Therefore, if recommended by the Energy Efficiency Board, this policy could 
be reviewed to allow a greater emphasis on the allocation of funds to commercial and 
industrial applications.  However, this significant shift in policy must be fully vetted in a 
C&LM proceeding. 
 

(e) Energy Efficiency:  The Most Efficient Use of Fossil Fuels 
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 The EDCs state that of the four measures proposed under the Targeted DSM 
Expansion, that the Chiller Retirement Initiative achieved significant and immediate 
peak load reduction.  The EDCs indicate that although this program was successful in 
identifying and replacing several large chiller installations, not all identified projects were 
allowed to proceed due to funding constraints.  Since chiller loads are one of the largest 
contributors to Connecticut’s summer peak demand, reinstating this initiative would 
target this market opportunity.  Therefore, the EDCs acknowledge that accelerating 
chiller replacements is one of the best ways to reduce summer peak kW demand while 
offering substantial energy savings to the customer.  EDC Plan, p. 2-13. 
 
 The Chiller Retirement Initiative achieved reductions totaling approximately 
55 MW by replacing working, but older, electric chillers with higher efficiency electric 
chillers.  However, significant additional peak load reductions, totaling potentially 
hundreds of MWs, would have been achieved had natural gas engine driven chillers 
been selected to replace some or all of these units.  It is not clear whether the option to 
select gas chillers was presented to these customers. 
 
 The traditional approach to conservation and load management has not focused 
on determining the most efficient use of the fuel needed to power end use equipment or 
the environmental impact of these decisions.  Instead, as the Chiller Retirement 
Initiative demonstrates, energy efficiency has meant reducing the electricity needed to 
power electric equipment.  The current energy environment and cultural shift noted 
above demands that we modify our approach and look to determine the most efficient 
use of the fuel used to power our needs.  Fuel switching must be examined to achieve 
this benefit.  Therefore, a comparison of the costs and benefits of alternate fuels (where 
applicable) must be integrated into the review of C&LM activity. 
 
 In addition, because some energy-related decisions require immediate action to 
address “emergency” situations, some efforts must target the early retirement of 
working equipment to achieve this goal.  As an example, the failure of a residential 
electric water heater requires an immediate replacement of the equipment.  As a result, 
while propane or natural gas may be the most efficient use of the fuel needed to supply 
domestic hot water (and where these fuels may be available to the homeowner) the 
opportunity to capture these savings and benefits is lost for the life of the replacement 
electric water heater because of the need to immediately replace the failed equipment.  
This situation will repeat itself when the electric water heater fails in the future.  The 
Department is interested in aggressively pursuing the above strategies and will require 
the EDCs to submit information for its review.  The EDCs shall provide the information 
necessary to develop a comparison of each customer’s electric and gas options for 
chillers and residential electric water heaters.  This matter will be more fully explored 
during the 2011 C&LM Plan review. 
 
F. RENEWABLE ENERGY SOURCES 
 

1. Connecticut RPS Requirements 
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 Conn. Gen. Stat. §§ 16-245a and 16-243q establish annual requirements for 
Class I,18 Class II19 and Class III20 resources.  The RPS requires 7% of electric supply 
to be met by Class I resources in 2010, rising annually to 20% in 2020.  The Class II 
resource requirement remains at 3% until 2020, and Class III requirement stays at 4% 
until 2020.  Connecticut RPS annual requirements are as follows: 

 
18 Wind, solar thermal, photovoltaic, wave, tidal, ocean thermal, landfill gas, low-emission sustainable 

biomass, fuel cells, and qualified small (<5 MW) hydroelectric. 
19 Other biomass, other small hydroelectric, municipal solid waste facilities. 
20 Energy efficiency measures, CHP installed after January 1, 2006; waste heat recovery installed after 

April 1, 2007. 
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Table 6 
  Class II or   

Year Class I 
Class I 
(add'l) 

Class 
III Total 

2008 5.0% 3.0% 2.0% 10.0% 
2009 6.0% 3.0% 3.0% 12.0% 
2010 7.0% 3.0% 4.0% 14.0% 
2011 8.0% 3.0% 4.0% 15.0% 
2012 9.0% 3.0% 4.0% 16.0% 
2013 10.0% 3.0% 4.0% 17.0% 
2014 11.0% 3.0% 4.0% 18.0% 
2015 12.5% 3.0% 4.0% 19.5% 
2016 14.0% 3.0% 4.0% 21.0% 
2017 15.5% 3.0% 4.0% 22.5% 
2018 17.0% 3.0% 4.0% 24.0% 
2019 19.5% 3.0% 4.0% 26.5% 
2020 20.0% 3.0% 4.0% 27.0% 

   Conn. Gen. Stat. §§ 16-245a and 16-243q 
 
 As another policy instrument to develop renewable energy, Conn. Gen. Stat. 
§ 16-244c(j)(2) requires the Department to implement long-term contracts for 150 MW 
of in-state installed renewable energy between the EDCs and renewable energy 
projects (Project 150).  The Department has fulfilled its requirement to procure 150 MW 
pursuant to its statutory requirements.21  Subsequent to Department approval, project 
developers of several approved projects have indicated that constrained financial 
markets have rendered the projects unfinanceable, as discussed below.  
 
 2. EDC Renewable Forecasts 
 
 A thorough analysis of Connecticut’s Class I resource adequacy can only be 
viewed as part of a regional trading market.  Each of the New England states has an 
RPS that requires renewable energy resources as a percentage of the production mix.  
Although there is a small variation in the types resources that qualify as renewable 
energy sources, all New England states have qualified solar, wind, small hydroelectric, 
ocean and biomass22 (subject to emission limits and other qualifications) as renewable 
resources.  The renewable attributes of these qualified resources are traded as RECs in 
a regional settlement account, the New England Power Pool Generation Information 
System (NEPOOL GIS).  In addition, Connecticut and other New England states have 
also allowed renewable resources generated in adjacent operating systems to satisfy 
their respective state’s RPS requirements. 
 
                                            
21See Docket Nos. 03-07-17RE03, DPUC Review of Long-Term Renewable Energy Contract—Round 1 

Results and Contract, Accounting and Allocation Issues Decision dated September 27, 2006; Docket 
No. 07-04-27, DPUC Review of Long-Term Renewable Contracts—Round 2 Results Decision dated 
January 30, 2008; and Docket No. 08-03-03, DPUC Review of Long-term Renewable Contracts – 
Round 3 Results; Decision dated April 8. 2009. 

22 Massachusetts is currently reviewing biomass to determine eligibility in its RPS. 
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 Some types of CT Class I resources present unique characteristics that create a 
slight differentiation for CT Class I RECs in the New England trading market.  Unlike 
other New England states, Connecticut does not have a vintage requirement for its 
Class I resources.  Also, Connecticut is the only New England state that qualifies fuel 
cells and the importation of landfill gas via natural gas pipeline as Class I resources.  As 
a result of these distinctions, “older” Class I and pipeline natural gas resources qualify 
as Class I resources only in Connecticut.  Finally, the ACP in Connecticut is $55/MWh 
with no escalation. The ACPs in some New England states are higher than $55/MWh.  If 
the market price exceeds $55/MWh, RECs will migrate to other New England states, 
Connecticut will face a shortage of Class I RECs and Connecticut suppliers will pay the 
ACP.  Notwithstanding these minor distinctions, CT Class I RECs are traded throughout 
New England and their market behavior follows substantially that of other New England 
states’ RECs.  EDC 2010 IRP, pp. 3-14 – 3-16. 
 
 Annual renewable requirements also show variation for each New England state; 
however, RPS requirements as a percent of load show an increase for all state over the 
period 2010-2020.  Vermont has not established a REC system, but has a legislative 
goal of supplying 20% of its energy needs with renewable energy sources by 2017.  The 
EDC Plan presented New England States’ RPS requirements as a percent of each 
state’s retail load as follows: 
 

Table 7 
State RPS Requirements                 

(Percent of Retail Load)            
  2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020
              
CT Class I 7.0% 8.0% 9.0% 10.0% 11.0% 12.5% 14.0% 15.5% 17.0% 19.5% 20.0%
ME Class I 3.0% 4.0% 5.0% 6.0% 7.0% 8.0% 9.0% 10.0% 10.0% 10.0% 10.0%
MA Class I 5.0% 6.0% 7.0% 8.0% 9.0% 10.0% 11.0% 12.0% 13.0% 14.0% 15.0%
NH Class I & II 1.0% 2.1% 3.2% 4.2% 5.3% 6.3% 7.3% 8.3% 9.3% 10.3% 11.3%
RI All 2.5% 3.5% 4.5% 5.5% 6.5% 8.0% 9.5% 11.0% 12.5% 14.0% 14.0%
VT All (see note) 2.5% 5.0% 7.5% 10.0% 12.5% 15.0% 17.5% 20.0% 20.6% 21.9% 23.8%
Sources:  EDC Plan, p. 3-18; 2010 CEAB Report, p. 14.  Energy forecasts based on 2009     
Capacity, Energy, Load and Transmission (CELT) Report, p. 5.        
Note: Vermont renewable requirements are estimated, but are not based on a percent of load.     

 
 The EDCs estimate that, based on increasing electric demand and rising annual 
renewable requirements, total New England demand for renewable energy will increase 
from approximately 5,000 GWh in 2010, to 22,500 GWh in 2020.  EDC Plan, Figure 3.2, 
p. 3-18.  CEAB’s estimates of renewable demand in New England are similar; CEAB 
projects an annual GWh requirement of 20,000, excluding Vermont.  2010 CEAB Plan, 
pp. 429-430.  Neither projection explicitly mentioned the voluntary renewable market, 
which would account for a minimal demand for renewable energy.  The Department 
accepts the EDCs’ and CEAB’s projections of renewable energy demand as 
reasonable. 
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 Currently, the New England states have 785 MW of installed nameplate capacity 
of renewable energy resources.  Biomass makes up 457 MW, or approximately 58%.  
Connecticut has only a modest percentage of installed renewable capacity in the region.  
 

Table 8 
Nameplate Capacity (MW) Renewable Energy 

Resources       
          
  CT MA ME NH RI VT Total 
Landfill Gas 8 39 6 26 21 10 111
Wind 0 9 62 25 1 0 97
Small Hydro 5 5 13 34 1 28 87
Biomass/Biofuels 0 1 250 153 0 54 457
Offshore Wind 0 0 0 0 0 0 0
Fuel Cells 3 0 0 0 0 0 4
Solar PV 13 15 0 0 0 0 28
Total MW 31 69 331 239 23 92 785
Source:  2010EDC IRP, p. 3-20; columns and rows may not sum due to rounding 
errors.   

 
There is also 966 MW of installed capacity available for import from regions outside 
ISO-NE for a total of 1,751 MW of installed renewable generation qualified as Class I in 
New England.  EDC Plan, p. 3-20. 
 
 The EDC Plan reports that approximately 4,300 MW of renewable energy 
projects were in the ISO-NE interconnection queue as of 2009.  The EDC IRP 
incorporated probability analysis to assign probability weights to each of the projects.  
The EDCs estimate the following existing and cumulative new Class I resources, taking 
into account probability weights, states’ solar policies and imports: 
 

Table 9 
Cumulative Existing and Planned Class I Capacity in New 

England 
New England States and Imports     
        
  2009 2010 2011 2012 2013 
Landfill Gas 111 155 185 185 185 
Wind 97 831 1114 1514 1514 
Small Hydro 87 91 99 101 115 
Biomass/Biofuels 457 593 868 988 1072 
Offshore Wind 0 468 912 912 1273 
Fuel Cells 4 71 99 99 99 
Solar PV 28 58 89 109 131 
Imports 966 966 966 966 966 
Total 1751 3233 4333 4876 5357 
Source:  EDC Plan, p. 3-22: columns and rows may not sum due to rounding errors 

 
 Based on the forecasted demand in EDC Plan, Figure 3.2 and supply projection 
in Table 9, the EDCs conclude that the region’s short-term renewable supply is likely to 
be sufficient to meet the states’ respective RPS requirements.  EDC Plan, p. 3-22.  EDC 
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witnesses testified that REC prices are in the lower price range, approximately 
$20/MWh, indicating that that the marketplace is producing an adequate supply to meet 
regional demand.  They also testified that, given current REC prices and renewable 
projects in the pipeline, “it looks like New England’s in pretty good shape for 2013.”  Tr. 
6/4/2010, p. 764. 
 
 According to the EDCs, forecasts of regional Class I resource adequacy to 2020 
are substantially dependent on the technological potential of specific resources and 
policy decisions taken to support above-market price renewable resources.  To develop 
its 2020 regional Class I supply forecast, the EDCs first evaluate independent studies of 
the technological potential for each renewable technology.  These independent studies 
suggest that wind would provide the greatest renewable potential, followed by off-shore 
wind and biomass: 
 

  Table 10 
  CT MA ME NH RI VT Total 
Landfill Gas 52  39 6 27 37 10  171 
Wind 40  901 5,320 1,224 1 1,947  9,433 
Offshore Wind  6,566  1,211 431  8,208 
Small Hydro 6  11 97 34 5 28  181 
Biomass/Biofuels 100  298 446 328 35 182  1,389 
  198  7,815 7,080 1,613 509 2,167  19,382 
Source:  EDC Plan, Table 3.13, p. 3-25 
Note: Table 3.13 incorrectly sums Connecticut’s  
Renewable potential to 351 MW.      

 
For the resources studied (omitting fuel cells and solar PV), Connecticut shows a very 
limited renewable resource potential, approximately 1%, of the region’s total.   
 
 The EDCs estimate the cost of each renewable technology, by calculating the 
levelized cost, revenues, and REC price required for each renewable resource type to 
be financially viable.  Landfill gas, biomass, hydro and onshore wind are estimated to be 
financially viable, with onshore wind setting the marginal REC price of $19.40/MWh.  
Offshore wind, fuel cells, and solar PVs are estimated to require REC prices (or other 
financial incentives) in excess of states’ ACPs, which are in the $55/MWh to $60/MWh 
range: 
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      Table 11 
 

Estimated REC Price (or other financial incentives) Needed  
  for New Renewable Resources in New England  

         
 $/MWh          

Landfill Gas  0      Biomass/Biofuels  14.9      Hydro  18.6     
 Wind  19.4     
 Offshore Wind  78.1     
 Fuel Cells  105.7     
 Solar PV  313.7       
 Source:  EDC Plan, Table 3.15, p. 3-30    
 
 The EDCs next estimate the supply curve for each technology in 2013, 2015 and 
2020, under each of the three policy scenarios:  Reference Strategy, ln-state 
Renewables Strategy and Limited Renewables Strategy.  The analysis shows that 
under all three policy scenarios and a range of economic assumptions23 landfill gas, 
biomass/biofuels, hydro and wind would require REC support well below the $55 - $60 
ACP range.  Hydro and wind generally set the marginal REC prices, which, under 
current economic trends assumptions, are estimated to be in the range of $15 to $20 in 
2013, and fall to $8 to $12 in 2020.  REC price estimates for fuel cells, offshore wind 
and solar PV are in the range of $75, $100 and $300, respectively, which would require 
additional financial incentives such as a higher ACP or other subsidies.  EDC Plan, 
Table 3.16, p. 3-39. 
 
 The Reference Strategy assumes that the regional development of renewables, 
including imports, will be sufficient to meet the New England States’ RPS requirements.  
Transmission costs, estimated in the range of $10 billion, are estimated to be a 
substantial portion of the renewable costs in the Reference Strategy.  EDC Plan, p. 3-9.   
 
 In the case of the In-state Renewables Strategy, 1% of the State’s electricity 
demand is assumed to be met with solar PV.  Since in-state biomass and wind 
resources are limited, the scenario assumes that 693 MW of fuel cells would be built, a 
modest amount of landfill gas and small hydro would also be added, and a portion of the 
remaining RPS would be met via the ACP.  EDC Plan, Figure 3.8, p. 3-36.  This 
scenario would not require major transmission upgrades, but since it would rely heavily 
on natural gas powered fuel cells, it would not significantly abate CO2 emissions. 
 
 The Limited Renewable Development Strategy assumes that a substantial 
portion of the RPS would be met by the ACP and that efficient natural gas units would 
supply the regional energy and capacity shortfall. 
 
 The Reference Strategy yields customer supply related costs (2020 ¢/kWh) that 
are estimated to be lower than the In-state Renewable Scenario, but higher than the 

 
23 Economic assumptions used were:  Current Economic Trends; Low Gas, Low CO2 Prices; Medium 

Gas/High CO2 Prices; High Load Forecast; and High Gas/High CO2 Forecasts. 
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Limited Renewable Scenario, which assumes an expansion of efficient gas units.  EDC 
Plan, pp. II-30-31.  Both the In-state Renewables Strategy and the Limited Renewable 
Development Strategy would yield higher CO2 and NOx emissions than the Reference 
Strategy due to more intensive use of natural gas.  The In-state Renewables Strategy 
and Limited Renewable Development Strategy would yield CO2 emissions that would 
exceed the RGGI cap.  EDC Plan, pp. II-32-35.   
 
 The EDC Plan finds that substantial transmission investment will be needed to 
connect sufficient renewables to meet regional RPS requirements.  The cost of such 
transmission is likely to be large, but much less than the cost of building renewables in-
state, and not significantly larger than the cost of failing to meet the RPS entirely.  For 
New England to meet each respective state’s 2020 Class I RPS, the region needs to 
add approximately 4,800 MW of new renewable generation, primarily wind, that will be 
located in areas distant from load centers that would require investments of 
approximately $20 billion in new renewable generation and about $10 billion in 
investment in transmission resources to access this new renewable generation.  Much 
of the capital investment in generation would be paid for by revenues from the energy 
and capacity markets, but REC payments and out-of-market payments would also be 
required for some resources. 
 
 The EDCs’ recommended strategy for meeting the State’s RPS requirement is to 
procure renewable energy as part of a New England regional market.  Renewable 
potential in New England is substantially larger than needed to meet the RPS.  The 
EDCs recommend that Connecticut policy makers engage with other New England 
states to develop a comprehensive regional renewable energy policy.  The New 
England states should work to define the best and most cost-effective means to expand 
renewable energy development in New England and the surrounding regions while 
meeting environmental goals.  EDC Plan, p. I-4. 
 

3. CEAB Analysis 
 
 Although the CEAB offered several critiques of the EDC analysis, the CEAB 
stated that the EDCs had performed a creditable analysis on modeling the renewable 
supply response to RPS policy options.  The CEAB viewed the EDCs’ assumption of 
2,000 MW of offshore wind capacity by 2020 as too optimistic, given that offshore wind 
is still a developing technology and that no wind farm has been installed off the coast of 
New England.  The CEAB projected that 400 MW would be constructed by 2020.  The 
CEAB Report, pp. 419-422. 
 
 The CEAB also constructed a forecast model of several renewable buildout 
scenarios.  CEAB built a regional renewable energy supply curve, based on resource 
technology and their associated costs and included imports from adjacent areas.  CEAB 
used New England demand for renewable energy to determine REC prices that “clear” 
the market for each forecast year and developed forecasts for 2020 and 2030.  CEAB 
developed a forecast model for the following scenarios: 
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1. Reference -- Renewable buildout to meet existing Connecticut and regional RPS 
requirements.   
2. In-State Renewables – All of Connecticut’s RPS requirements are met in–state 
resources. 
3. A-ACE as a Renewable Resource – Energy efficiency savings achieved by the 
A-ACE DSM resource option fulfils Connecticut Class I renewable resource 
requirements. 
4. Reduced Connecticut RPS – Renewable Buildout meets lower RPS; Current 
Connecticut RPS of 20% by 2020 is reduced to 11.5%.  
 
CEAB Report, pp. 430 and 431.   
 
 The CEAB Reference and In-State Renewables scenarios reached similar 
conclusions as the EDCs.  Connecticut’s pro rata share of cost of renewable energy 
projects needed to meet Connecticut and regional RPS requirements will be substantial, 
and the scale of the RPS requirement over the next decade could require a significant 
transmission expansion to integrate those resources into the regional grid.  The CEAB 
has estimated that meeting the 2020 New England states’ RPS standards will cost the 
region an estimated $13.6 billion in generation capital investment, of which 
Connecticut’s share would be approximately $4.7 billion.  The additional cost of 
renewable generation translates into an additional 0.83¢/KWh for generation costs.  An 
additional $10 billion in transmission costs would also be required.  Meeting the 2020 
Connecticut RPS requirements with in-state renewable resources would cost ratepayers 
1.4¢/KWh for generation costs, or 0.57¢/KWh more than the Reference Case.  
However, the In-state Scenario would not require additional transmission investments.  
CO2 emissions are 2% higher in the In-State Scenario compared to the Reference 
Case.  2010 CEAB Report, pp. 412, 435, 437.  Scenarios 3 and 4 were not offered by 
the EDCs, and are discussed below. 
 
 The A-ACE as a Renewable Resource scenario, which classifies Energy 
Efficiency as a Class I resource, would substantially reduce the quantity of new 
renewable resources required to meet the RPS.  This scenario would only allow Project 
150 generation (or equivalent renewable MW) as new renewable resources until 2020.  
CEAB modeling results showed that this scenario, which effectively replaces required 
renewable energy with DSM to meet the RPS, produces power prices (KWh) that are 
92% less than the Reference Case.24.  Implementing the A-ACE as a Renewable 
Resource Scenario produced similar regional CO2 emissions as implementing the 20% 
RPS requirement by 2020.  2010 CEAB Plan, pp. 435-437. 
 
 The CEAB Reduced Connecticut RPS is modeled after a proposal in the 
Connecticut legislature to reduce the 2020 RPS requirements from 20% to 11.5% of 
load.  This scenario results in per kWh power prices that are 89% less than the 
reference case, but would not provide the environmental benefits of meeting the 20% 
renewable energy RPS requirement.  CEAB Report, pp. 435-437.   

 
24 This excludes savings to participants in energy efficiency programs, estimated at $450-$500 million, 

over the life of the installations.   2010 CEAB Plan, p. 436. 
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4. CCEF Position 
 
 The CCEF states that the EDCs and the CEAB transmission projections 
overstate transmission costs associated with a renewable build-out.  The CEAB points 
out that these estimates represent hypothetical systems that do not reflect any system 
optimization, cost minimization, or reliability benefits of the transmission infrastructure.  
CCEF Brief, pp. 7-9. 
 
 The CCEF takes issue with the CEAB’s projection of relatively flat prices for 
renewable resources and the assumption that offshore wind will not play a substantial 
role in the New England renewable supply mix.  The CCEF indicated that REC prices 
have declined substantially over the past year, which is consistent with a short-term 
surplus condition for renewable energy in the region, as well as indicative of steady 
technological progress and a decline in the cost trajectory for some renewable 
technologies.  The CCEF views the careful tracking of the cost trajectory of renewable 
resources as an important factor in projecting the cost of RPS and in setting renewable 
policy.  CCEF PFT, pp. 7-9. 
 
 The CCEF supports a renewable procurement as a policy instrument to promote 
the orderly development of renewable resources.  Despite the lower REC prices since 
2008 and a current short-term surplus, the CCEF believes that financial markets 
indicate that renewable projects will have difficulty obtaining external financing.  The 
CCEF maintains that additional incentives will be necessary to induce additional 
renewable projects.  This could be in the form of a renewable procurement as part of a 
regional procurement or pursuant to the IRP proceeding. 
 
 The CCEF favors state policy to support in-state renewables.  The CCEF 
recognizes that in-state renewables are more expensive than regional resources; 
however, in-state renewable generation has greater economic and environmental 
benefits for the state.  The CCEF rejects a “wait and see” toward solar development, 
instead, favoring the promotion of high cost solar PV as a means to develop the 
industry, reduce costs, and create associated in-state jobs.  The CCEF believes that 
resource planning should have a metric to measure the tradeoffs between higher 
ratepayer costs and greater in-state benefits. CCEF PFT, p. 3; CCEF Brief, p. 5. 
 
 The CCEF urges the Department not to support making Class I and Class III 
RECs interchangeable, as suggested in the 2010 CEAB Plan.  According to the CCEF, 
least cost energy efficiency projects do not need the same level of financial support as 
renewable energy projects in order to be financially viable.  Although a few states treat 
DSM as a renewable resource, the vast majority of states do not allow DSM as a Class I 
resource.   Allowing Class III and Class I resources to become interchangeable would 
cause imbalances in both markets.  CCEF PFT, p. 7; CCEF Brief, pp. 9 and 10. 
 
 The CCEF supports an assessment of the RPS policy and a review of its 
objectives.  The CCEF supports the CEAB’s recommendation to initiate a public 
stakeholder process to review the Connecticut RPS and its role in the development of 
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renewable energy projects in the state and the region.  The CCEF notes that the cost of 
renewable resources has declined over time.  CCEF Brief, p. 9. 
 

5. OCC Position 
 
 The OCC concurs with the EDCs and the CEAB that requiring new renewable 
energy sources to be located in Connecticut would create a significant economic burden 
on the state’s ratepayers.  Solar PV energy continues to be the highest cost renewable 
energy source for Connecticut.  Because the low capacity factor limits competitiveness 
of solar PV relative to other renewables, the OCC believes that Connecticut should not 
commit to securing solar PV as part of Connecticut’s RPS portfolio until there is 
evidence that the cost of solar justifies the benefits of the technology.  OCC PFT, p. 73. 
 
 The OCC opposes the requirement that the EDCs procure long-term contracts 
for renewable and CHP resources.  The OCC notes that the EDCs have received offers 
to enter into long-term procurements, but no offer has yet provided ratepayers sufficient 
benefits.  The OCC noted that the EDCs stated that mandatory contracts would likely 
result in higher prices to the ratepayers since the EDCs would be required to sign a 
contract for the renewable energy.  OCC Brief, pp. 45-48. 
 
 The OCC also supports a policy review of the Connecticut RPS.  The OCC is in 
favor of evaluating the inclusion of additional eligible resource types, such as 
broadening the definition of hydroelectric sources that could fulfill the states’ 
environmental policy objectives and provide lower cost to ratepayers.  OCC PFT, pp. 65 
and 66; 69 and 70; OCC Brief, p. 46. 
 

6. Department Analysis of Renewable Resource Adequacy 
 
 Both the EDCs and the CEAB estimate Class I REC demand using a regional 
New England forecast of demand for renewable energy based on the aggregation of 
each state’s RPS requirements.  Regional projected electric demand is based on the 
ISO-NE CELT forecast.  Using the CELT forecast of electric demand, the EDCs and the 
CEAB estimate REC demand to be in the 20,000 to 22,000 GWh range in 2020.  The 
Department finds both the EDC and CEAB Class I REC demand forecasts to be 
reasonable and consistent.  EDC Plan, p. 3-27; 2010 CEAB Report, p. 430.   
 
 Both the EDCs and the CEAB constructed a supply curve for each renewable 
technology to estimate the cost of renewable resources and forecasted REC prices.  
The CEAB estimated 2020 marginal REC prices to be in the $40 range, significantly 
higher than the EDCs’ 2020 Reference Case estimate of $12/MWh for the marginal 
renewable resource, onshore wind.  2010 CEAB Report, p. 434; EDC Plan, pp. 3-33 
and 3-35.  The EDCs projection of 2020 REC prices in the $12/MWh range assumes a 
very optimistic forecast of the cost structure for the marginal technology, wind, in effect, 
a 40% cost decline in constant (2010) dollars.   
 
 The EDCs had a significantly higher projection than the CEAB for the 
development of offshore wind capacity.  The Department concurs with the CEAB that 
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that the EDCs’ estimate of 2,000 MW of offshore wind, based on ISO-NE’s Renewable 
Development Scenario Analysis, is very optimistic, given that no offshore wind 
generation has been developed in the U.S.  The CEAB projects that 400 MW of offshore 
wind facilities will be built by 2020.  Moreover, the estimated $98/MWh (2010 dollars) 
cost of offshore wind would require out-of-market financial support significantly in 
excess of the ACP.  EDC Plan, pp. 3-30, 3-32 – 3-37.   
 
 The Department recognizes the uncertainties that underlie ten year projections 
for the cost structure and project development of renewables.  There are also policy 
uncertainties with regard to the continuation of Federal Production Tax Credit and 
Investment Tax Credit, as well as possible changes in New England states’ laws and 
policy directives pertaining to their RPS requirements.  The Department finds that the 
EDCs’ energy supply curve and declining real prices by 2020 to be highly optimistic.  As 
pointed out by the CCEF, it is likely that the on shore wind cost structure would reflect 
diminishing returns over time as the most favorable sites are built out first.  Moreover, 
meeting the current regional RPS requirements will require a portion of the capacity to 
be met with expensive resources such as off-shore wind and fuel cells.  The 
Department also believes the CEAB’s supply curve is more realistic of the likely trend of 
future renewable costs and REC prices, but still may be optimistic.  CCEF Brief, p. 4.  
Additionally, the Department believes a lower estimate than 2,000 MW is reasonable, 
since offshore wind is a new technology with high operational costs and longer project 
development timelines.  The EDCs’ own forecast shows that offshore wind RECs at 
approximately $100/MWh (2010 dollars) for all forecast scenarios.  EDC Plan, p. 3-39.  
This would require out-of-market financial support significantly in excess of the ACP.   
 
 The Department notes that in the EDCs and the CEAB analyses, there was 
virtually no discussion of potential for development of pipeline methane gas from remote 
landfills, which qualifies as a Connecticut Class I resource.25  The EDCs estimate 
landfill gas (LFG) as the lowest cost renewable technology.  EDC Plan, p. 3-28.  
Although the EDCs, the CEAB and the CCEF all concluded that Connecticut’s Class I 
development potential is limited, remote methane gas provides a lower cost Class I 
technology that is not limited by the state’s resource base.  The Department supports 
additional development of this technology and will direct the EDCs and the CEAB to 
evaluate the potential for development of this potential as a Connecticut Class I 
resource and provide estimates in futu
 
 Based on the evidence provided by the EDCs and the CEAB, the Department 
concludes that there is likely to be short-term renewable resource adequacy in the 
region to meet regional and Connecticut Class I RPS requirements.  However, there is 
considerable uncertainty after 2013.  Long-term renewable resource adequacy is 
dependent on state and regional policy decisions regarding RPS requirements, 
transmission planning, and resource acquisitions and procurements.   
 

 
25 See Docket No. 08-06-16, Application of Bridgeport Energy, LLC for Qualification of Facility at 10 

Atlantic Street, Bridgeport, CT as a Class I Renewable Energy Source, Decision dated October 29, 
2008. 
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 The EDCs and the CEAB each presented a Reference Case and an In-state 
Renewable forecast scenario.  The CEAB also presented the A-ACE scenario that 
significantly boosts DSM activity as a substitute for renewables.  The reference cases 
assume that regional development of renewables plus imports will be sufficient to meet 
the New England States’ RPS requirements and would require approximately $10 billion 
in transmission costs.  The Department supports the reference cases over the In-state 
scenario.  For both the EDCs and the CEAB analyses, the reference case would result 
in lower electric costs and lower emissions than the In-state scenario, which relies 
heavily on fuel cells.  Due to the high cost of the Reference Case, the Department 
believes that the RPS requirements should be re-examined.  Although the Department 
does not support the CEAB’s A-ACE scenario, reduced RPS options should be 
considered.  EDC Plan, p. 3-9; CEAB Plan, pp. 432-437.   
 
 The Department concludes that Class III energy efficiency resources should not 
be allowed to qualify for Class I resources.  Class I and Class III energy sources are 
rightfully treated as separate markets.  Class I renewable resources have a 
considerably higher cost structure than DSM installations.  Recognition of these cost 
differences are reflected in their respective ACPs; Class I resources have a $55/MWh 
ACP while the ACP is $31/MWh for DSM resources.  If Class I resources included Class 
III resources, at their original ACP of $31MWH, it would draw down Class I REC prices.  
If Class I resources included Class III resources at an ACP equivalent to that of Class I 
($55/MWh), DSM resources would receive a higher subsidy than is required for market 
participation, resulting in excessive costs to ratepayers. 
 
 Both the EDCs and the CEAB estimates project hefty transmission expenditures 
in the range of $10 billion for their respective 2020 Reference Case renewable build-out 
to meet regional RPS demand.  The CCEF maintains that these costs are significantly 
overstated because they do not take into account an optimized, least cost transmission 
build out.  The CCEF takes issue with the EDCs and the CEAB projections of the $10 
billion in transmission costs associated with a renewable build-out.  CEAB points out 
that these estimates represent hypothetical systems that do not reflect any system 
optimization or cost minimization of transmission infrastructure.  Since such a major 
transmission build-out would also confer reliability benefits, the imputed cost to 
renewable energy projects would be overstated.  The CCEF also points to specific 
renewable projects that have taken on a portion of transmission costs; assuming all 
transmission costs would be imputed in retail rates would overstate renewable 
transmission costs.  CCEF Brief, pp. 7-9. 
 
 The EDCs and the CEAB $10 billion projection is a “stand alone” cost estimate, 
which infers that all of the renewable transmission costs would be socialized across the 
New England region.  Although the EDCs and the CEAB Reference Cases would 
require extensive transmission infrastructure, this estimate is very uncertain.  
Understanding the regional transmission infrastructure requirements is essential as the 
region moves forward in meeting its states’ RPS obligations.  The Department will 
establish as a priority for the EDCs and the CEAB to provide more in-depth analysis 
regarding transmission requirements of an optimized and least cost transmission 
system to accommodate a substantial increase in capacity of renewable generation.  
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Connecticut and the New England states need to have better technical information 
regarding the reliability requirements, architecture and cost of a transmission 
infrastructure to accompany renewable resources, which are often more remotely 
located and have a lower capacity factor than fossil generation.  The EDCs and the 
CEAB are directed to provide in the next IRP the findings of the most recent ISO-NE 
analysis on regional transmission planning to meet the needs of their respective 
anticipated reference case renewable build-out. 
 
 The EDCs and the CEAB reference cases pose major uncertainties as to how 
the renewable capacity will be built that will fulfill the 2020 New England states’ 2020 
RPS requirements.  The EDCs and the CEAB scenarios both infer that meeting the 
2020 requirements will require a substantial portion of renewable capacity to be built at 
costs that would require financial support in excess of projected REC prices.  The 
scenarios do not specify how or by what policy this out-of-market support would be 
achieved. 
 
 Although there will be adequate renewable supply until 2013, the Department is 
concerned that tight credit markets and the current economic downturn have placed 
constraints on the types of renewable projects that can obtain financing.  The CEAB 
testified that virtually all recent renewable projects are being financed and developed via 
a long-term contract with an EDC or through a bilateral contract between private 
entities.  Tr., 6/2/10, p. 105.  The CCEF also stated that renewable projects are unlikely 
to be developed without long-term contracts that provide a sufficient revenue stream to 
attract financing.  CCEF Brief, p. 3.   
 
 The mandates of the 2020 RPS, coupled with the current challenges for 
renewable projects in obtaining financing, as well as concerns about the development of 
in-state renewables, suggest that the Department may need to consider renewable 
resource procurements to assure an adequate and affordable regional supply of Class I 
resources and as a means to fulfill the policy objective to develop in-state energy. 
 
 The Department notes that the New England Governor’s Renewable Energy 
Blueprint has called for coordinated regional development of renewable resources, and 
has enlisted the NESCOE to provide regional coordination and policy development.  
The Department may, under its IRP statutory authority, consider Connecticut 
participation in a regional renewable procurement if it deems it appropriate to assure 
adequate Class I resources to meet Connecticut’s RPS at the least cost to ratepayers.  
The Department shares the EDCs and the OCC concern that a mandatory procurement 
may provide greater bargaining power to renewable developers and hence may 
increase the price to ratepayers.  Tr., pp. 770 and 771; OCC Brief, p. 45.  The 
Department will not require that any renewable energy or capacity must be acquired in a 
procurement at this time.   
 
 Connecticut has established a priority to develop in-state renewable resources.  
The Department has done its part to implement the Connecticut legislature’s mandate to 
develop in-state renewable energy capacity, despite its high cost and the state’s limited 
potential for development.  Project 150 is an important initiative to advance this aim.  
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Several Project 150 approved contracts are not going forward, as the project developers 
have indicated that current credit conditions have rendered their projects unfinanceable.  
Docket No. 03-07-17RE05, DPUC Review of Long-Term Renewable Energy Contracts 
– Proposed Contract Modifications, Draft Decision dated July 29, 2010.  Although the 
inability to finance the full 150 MW of renewable energy will not create a major setback 
in terms of regional supply, it is an impediment in the effort to develop renewables in 
Connecticut. 
 
 The Department believes it is important to support state policy that supports the 
development of in-state renewables.  The Department has fulfilled its legislative 
mandate to approve 150 MW under Conn. Gen. Stat. § 16-244c(j)(2).  However, 
recognizing that the state’s policy objectives are not being fulfilled due to project 
attrition, the Department may elect to exercise its authority, pursuant to its statutory 
authority in the IRP, to open a subsequent competitive procurement RFP, subject to the 
conditions set forth in the Decision in Docket No. 03-07-17RE05, at pages 8 and 9, to 
solicit renewable projects in Connecticut so that renewable projects are actually built in 
the state.  As stated in that Decision at page 8, a solicitation under the IRP statutes 
would provide more flexibility for projects than the pricing requirements under Conn. 
Gen. Stat. § 16-244c(j)(2). 
 

The Department concurs with EDCs, CEAB and OCC that Connecticut should re-
evaluate its 20% Class I RPS requirement by 2020 in light of its impact on electric 
generation and transmission costs and environmental benefits.  In the Draft Decision in 
this Docket, the Department indicated that it will direct the CEAB to conduct a study to 
explore the objectives, and the costs and benefits of the current Connecticut RPS 
statutory requirement and alternatives that might meet those objectives more cost 
effectively.  In its Written Exceptions, CEAB stated that it had already commenced a 
study to reevaluate the Class I RPS requirement.  The Department supports CEAB’s 
initiative to evaluate this issue further. 

 
The CEAB should consider changes to the RPS eligible technologies, such as 

the inclusion of large scale hydro, modifications to the annual renewable requirements 
as well as other options that might be more cost effective to meet the RPS objectives.  
Among the policy alternatives, the CEAB shall consider (1) an increase the annual 
Class I RPS requirement from 7% in 2010 to a percentage lower than 20% in 2020, and 
(2) a commensurate increase the annual Class III RPS requirement from 4% in 2010 to 
a higher percentage in 2020.  Increasing the Class III requirement is one policy option 
that could alleviate the current Class III oversupply, provide greater incentives for 
independent energy efficiency projects and meet environmental goals at a lower cost 
than Class I resources.  The CEAB should work with the DEP and other stakeholders; 
however, the study should be primarily analytical and quantitative.  The Department will 
allow CEAB up to approximately $50,000 for the cost of the study and direct that that it 
be completed by May 15, 2011.   
 
G. COMBINED HEAT AND POWER 
 

1. Development of CHP Facilities 
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 The EDC Plan concludes that Connecticut already has a high penetration of CHP 
for the most attractive large industrial applications and that there is limited remaining 
potential for large applications.  However, smaller, mostly commercial and institutional 
applications of less than 5 MW -- office buildings, schools, nursing homes, etc. -- have 
significant remaining technical potential in Connecticut.  Although no recent Connecticut 
specific study has been performed, the remaining technical potential in this sector could 
approach 850 MW, although there are still significant market and cost barriers.  EDC 
Plan, p. 6-11. 
 The CEAB provided a white paper on cogeneration as part of its Plan.  The paper 
concludes that reliability is a key driver of existing CHP systems.  Small-scale 
commercial applications with a need for reliable power, such as hospitals, universities, 
hotels, and large office buildings are important potential growth areas for CHP in 
Connecticut.  Even in the absence of a reliability driver, CHP can still provide economic 
and environmental benefits for other applications as long as there are sufficient 
economies of scale.  These CHP systems would require coordinated planning and high 
capital investment, which can be facilitated through public policy.  The CEAB 
recommends:  (1) a review of existing policies to prevent the closure of existing CHP 
facilities, (2) coordination with the Department of Economic and Community 
Development and the Connecticut Development Authority to identify the best sites for 
CHP or district energy, (3) an investigation of  the interest and obstacles of 
municipalities to pursue energy independence districts, and (4) finding a more detailed 
policy to examine policies that could incentivize CHP and distributed generation (DG).  
CEAB Plan, pp. 233-237, 255.  

The Department has supported the development of cogeneration facilities.  
During the 1980s and early 1990s, approximately 280 MW of cogeneration capacity was 
developed and approved for long-term contracts with the LDCs.  These projects were 
developed in response to the Public Utilities Regulatory Policy Act (PURPA) and tax 
incentives made available at that time.  These projects are still providing power in 
Connecticut but are reaching the end of their contract lives.   

 
More recently, ratepayers have supported DG development though the 

Distributed Generation Capital Grants Program, DG Gas Rebate Program, Project 150, 
and renewable energy credits.  The Capital Grant program provided grants for CHP and 
other DG projects up to 65 MW.  Funding was approved for 258 MW of DG capacity.  
This program, however, was discontinued in March 2009.  Project 150 authorized the 
EDCs to make long-term power purchase agreements with Class I renewable energy 
providers for 150 MW of new capacity.  This program approved 37 MW of new CHP 
capacity for fuel cells and biomass projects.  Finally, fuel cells are considered Class I 
renewable energy resources and CHP are considered Class III resources under the 
Connecticut RPS.  Projects can sell their RECs, increasing their revenues and 
improving the economic viability of CHP projects.   

 
The EDCs indicate that approximately 135 MW of industrial capacity and about 

835 MW of commercial CHP capacity remains to be utilized.  They state that the large 
majority of this capacity is in applications of five MW or less.  The CEAB white paper 
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discussed large scale district heating projects in Denmark and London, suggesting that 
much more potential exists in Connecticut.   

 
Many generation facilities are designed to meet the thermal and electric needs of 

the host facility.  Electricity is used behind the meter which has the impact of reducing 
electric requirements on the system similar to DSM.  These are projects are generally 
five MW or smaller.  Cogeneration facilities have also been developed in Connecticut 
that are significantly larger than the hosts’ heating and electric requirements which were 
still eligible as a cogeneration facility under PURPA and as a Class III resource.  These 
facilities can be 30 to 60 MW or larger.  They sell excess power to the grid similar to a 
base load generation facility. 

 
The Department believes that whenever economically and technologically 

feasible, efforts should be taken to capture waste heat at baseload generation facilities.  
The Department believes that the CEAB Plan may be too optimistic.  The Department 
does not see much interest to develop new large-scale district heating projects.  The 
Department agrees with the EDCs’ assessment as to the smaller scale of CHP potential 
although there is probably some potential for larger oversized cogeneration facilities.  

 
The Department was forced to shut down the DG Capital Grant program because 

the glut of capacity has driven down capacity prices making the grants uneconomic.  
Although this aspect of the program was discontinued, the Department believes that 
there still remains adequate incentives to encourage DG development.  First, high 
electric rates provide a big incentive for customers to consider on-site CHP applications.  
Other incentives also remain available.  These incentives include a discount for natural 
gas distribution costs, low interest loans, no backup charges and the Class I and Class 
III REC.  Connecticut also allows net energy billing. 

 
The Department believes that CHP should remain an option to meet 

Connecticut’s resource needs.  The Department would make all efforts to include larger 
scale cogeneration projects in any RFP for base load generation.  The Department 
notes that capital grants were from $450 to $500/kW under the DG program with the 
remaining cost paid by the customer installing the DG facility.  This compares favorably 
with all resource options including conservation.  The Department does not believe that 
additional incentives are needed at this time given the current surplus situation.  The 
Department would consider additional incentives in the future if the need for resources 
arises and it was determined that the market mechanisms and existing incentives were 
inadequate.   

 
2. Existing CHP Facilities 
 
Algonquin urges the Department to order the EDCs to conduct a competitive 

solicitation for long-term PPAs for cost effective CHP plants.  In the alternative, 
Algonquin recommends that the Department order CL&P to enter into bilateral contract 
negotiations with Algonquin Power to renegotiate the recently expired 20 year PPA with 
CL&P.  Algonquin Brief, p. 1.   
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Algonquin is a 56 MW CHP project located in Windsor Locks.  The plant 
produces and sells electricity and steam to an adjacent paper mill and sells excess 
electricity to the grid.  Algonquin claims that CL&P has been unwilling to discuss the 
possibility of renegotiating a new PPA.  The absence of a new or renegotiated long-term 
PPA with CL&P has forced Algonquin to operate the CHP plant at drastically inefficient 
operating levels, which may have a detrimental effect on the plant’s ability to 
economically serve the paper mill over the long term.  Algonquin argues that there are 
strong public benefits to ensuring that the State’s existing fleet of highly cost effective 
CHP plants continues operating.  Algonquin Brief, pp. 1-3.  

 
The Department agrees that it is in the best interest of ratepayers to keep the 

facility operating.  The Algonquin plant is a little more than 20 years old.  This is not old 
for a power plant and therefore should be technologically and economically viable since 
much of its fixed costs have likely been recovered.  It is the Department’s hope that 
such facilities would operate freely in the market without long-term contracts with the 
EDCs unless substantial benefits exist.  The Department views the IRP as a forum for 
new projects or repowering and therefore will not conduct a solicitation for long term 
PPAs with existing projects.  The Department has allowed CL&P and UI to investigate 
long-term contracts with generators to reduce the cost of standard service.  The 
Department will not order CL&P to enter negotiations with Algonquin, but encourages 
both CL&P and UI to negotiate with Algonquin as well as other projects to develop 
bilateral contracts to reduce the cost of standard generation service. 
 
H. NUCLEAR POWER 
 

1. EDCs’ Position 
 
 Nuclear reactors currently operating in the U.S., including all of the reactors in 
New England, are Generation II reactors.  Generation III reactor designs were 
conceived after the accidents at Three Mile Island and Chernobyl, and generally feature 
improved safety design over the previous generation.  Nuclear plants currently 
proposed in the U.S. are based on Generation III+ reactor technology, and feature 
improved safety and economics over the Generation III reactor.  The next generation of 
reactors is currently in the concept stage and will not be operational before 2020.  EDC 
Plan, pp. 5 and 6. 
 
 Nuclear plants must go through several licensing and permitting steps before 
federal and state regulatory bodies prior to the start of construction.  These processes 
contribute a significant amount of time to the planning phase for a new nuclear plant.  In 
parallel with federal licensing and permitting, developers must also receive state siting 
permits and other state regulatory approvals.  Figure 4 below shows an estimated 
timeline for nuclear plant licensing and construction.  EDC Plan, p. 5-9. 
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Figure 4 
Approximate Timeline of Nuclear Plant Development 

 
      Source: EDC Plan, p.5-8. 
 
 The timeframe for a new nuclear unit In Connecticut would be longer than the 10 
to 15 years illustrated in the above timeline, since Connecticut is not yet at the start of 
this timeline.  Although this timeline is well beyond the 10-year time horizon of this IRP, 
the EDCs performed an analysis of new nuclear capacity in Connecticut in 2020 in order 
to illustrate the potential impacts and compare these impacts with other resource 
solutions.  Nuclear plants require long lead times, and if one is to be considered, the 
investigation must begin far in advance of a potential online date.  EDC Plan, p. 5-9. 
 
 Nuclear capital costs are higher than the cost of other conventional baseload 
generation technologies.  Cost projections for new nuclear capacity increased 
substantially between 2005 and 2008 as labor costs rose, and commodity prices for 
construction materials escalated dramatically.  A nuclear plant in Connecticut would 
cost more than the U.S. average, since New England is a high-cost region for 
construction projects.  The U.S. Army Corps of Engineers estimates a 20 percent 
premium in Connecticut over national averages for all civil works projects, primarily due 
to higher labor costs.  EDC Plan, pp. 5-9. 
 
 The EDCs analyzed the electricity market and environmental impact of a 
hypothetical new 1,100 MW nuclear plant in Connecticut presumed to enter service in 
2020 under the five scenarios described in Section II of the EDC Plan.  Given the 
regulatory approval and construction timeline described above, even a decision to 
pursue nuclear development now would almost certainly miss a 2020 in-service date.  
However, the market and environmental impacts would be similar for a plant that came 
on-line in the 2020 to 2025 timeframe; therefore, this analysis is intended to be more 
illustrative than practical in nature.  EDC Plan, pp. 5-13. 
 
 The EDCs concluded that there are economic, environmental and energy 
security benefits to nuclear development but the economic results must be viewed with 
caution.  The environmental results are more predictable and likely to occur.  A Nuclear 
Strategy could also reduce natural gas use for electricity generation, even more than 
renewables or additional efficiency.  EDC Plan, p. 5-19. 
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 The EDCs believe that if Connecticut were to pursue a nuclear strategy, a full 
and comprehensive nuclear siting analysis should be conducted.  In light of the potential 
benefits of a nuclear strategy identified in its analysis, UI recommends that the CEAB 
conduct or sponsor a more detailed study of the potential costs and benefits of nuclear 
power to provide a more details of the tradeoffs encountered in considering nuclear 
power as a long-term resource strategy for Connecticut.  EDC Plan, p. 5-1. 
 

2. CEAB Position 
 
 The CEAB believes that nuclear power should be investigated as a potential 
long-term supply option for Connecticut.  CEAB Plan, p. 378.  The CEAB states that 
since the EDCs’ analysis used a ten-year time horizon, it did not fully consider the 
potential for certain resources to play a role in Connecticut’s resource mix over the long 
term.  The CEAB analysis has attempted to take a broader view of the potential of these 
resources.  However, the CEAB did not attempt to quantify costs.  Only the emissions 
impacts were addressed in detail, with some additional discussion of potential reliability 
impacts.  CEAB Plan, p. 64. 
 
 Nuclear power was considered mainly for its potential to reduce greenhouse gas 
emissions.  CEAB Plan, p. 64.  To expand the analysis of new nuclear generating 
capacity in Connecticut begun by the EDCs, the CEAB modeled a new 1,000 MW 
reactor at the Millstone site in years 2025 and 2030.  The CEAB found the following 
benefits compared to the Reference Case:  6% to 8% reduction in air emissions, a 2% 
reduction in the marginal clearing price and Connecticut natural gas-fired generation 
reduced from 42 percent to 33 percent in 2025 and from 43 percent to 34 percent in 
2030.  This analysis did not attempt to model the full cost of a new nuclear reactor 
under any financing scenarios, but this would be necessary for quantifying all costs and 
benefits of new nuclear power.  CEAB Plan, p. 404. 
 
 Improved nuclear reactor designs were conceived after the Three Mile Island 
Accident with goals of increased safety and design standardization.  CEAB Plan, p. 385.  
The lack of plant construction since the 1980s has reduced the number of certified 
vendors to manufacture plant components.  This leads to higher costs and longer lead 
times.  The U.S. nuclear industry labor pool has been reduced, making it more difficult 
to find qualified people to design and manufacture new reactors and also regulators to 
certify designs.  With so few Generation III reactors under construction worldwide, and 
none in the U.S., it is difficult to assess what nuclear power’s actual capital cost will be 
over the next twenty years.  CEAB Plan, p. 392. 
 
 Financing nuclear projects is one of, if not the largest obstacle to actual plant 
construction, especially given today’s challenging economic climate.  CEAB Plan, p. 
394.  Currently, constructing a nuclear plant is a costly endeavor.  Recent industry 
estimates of proposed projects range from $4,800 to up to $6,500 per kW, which is $4.8 
to $6.5 billion for a typical 1,000 MW plant.  CEAB Plan, p. 378. 
 
 Other countries have provided greater support for nuclear power in recent years.  
These international projects will become important proving grounds for the nuclear 
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industry to display its ability to build reactors on schedule and on budget and show that 
they can be operated safely.  CEAB Plan, p. 386. 
 
 There is one existing site within Connecticut available for future nuclear reactor 
construction and operation, Millstone, a 535-acre site with three reactors, two still in 
operation.  The site was originally intended for six reactors and the current nuclear plant 
only utilizes about 50 acres, so more land is available for new construction.  CEAB Plan, 
p. 390. 
 
 The U.S. government has yet to license a national repository for high-level 
nuclear waste, but the US Department of Energy (DOE) has tasked a panel of experts 
to evaluate a range of waste disposal solutions, though not the Yucca Mountain site.  
CEAB Plan, p. 378.  A Connecticut moratorium on new nuclear construction will largely 
prevent any new construction in the State for the foreseeable future because Conn. 
Gen. Stat. § 22a-136 states:  
 

no construction shall commence on a fifth nuclear power 
facility until the Commissioner of Environmental Protection 
finds that the United States Government, through its 
authorized agency, has identified and approved a 
demonstrable technology or means for the disposal of high 
level nuclear waste.   CEAB Plan, p. 401. 

 
 The EDCs point out that only sluggish progress has been made by the federal 
government on waste disposal.  The disposal of high-level radioactive waste is under 
the exclusive purview of the Federal government, and government efforts have been 
focused on one disposal option, permanent geologic storage at the Yucca Mountain site 
in Nevada.  However, the current administration does not support the Yucca Mountain 
solution.  The DOE Secretary, Stephen Chu, has announced that a commission of 
experts will review alternative disposal options, and their final report will be due by 
January 29, 2011.  CEAB Plan, pp. 401-402. 
 
 The CEAB believes that it is highly unlikely a new reactor will be built anywhere 
in the New England region within the next ten years, due to the long lead times for 
nuclear power plant planning, permitting and construction, as well as the considerable 
barriers of siting, financing and waste disposal that would need to be overcome.  On 
balance, however, given the potential Connecticut to need non-carbon based 
generation requirements, and given the CEAB’s commitment to consider all energy 
sources on equal footing, the CEAB believes it is timely to study nuclear power in a 
serious, objective manner to determine its potential as a long-term, safe supply option.  
CEAB Plan, p. 379. 
 
 Based on the preliminary analysis of a new 1,000 MW nuclear reactor at the 
Millstone site, the CEAB recommends the initiation of a CEAB-sponsored study on 
nuclear power with the Connecticut Academy of Science and Engineering (CASE) to 
address specified outstanding issues.  The CASE study structure including the 
convening of a research team, active public input, and peer review committees may 
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ensure objective, robust information development.  A CEAB nuclear power 
subcommittee should be created to oversee the study, monitor industry signposts, 
request periodic DEP updates on the waste issue and convene a stakeholder workshop 
on nuclear power when conditions warrant.  Such a study may include a time horizon 
beyond 2030 and a more thorough analysis of barriers.  CEAB Plan, p. 408. 
 
 The CEAB states that it is too premature to recommend changes to 
Connecticut’s moratorium on nuclear power.  The waste disposal issues upon which the 
moratorium is based continue to be pursued at the federal level.  CEAB Plan, p. 408. 
 

3. OCC Position 
 
 The OCC recognized that the EDC Plan analyzed the possibility that a new 
nuclear plant could assist with Connecticut’s electricity cost and reliability goals, reduce 
dependence on fossil fuels, have low greenhouse gas and other emissions, while also 
noting some potential drawbacks.  The CEAB Plan also evaluated these possibilities.  
OCC Brief, p. 48. 
 The OCC believes that the possibility of new nuclear power warrants further 
study in subsequent dockets.  The upfront costs of building a new nuclear power plant 
are very high.  Connecticut is presently in a capacity surplus situation, so a need for a 
large resource like a nuclear plant is not imminent.  The OCC anticipates that other 
states may take the plunge into a return to nuclear first, and that should help 
Connecticut to better analyze the costs and benefits, as well as clarify any resolution of 
the waste disposal issue.  OCC Brief, pp. 48-49. 
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4. Department Analysis 

 
 The Department believes the nuclear option is too early to consider in this filing 
due to the extreme length of time to develop and construct such an option.  Today, this 
is more of an academic exercise.  A modern, safe technology for construction still has to 
be determined.  Related costs are very high, in excess of $6,000/kW and are extremely 
uncertain.  A nuclear plant cannot be constructed in Connecticut until the Federal 
government determines how to dispose of high level nuclear waste, which is scheduled 
for January 2012.  After the Federal government decides how to dispose of nuclear 
waste, the EDCs might consider an RFC for its nuclear study.  Nuclear projects in other 
states and countries should be observed and tracked by the EDCs until nuclear power 
options become more competitive to be seriously considered as a resource option in 
Connecticut. 
 

The Department is very disturbed that CEAB did not inform the Department and 
all parties during hearings that CEAB had commenced its proposed nuclear study at a 
cost of $120,000 to ratepayers, but only offered the information as a comment at Oral 
Arguments26 on September 3, 2010.27,28  The Department will order that in future IRP 
proceedings, CEAB shall update the Department on the status and costs of all new or 
ongoing CEAB studies related to IRP topics intended to be used in future IRP 
proceedings, studies intended to produce solutions to provide resource needs and 
studies being paid by ratepayers. 
 

The Department believes that CEAB must be more conscious of funding such 
research studies for long-term resource solutions under today’s constrained economic 
conditions, especially where the long-term study findings may not be implemented for 
an extremely long period such as nuclear solutions that may not be installed for 15 to 20 
years after the study is produced. 
 
I. IRP METHODOLOGY 
 

1. Benefit Cost Analysis 
 
The matricies used by the EDCs and the CEAB are acceptable but do not 

provide a complete analysis.  The EDC and the CEAB analysis is best at showing the 
relationship of different levels of conservation to the base case or the impact on cost 
and environmental impacts of different renewable scenarios.  The analysis is weaker at 

 
26 Oral Arguments is the last public meeting for a party to verbally clarify its interpretation of the draft 

decision and comment on other parties’ interpretations and positions on the draft decision.  It is not an 
occasion to present new evidence. 

27 The last public hearing occurred on 6/16/2010, which ended the period to present new evidence in this 
proceeding.  

28 During Oral Arguments, CEAB commented that the nuclear study is underway and will cost 
approximately $120,000.  It will be a broad study that looks at nuclear costs, and environmental and 
economic development impacts of nuclear on the state and will include an economic impact analysis.  
Tr. 9/3/10, pp. 1611 and 1612.   
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comparing the relationship between various resource options.  This occurs because 
projects of different sizes are often compared over different time periods.  Other 
inconsistencies also exist.  The CEAB indicated that they had not done a benefit/cost 
analysis over the useful lives of various resource options.  
 
 A full benefit/cost analysis of different resource options would provide a better 
understanding of the cost/price impacts to all customers.  Fixing some of the variables 
such as the size of the project, implementation date and length of the analysis would 
improve the benefit/cost analysis by providing more comparable results.   
 
 The CEAB Plan provides a benefit/cost analysis of conservation programs.  The 
exhibit on page 78 is a cost or revenue requirement analysis similar to that used to 
screen the DSM programs.  The CEAB analysis indicates that the vast majority of 
benefits of lower costs accrue to the participants.  The analysis presented by the CEAB 
indicates that the only benefit to all ratepayers resulting from DSM is market price 
savings.  CEAB Plan, p. 78.  The Department agrees that the majority of benefits are 
energy savings.  These savings result from lower kWh sales and accrue to participants 
through lower electric bills.  The Department, however, does not believe that the 
analysis captures all the costs and benefits that result from DSM to all ratepayers. 
 
 On page 80 of the CEAB Plan, the CEAB provides a benefit/cost analysis of a 
repowering project.  The analysis is similar in many respects to the cost categories 
indentified in the analysis on page 78 but includes both costs and revenues.  The 
analysis on pages 78 and 80 can be combined and modified to be used as a consistent 
benefit/cost analysis to compare all types of projects.  This analysis is from a total 
ratepayer prospective the results of which can be used to develop rates. 
 
 The CEAB is hereby directed to include the following components in its 
benefit/cost analysis:  cost, net energy revenues, capacity revenues, market price 
savings, net REC costs, and net T&D costs. 
 

Cost -- Fixed capital costs of the generation facility or total program costs for DSM. 
 
Net Energy Revenues -- Energy cost minus the energy revenues.  Generators incur 
fuel costs but sell the power generating revenues.  DSM does not incur any 
additional costs but at the same time generates no energy revenues.  Renewable 
projects such as solar or wind incur no fuel cost to produce power but generate 
revenues for each kWh sold.  This revenue helps to offset the high fixed costs of 
renewable facilities.   
 
Capacity revenues -- Capacity revenues are included and provide an offset to fixed 
cost.  Generators and DSM can sell capacity into the market.   
 
Market Price Savings -- Generators and DSM would also create energy and capacity 
price benefits.  Capacity benefits would be the same for similar sized projects.  
Energy benefits might vary depending on the heat rate of fossil generators and the 
capacity factor of different projects. 
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Net REC costs -- Net REC costs, like energy, are similar for generators and DSM.  A 
kWh generated requires RECs but customers will pay for them.  DSM does not 
require RECs and no revenues are received.  Renewables provide RECs and no 
additional cost which are sold.  This provides a benefit to renewable projects 
compared to other generators and DSM which helps to offset their higher costs.   
 
Net T&D Costs -- Generation requires T&D investment to deliver power.  T&D costs 
are collected through rates providing revenues.  To the extent that marginal T&D 
costs are greater than average this would be an added cost to all ratepayers.  DSM 
has little impact on T&D investment.  Costs may be slightly less than generation but 
T&D investment is still necessary.  Participants, however, do not pay for those costs 
and they are shifted to other customers.  This is a major cost to other ratepayers 
associated with DSM.  Renewables also require T&D facilities to deliver their power.  
These incremental costs could be significantly higher than other generation or DSM 
since it may be require traveling long distances to load.   

 
If only the cost side is examined, DSM is the least cost when compared to 

generation options.  When the costs and revenues are considered, the analytical results 
for DSM are less clear.  DSM is less costly but also generates less revenues and shifts 
T&D costs to other ratepayers.  Renewables generally have high fixed costs but they 
are offset to some extent by energy, capacity and REC revenues.  The Department 
believes a more consistent life cycle analysis of the costs and benefits of resources 
would help to understand the relationships between various resource options.   

 
In its written exceptions, OCC recommends that the Department enhance the 

benefit cost analysis by including environmental impacts.  Resources that help 
Connecticut achieve its air quality goals should receive credit for that in the benefit/cost 
analysis.”  OCC suggests that the Department guide the EDCs and the CEAB to use the 
RGGI carbon price or a national carbon price (should one be developed) in comparing 
resource types for IRP purposes.   
 
 The Department agrees that environmental impacts must be considered when 
resource options are evaluated.  It was not the intent of the Department that the 
benefit/cost analysis would be the only analytical consideration.  The EDCs have 
developed matricies for economic factors and non economic factors including 
environmental impacts, fuel use and reliability measures.  These should continue to be 
part of the evaluation process.   
 
 The Department will not rule on the OCC request since it came in written 
exceptions and was not explored during the proceeding.  The Department does not 
believe that the economic evaluation discussed herein should be modified at this time.  
The Department would encourage the CEAB and the EDCs to continue to refine the 
environmental and other non-economic matricies, including methods to monetize the 
impacts as suggested by the OCC. 
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2. Base Load and Peaking Resources 
 
In the first IRP Decision, the Department directed the CEAB to provide more 

analysis of existing resources.  The needs assessment should examine current 
resources to indicate which resources may retire and those that are expensive to 
operate or highly detrimental to the environment.  In addition, that Decision emphasized 
the importance of distinguishing between the need for base load and peaking 
resources.  Docket No. 08-07-01 Decision, p. 18. 
 

The CEAB and the EDCs provided more analysis of costs of existing resources 
which was used to forecast retirements.  Retirements are a big unknown that can have 
a large impact on resource adequacy.  Although retirements are very difficult to predict, 
this analysis better frames the possible outcomes.  Although most of the retirements 
over the next ten years will be old fossil units that operate at low capacity factors, 
essentially as peaking units, the resource options considered by the CEAB were all 
base load options.  Adding peaking units or demand response should be examined in 
the future to replace aging fossil units.  Peaking resources might also meet other 
objectives to lower costs and improve the environment. 

 
J. CEAB PROPOSAL FOR A SINGLE STATE POLICY AND PLANNING ENTITY 
 

The second planning recommendation offered by the CEAB is to develop a 
proposal for the legislature to restructure Connecticut’s energy-related entities to 
provide a single state entity for oversight and accountability of energy policy and 
planning.  The CEAB has learned through its planning process that there is a need for 
integration between electric sectors resources and policy, electric and natural industries, 
transportation sectors, environmental policy and economic development.  The CEAB 
believes that a central, unifying voice on energy issues would enhance the ability of the 
state to identify opportunities to lower costs, reduce environmental impacts, and ensure 
reliability and balance security concerns and economic development considerations.  
Chief among the myriad functions of this entity would be the development of a 
comprehensive energy plan in addition to the CEAB’s responsibility as the state’s 
representative to ISO-NE.  The CEAB intends to coordinate the various stakeholders to 
define the potential functions and structure of this entity and submit the proposal within 
a timeframe necessary to be actionable during the 2011 state legislative session.  
CEAB Report, pp. 26 and 27.   
 

The LDCs indicated that as gas continues to play a larger role in electric 
generation, it can greatly impact operations on both sides.  The LDCs state that the 
electric and gas industries have made substantial progress in working with one another 
over the last decade or so and have improved their communications and coordination.  
From a regional operational perspective, the LDCs and the EDCs work very closely with 
ISO-NE, New England Gas Association and other independent system operators.  
These entities meet periodically and provide updates on system issues.  From a 
planning perspective, the EDCs and the CEAB sought gas industry input into the 2010 
Integrated Resource Plan.  The LDCs, interstate pipelines and other gas industry 
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representatives participated in the CEAB Natural Gas Stakeholder Meeting held on 
November 19, 2009.  Many of the comments of the LDCs and others are reflected in the 
natural gas section of the EDCs and CEAB reports filed in this docket.  This 
collaborative dialogue regarding gas supply, capacity planning and other planning 
issues is critically important and valuable.  LDC Joint Written Comments, p. 6; Late 
Filed Exhibit No. 24. 

 
The Department believes that the implementation of energy policy in Connecticut 

can be efficiently and effectively achieved through the Department, its regulated utilities 
and other stakeholders.  There is no evidence that the creation of an additional 
independent entity would result in lower energy costs in today’s market.  It is highly 
speculative that such an independent entity can realize enough savings for ratepayers 
to offset its additional cost.  The Department also notes that there is a great deal more 
collaboration between the gas and electric companies in Connecticut than several years 
ago.  This should continue for the foreseeable future, especially given the recent merger 
and acquisition activity involving gas and electric companies in the state.  The 
Department urges the CEAB not to spend resources to pursue this issue.   
 
 
IV. CONCLUSION AND ORDERS 
 
A. DEPARTMENT CONCLUSION 

 
The Department approves with modifications, the 2010 IRP submitted by the 

EDCs and the CEAB.  The Department concurs with the EDC and CEAB assessment 
that Connecticut is not forecasted to have a shortage of any energy or capacity 
requirements during the statutorily-defined planning horizon.  The Department finds that 
no further action needs to be taken at this time to procure new energy or capacity 
resources.  However, because uncertainties exist, the Department will carefully monitor 
resource need.  The Department will initiate a process to develop an RFP and 
evaluation methodology for repowering and other resources so the Department is ready 
to act quickly should the need for a procurement occur.  The Department supports more 
DSM but does not endorse a significant increase in ratepayer funding at this time.  The 
Department believes that there are sufficient renewable resources to meet the State’s 
RPS requirements in the near-term; however, future supply and cost to meet the RPS 
are more uncertain over the longer term.  The Department supports a re-evaluation of 
the State’s RPS requirements to 2020.   
 
B. DEPARTMENT RESPONSES TO CEAB RECOMMENDATIONS 
 
 Below is a summary of the Department’s conclusion on and responses to the 
CEAB Procurement and Planning Recommendations.  2010 CEAB Plan, pp. 22-36. 
 

1. CEAB Procurement Recommendation 
 
1. Maximize the utilization of demand-side resources to achieve all cost-effective 
energy efficiency (A-ACE) while minimizing ratepayer impacts through the use of 
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expanded financing options, market mechanisms, codes and standards, and other 
innovative approaches.  CEAB  2010 IRP Plan, p. 22. 
 
 The Department supports increasing the level of energy efficiency in Connecticut.  
However, the Department does not support significantly increasing ratepayer funding at 
this time. 
 

2. CEAB Planning Recommendations 
 
1. Conduct a public stakeholder process to fully review the State’s renewable 

portfolio standard and renewable energy policy to assure the policy is consistent 
with the current objectives of the State. 

 
 The Department agrees that Connecticut needs to re-evaluate its 20% Class I 
RPS requirement by 2020 in light of its impact on electric generation and transmission 
costs and environmental benefits. 
 
2. Develop a proposal for the legislature to restructure Connecticut’s energy-related 

entities to provide a single State entity for oversight and accountability of energy 
policy and planning. 

 
The Department believes that the implementation of energy policy in Connecticut 

can be efficiently and effectively achieved through the Department, its regulated utilities 
and other stakeholders.  There is no evidence that the creation of an additional 
independent entity would result in lower energy costs in today’s market.   
 
3. Strengthen the CEAB and State connections and coordination with ISO-NE, 

NESCOE and other regional organizations whose decision-making directly 
impacts electric system costs for Connecticut. 

 
 The Department believes that the CEAB has exercised sufficient coordination 
with ISO-NE, NESCOE and other regional organizations. 
 
4. The CEAB will implement a proactive Planning and RFP process, in conjunction 

with the Department, to assure that Non-Transmission Alternatives (NTAs) to 
proposed transmission solutions are properly investigated, solicited and, if and as 
needed, successfully implemented. 

 
 The Department will work with the CEAB and other interested parties to better 
define and to initiate a non-transmission alternative process associated with the 
Hartford needs assessment. 
 
5. Collaborate with ISO-NE in its Needs Assessment and Transmission Solutions 

studies for the Greater Hartford area.  Conduct a concurrent assessment of the 
potential for non-transmission solutions to address the identified reliability need.  
If warranted, conduct a Proactive RFP for non-transmission alternatives. 
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 The Department does not believe there is any need to take actions with regard to 
the CEAB’s recommendation to alter initiatives and processes for the state to effectively 
coordinate with ISO-NE, NESCOE, and other regional organizations that impact electric 
systems costs. 
 
6. Identify opportunities and promote development of CHP and district energy 

development. 
 
 The Department concludes that no additional incentives are needed at this time. 
 
7. Prepare a potential procurement for efficient, combined-cycle gas unit(s) or 

comparable facilities following the 2012 IRP process by 2020. 
 
 The Department will proceed to develop an RFP and evaluation methodology.   
 
8. Proceed with CASE to study the State capabilities for nuclear energy options. 
 
 The Department believes that proceeding with a study of nuclear energy options 
is not warranted at this time. 
 
C. ORDERS 
 
For the following Orders, submit one original and five (5) copies of the required 
documentation to the Executive Secretary, 10 Franklin Square, New Britain, CT 06415.  
Submissions filed in compliance with Department Orders must be identified by all three 
of the following:  Title, Docket Number, and Order Number. 
 
1. Any parties seeking to assist the Department in designing an RFP or RFP 

process shall provide, no later than November 1, 2010, a compliance filing as 
discussed in Section III.D.1 above.  

 
2. In the next IRP filing, CEAB shall submit its study, not to exceed $50,000, of the 

objectives, costs and benefits of the current Connecticut RPS statutory 
requirement and alternatives that might meet those objectives more cost 
effectively. 

 
3. On or before October 1, 2010, at the time of the 2011 C&LM filing, the EDCs 

shall propose program modifications and program additions to meet a zero MW 
growth goal as discussed in Section III.E.6 herein. 

 
CEAB and/or the EDCs shall include the following in their future IRP Plans:   
 
4. CEAB and the EDCs shall include a metric for rates when comparing resource 

options.  This metric must include a base case for rates and a comparison of the 
rate impacts under different resource options.  The analysis should include the 
full impact on total rates, as discussed in Section III.E.5.(b), Criteria 2. 
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5. CEAB shall update the Department on the status and costs of all new or ongoing 

CEAB studies related to IRP topics intended to be used in future IRP 
proceedings. 

 
6. The EDCs and the CEAB shall include the potential for development of landfill 

gas as a Connecticut Class I resource in the renewable energy supply forecast.  
 
7. The EDCs and the CEAB shall provide the findings of the most recent ISO-NE 

analysis on regional transmission planning to meet the needs of their respective 
Reference Case renewable build-out projections. 
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GLOSSARY 
 
Algonquin Power (Algonquin); 
All Achievable Cost-Effective DSM (A-ACE) 
Alternative compliance payment (ACP); 
Office of the Attorney General (AG); 
Capacity, Energy, Loads and Transmission (CELT); 
Combined heat and power (CHP); 
Commercial and Industrial (C&I) 
Compact fluorescent light bulb (CFL); 
Connecticut Academy of Science and Engineering (CASE); 
Connecticut Clean Energy Fund (CCEF); 
Connecticut Energy Advisory Board (CEAB); 
2010 Comprehensive Plan for the Procurement of Energy Resources (CEAB Plan) 
Connecticut Department of Environmental Protection (DEP); 
Connecticut Energy Efficiency Fund (Energy Efficiency Fund)29; 
Connecticut Light and Power Company (CL&P); 
Connecticut Local Sourcing Requirement (CT LSR); 
Connecticut Siting Council (CSC); 
Conservation and Load Management (C&LM); 
Demand Reduction Induced Price Effect (DRIPE); 
Demand response (DR); 
Demand Side Management (DSM); 
Department of Public Utility Control (Department); 
Distributed generation (DG); 
Electric Distribution Company (EDC); 
EDCs and LDCs together (Companies); 
Integrated Resource Plan for Connecticut (EDC Plan) 
Energy Conservation Management Board (Energy Efficiency Board)30; 
Energy efficiency (EE); 
Environment Northeast (ENE); 
United States Environmental Protection Agency (EPA); 
Forward Capacity Auction (FCA); 
Generation service charge (GSC); 
Greater Springfield Reliability Project (GSRP); 
High electric demand days (HEDD); 
Independent System Operator of New England (ISO-NE); 
Integrated Resource Plan (IRP); 

 
29 Since 2000 the Connecticut Energy Efficiency Fund has been referred to as the C&LM Fund or simply 

the Fund.  To improve consumer awareness about the Connecticut Energy Efficiency Fund the 
Department believes it is appropriate to use the phrase Energy Efficiency Fund in its Decisions, and 
will do so going forward.  See, 2010 C&LM Decision, p. 2. 

30 Conn. Gen. Stat. § 16-245m identifies the Energy Conservation Management Board as the entity which 
advises and assists the electric distribution companies to develop conservation programs and market 
transformation initiatives.  Past Department rulings have referred to this entity as the ECMB.  The 
Department is transitioning from the acronym ‘ECMB’ to the use of the phrase Energy Efficiency Board 
to better promote the Energy Efficiency Fund.  See, 2010 C&LM Decision, p. 2. 
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Kilowatt (kW); 
Kilowatt-hour (kWh); 
Landfill gas (LFG); 
Levitan & Associates, Inc. (LAI); 
Liquified natural gas (LNG); 
Local distribution company (LDC) 
Local Sourcing Requirement (LSR); 
Locational Forward Reserve Market (LFRM); 
Megawatt (MW); 
Megawatt-hour (MWh); 
New England Power Pool Generation Information System (NEPOOL GIS); 
Net Installed Capacity Requirement (NICR); 
New England East-West Solution Transmission Project (NEEWS); 
New England States Committee on Electricity (NESCOE); 
Nonbypassable Federally Mandated Congestion Charge (NBFMCC). 
Non-Transmission Alternatives (NTA); 
Office of Consumer Counsel (OCC); 
Public Utilities Regulatory Policy Act (PURPA); 
Purchased power agreements (PPAs); 
Regional Greenhouse Gas Initiative (RGGI); 
Renewable Energy Certificate (REC); 
Renewable Portfolio Standard (RPS); 
Request for proposal (RFP); 
Selective catalytic reduction (SCR) 
Small Business Energy Advantage Program (SBEA); 
Steam turbine generators (STGs); 
The Connecticut Light and Power Company (CL&P) 
Three gas distribution companies (LDCs); 
Transmission and distribution (T&D); 
Transmission Security Analysis (CT TSA); 
The United Illuminating Company (UI); 
U.S. Department of Energy (DOE); 
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APPENDIX 
 
The following is a list of documents referred to throughout this Decision: 
 
Connecticut’s Joint 2009 Natural Gas Conservation Plan (2009 Gas Plan); 
Connecticut Siting Council 2008 Forecast of Loads and Resources (2008 CSC Report); 
CEAB’s 2010 IRP for Connecticut (CEAB Plan); 
EDCs' 2010 IRP for Connecticut (EDC Plan); 
Decision dated May 10, 2000, in Docket No. 99-09-30, DPUC Review of The 
Connecticut Light and Power Company’s Conservation and Load Management 
Programs for 2000 (2001 C&LM Decision) 
Decision dated May 28, 2003, in Docket No. 03-01-01, DPUC Review of The 
Connecticut Light and Power Company's and The United Illuminating Company's 
Conservation and Load Management Programs and Budgets for Year 2003 and 2004 
(2003 C&LM Decision); 
Decision dated February 4, 2004, in Docket No.  03-11-01, DPUC Review of the CL&P 
and UI Conservation and Load Management Plan for Year 2004 (2004 C&LM Decision); 
Decision dated July 28, 2004, in Docket No. 03-11-01PH02, DPUC Review of CL&P 
and UI Conservation and Load Management Plan For Year 2004 – Phase II, (2004 
Phase II C&LM Decision); 
Decision dated March 30, 2005 in Docket No. 04-11-01, DPUC Review of CL&P and UI 
Conservation And Load Management Plan For Year 2005 (2005 C&LM Decision) 
Decision dated June 7, 2006, in Docket No. 05-10-02, DPUC Review of The 
Connecticut Light and Power Company and The United Illuminating Company 
Conservation and Load Management Plan for 2006 (2006 C&LM Decision); 
Decision dated May 23, 2007, in Docket No. 06-10-02, DPUC Review of CL&P and UI 
Conservation and Load Management Plan For Year 2007 and 2008 (2007 C&LM 
Decision); 
Decision dated April 30, 2008 in Docket No. 03-09-08RE01, Applications of The 
Connecticut Light and Power Company and The United Illuminating Company for 
Issuance of Financing Order – Funding for the Energy Conservation and Load 
Management Fund and the Renewable Energy Investment Fund, (C&LM Fund 
Restoration Decision); 
Decision dated June 19, 2008, in Docket No. 07-10-03 DPUC Review of The 
Connecticut Light and Power Company’s And The United Illuminating Company’s 
Conservation and Load Management Plan For Year 2008 (2008 C&LM Decision); 
Decision dated June 19, 2008, in Docket No. 07-10-03, DPUC Review of The 
Connecticut Light and Power Company’s And The United Illuminating Company’s 
Conservation and Load Management Plan For Year 2008 – Program Incentive 
Structure, (2008 C&LM Decision); 
Decision dated September 24, 2008, in Docket No. 07-10-03RE01 DPUC Review of 
The Connecticut Light and Power Company’s And The United Illuminating Company’s 
Conservation and Load Management Plan For Year 2008 – Program Incentive Structure 
(Reopened 2008 C&LM Decision); 
Decision dated February 18, 2009, in Docket No. 08-07-01, DPUC Review of The 
Integrated Resource Plan (2009 IRP Decision); 
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Interim Decision dated February 25, 2009 in Docket No. 08-10-02, DPUC Review of the 
Connecticut Gas Utilities Forecasts of Demand and Supply 2009-2013 and Joint 
Conservation Plans (Interim Gas Supply Decision); 
Decision dated May 7, 2009, in Docket No. 08-10-03, DPUC Review of The Connecticut 
Light and Power Company's and The United Illuminating Company's Conservation and 
Load Management Plan For the Year 2009 (2009 C&LM Decision); 
Decision dated March 17, 2010, in Docket No. 09-10-03, DPUC Review of The 
Connecticut Energy Efficiency Fund’s Conservation and Load Management Plan for 
2010, and Docket No. 08-10-02 – DPUC Review of the Connecticut Gas Utilities 
Forecasts of Demand and Supply 2009-2013 and Joint Conservation Plans (2010 
C&LM Decision): 
 
Pursuant to a Notice of Taking of Administrative Notice dated July 27, 2010, the 
Department took administrative notice of the following three documents from Docket No. 
09-10-03, DPUC Review of The Connecticut Energy Efficiency Fund’s Conservation 
and Load Management Plan for 2010, and Docket No. 08-10-02 – DPUC Review of the 
Connecticut Gas Utilities Forecasts of Demand and Supply 2009-2013 and Joint 
Conservation Plans. 
 
1. June 25, 2010 DPUC letter to CL&P and UI, requesting information regarding the 

residential Financing Pilot; 
2. July 1, 2010 joint letter from CL&P and UI responding to the Department’s June 25, 

2010, Request For Information; and, 
3. July 14, 2010 joint letter from CL&P and UI to explain modifications to the residential 

Financing Pilot Program. 
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This Decision is adopted by the following Commissioners: 
 
 

 
 
Amalia Vazquez Bzdyra 
 
 
Kevin M. DelGobbo  
 
 
Anthony J. Palermino  
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 The foregoing is a true and correct copy of the Decision issued by the 
Department of Public Utility Control, State of Connecticut, and was forwarded by 
Certified Mail to all parties of record in this proceeding on the date indicated. 
 
 

    
    
    

 09/16/2010  

 Kimberley J. Santopietro  Date 
 Executive Secretary   
 Department of Public Utility Control   

 

 



 

 

 
Senate Bill No. 493 

 
Public Act No. 10-97 

 
 
AN ACT REDUCING ELECTRICITY COSTS AND PROMOTING 
RENEWABLE ENERGY. 

Be it enacted by the Senate and House of Representatives in General 
Assembly convened: 
 

Section 1. Section 16-1b of the general statutes is repealed and the 
following is substituted in lieu thereof (Effective July 1, 2011): 

The Connecticut Energy and Technology Authority authorized 
under section 16-2, as amended by this act, shall be organized into two 
divisions as follows: 

(1) There shall be a [Department] Division of Public Utility Control. 
The [department] division head shall be the [chairperson of the Public 
Utilities Control Authority] executive director of the division who shall 
report to the Connecticut Energy and Technology Authority; and 

(2) There shall be a Division of Research, Energy and Technology, 
consisting of the bureaus of power procurement, conservation and 
renewal energy, and research. 

Sec. 2. Section 16-2 of the general statutes is repealed and the 
following is substituted in lieu thereof (Effective July 1, 2011): 

(a) There shall [continue to] be a [Public Utilities Control] 
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Connecticut Energy and Technology Authority, which shall constitute 
a successor authority to the Public Utilities Control Authority and shall 
consist of five electors of this state, appointed by the Governor with the 
advice and consent of both houses of the General Assembly. Not more 
than three members of said authority in office at any one time shall be 
members of any one political party. On or before July 1, 1983, and 
quadrennially thereafter, the Governor shall appoint three members to 
the authority and on or before July 1, 1985, and quadrennially 
thereafter, the Governor shall appoint two members. All such 
members shall serve for a term of four years. The procedure prescribed 
by section 4-7 shall apply to such appointments, except that the 
Governor shall submit each nomination on or before May first, and 
both houses shall confirm or reject it before adjournment sine die. The 
commissioners shall be sworn to the faithful performance of their 
duties. 

(b) The authority shall elect a chairperson and vice-chairperson each 
June for one-year terms starting on July first of the same year. The vice-
chairperson shall perform the duties of the chairperson in his absence. 

(c) Any matter coming before the authority may be assigned by the 
chairperson to a panel of three commissioners, not more than two of 
whom shall be members of the same political party. Except as 
otherwise provided by statute or regulation, the panel shall determine 
whether a public hearing shall be held on the matter, and may 
designate one or two of its members to conduct such hearing or 
appoint an examiner to ascertain the facts and report thereon to the 
panel. The decision of the panel, if unanimous, shall be the decision of 
the authority. If the decision of the panel is not unanimous, the matter 
shall be referred to the entire authority for decision. 

(d) The commissioners of the authority shall serve full time and 
shall make full public disclosure of their assets, liabilities and income 
at the time of their appointment, and thereafter each member of the 
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authority shall make such disclosure on or before July thirtieth of each 
year of such member's term, and shall file such disclosure with the 
office of the Secretary of the State. Each commissioner shall receive 
annually a salary equal to that established for management pay plan 
salary group seventy-five by the Commissioner of Administrative 
Services, except that the chairperson shall receive annually a salary 
equal to that established for management pay plan salary group 
seventy-seven. 

(e) To insure the highest standard of public utility regulation, on 
and after October 1, 2007, any newly appointed commissioner of the 
authority shall have education or training and three or more years of 
experience in one or more of the following fields: Economics, 
engineering, law, accounting, finance, utility regulation, public or 
government administration, consumer advocacy, business 
management, and environmental management. On and after July 1, 
1997, at least three of these fields shall be represented on the authority 
by individual commissioners at all times. Any time a commissioner is 
newly appointed, the chairperson shall identify at least one of the 
commissioners [shall have] as having experience in utility customer 
advocacy. 

(f) The chairperson of the authority, with the consent of two or more 
other members of the authority, shall appoint an executive director, 
who shall be the chief administrative officer of the [Department] 
Division of Public Utility Control. The executive director shall be 
supervised by the chairperson of the authority, serve for a term of four 
years and annually receive a salary equal to that established for 
management pay plan salary group seventy-two by the Commissioner 
of Administrative Services. The executive director (1) shall conduct 
comprehensive planning with respect to the functions of the 
department; (2) shall coordinate the activities of the [department] 
division; (3) shall cause the administrative organization of the 
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[department] division to be examined with a view to promoting 
economy and efficiency; (4) shall, in concurrence with the chairperson 
of the authority, organize the department into such divisions, bureaus 
or other units as he deems necessary for the efficient conduct of the 
business of the [department] division and may from time to time 
abolish, transfer or consolidate within the [department] division, any 
other division, bureau or other units as may be necessary for the 
efficient conduct of the business of the department, provided such 
organization shall include any division, bureau or other unit which is 
specifically required by the general statutes; (5) shall, for any 
proceeding on a proposed rate amendment in which staff of the 
[department] division are to be made a party pursuant to section 16-
19j, determine which staff shall appear and participate in the 
proceedings and which shall serve the members of the authority; (6) 
may enter into such contractual agreements, in accordance with 
established procedures, as may be necessary for the discharge of his 
duties; and (7) may, subject to the provisions of section 4-32, and 
unless otherwise provided by law, receive any money, revenue or 
services from the federal government, corporations, associations or 
individuals, including payments from the sale of printed matter or any 
other material or services. The executive director shall require the staff 
of the [department] division to have expertise in public utility 
engineering and accounting, finance, economics, computers and rate 
design. Subject to the provisions of chapter 67 and within available 
funds in any fiscal year, the executive director may appoint a secretary, 
and may employ such accountants, clerical assistants, engineers, 
inspectors, experts, consultants and agents as the [department] 
division may require. 

(g) No member of the authority or employee of the [department] 
division shall, while serving as such, have any interest, financial or 
otherwise, direct or indirect, or engage in any business, employment, 
transaction or professional activity, or incur any obligation of any 
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nature, which is in substantial conflict with the proper discharge of his 
duties or employment in the public interest and of his responsibilities 
as prescribed in the laws of this state, as defined in section 1-85; 
provided, no such substantial conflict shall be deemed to exist solely 
by virtue of the fact that a member of the authority or employee of the 
[department] division, or any business in which such a person has an 
interest, receives utility service from one or more Connecticut utilities 
under the normal rates and conditions of service. 

(h) No member of the authority or employee of the [department] 
division shall accept other employment which will either impair his 
independence of judgment as to his official duties or employment or 
require him, or induce him, to disclose confidential information 
acquired by him in the course of and by reason of his official duties. 

(i) No member of the authority or employee of the [department] 
division shall wilfully and knowingly disclose, for pecuniary gain, to 
any other person, confidential information acquired by him in the 
course of and by reason of his official duties or employment or use any 
such information for the purpose of pecuniary gain. 

(j) No member of the authority or employee of the [department] 
division shall agree to accept, or be in partnership or association with 
any person, or a member of a professional corporation or in 
membership with any union or professional association which 
partnership, association, professional corporation, union or 
professional association agrees to accept any employment, fee or other 
thing of value, or portion thereof, in consideration of his appearing, 
agreeing to appear, or taking any other action on behalf of another 
person before the authority, the Connecticut Siting Council, the Office 
of Policy and Management or the Commissioner of Environmental 
Protection. 

(k) No commissioner of the authority shall, for a period of one year 
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following the termination of his or her service as a commissioner, 
accept employment: (1) By a public service company or by any person, 
firm or corporation engaged in lobbying activities with regard to 
governmental regulation of public service companies; (2) by a certified 
telecommunications provider or by any person, firm or corporation 
engaged in lobbying activities with regard to governmental regulation 
of persons, firms or corporations so certified; or (3) by an electric 
supplier or by any person, firm or corporation engaged in lobbying 
activities with regard to governmental regulation of electric suppliers. 
No such commissioner who is also an attorney shall in any capacity, 
appear or participate in any matter, or accept any compensation 
regarding a matter, before the authority, for a period of one year 
following the termination of his or her service as a commissioner.  

Sec. 3. (NEW) (Effective July 1, 2011) (a) The Division of Research, 
Energy and Technology shall, in accordance with the comprehensive 
plan approved pursuant to section 16a-3a of the general statutes, as 
amended by this act, (1) increase the state's energy independence and 
security by promoting conservation and efficiency and the use of 
diverse indigenous and regional electric resources; (2) encourage the 
use of renewable energy resources and new electric technologies, 
particularly technologies that support economic development in the 
state and promote environmental sustainability; (3) minimize costs of 
electric services to state consumers while maintaining reliable service; 
(4) discourage undue price volatility of electric service; and (5) 
encourage competition, if in the interests of state consumers.  

(b) The Connecticut Energy and Technology Authority (1) shall 
conduct comprehensive planning with respect to the functions of the 
division; (2) shall coordinate the activities of the division; (3) shall 
cause the administrative organization of the division to be examined 
with a view to promoting economy and efficiency; (4) may enter into 
such contractual agreements, in accordance with established 
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procedures, as may be necessary for the discharge of the division's 
duties; and (5) may, subject to the provisions of section 4-32 of the 
general statutes, and unless otherwise provided by law, receive any 
money, revenue or services from the federal government, corporations, 
associations or individuals, including payments from the sale of 
printed matter or any other material or services. Within available 
funds in any fiscal year, the authority may appoint a secretary and 
may employ such accountants, clerical assistants, engineers, 
inspectors, experts, consultants and agents as the division may require. 

(c) The Connecticut Academy of Science and Engineering shall 
conduct a study on how best to implement a research office regarding 
electricity and other energy and technology matters within the division 
and shall report the findings of such study to the joint standing 
committee of the General Assembly having cognizance of matters 
relating to energy on or before November 1, 2011.  

(d) The bureau of power procurement shall report directly to the 
authority commissioners and shall (1) be responsible for overseeing the 
procurement of electricity for the standard offer, (2) be a liaison to the 
New England Power Pool, the regional independent system operator 
and the Federal Energy Regulatory Commission, (3) recommend to the 
authority procurement expectations, and (4) report quarterly to the 
authority commissioners on how current purchasing is meeting the 
established expectations and if any adjustments should be made.  

(e) The bureau of conservation and renewable energy shall report 
directly to the authority commissioners and shall (1) be responsible for 
the overall implementation of the authority's conservation and 
renewable energy goals, (2) provide expertise to the authority on 
conservation and renewable energy dockets and authority decisions, 
(3) develop, in consultation with the Energy Conservation 
Management Board and the electric distribution companies, an electric 
conservation plan, which shall include a review of electric 
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conservation programs and recommendations for meeting the 
conservation goals established pursuant to section 16a-3a of the 
general statutes, as amended by this act, (4) report annually to the 
authority on (A) the Energy Conservation Management Board's 
performance and how such board allocated its funds, and (B) an 
evaluation of other state conservation programs and recommendations 
for improving their efficiency.  

Sec. 4. (Effective from passage) (a) There is established a working 
group that shall consist of the following: The Secretary of the Office of 
Policy and Management, the Consumer Counsel, the chairperson of 
the Public Utility Control Authority, the Attorney General, the 
executive director of Connecticut Innovations, Incorporated, or their 
designees, and the chairpersons and ranking members of the joint 
standing committee of the General Assembly having cognizance of 
matters relating to energy. 

(b) The purpose of the working group established pursuant to 
subsection (a) of this section shall be to develop plans for the 
implementation of organizational and structural changes in state 
government related to the establishment of the Connecticut Energy 
and Technology Authority and the Division of Public Utility Control 
and the Division of Research, Energy and Technology pursuant to 
section 1 of this act, as well as to provide recommendations for the 
most efficient and effective way to meet the goals of sections 2 and 3 of 
this act. On or before January 1, 2011, the working group shall issue a 
report of its findings, including, but not limited to, drafts of legislation 
necessary for such implementation to the General Assembly. 

Sec. 5. Section 16a-48 of the general statutes is repealed and the 
following is substituted in lieu thereof (Effective July 1, 2010): 

(a) As used in this section:  



Senate Bill No. 493 

 

Public Act No. 10-97 9 of 90 
 

(1) "Office" means the Office of Policy and Management; 

(2) "Fluorescent lamp ballast" or "ballast" means a device designed 
to operate fluorescent lamps by providing a starting voltage and 
current and limiting the current during normal operation, but does not 
include such devices that have a dimming capability or are intended 
for use in ambient temperatures of zero degrees Fahrenheit or less or 
have a power factor of less than sixty-one hundredths for a single 
F40T12 lamp; 

(3) "F40T12 lamp" means a tubular fluorescent lamp that is a 
nominal forty-watt lamp, with a forty-eight-inch tube length and one 
and one-half inches in diameter; 

(4) "F96T12 lamp" means a tubular fluorescent lamp that is a 
nominal seventy-five-watt lamp with a ninety-six-inch tube length and 
one and one-half inches in diameter; 

(5) "Luminaire" means a complete lighting unit consisting of a 
fluorescent lamp, or lamps, together with parts designed to distribute 
the light, to position and protect such lamps, and to connect such 
lamps to the power supply; 

(6) "New product" means a product that is sold, offered for sale, or 
installed for the first time and specifically includes floor models and 
demonstration units; 

(7) "Secretary" means the Secretary of the Office of Policy and 
Management; 

(8) "State Building Code" means the building code adopted 
pursuant to section 29-252; 

(9) "Torchiere lighting fixture" means a portable electric lighting 
fixture with a reflector bowl giving light directed upward so as to give 
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indirect illumination; 

(10) "Unit heater" means a self-contained, vented fan-type 
commercial space heater that uses natural gas or propane that is 
designed to be installed without ducts within the heated space. "Unit 
heater" does not include a product regulated by federal standards 
pursuant to 42 USC 6291, as amended from time to time, a product that 
is a direct vent, forced flue heater with a sealed combustion burner, or 
any oil fired heating system; 

(11) "Transformer" means a device consisting of two or more coils of 
insulated wire that transfers alternating current by electromagnetic 
induction from one coil to another in order to change the original 
voltage or current value; 

(12) "Low-voltage dry-type transformer" means a transformer that: 
(A) Has an input voltage of six hundred volts or less; (B) is between 
fourteen kilovolt-amperes and two thousand five hundred one 
kilovolt-amperes in size; (C) is air-cooled; and (D) does not use oil as a 
coolant. "Low-voltage dry-type transformer" does not include such 
transformers excluded from the low-voltage dry-type distribution 
transformer definition contained in the California Code of Regulations, 
Title 20: Division 2, Chapter 4, Article 4: Appliance Efficiency 
Regulations; 

(13) "Pass-through cabinet" means a refrigerator or freezer with 
hinged or sliding doors on both the front and rear of the refrigerator or 
freezer; 

(14) "Reach-in cabinet" means a refrigerator, freezer, or combination 
thereof, with hinged or sliding doors or lids; 

(15) "Roll-in" or "roll-through cabinet" means a refrigerator or 
freezer with hinged or sliding doors that allows wheeled racks of 
product to be rolled into or through the refrigerator or freezer; 
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(16) "Commercial refrigerators and freezers" means reach-in 
cabinets, pass-through cabinets, roll-in cabinets and roll-through 
cabinets that have less than eighty-five feet of capacity, which are 
designed for the refrigerated or frozen storage of food and food 
products; 

(17) "Traffic signal module" means a standard eight-inch or twelve-
inch round traffic signal indicator consisting of a light source, lens and 
all parts necessary for operation and communication of movement 
messages to drivers through red, amber and green colors; 

(18) "Illuminated exit sign" means an internally illuminated sign that 
is designed to be permanently fixed in place and used to identify an 
exit by means of a light source that illuminates the sign or letters from 
within where the background of the exit sign is not transparent; 

(19) "Packaged air-conditioning equipment" means air-conditioning 
equipment that is built as a package and shipped as a whole to end-
user sites; 

(20) "Large packaged air-conditioning equipment" means air-cooled 
packaged air-conditioning equipment having not less than two 
hundred forty thousand BTUs per hour of capacity; 

(21) "Commercial clothes washer" means a soft mount front-loading 
or soft mount top-loading clothes washer that is designed for use in 
(A) applications where the occupants of more than one household will 
be using it, such as in multifamily housing common areas and coin 
laundries; or (B) other commercial applications, if the clothes container 
compartment is no greater than three and one-half cubic feet for 
horizontal-axis clothes washers or no greater than four cubic feet for 
vertical-axis clothes washers; 

(22) "Energy efficiency ratio" means a measure of the relative 
efficiency of a heating or cooling appliance that is equal to the unit's 
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output in BTUs per hour divided by its consumption of energy, 
measured in watts; 

(23) "Electricity ratio" means the ratio of furnace electricity use to 
total furnace energy use; 

(24) "Boiler" means a space heater that is a self-contained appliance 
for supplying steam or hot water primarily intended for space-heating. 
"Boiler" does not include hot water supply boilers; 

(25) "Central furnace" means a self-contained space heater designed 
to supply heated air through ducts of more than ten inches in length; 

(26) "Residential furnace or boiler" means a product that utilizes 
only single-phase electric current or single-phase electric current or DC 
current in conjunction with natural gas, propane or home heating oil 
and that (A) is designed to be the principal heating source for the 
living space of a residence; (B) is not contained within the same cabinet 
as a central air conditioner with a rated cooling capacity of not less 
than sixty-five thousand BTUs per hour; (C) is an electric central 
furnace, electric boiler, forced-air central furnace, gravity central 
furnace or low pressure steam or hot water boiler; and (D) has a heat 
input rate of less than three hundred thousand BTUs per hour for an 
electric boiler and low pressure steam or hot water boiler and less than 
two hundred twenty-five thousand BTUs per hour for a forced-air 
central furnace, gravity central furnace and electric central furnace; 

(27) "Furnace air handler" means the section of the furnace that 
includes the fan, blower and housing, generally upstream of the 
burners and heat exchanger. The furnace air handler may include a 
filter and a cooling coil; 

(28) "High-intensity discharge lamp" means a lamp in which light is 
produced by the passage of an electric current through a vapor or gas, 
the light-producing arc is stabilized by bulb wall temperature and the 
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arc tube has a bulb wall loading in excess of three watts per square 
centimeter; 

(29) "Metal halide lamp" means a high intensity discharge lamp in 
which the major portion of the light is produced by radiation of metal 
halides and their products of dissociation, possibly in combination 
with metallic vapors; 

(30) "Metal halide lamp fixture" means a light fixture designed to be 
operated with a metal halide lamp and a ballast for a metal halide 
lamp; 

(31) "Probe start metal halide ballast" means a ballast used to 
operate metal halide lamps that does not contain an ignitor and that 
instead starts lamps by using a third starting electrode probe in the arc 
tube; 

(32) "Single voltage external AC to DC power supply" means a 
device that (A) is designed to convert line voltage AC input into lower 
voltage DC output; (B) is able to convert to only one DC output voltage 
at a time; (C) is sold with, or intended to be used with, a separate end-
use product that constitutes the primary power load; (D) is contained 
within a separate physical enclosure from the end-use product; (E) is 
connected to the end-use product in a removable or hard-wired male 
and female electrical connection, cable, cord or other wiring; (F) does 
not have batteries or battery packs, including those that are removable 
or that physically attach directly to the power supply unit; (G) does not 
have a battery chemistry or type selector switch and indicator light or a 
battery chemistry or type selector switch and a state of charge meter; 
and (H) has a nameplate output power less than or equal to two 
hundred fifty watts; 

(33) "State regulated incandescent reflector lamp" means a lamp that 
is not colored or designed for rough or vibration service applications, 
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has an inner reflective coating on the outer bulb to direct the light, has 
an E26 medium screw base, a rated voltage or voltage range that lies at 
least partially within one hundred fifteen to one hundred thirty volts, 
and that falls into one of the following categories: (A) A bulged 
reflector or elliptical reflector or a blown PAR bulb shape and that has 
a diameter that equals or exceeds two and one-quarter inches, or (B) a 
reflector, parabolic aluminized reflector, bulged reflector or similar 
bulb shape and that has a diameter of two and one-quarter to two and 
three-quarters inches. "State regulated incandescent reflector lamp" 
does not include ER30, BR30, BR40 and ER40 lamps of not more than 
fifty watts, BR30, BR40 and ER40 lamps of sixty-five watts and R20 
lamps of not more than forty-five watts; 

(34) "Bottle-type water dispenser" means a water dispenser that uses 
a bottle or reservoir as the source of potable water; 

(35) "Commercial hot food holding cabinet" means a heated, fully-
enclosed compartment with one or more solid or partial glass doors 
that is designed to maintain the temperature of hot food that has been 
cooked in a separate appliance. "Commercial hot food holding cabinet" 
does not include heated glass merchandizing cabinets, drawer 
warmers or cook-and-hold appliances; 

(36) "Pool heater" means an appliance designed for heating 
nonpotable water contained at atmospheric pressure for swimming 
pools, spas, hot tubs and similar applications, including natural gas, 
heat pump, oil and electric resistance pool heaters; 

(37) "Portable electric spa" means a factory-built electric spa or hot 
tub supplied with equipment for heating and circulating water; 

(38) "Residential pool pump" means a pump used to circulate and 
filter pool water to maintain clarity and sanitation; 

(39) "Walk-in refrigerator" means a space refrigerated to 
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temperatures at or above thirty-two degrees Fahrenheit that has a total 
chilled storage area of less than three thousand square feet, can be 
walked into and is designed for the refrigerated storage of food and 
food products. "Walk-in refrigerator" does not include refrigerated 
warehouses and products designed and marketed exclusively for 
medical, scientific or research purposes; 

(40) "Walk-in freezer" means a space refrigerated to temperatures 
below thirty-two degrees Fahrenheit that has a total chilled storage 
area of less than three thousand square feet, can be walked into and is 
designed for the frozen storage of food and food products. "Walk-in 
freezer" does not include refrigerated warehouses and products 
designed and marketed exclusively for medical, scientific or research 
purposes; 

(41) "Central air conditioner" means a central air conditioning model 
that consists of one or more factory-made assemblies, which normally 
include an evaporator or cooling coil, compressor and condenser. 
Central air conditioning models may provide the function of air 
cooling, air cleaning, dehumidifying or humidifying; [.] 

(42) "Combination television" means a system in which a television 
or television monitor and an additional device or devices, including, 
but not limited to, a digital versatile disk player or video cassette 
recorder, are combined into a single unit in which the additional 
devices are included in the television casing; 

(43) "Compact audio player" means an integrated audio system 
encased in a single housing that includes an amplifier and radio tuner 
with attached or separable speakers and can reproduce audio from one 
or more of the following media: Magnetic tape, compact disk, digital 
versatile disk or flash memory. "Compact audio player" does not mean 
a product that can be independently powered by internal batteries, has 
a powered external satellite antenna or can provide a video output 
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signal; 

(44) "Component television" means a television composed of two or 
more separate components, such as a separate display device and 
tuner, marketed and sold as a television under one model or system 
designation, which may have more than one power cord; 

(45) "Computer monitor" means an analog or digital device 
designed primarily for the display of computer generated signals and 
that is not marketed for use as a television; 

(46) "Digital versatile disc" means a laser-encoded plastic medium 
capable of storing a large amount of digital audio, video and computer 
data;  

(47) "Digital versatile disc player" means a commercially available 
electronic product encased in a single housing that includes an integral 
power supply and for which the sole purpose is the decoding of 
digitized video signals; 

(48) "Digital versatile disc recorder" means a commercially available 
electronic product encased in a single housing that includes an integral 
power supply and for which the sole purpose is the production or 
recording of digitized audio, video and computer signals on a digital 
versatile disk. "Digital versatile disk recorder" does not include a 
model that has an electronic programming guide function; 

(49) "Television" means an analog or digital device designed 
primarily for the display and reception of a terrestrial, satellite, cable, 
internet protocol television or other broadcast or recorded 
transmission of analog or digital video and audio signals. "Television" 
includes combination televisions, television monitors, component 
televisions and any unit that is marketed to consumers as a television 
but does not include a computer monitor; 
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(50) "Television monitor" means a television that does not have an 
internal tuner/receiver or playback device. 

(b) The provisions of this section apply to the testing, certification 
and enforcement of efficiency standards for the following types of new 
products sold, offered for sale or installed in the state: (1) Commercial 
clothes washers; (2) commercial refrigerators and freezers; (3) 
illuminated exit signs; (4) large packaged air-conditioning equipment; 
(5) low voltage dry-type distribution transformers; (6) torchiere 
lighting fixtures; (7) traffic signal modules; (8) unit heaters; (9) 
residential furnaces and boilers; (10) residential pool pumps; (11) metal 
halide lamp fixtures; (12) single voltage external AC to DC power 
supplies; (13) state regulated incandescent reflector lamps; (14) bottle-
type water dispensers; (15) commercial hot food holding cabinets; (16) 
portable electric spas; (17) walk-in refrigerators and walk-in freezers; 
(18) pool heaters; [and] (19) compact audio players; (20) televisions; 
(21) digital versatile disc players; (22) digital versatile disc recorders; 
and (23) any other products as may be designated by the office in 
accordance with subdivision (3) of subsection (d) of this section. 

(c) The provisions of this section do not apply to (1) new products 
manufactured in the state and sold outside the state, (2) new products 
manufactured outside the state and sold at wholesale inside the state 
for final retail sale and installation outside the state, (3) products 
installed in mobile manufactured homes at the time of construction, or 
(4) products designed expressly for installation and use in recreational 
vehicles. 

(d) (1) The office, in consultation with the Department of Public 
Utility Control, shall adopt regulations, in accordance with the 
provisions of chapter 54, to implement the provisions of this section 
and to establish minimum energy efficiency standards for the types of 
new products set forth in subsection (b) of this section. The regulations 
shall provide for the following minimum energy efficiency standards: 
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(A) Commercial clothes washers shall meet the requirements shown 
in Table P-3 of section 1605.3 of the California Code of Regulations, 
Title 20: Division 2, Chapter 4, Article 4; 

(B) Commercial refrigerators and freezers shall meet the August 1, 
2004, requirements shown in Table A-6 of said California regulation; 

(C) Illuminated exit signs shall meet the version 2.0 product 
specification of the "Energy Star Program Requirements for Exit Signs" 
developed by the United States Environmental Protection Agency; 

(D) Large packaged air-conditioning equipment having not more 
than seven hundred sixty thousand BTUs per hour of capacity shall 
meet a minimum energy efficiency ratio of 10.0 for units using both 
electric heat and air conditioning or units solely using electric air 
conditioning, and 9.8 for units using both natural gas heat and electric 
air conditioning; 

(E) Large packaged air-conditioning equipment having not less than 
seven hundred sixty-one thousand BTUs per hour of capacity shall 
meet a minimum energy efficiency ratio of 9.7 for units using both 
electric heat and air conditioning or units solely using electric air 
conditioning, and 9.5 for units using both natural gas heat and electric 
air conditioning; 

(F) Low voltage dry-type distribution transformers shall meet or 
exceed the energy efficiency values shown in Table 4-2 of the National 
Electrical Manufacturers Association Standard TP-1-2002; 

(G) Torchiere lighting fixtures shall not consume more than one 
hundred ninety watts and shall not be capable of operating with lamps 
that total more than one hundred ninety watts; 

(H) Traffic signal modules shall meet the product specification of 
the "Energy Star Program Requirements for Traffic Signals" developed 



Senate Bill No. 493 

 

Public Act No. 10-97 19 of 90 
 

by the United States Environmental Protection Agency that took effect 
in February, 2001, except where the department, in consultation with 
the Commissioner of Transportation, determines that such 
specification would compromise safe signal operation; 

(I) Unit heaters shall not have pilot lights and shall have either 
power venting or an automatic flue damper; 

(J) On or after January 1, 2009, residential furnaces and boilers 
purchased by the state shall meet or exceed the following annual fuel 
utilization efficiency: (i) For gas and propane furnaces, ninety per cent 
annual fuel utilization efficiency, (ii) for oil furnaces, eighty-three per 
cent annual fuel utilization efficiency, (iii) for gas and propane hot 
water boilers, eighty-four per cent annual fuel utilization efficiency, 
(iv) for oil-fired hot water boilers, eighty-four per cent annual fuel 
utilization efficiency, (v) for gas and propane steam boilers, eighty-two 
per cent annual fuel utilization efficiency, (vi) for oil-fired steam 
boilers, eighty-two per cent annual fuel utilization efficiency, and (vii) 
for furnaces with furnace air handlers, an electricity ratio of not more 
than 2.0, except air handlers for oil furnaces with a capacity of less than 
ninety-four thousand BTUs per hour shall have an electricity ratio of 
2.3 or less; 

(K) On or after January 1, 2010, metal halide lamp fixtures designed 
to be operated with lamps rated greater than or equal to one hundred 
fifty watts but less than or equal to five hundred watts shall not 
contain a probe-start metal halide lamp ballast; 

(L) Single-voltage external AC to DC power supplies manufactured 
on or after January 1, 2008, shall meet the energy efficiency standards 
of table U-1 of section 1605.3 of the January 2006 California Code of 
Regulations, Title 20, Division 2, Chapter 4, Article 4: Appliance 
Efficiency Regulations. This standard applies to single voltage AC to 
DC power supplies that are sold individually and to those that are sold 
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as a component of or in conjunction with another product. This 
standard shall not apply to single voltage external AC to DC power 
supplies sold with products subject to certification by the United States 
Food and Drug Administration. A single-voltage external AC to DC 
power supply that is made available by a manufacturer directly to a 
consumer or to a service or repair facility after and separate from the 
original sale of the product requiring the power supply as a service 
part or spare part shall not be required to meet the standards in said 
table U-1 until five years after the effective dates indicated in the table; 

(M) On or after January 1, 2009, state regulated incandescent 
reflector lamps shall be manufactured to meet the minimum average 
lamp efficacy requirements for federally-regulated incandescent 
reflector lamps contained in 42 USC 6295(i)(1)(A). Each lamp shall 
indicate the date of manufacture; 

(N) On or after January 1, 2009, bottle-type water dispensers, 
commercial hot food holding cabinets, portable electric spas, walk-in 
refrigerators and walk-in freezers shall meet the efficiency 
requirements of section 1605.3 of the January 2006 California Code of 
Regulations, Title 20, Division 2, Chapter 4, Article 4: Appliance 
Efficiency Regulations. On or after January 1, 2010, residential pool 
pumps shall meet said efficiency requirements; 

(O) On or after January 1, 2009, pool heaters shall meet the 
efficiency requirements of sections 1605.1 and 1605.3 of the January 
2006 California Code of Regulations, Title 20, Division 2, Chapter 4, 
Article 4: Appliance Efficiency Regulations; [.] 

(P) On or after January 1, 2013, compact audio players, digital 
versatile disc players and digital versatile disc recorders shall meet the 
requirements shown in Table V-1 of Section 1605.3 of the November 
2009 amendments to the California Code of Regulations, Title 20, 
Division 2, Chapter 4, Article 4; 
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(Q) On or after January 1, 2013, televisions manufactured on or after 
the effective date of this section shall meet the requirements shown in 
Table V-2 of Section 1605.3 of the November 2009 amendments to the 
California Code of Regulations, Title 20, Division 2, Chapter 4, Article 
4; 

(R) In addition to the requirements of subparagraph (Q) of this 
subdivision, televisions manufactured on or after January 1, 2013, shall 
meet the efficiency requirements of Sections 1605.3(v)(3)(A), 
1605.3(v)(3)(B) and 1605.3(v)(3)(C) of the November 2009 amendments 
to the California Code of Regulations, Title 20, Division 2, Chapter 4, 
Article 4.  

(2) Such efficiency standards, where in conflict with the State 
Building Code, shall take precedence over the standards contained in 
the Building Code. Not later than July 1, 2007, and biennially 
thereafter, the office, in consultation with the Department of Public 
Utility Control, shall review and increase the level of such efficiency 
standards by adopting regulations in accordance with the provisions 
of chapter 54 upon a determination that increased efficiency standards 
would serve to promote energy conservation in the state and would be 
cost-effective for consumers who purchase and use such new products, 
provided no such increased efficiency standards shall become effective 
within one year following the adoption of any amended regulations 
providing for such increased efficiency standards.  

(3) (A) The office, in consultation with the Department of Public 
Utility Control, shall adopt regulations, in accordance with the 
provisions of chapter 54, to designate additional products to be subject 
to the provisions of this section and to establish efficiency standards 
for such products upon a determination that such efficiency standards 
[(A)] (i) would serve to promote energy conservation in the state, [(B)] 
(ii) would be cost-effective for consumers who purchase and use such 
new products, and [(C)] (iii) that multiple products are available which 
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meet such standards, provided no such efficiency standards shall 
become effective within one year following their adoption pursuant to 
this subdivision. 

(B) The office, in consultation with the Multi-State Appliance 
Standards Collaborative, shall identify additional appliance and 
equipment efficiency standards. Not later than six months after 
adoption of an efficiency standard by a cooperative member state 
regarding a product for which no equivalent Connecticut or federal 
standard currently exists, the office shall adopt regulations in 
accordance with the provisions of chapter 54 adopting such efficiency 
standard unless the office makes a specific finding that such standard 
does not meet the criteria in subparagraph (A) of this subdivision. 

(e) On or after July 1, 2006, except for commercial clothes washers, 
for which the date shall be July 1, 2007, commercial refrigerators and 
freezers, for which the date shall be July 1, 2008, and large packaged 
air-conditioning equipment, for which the date shall be July 1, 2009, no 
new product of a type set forth in subsection (b) of this section or 
designated by the office may be sold, offered for sale, or installed in 
the state unless the energy efficiency of the new product meets or 
exceeds the efficiency standards set forth in such regulations adopted 
pursuant to subsection (d) of this section. 

(f) The office, in consultation with the Department of Public Utility 
Control, shall adopt procedures for testing the energy efficiency of the 
new products set forth in subsection (b) of this section or designated 
by the department if such procedures are not provided for in the State 
Building Code. The office shall use United States Department of 
Energy approved test methods, or in the absence of such test methods, 
other appropriate nationally recognized test methods. The 
manufacturers of such products shall cause samples of such products 
to be tested in accordance with the test procedures adopted pursuant 
to this subsection or those specified in the State Building Code. 
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(g) Manufacturers of new products set forth in subsection (b) of this 
section or designated by the office shall certify to the secretary that 
such products are in compliance with the provisions of this section, 
except that certification is not required for single voltage external AC 
to DC power supplies and walk-in refrigerators and walk-in freezers. 
All single voltage external AC to DC power supplies shall be labeled as 
described in the January 2006 California Code of Regulations, Title 20, 
Section 1607 (9). The office, in consultation with the Department of 
Public Utility Control, shall promulgate regulations governing the 
certification of such products. The secretary shall publish an annual list 
of such products. 

(h) The Attorney General may institute proceedings to enforce the 
provisions of this section. Any person who violates any provision of 
this section shall be subject to a civil penalty of not more than two 
hundred fifty dollars. Each violation of this section shall constitute a 
separate offense, and each day that such violation continues shall 
constitute a separate offense. 

Sec. 6. Subdivision (44) of subsection (a) of section 16-1 of the 2010 
supplement to the general statutes is repealed and the following is 
substituted in lieu thereof (Effective July 1, 2010): 

(44) "Class III source" means the electricity output from combined 
heat and power systems with an operating efficiency level of no less 
than fifty per cent, determined quarterly on a rolling annual average 
basis, that are part of customer-side distributed resources developed at 
commercial and industrial facilities in this state on or after January 1, 
2006, a waste heat recovery system installed on or after April 1, 2007, 
that produces electrical or thermal energy by capturing preexisting 
waste heat or pressure from industrial or commercial processes, or the 
electricity savings created in this state from conservation and load 
management programs begun on or after January 1, 2006; 
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Sec. 7. Subdivision (3) of subsection (d) of section 16-245m of the 
general statutes is repealed and the following is substituted in lieu 
thereof (Effective July 1, 2010): 

(3) Programs included in the plan developed under subdivision (1) 
of this subsection shall be screened through cost-effectiveness testing 
which compares the value and payback period of program benefits to 
program costs to ensure that programs are designed to obtain energy 
savings and system benefits, including mitigation of federally 
mandated congestion charges, whose value is greater than the costs of 
the programs. Cost-effectiveness testing shall utilize available 
information obtained from real-time monitoring systems to ensure 
accurate validation and verification of energy use. Such testing shall 
include an analysis of the effects of investments on increasing the 
state's load factor. Program cost-effectiveness shall be reviewed 
annually, or otherwise as is practicable. If a program is determined to 
fail the cost-effectiveness test as part of the review process, it shall 
either be modified to meet the test or shall be terminated. On or before 
March 1, 2005, and on or before March first annually thereafter, the 
board shall provide a report, in accordance with the provisions of 
section 11-4a, to the joint standing committees of the General 
Assembly having cognizance of matters relating to energy and the 
environment (A) that documents expenditures and fund balances and 
evaluates the cost-effectiveness of such programs conducted in the 
preceding year, [and] (B) that documents the extent to and manner in 
which the programs of such board collaborated and cooperated with 
programs, established under section 7-233y, of municipal electric 
energy cooperatives, and (C) that documents the extent to which 
programs of such board have reduced electric bills for ratepayers. To 
maximize the reduction of federally mandated congestion charges, 
programs in the plan may allow for disproportionate allocations 
between the amount of contributions to the Energy Conservation and 
Load Management Funds by a certain rate class and the programs that 
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benefit such a rate class. Before conducting such evaluation, the board 
shall consult with the Renewable Energy Investments Board. The 
report shall include a description of the activities undertaken during 
the reporting period jointly or in collaboration with the Renewable 
Energy Investment Fund established pursuant to subsection (c) of 
section 16-245n. 

Sec. 8. Subsection (f) of section 16-245n of the general statutes is 
repealed and the following is substituted in lieu thereof (Effective July 
1, 2010): 

(f) The board shall issue annually a report to the Department of 
Public Utility Control reviewing the activities of the Renewable Energy 
Investment Fund in detail, including the condominium renewable 
energy grant program established pursuant to section 29 of this act, 
and shall provide a copy of such report, in accordance with the 
provisions of section 11-4a, to the joint standing committees of the 
General Assembly having cognizance of matters relating to energy and 
commerce and the Office of Consumer Counsel. The report shall 
include a description of the programs and activities undertaken during 
the reporting period jointly or in collaboration with the Energy 
Conservation and Load Management Funds established pursuant to 
section 16-245m, as amended by this act. 

Sec. 9. Section 16a-3a of the 2010 supplement to the general statutes 
is repealed and the following is substituted in lieu thereof (Effective July 
1, 2010): 

(a) The electric distribution companies, in consultation with the 
Connecticut Energy Advisory Board, established pursuant to section 
16a-3, shall review the state's energy and capacity resource assessment 
and develop a comprehensive plan for the procurement of energy 
resources, including, but not limited to, conventional and renewable 
generating facilities, energy efficiency, load management, demand 
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response, combined heat and power facilities, distributed generation 
and other emerging energy technologies to meet the projected 
requirements of their customers in a manner that minimizes the cost of 
such resources to customers over time and maximizes consumer 
benefits consistent with the state's environmental goals and standards. 
Such plan shall seek to lower the cost of electricity. 

(b) On or before January 1, 2008, and biennially thereafter, the 
companies shall submit to the Connecticut Energy Advisory Board an 
assessment of (1) the energy and capacity requirements of customers 
for the next three, five and ten years, (2) the manner of how best to 
eliminate growth in electric demand, (3) how best to level electric 
demand in the state by reducing peak demand and shifting demand to 
off-peak periods, (4) the impact of current and projected 
environmental standards, including, but not limited to, those related to 
greenhouse gas emissions and the federal Clean Air Act goals and how 
different resources could help achieve those standards and goals, (5) 
energy security and economic risks associated with potential energy 
resources, and (6) the estimated lifetime cost and availability of 
potential energy resources.  

(c) Resource needs shall first be met through all available energy 
efficiency and demand reduction resources that are cost-effective, 
reliable and feasible. The projected customer cost impact of any 
demand-side resources considered pursuant to this subsection shall be 
reviewed on an equitable bases with nondemand-side resources. The 
procurement plan shall specify (1) the total amount of energy and 
capacity resources needed to meet the requirements of all customers, 
(2) the extent to which demand-side measures, including efficiency, 
conservation, demand response and load management can cost-
effectively meet these needs, (3) needs for generating capacity and 
transmission and distribution improvements, (4) how the development 
of such resources will reduce and stabilize the costs of electricity to 
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consumers, and (5) the manner in which each of the proposed 
resources should be procured, including the optimal contract periods 
for various resources. 

(d) The procurement plan shall consider: (1) Approaches to 
maximizing the impact of demand-side measures; (2) the extent to 
which generation needs can be met by renewable and combined heat 
and power facilities; (3) the optimization of the use of generation sites 
and generation portfolio existing within the state; (4) fuel types, 
diversity, availability, firmness of supply and security and 
environmental impacts thereof, including impacts on meeting the 
state's greenhouse gas emission goals; (5) reliability, peak load and 
energy forecasts, system contingencies and existing resource 
availabilities; (6) import limitations and the appropriate reliance on 
such imports; and (7) the impact of the procurement plan on the costs 
of electric customers. Such plan shall include options for lowering the 
cost of electricity. 

(e) The board, in consultation with the regional independent system 
operator, shall review and approve or review, modify and approve the 
proposed procurement plan as submitted not later than one hundred 
twenty days after receipt. For calendar years 2009 and thereafter, the 
board shall conduct such review not later than sixty days after receipt. 
For the purpose of reviewing the plan, the Commissioners of 
Transportation and Agriculture and the chairperson of the Public 
Utilities Control Authority, or their respective designees, shall not 
participate as members of the board. The electric distribution 
companies shall provide any additional information requested by the 
board that is relevant to the consideration of the procurement plan. In 
the course of conducting such review, the board shall conduct a public 
hearing, may retain the services of a third-party entity with experience 
in the area of energy procurement and may consult with the regional 
independent system operator. The board shall submit the reviewed 



Senate Bill No. 493 

 

Public Act No. 10-97 28 of 90 
 

procurement plan, together with a statement of any unresolved issues, 
to the Department of Public Utility Control. The department shall 
consider the procurement plan in an uncontested proceeding and shall 
conduct a hearing and provide an opportunity for interested parties to 
submit comments regarding the procurement plan. Not later than one 
hundred twenty days after submission of the procurement plan, the 
department shall approve, or modify and approve, the procurement 
plan.  

(f) On or before September 30, 2009, and every two years thereafter, 
the Department of Public Utility Control shall report to the joint 
standing committees of the General Assembly having cognizance of 
matters relating to energy and the environment regarding goals 
established and progress toward implementation of the procurement 
plan established pursuant to this section, as well as any 
recommendations for the process. 

(g) All electric distribution companies' costs associated with the 
development of the resource assessment and the development of the 
procurement plan shall be recoverable through the systems benefits 
charge.  

Sec. 10. (NEW) (Effective from passage) (a) The plan developed, 
pursuant to section 16a-3a of the general statutes, as amended by this 
act, to be adopted in 2010 shall indicate options to reduce the price of 
electricity by at least fifteen per cent less than the price as of the 
effective date of this section by July 1, 2012, and maintain at least such 
decrease for another five years. Such options may include the 
procurement of new sources of generation. In reviewing new sources 
of generation, the plan shall determine whether the private wholesale 
market can supply such additional sources or whether state financial 
assistance, long-term purchasing of electricity contracts or other 
interventions are needed to achieve the goal. 
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(b) If on and after July 1, 2010, the 2010 plan contains an option to 
procure new sources of generation, the Department of Public Utility 
Control shall pursue the most cost-effective approach. If the 
department seeks new sources of generation, it shall issue a notice of 
interest for generation without any financial assistance, including, but 
not limited to, long- term contract financing or ratepayer guarantees. If 
the department fails to receive any responsive proposal, it shall issue a 
request for proposals that may include such financial assistance. 

Sec. 11. (NEW) (Effective July 1, 2010) (a) On or before June 30, 2011, 
the Department of Public Utility Control shall conduct a proceeding 
regarding development of low-income discounted rates for service 
provided by electric distribution companies, as defined in section 16-1 
of the general statutes, as amended by this act, to low-income 
customers with an annual income that does not exceed sixty per cent of 
median income. Such proceeding shall include, but not be limited to, a 
review, for individuals who receive means-tested assistance 
administered by the state or federal governments, of the current and 
future availability of rate discounts through the electricity purchasing 
pool operated by the Office of Policy and Management pursuant to 
section 16a-14e of the general statutes, energy assistance benefits 
available through any plan adopted pursuant to section 16a-41a of the 
general statutes, state funded or administered programs, conservation 
assistance available pursuant to section 16-245m of the general 
statutes, as amended by this act, assistance funded or administered by 
the Department of Social Services or the Department of Public Utility 
Control, or matching payment program benefits available pursuant to 
subsection (b) of section 16-262c of the general statutes. Such 
proceeding shall also include an analysis of the cost of imposing a 
utility termination moratorium in households with a child age two or 
younger. The Division of Public Utility Control shall (1) coordinate 
resources and programs, to the extent practicable; (2) develop rates 
that take into account the indigency of persons of poverty status and 
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allow such persons' households to meet the costs of essential energy 
needs; (3) encourage the households to agree to have a home energy 
audit as a prerequisite to qualification; and (4) prepare an analysis of 
the benefits and anticipated costs of such low-income discounted rates.  

(b) The department shall determine which, if any, of its programs 
shall be modified, terminated or have their funding reduced because 
such program beneficiaries would benefit more by the establishment of 
a low-income or discount rate. The department shall establish a rate 
reduction that is equal to the anticipated funds transferred from the 
programs modified, terminated or reduced by the department 
pursuant to this section and the reduced cost of providing service to 
those eligible for such discounted or low-income rates, any available 
energy assistance and other sources of coverage for such rates, 
including, but not limited to, generation available through the 
electricity purchasing pool operated by the department. The 
department may issue recommendations regarding programs 
administered by the Department of Social Services. 

(c) The department shall order (1) filing by each electric company of 
proposed rates consistent with the department's decision pursuant to 
subsection (a) of this section not later than sixty days after its issuance; 
and (2) appropriate modification of existing low-income programs. 
Each company shall conduct outreach to make its low-income or 
discounted rates available to eligible customers and report to the 
Department of Public Utility Control at least annually regarding its 
outreach activities and the results of such activities. 

(d) The cost of low-income and discounted rates and related 
outreach activities pursuant to this section shall be paid (1) through the 
normal rate- making procedures of the Department of Public Utility 
Control, (2) on a semiannual basis through the systems benefits charge 
for an electric distribution company, and (3) solely from the funds of 
the programs modified, terminated or reduced by the department 
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pursuant to this section and the reduced cost of providing service to 
those eligible for such discounted or low-income rates, any available 
energy assistance and other sources of coverage for such rates, 
including, but not limited to, generation available through the 
electricity purchasing pool operated by the department.  

(e) On or before July 1, 2012, the department shall report, in 
accordance with section 11-4a of the general statutes, to the joint 
standing committee of the General Assembly having cognizance of 
matters relating to energy regarding the benefits and costs of the low-
income or discounted rates established pursuant to subsection (a) of 
this section and any recommended modifications. If the low-income 
rate is not less than ninety per cent of the standard service rate, the 
department shall include in its report steps to achieve that goal. 

(f) The department shall adopt regulations, in accordance with the 
provisions of chapter 54 of the general statutes, to implement the 
provisions of this section. 

Sec. 12. (NEW) (Effective July 1, 2010) (a) As used in this section: 

(1) "Energy improvements" means any renovation or retrofitting of 
qualifying real property to reduce energy consumption or installation 
of a renewable energy system to service qualifying real property, 
provided such renovation, retrofit or installation is permanently fixed 
to such qualifying real property;  

(2) "Qualifying real property" means a single-family or multifamily 
residential dwelling or a nonresidential commercial or industrial 
building, regardless of ownership, that a municipality has determined 
can benefit from energy improvements;  

(3) "Property owner" means an owner of qualifying real property 
who desires to install energy improvements and provides free and 
willing consent to the contractual assessment; and 
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(4) "Sustainable energy program" means a municipal program that 
authorizes a municipality to enter into contractual assessments on 
qualifying real property with property owners to finance the purchase 
and installation of energy improvements to qualifying real property 
within its municipal boundaries. 

(b) Any municipality, that determines it is in the public interest, 
may establish a sustainable energy program to facilitate the increase of 
energy efficiency and renewable energy. A municipality shall make 
such a determination after issuing public notice and providing an 
opportunity for public comment regarding the establishment of a 
sustainable energy program. 

(c) Notwithstanding the provisions of section 7-374 of the general 
statutes or any other public or special act that limits or imposes 
conditions on municipal bond issues, any municipality that establishes 
a sustainable energy program under this section may issue bonds, as 
necessary, for the purpose of (1) financing energy improvements; (2) 
related energy audits; and (3) renewable energy system feasibility 
studies and the verification of the installation of such improvements. 
Such financing shall be secured by special contractual assessments on 
the qualifying real property. 

(d) (1) Any municipality that establishes a sustainable energy 
program pursuant to this section may partner with another 
municipality or state agency to (A) maximize the opportunities for 
accessing public funds and private capital markets for long-term 
sustainable financing, and (B) secure state or federal funds available 
for this purpose. 

(2) Any municipality that establishes a sustainable energy program 
and issues bonds pursuant to this section may supplement the security 
of such bonds with any other legally available funds solely at the 
municipality's discretion. 
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(3) Any municipality that establishes a sustainable energy program 
pursuant to this section may use the services of one or more private, 
public or quasi-public third-party administrators to provide support 
for the program. 

(e) Before establishing a program under this section, the 
municipality shall provide notice to the electric distribution company, 
as defined in section 16-1 of the general statutes, as amended by this 
act, that services the municipality.  

(f) If the owner of record of qualifying real property requests 
financing for energy improvements under this section, the 
municipality implementing the sustainable energy program shall: 

(1) Require performance of an energy audit or renewable energy 
system feasibility analysis on the qualifying real property before 
approving such financing; 

(2) Enter into a contractual assessment on the qualifying real 
property with the property owner in a principal amount sufficient to 
pay the costs of energy improvements and any associated costs the 
municipality determines will benefit the qualifying real property and 
may cover any associated costs; 

(3) Impose requirements and criteria to ensure that the proposed 
energy improvements are consistent with the purpose of the program; 
and 

(4) Impose requirements and conditions on the financing to ensure 
timely repayment. 

(g) Any assessment levied pursuant to this section shall have a term 
not to exceed the calculated payback period for the installed energy 
improvements, as determined by the municipality, and shall have no 
prepayment penalty. The municipality shall set a fixed rate of interest 
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for the repayment of the principal assessed amount at the time the 
assessment is made. Such interest rate, as may be supplemented with 
state or federal funding as may become available, shall be sufficient to 
pay the financing costs of the program, including delinquencies. 

(h) Assessments levied pursuant to this section and the interest and 
any penalties thereon shall constitute a lien against the qualifying real 
property on which they are made until they are paid. Such lien shall be 
levied and collected in the same manner as the general taxes of the 
municipality on real property, including, in the event of default or 
delinquency, with respect to any penalties and remedies and lien 
priorities. 

(i) The area encompassing the sustainable energy program in a 
municipality may be the entire municipal jurisdiction of the 
municipality or a subset of such. 

Sec. 13. Section 16-244c of the general statutes is repealed and the 
following is substituted in lieu thereof (Effective July 1, 2010): 

(a) (1) On and after January 1, 2000, each electric distribution 
company shall make available to all customers in its service area, the 
provision of electric generation and distribution services through a 
standard offer. Under the standard offer, a customer shall receive 
electric services at a rate established by the Department of Public 
Utility Control pursuant to subdivision (2) of this subsection. Each 
electric distribution company shall provide electric generation services 
in accordance with such option to any customer who affirmatively 
chooses to receive electric generation services pursuant to the standard 
offer or does not or is unable to arrange for or maintain electric 
generation services with an electric supplier. The standard offer shall 
automatically terminate on January 1, 2004. While providing electric 
generation services under the standard offer, an electric distribution 
company may provide electric generation services through any of its 
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generation entities or affiliates, provided such entities or affiliates are 
licensed pursuant to section 16-245, as amended by this act. 

(2) Not later than October 1, 1999, the Department of Public Utility 
Control shall establish the standard offer for each electric distribution 
company, effective January 1, 2000, which shall allocate the costs of 
such company among electric transmission and distribution services, 
electric generation services, the competitive transition assessment and 
the systems benefits charge. The department shall hold a hearing that 
shall be conducted as a contested case in accordance with chapter 54 to 
establish the standard offer. The standard offer shall provide that the 
total rate charged under the standard offer, including electric 
transmission and distribution services, the conservation and load 
management program charge described in section 16-245m, the 
renewable energy investment charge described in section 16-245n, 
electric generation services, the competitive transition assessment and 
the systems benefits charge shall be at least ten per cent less than the 
base rates, as defined in section 16-244a, in effect on December 31, 
1996. The standard offer shall be adjusted to the extent of any increase 
or decrease in state taxes attributable to sections 12-264 and 12-265 and 
any other increase or decrease in state or federal taxes resulting from a 
change in state or federal law and shall continue to be adjusted during 
such period pursuant to section 16-19b. Notwithstanding the 
provisions of section 16-19b, the provisions of said section 16-19b shall 
apply to electric distribution companies. The standard offer may be 
adjusted, by an increase or decrease, to the extent approved by the 
department, in the event that (A) the revenue requirements of the 
company are affected as the result of changes in (i) legislative 
enactments other than public act 98-28, (ii) administrative 
requirements, or (iii) accounting standards occurring after July 1, 1998, 
provided such accounting standards are adopted by entities 
independent of the company that have authority to issue such 
standards, or (B) an electric distribution company incurs extraordinary 
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and unanticipated expenses required for the provision of safe and 
reliable electric service to the extent necessary to provide such service. 
Savings attributable to a reduction in taxes shall not be shifted between 
customer classes. 

(3) The price reduction provided in subdivision (2) of this 
subsection shall not apply to customers who, on or after July 1, 1998, 
are purchasing electric services from an electric company or electric 
distribution company, as the case may be, under a special contract or 
flexible rate tariff, and the company's filed standard offer tariffs shall 
reflect that such customers shall not receive the standard offer price 
reduction. 

(b) (1) (A) On and after January 1, 2004, each electric distribution 
company shall make available to all customers in its service area, the 
provision of electric generation and distribution services through a 
transitional standard offer. Under the transitional standard offer, a 
customer shall receive electric services at a rate established by the 
Department of Public Utility Control pursuant to subdivision (2) of 
this subsection. Each electric distribution company shall provide 
electric generation services in accordance with such option to any 
customer who affirmatively chooses to receive electric generation 
services pursuant to the transitional standard offer or does not or is 
unable to arrange for or maintain electric generation services with an 
electric supplier. The transitional standard offer shall terminate on 
December 31, 2006. While providing electric generation services under 
the transitional standard offer, an electric distribution company may 
provide electric generation services through any of its generation 
entities or affiliates, provided such entities or affiliates are licensed 
pursuant to section 16-245, as amended by this act. 

(B) The department shall conduct a proceeding to determine 
whether a practical, effective, and cost-effective process exists under 
which an electric customer, when initiating electric service, may 
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receive information regarding selecting electric generating services 
from a qualified entity. The department shall complete such 
proceeding on or before December 1, 2005, and shall implement the 
resulting decision on or before March 1, 2006, or on such later date that 
the department considers appropriate. An electric distribution 
company's costs of participating in the proceeding and implementing 
the results of the department's decision shall be recoverable by the 
company as generation services costs through an adjustment 
mechanism as approved by the department. 

(2) (A) Not later than December 15, 2003, the Department of Public 
Utility Control shall establish the transitional standard offer for each 
electric distribution company, effective January 1, 2004. 

(B) The department shall hold a hearing that shall be conducted as a 
contested case in accordance with chapter 54 to establish the 
transitional standard offer. The transitional standard offer shall 
provide that the total rate charged under the transitional standard 
offer, including electric transmission and distribution services, the 
conservation and load management program charge described in 
section 16-245m, as amended by this act, the renewable energy 
investment charge described in section 16-245n, as amended by this 
act, electric generation services, the competitive transition assessment 
and the systems benefits charge, and excluding federally mandated 
congestion costs, shall not exceed the base rates, as defined in section 
16-244a, in effect on December 31, 1996, excluding any rate reduction 
ordered by the department on September 26, 2002. 

(C) (i) Each electric distribution company shall, on or before January 
1, 2004, file with the department an application for an amendment of 
rates pursuant to section 16-19, which application shall include a four-
year plan for the provision of electric transmission and distribution 
services. The department shall conduct a contested case proceeding 
pursuant to sections 16-19 and 16-19e to approve, reject or modify the 
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application and plan. Upon the approval of such plan, as filed or as 
modified by the department, the department shall order that such plan 
shall establish the electric transmission and distribution services 
component of the transitional standard offer. 

(ii) Notwithstanding the provisions of this subparagraph, an electric 
distribution company that, on or after September 1, 2002, completed a 
proceeding pursuant to sections 16-19 and 16-19e, shall not be required 
to file an application for an amendment of rates as required by this 
subparagraph. The department shall establish the electric transmission 
and distribution services component of the transitional standard offer 
for any such company equal to the electric transmission and 
distribution services component of the standard offer established 
pursuant to subsection (a) of this section in effect on July 1, 2003, for 
such company. If such electric distribution company applies to the 
department, pursuant to section 16-19, for an amendment of its rates 
on or before December 31, 2006, the application of the electric 
distribution company shall include a four-year plan. 

(D) The transitional standard offer (i) shall be adjusted to the extent 
of any increase or decrease in state taxes attributable to sections 12-264 
and 12-265 and any other increase or decrease in state or federal taxes 
resulting from a change in state or federal law, (ii) shall be adjusted to 
provide for the cost of contracts under subdivision (2) of subsection (j) 
of this section and the administrative costs for the procurement of such 
contracts, and (iii) shall continue to be adjusted during such period 
pursuant to section 16-19b. Savings attributable to a reduction in taxes 
shall not be shifted between customer classes. Notwithstanding the 
provisions of section 16-19b, the provisions of section 16-19b shall 
apply to electric distribution companies. 

(E) The transitional standard offer may be adjusted, by an increase 
or decrease, to the extent approved by the department, in the event 
that (i) the revenue requirements of the company are affected as the 
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result of changes in (I) legislative enactments other than public act 03-
135 or public act 98-28, (II) administrative requirements, or (III) 
accounting standards adopted after July 1, 2003, provided such 
accounting standards are adopted by entities that are independent of 
the company and have authority to issue such standards, or (ii) an 
electric distribution company incurs extraordinary and unanticipated 
expenses required for the provision of safe and reliable electric service 
to the extent necessary to provide such service. 

(3) The price provided in subdivision (2) of this subsection shall not 
apply to customers who, on or after July 1, 2003, purchase electric 
services from an electric company or electric distribution company, as 
the case may be, under a special contract or flexible rate tariff, 
provided the company's filed transitional standard offer tariffs shall 
reflect that such customers shall not receive the transitional standard 
offer price during the term of said contract or tariff. 

(4) (A) In addition to its costs received pursuant to subsection (h) of 
this section, as compensation for providing transitional standard offer 
service, each electric distribution company shall receive an amount 
equal to five-tenths of one mill per kilowatt hour. Revenues from such 
compensation shall not be included in calculating the electric 
distribution company's earnings for purposes of, or in determining 
whether its rates are just and reasonable under, sections 16-19, 16-19a 
and 16-19e, including an earnings sharing mechanism. In addition, 
each electric distribution company may earn compensation for 
mitigating the prices of the contracts for the provision of electric 
generation services, as provided in subdivision (2) of this subsection. 

(B) The department shall conduct a contested case proceeding 
pursuant to the provisions of chapter 54 to establish an incentive plan 
for the procurement of long-term contracts for transitional standard 
offer service by an electric distribution company. The incentive plan 
shall be based upon a comparison of the actual average firm full 
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requirements service contract price for electricity obtained by the 
electric distribution company compared to the regional average firm 
full requirements service contract price for electricity, adjusted for such 
variables as the department deems appropriate, including, but not 
limited to, differences in locational marginal pricing. If the actual 
average firm full requirements service contract price obtained by the 
electric distribution company is less than the actual regional average 
firm full requirements service contract price for the previous year, the 
department shall split five-tenths of one mill per kilowatt hour equally 
between ratepayers and the company. Revenues from such incentive 
plan shall not be included in calculating the electric distribution 
company's earnings for purposes of, or in determining whether its 
rates are just and reasonable under sections 16-19, 16-19a and 16-19e. 
The department may, as it deems necessary, retain a third party entity 
with expertise in energy procurement to assist with the development 
of such incentive plan. 

(c) (1) On and after January 1, 2007, each electric distribution 
company shall provide electric generation services through standard 
service to any customer who (A) does not arrange for or is not 
receiving electric generation services from an electric supplier, and (B) 
does not use a demand meter or has a maximum demand of less than 
five hundred kilowatts. 

(2) Not later than October 1, 2006, and periodically as required by 
subdivision (3) of this subsection, but not more often than every 
calendar quarter, the Department of Public Utility Control shall 
establish the standard service price for such customers pursuant to 
subdivision (3) of this subsection. Each electric distribution company 
shall recover the actual net costs of procuring and providing electric 
generation services pursuant to this subsection, provided such 
company mitigates the costs it incurs for the procurement of electric 
generation services for customers who are no longer receiving service 
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pursuant to this subsection. On or before July 1, 2012, and biennially 
thereafter, the Department of Public Utility Control shall conduct an 
uncontested proceeding, which shall include a public hearing to which 
the Consumer Counsel and Attorney General shall be participants, to 
review the performance of the electric distribution companies or such 
other entity selected by the department pursuant to this subsection. 
The department shall issue a written decision regarding the review. If 
the department determines that it is in the best interest of standard 
service customers to seek an alternative to the electric distribution 
companies' or such entity's procurement of electricity, the department 
shall conduct a request for proposals for such procurement services. 
Any contract entered into pursuant to this section shall be for not more 
than two years. 

(3) An electric distribution company or such other entity selected by 
the department providing electric generation services pursuant to this 
subsection shall [mitigate the variation of the price of the service 
offered to its customers by procuring] procure electric generation 
services contracts in the manner prescribed in [a plan approved by the 
department. Such plan shall require the procurement of a portfolio of 
service contracts sufficient to meet the projected load of the electric 
distribution company. Such plan shall require that the portfolio of 
service contracts be procured in an overlapping pattern of fixed 
periods at such times and in such manner and duration as the 
department determines to be most likely to produce just, reasonable 
and reasonably stable retail rates while reflecting underlying 
wholesale market prices over time. The portfolio of contracts shall be 
assembled in such manner as to invite competition; guard against 
favoritism, improvidence, extravagance, fraud and corruption; and 
secure a reliable electricity supply while avoiding unusual, anomalous 
or excessive pricing. The portfolio of contracts procured under such 
plan shall be for terms of not less than six months, provided contracts 
for shorter periods may be procured under such conditions as the 
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department shall prescribe to (A) ensure the lowest rates possible for 
end-use customers; (B) ensure reliable service under extraordinary 
circumstances; and (C) ensure the prudent management of the contract 
portfolio] section 30 of this act. An electric distribution company may 
receive a bid for an electric generation services contract from any of its 
generation entities or affiliates, provided such generation entity or 
affiliate submits its bid the business day preceding the first day on 
which an unaffiliated electric supplier may submit its bid and further 
provided the electric distribution company and the generation entity 
or affiliate are in compliance with the code of conduct established in 
section 16-244h. 

(4) [The] For standard service contracts procured prior to 
department approval of the plan developed pursuant to section 30 of 
this act, the department, in consultation with the Office of Consumer 
Counsel, [shall] may retain the services of a third-party entity with 
expertise in the area of energy procurement to oversee [the initial 
development of the] any request for proposals and the procurement of 
contracts by an electric distribution company or such entity selected by 
the department pursuant to subdivision (2) of this subsection, for the 
provision of electric generation services offered pursuant to this 
subsection. Costs associated with the retention of such third-party 
entity shall be included in the cost of electric generation services that is 
included in such price. 

(5) [Each] For standard service contracts procured prior to 
department approval of the plan developed pursuant to section 30 of 
this act, each bidder for a standard service contract shall submit its bid 
to the electric distribution company or such entity selected by the 
department, pursuant to subdivision (2) of this subsection, and the 
third-party entity who shall jointly review the bids and submit an 
overview of all bids together with a joint recommendation to the 
department as to the preferred bidders. The department may, within 
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ten business days of submission of the overview, reject the 
recommendation regarding preferred bidders. In the event that the 
department rejects the preferred bids, the electric distribution 
company or such entity selected by the department, pursuant to 
subdivision (2) of this subsection, and the third-party entity shall rebid 
the service pursuant to this subdivision. The department shall review 
each bid in an uncontested proceeding that shall include a public 
hearing and in which the Consumer Counsel and Attorney General 
may participate. 

(6) After department approval of the plan developed pursuant to 
section 30 of this act, if an electric distribution company or such entity 
selected by the department pursuant to subdivision (2) of this 
subsection seeks to enter into a purchase of energy or other market 
products for standard service of greater than one year and up to three 
years in duration, such company or entity shall propose the details of 
such proposed purchase to the department. The department shall 
review each proposed purchase in an uncontested proceeding that 
shall include a public hearing and in which the Consumer Counsel and 
Attorney General may participate. The department, in consultation 
with the Office of Consumer Counsel, may retain the services of a 
third-party entity with expertise in the area of energy procurement to 
assist in the development or review of the proposed purchase. The 
department may approve, with or without modification, or reject the 
proposed purchase as it deems appropriate. Any approval of the 
proposed purchase shall include a maximum price that the electric 
distribution company or such entity selected by the department 
pursuant to subdivision (2) of this subsection may agree to pay for the 
proposed purchase. After such approval, the electric distribution 
company or such entity selected by the department pursuant to 
subdivision (2) of this subsection shall procure the energy or market 
products at the lowest price available to it from sellers qualified to 
transact with the procuring entity, subject to the maximum price set 
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forth in the department's approval. 

(7) After department approval of the plan developed pursuant to 
section 30 of this act, if an electric distribution company or such entity 
selected by the department pursuant to subdivision (2) of this 
subsection seeks to enter into a purchase of energy or other market 
products for standard service of one year or less in duration, such 
company or entity shall propose the details of such proposed purchase 
to the department. The department may retain the services of a third-
party entity with expertise in the area of energy procurement to assist 
in the review of the proposed purchase. The department may approve, 
with or without modification, or reject the proposed purchase as the 
department deems appropriate. Any approval of the proposed 
purchase shall include a maximum price that the electric distribution 
company or such entity selected by the department pursuant to 
subdivision (2) of this subsection may agree to pay for the proposed 
purchase. After such approval, the electric distribution company or 
such entity selected by the department pursuant to subdivision (2) of 
this subsection shall procure the energy or market products at the 
lowest price available to it from sellers qualified to transact with the 
procuring entity, subject to the maximum price set forth in the 
department's approval.  

(8) Any contract for standard service of greater than three years in 
duration, or any contract for standard service that would directly 
result in the construction of a generating facility is subject to the 
review and approval of the department. The electric distribution 
company or such entity selected by the department pursuant to 
subdivision (2) of this subsection shall execute such contract subject to 
approval of the department and shall present such contract to the 
department for approval. The department shall review each contract in 
an uncontested proceeding that shall include a public hearing and in 
which the Consumer Counsel and Attorney General may participate. 
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The department, in consultation with the Office of Consumer Counsel, 
may retain the services of a third-party entity with expertise in the area 
of energy procurement to assist in the development or review of the 
contract. The department shall issue a decision on the contract within 
ninety days of submission by the electric distribution company or such 
entity selected by the department pursuant to subdivision (2) of this 
subsection. 

(d) (1) Notwithstanding the provisions of this section regarding the 
electric generation services component of the transitional standard 
offer or the procurement of electric generation services under standard 
service, section 16-244h or 16-245o, as amended by this act, the 
Department of Public Utility Control may, from time to time, direct an 
electric distribution company to offer, through an electric supplier or 
electric suppliers, before January 1, 2007, one or more alternative 
transitional standard offer options or, on or after January 1, 2007, one 
or more alternative standard service options. Such alternative options 
shall include, but not be limited to, an option that consists of the 
provision of electric generation services that exceed the renewable 
portfolio standards established in section 16-245a and may include an 
option that utilizes strategies or technologies that reduce the overall 
consumption of electricity of the customer. 

(2) (A) The department shall develop such alternative option or 
options in a contested case conducted in accordance with the 
provisions of chapter 54. The department shall determine the terms 
and conditions of such alternative option or options, including, but not 
limited to, (i) the minimum contract terms, including pricing, length 
and termination of the contract, and (ii) the minimum percentage of 
electricity derived from Class I or Class II renewable energy sources, if 
applicable. The electric distribution company shall, under the 
supervision of the department, subsequently conduct a bidding 
process in order to solicit electric suppliers to provide such alternative 
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option or options. 

(B) The department may reject some or all of the bids received 
pursuant to the bidding process. 

(3) The department may require an electric supplier to provide 
forms of assurance to satisfy the department that the contracts 
resulting from the bidding process will be fulfilled. 

(4) An electric supplier who fails to fulfill its contractual obligations 
resulting from this subdivision shall be subject to civil penalties, in 
accordance with the provisions of section 16-41, or the suspension or 
revocation of such supplier's license or a prohibition on the acceptance 
of new customers, following a hearing that is conducted as a contested 
case, in accordance with the provisions of chapter 54. 

(e) (1) On and after January 1, 2007, an electric distribution company 
shall serve customers that are not eligible to receive standard service 
pursuant to subsection (c) of this section as the supplier of last resort. 
This subsection shall not apply to customers purchasing power under 
contracts entered into pursuant to section 16-19hh.  

(2) An electric distribution company shall procure electricity at least 
every calendar quarter to provide electric generation services to 
customers pursuant to this subsection. The Department of Public 
Utility Control shall determine a price for such customers that reflects 
the full cost of providing the electricity on a monthly basis. Each 
electric distribution company shall recover the actual net costs of 
procuring and providing electric generation services pursuant to this 
subsection, provided such company mitigates the costs it incurs for the 
procurement of electric generation services for customers that are no 
longer receiving service pursuant to this subsection. 

(f) On and after January 1, 2000, and until such time the regional 
independent system operator implements procedures for the provision 



Senate Bill No. 493 

 

Public Act No. 10-97 47 of 90 
 

of back-up power to the satisfaction of the Department of Public Utility 
Control, each electric distribution company shall provide electric 
generation services to any customer who has entered into a service 
contract with an electric supplier that fails to provide electric 
generation services for reasons other than the customer's failure to pay 
for such services. Between January 1, 2000, and December 31, 2006, an 
electric distribution company may procure electric generation services 
through a competitive bidding process or through any of its generation 
entities or affiliates. On and after January 1, 2007, such company shall 
procure electric generation services through a competitive bidding 
process pursuant to a plan submitted by the electric distribution 
company and approved by the department. Such company may 
procure electric generation services through any of its generation 
entities or affiliates, provided such entity or affiliate is the lowest 
qualified bidder and provided further any such entity or affiliate is 
licensed pursuant to section 16-245, as amended by this act. 

(g) An electric distribution company is not required to be licensed 
pursuant to section 16-245, as amended by this act, to provide standard 
offer electric generation services in accordance with subsection (a) of 
this section, transitional standard offer service pursuant to subsection 
(b) of this section, standard service pursuant to subsection (c) of this 
section, supplier of last resort service pursuant to subsection (e) of this 
section or back-up electric generation service pursuant to subsection (f) 
of this section. 

(h) The electric distribution company shall be entitled to recover 
reasonable costs incurred as a result of providing standard offer 
electric generation services pursuant to the provisions of subsection (a) 
of this section, transitional standard offer service pursuant to 
subsection (b) of this section, standard service pursuant to subsection 
(c) of this section or back-up electric generation service pursuant to 
subsection (f) of this section. The provisions of this section and section 
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16-244a shall satisfy the requirements of section 16-19a until January 1, 
2007. 

(i) The Department of Public Utility Control shall establish, by 
regulations adopted pursuant to chapter 54, procedures for when and 
how a customer is notified that his electric supplier has defaulted and 
of the need for the customer to choose a new electric supplier within a 
reasonable period of time. 

(j) (1) Notwithstanding the provisions of subsection (d) of this 
section regarding an alternative transitional standard offer option or 
an alternative standard service option, an electric distribution 
company providing transitional standard offer service, standard 
service, supplier of last resort service or back-up electric generation 
service in accordance with this section shall contract with its wholesale 
suppliers to comply with the renewable portfolio standards. The 
Department of Public Utility Control shall annually conduct a 
contested case, in accordance with the provisions of chapter 54, in 
order to determine whether the electric distribution company's 
wholesale suppliers met the renewable portfolio standards during the 
preceding year. An electric distribution company shall include a 
provision in its contract with each wholesale supplier that requires the 
wholesale supplier to pay the electric distribution company an amount 
of five and one-half cents per kilowatt hour if the wholesale supplier 
fails to comply with the renewable portfolio standards during the 
subject annual period. The electric distribution company shall 
promptly transfer any payment received from the wholesale supplier 
for the failure to meet the renewable portfolio standards to the 
Renewable Energy Investment Fund for the development of Class I 
renewable energy sources. Any payment made pursuant to this section 
shall not be considered revenue or income to the electric distribution 
company. 

(2) Notwithstanding the provisions of subsection (d) of this section 
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regarding an alternative transitional standard offer option or an 
alternative standard service option, an electric distribution company 
providing transitional standard offer service, standard service, 
supplier of last resort service or back-up electric generation service in 
accordance with this section shall, not later than July 1, [2008] 2011, file 
with the Department of Public Utility Control for its approval one or 
more long-term power purchase contracts from Class I renewable 
energy source projects comprised of twenty-five megawatts of wind 
generation, fifteen megawatts of low head hydro-electricity, and five 
megawatts of other Class I renewable energy sources located in 
Connecticut that receive funding from the Renewable Energy 
Investment Fund, [and that are not less than one megawatt in size,] at 
a price that is either, at the determination of the project owner, (A) not 
more than the total of the comparable wholesale market price for 
generation plus five and one-half cents per kilowatt hour, or (B) [fifty 
per cent of the wholesale market electricity cost at the point at which 
transmission lines intersect with each other or interface with the 
distribution system, plus the project cost of fuel indexed to natural gas 
futures contracts on the New York Mercantile Exchange at the natural 
gas pipeline interchange located in Vermillion Parish, Louisiana that 
serves as the delivery point for such futures contracts, plus the fuel 
delivery charge for transporting fuel to the project, plus five] twelve 
and one-half cents per kilowatt hour adjusted for inflation. 
Department of Public Utility Control, in consultation with the 
Renewable Energy Investments Board, shall solicit offers from such 
projects not later than October 1, 2010. In its approval of such 
contracts, the department shall give preference to purchase contracts 
from those projects that would provide a financial benefit to ratepayers 
or would enhance the reliability of the electric transmission system of 
the state. Such projects shall be located in this state. The one-hundred-
fifty-megawatt limit for such projects may be exceeded only if the 
contracts for wind generation, Class I renewable energy sources and 
alternative renewable energy sources pursuant to this section and 
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contracts committed as of the effective date of this section exceed such 
limit. The owner of a fuel cell project principally manufactured in this 
state shall be allocated all available air emissions credits and tax credits 
attributable to the project and no less than fifty per cent of the energy 
credits in the Class I renewable energy credits program established in 
section 16-245a attributable to the project. On and after October 1, 2007, 
and until September 30, 2008, such contracts shall be comprised of not 
less than a total, apportioned among each electric distribution 
company, of one hundred twenty-five megawatts; and on and after 
October 1, 2008, such contracts shall be comprised of not less than a 
total, apportioned among each electrical distribution company, of one 
hundred fifty megawatts. The cost of such contracts and the 
administrative costs for the procurement of such contracts directly 
incurred shall be eligible for inclusion in the adjustment to the 
transitional standard offer as provided in this section and any 
subsequent rates for standard service, provided such contracts are for a 
period of time sufficient to provide financing for such projects, but not 
less than ten years, and are for projects which began operation on or 
after July 1, 2003. Except as provided in this subdivision, the amount 
from Class I renewable energy sources contracted under such contracts 
shall be applied to reduce the applicable Class I renewable energy 
source portfolio standards. For purposes of this subdivision, the 
department's determination of the comparable wholesale market price 
for generation shall be based upon a reasonable estimate. On or before 
September 1, 2007, the department, in consultation with the Office of 
Consumer Counsel and the Renewable Energy Investments [Advisory 
Council] Board, shall study the operation of such renewable energy 
contracts and report its findings and recommendations to the joint 
standing committee of the General Assembly having cognizance of 
matters relating to energy. 

(k) (1) As used in this section: 
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(A) "Participating electric supplier" means an electric supplier that is 
licensed by the department to provide electric service, pursuant to this 
subsection, to residential or small commercial customers. 

(B) "Residential customer" means a customer who is eligible for 
standard service and who takes electric distribution-related service 
from an electric distribution company pursuant to a residential tariff. 

(C) "Small commercial customer" means a customer who is eligible 
for standard service and who takes electric distribution-related service 
from an electric distribution company pursuant to a small commercial 
tariff. 

(D) "Qualifying electric offer" means an offer to provide full 
requirements commodity electric service and all other generation-
related service to a residential or small commercial customer at a fixed 
price per kilowatt hour for a term of no less than one year. 

(2) In the manner determined by the department, residential or 
small commercial service customers (A) initiating new utility service, 
(B) reinitiating service following a change of residence or business 
location, (C) making an inquiry regarding their utility rates, or (D) 
seeking information regarding energy efficiency shall be offered the 
option to learn about their ability to enroll with a participating electric 
supplier. Customers expressing an interest to learn about their electric 
supply options shall be informed of the qualifying electric offers then 
available from participating electric suppliers. The electric distribution 
companies shall describe then available qualifying electric offers 
through a method reviewed and approved by the department. The 
information conveyed to customers expressing an interest to learn 
about their electric supply options shall include, at a minimum, the 
price and term of the available electric supply option. Customers 
expressing an interest in a particular qualifying electric offer shall be 
immediately transferred to a call center operated by that participating 
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electric supplier. 

(3) Not later than September 1, 2007, the department shall establish 
terms and conditions under which a participating electric supplier can 
be included in the referral program described in subdivision (2) of this 
subsection. Such terms shall include, but not be limited to, requiring 
participating electrical suppliers to offer time-of-use and real-time use 
rates to residential customers. 

(4) Each calendar quarter, participating electric suppliers shall be 
allowed to list qualifying offers to provide electric generation service 
to residential and small commercial customers with each customer's 
utility bill. The department shall determine the manner such 
information is presented in customers' utility bills.  

(5) Any customer that receives electric generation service from a 
participating electric supplier may return to standard service or may 
choose another participating electric supplier at any time, including 
during the qualifying electric offer, without the imposition of any 
additional charges. Any customer that is receiving electric generation 
service from an electric distribution company pursuant to standard 
service can switch to another participating electric supplier at any time 
without the imposition of additional charges. 

(l) Each electric distribution company shall offer to bill customers on 
behalf of participating electric suppliers and to pay such suppliers in a 
timely manner the amounts due such suppliers from customers for 
generation services, less a percentage of such amounts that reflects 
uncollectible bills and overdue payments as approved by the 
Department of Public Utility Control. 

(m) On or before July 1, 2007, the Department of Public Utility 
Control shall initiate a proceeding to examine whether electric supplier 
bills rendered pursuant to section 16-245d, as amended by this act, and 
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any regulations adopted thereunder sufficiently enable customers to 
compare pricing policies and charges among electric suppliers. 

(n) The department shall conduct a proceeding to determine the cost 
of billing, collection and other services provided by the electric 
distribution companies or the department solely for the benefit of 
participating electric suppliers and aggregators. The department shall 
order an equitable allocation of such costs among electric suppliers 
and aggregators. As part of this same proceeding, the department shall 
also determine the costs that the electric distribution companies incur 
solely for the benefit of standard service and last resort service 
customers. The department shall allocate and provide for the equitable 
recovery of such costs from standard service or last resort service 
customers. 

[(n)] (o) Nothing in the provisions of this section shall preclude an 
electric distribution company from entering into standard service 
supply contracts or standard service supply components with electric 
generating facilities.  

Sec. 14. Subdivision (30) of subsection (a) of section 16-1 of the 
general statutes is repealed and the following is substituted in lieu 
thereof (Effective July 1, 2010): 

(30) "Electric supplier" means any person [, including an electric 
aggregator] or participating municipal electric utility that is licensed 
by the Department of Public Utility Control in accordance with section 
16-245, [that] as amended by this act, and provides electric generation 
services to end use customers in the state using the transmission or 
distribution facilities of an electric distribution company, regardless of 
whether or not such person takes title to such generation services, but 
does not include: (A) A municipal electric utility established under 
chapter 101, other than a participating municipal electric utility; (B) a 
municipal electric energy cooperative established under chapter 101a; 
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(C) an electric cooperative established under chapter 597; (D) any other 
electric utility owned, leased, maintained, operated, managed or 
controlled by any unit of local government under any general statute 
or special act; or (E) an electric distribution company in its provision of 
electric generation services in accordance with subsection (a) or, prior 
to January 1, 2004, subsection (c) of section 16-244c, as amended by this 
act. 

Sec. 15. Subdivision (31) of subsection (a) of section 16-1 of the 
general statutes is repealed and the following is substituted in lieu 
thereof (Effective July 1, 2010): 

(31) "Electric aggregator" means [(A) a person, municipality or 
regional water authority that] any person, municipality or regional 
water authority or the Connecticut Resource Recovery Authority, if 
such entity gathers together electric customers for the purpose of 
negotiating the purchase of electric generation services from an electric 
supplier, [or (B) the Connecticut Resources Recovery Authority, if it 
gathers together electric customers for the purpose of negotiating the 
purchase of electric generation services from an electric supplier,] 
provided such [person, municipality or authority] entity is not 
engaged in the purchase or resale of electric generation services, and 
provided further such customers contract for electric generation 
services directly with an electric supplier, and may include an electric 
cooperative established pursuant to chapter 597. 

Sec. 16. Section 16-245d of the general statutes is repealed and the 
following is substituted in lieu thereof (Effective July 1, 2010): 

(a) The Department of Public Utility Control shall, by regulations 
adopted pursuant to chapter 54, develop a standard billing format that 
enables customers to compare pricing policies and charges among 
electric suppliers. [Not later than January 1, 2006, the] The department 
shall adopt regulations, in accordance with the provisions of chapter 
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54, to provide that an electric supplier, until October 1, 2010, may 
provide direct billing and collection services for electric generation 
services and related federally mandated congestion charges that such 
supplier provides to its customers [that have] with a maximum 
demand of not less than one hundred kilowatts [and] that choose to 
receive a bill directly from such supplier and, on and after October 1, 
2010, shall provide direct billing and collection services for electric 
generation services and related federally mandated congestion charges 
that such suppliers provide to their customers or may choose to obtain 
such billing and collection service through an electric distribution 
company and pay its pro rata share in accordance with the provisions 
of subsection (h) of section 16-244c, as amended by this act. Any 
customer of an electric supplier, which is choosing to provide direct 
billing, who paid for the cost of billing and other services to an electric 
distribution company shall receive a credit on their monthly bill. 

(1) An electric supplier that chooses to provide billing and collection 
services shall, in accordance with the billing format developed by the 
department, include the following information in each customer's bill: 
(A) The total amount owed by the customer, which shall be itemized to 
show (i) the electric generation services component and any additional 
charges imposed by the electric supplier, and (ii) federally mandated 
congestion charges applicable to the generation services; (B) any 
unpaid amounts from previous bills, which shall be listed separately 
from current charges; (C) the rate and usage for the current month and 
each of the previous twelve months in bar graph form or other visual 
format; (D) the payment due date; (E) the interest rate applicable to 
any unpaid amount; (F) the toll-free telephone number of the 
Department of Public Utility Control for questions or complaints; and 
(G) the toll-free telephone number and address of the electric supplier.  

(2) An [electric company,] electric distribution company [or electric 
supplier that provides direct billing of the electric generation service 
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component and related federally mandated congestion charges, as the 
case may be,] shall, in accordance with the billing format developed by 
the department, include the following information in each customer's 
bill: [, as appropriate: (1)] (A) The total amount owed by the customer, 
which shall be itemized to show, [(A)] (i) the electric generation 
services component [and any additional charges imposed by the 
electric supplier, if applicable, (B)] if the customer obtains standard 
service or last resort service from the electric distribution company, (ii) 
the distribution charge, including all applicable taxes and the systems 
benefits charge, as provided in section 16-245l, [(C)] (iii) the 
transmission rate as adjusted pursuant to subsection (d) of section 16-
19b, [(D)] (iv) the competitive transition assessment, as provided in 
section 16-245g, [(E)] (v) federally mandated congestion charges, and 
[(F)] (vi) the conservation and renewable energy charge, consisting of 
the conservation and load management program charge, as provided 
in section 16-245m, as amended by this act, and the renewable energy 
investment charge, as provided in section 16-245n, as amended by this 
act; [(2)] (B) any unpaid amounts from previous bills which shall be 
listed separately from current charges; [(3)] (C) except for customers 
subject to a demand charge, the rate and usage for the current month 
and each of the previous twelve months in the form of a bar graph or 
other visual form; [(4)] (D) the payment due date; [(5)] (E) the interest 
rate applicable to any unpaid amount; [(6)] (F) the toll-free telephone 
number of the electric distribution company to report power losses; 
[(7)] (G) the toll-free telephone number of the Department of Public 
Utility Control for questions or complaints; [(8) the toll-free telephone 
number and address of the electric supplier; and (9)] and (H) if a 
customer has a demand of five hundred kilowatts or less during the 
preceding twelve months, a statement about the availability of 
information concerning electric suppliers pursuant to section 16-245p. 

(b) The regulations shall provide guidelines for determining until 
October 1, 2010, the billing relationship between the electric 
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distribution company and electric suppliers, including, but not limited 
to, the allocation of partial bill payments and late payments between 
the electric distribution company and the electric supplier. An electric 
distribution company that provides billing services for an electric 
supplier shall be entitled to recover from the electric supplier all 
reasonable transaction costs to provide such billing services as well as 
a reasonable rate of return, in accordance with the principles in 
subsection (a) of section 16-19e.  

Sec. 17. Section 16-245o of the general statutes is repealed and the 
following is substituted in lieu thereof (Effective July 1, 2010): 

(a) To protect a customer's right to privacy from unwanted 
solicitation, each electric company or electric distribution company, as 
the case may be, shall distribute to each customer a form approved by 
the Department of Public Utility Control which the customer shall 
submit to the customer's electric or electric distribution company in a 
timely manner if the customer does not want the customer's name, 
address, telephone number and rate class to be released to electric 
suppliers. On and after July 1, 1999, each electric or electric distribution 
company, as the case may be, shall make available to all electric 
suppliers customer names, addresses, telephone numbers, if known, 
and rate class, unless the electric company or electric distribution 
company has received a form from a customer requesting that such 
information not be released. Additional information about a customer 
for marketing purposes shall not be released to any electric supplier 
unless a customer consents to a release by one of the following: (1) An 
independent third-party telephone verification; (2) receipt of a written 
confirmation received in the mail from the customer after the customer 
has received an information package confirming any telephone 
agreement; (3) the customer signs a document fully explaining the 
nature and effect of the release; or (4) the customer's consent is 
obtained through electronic means, including, but not limited to, a 
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computer transaction. 

(b) All electric suppliers shall have equal access to customer 
information required to be disclosed under subsection (a) of this 
section. No electric supplier shall have preferential access to historical 
distribution company customer usage data. 

(c) No electric or electric distribution company shall include in any 
bill or bill insert anything that directly or indirectly promotes a 
generation entity or affiliate of the electric distribution company. No 
electric supplier shall include a bill insert in an electric bill of an 
electric distribution company. 

(d) All marketing information provided pursuant to the provisions 
of this section shall be formatted electronically by the electric company 
or electric distribution company, as the case may be, in a form that is 
readily usable by standard commercial software packages. Updated 
lists shall be made available within a reasonable time, as determined 
by the department, following a request by an electric supplier. Each 
electric supplier seeking the information shall pay a fee to the electric 
company or electric distribution company, as the case may be, which 
reflects the incremental costs of formatting, sorting and distributing 
this information, together with related software changes. Customers 
shall be entitled to any available individual information about their 
loads or usage at no cost. 

(e) Each electric supplier shall, prior to the initiation of electric 
generation services, provide the potential customer with a written 
notice describing the rates, information on air emissions and resource 
mix of generation facilities operated by and under long-term contract 
to the supplier, terms and conditions of the service, and a notice 
describing the customer's right to cancel the service, as provided in this 
section. No electric supplier shall provide electric generation services 
unless the customer has signed a service contract or consents to such 
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services by one of the following: (1) An independent third-party 
telephone verification; (2) receipt of a written confirmation received in 
the mail from the customer after the customer has received an 
information package confirming any telephone agreement; (3) the 
customer signs a [document fully explaining the nature and effect of 
the initiation of the service] contract that conforms with the provisions 
of this section; or (4) the customer's consent is obtained through 
electronic means, including, but not limited to, a computer transaction. 
Each electric supplier shall provide each customer with a demand of 
less than one hundred kilowatts, a written contract that conforms with 
the provisions of this section and maintain records of such signed 
service contract or consent to service for a period of not less than two 
years from the date of expiration of such contract, which records shall 
be provided to the division or the customer upon request. Each 
contract for electric generation services shall contain all material terms 
of the agreement, a clear and conspicuous statement explaining the 
rates that such customer will be paying, including the circumstances 
under which the rates may change, a statement that provides specific 
directions to the customer as to how to compare the price term in the 
contract to the customer's existing electric generation service charge on 
the electric bill and how long those rates are guaranteed. Such contract 
shall also include a clear and conspicuous statement providing the 
customer's right to cancel such contract within three days of signature 
or receipt in accordance with the provisions of this subsection, 
describing under what circumstances, if any, the supplier may 
terminate the contract and describing any penalty for early termination 
of such contract. Each contract shall be signed by the customer, or 
otherwise agreed to in accordance with the provisions of this 
subsection. A customer who has a maximum demand of five hundred 
kilowatts or less shall, until midnight of the third business day after 
the latter of the day on which the customer enters into a service 
agreement or the day on which the customer receives the written 
contract from the electric supplier as provided in this section, have the 
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right to cancel a contract for electric generation services entered into 
with an electric supplier. 

[(f) An electric supplier shall not advertise or disclose the price of 
electricity in such a manner as to mislead a reasonable person into 
believing that the electric generation services portion of the bill will be 
the total bill amount for the delivery of electricity to the customer's 
location. When advertising or disclosing the price for electricity, the 
electric supplier shall also disclose the electric distribution company's 
average current charges, including the competitive transition 
assessment and the systems benefits charge, for that customer class.]  

(f) (1) Any third-party agent who contracts with or is otherwise 
compensated by an electric supplier to sell electric generation services 
shall be a legal agent of the electric supplier. No third-party agent may 
sell electric generation services on behalf of an electric supplier unless 
(i) the third-party agent is an employee or independent contractor of 
such electric supplier, and (ii) the third-party agent has received 
appropriate training directly from such electric supplier.  

(2) On or after July 1, 2010, all sales and solicitations of electric 
generation services by an electric supplier, aggregator or agent of an 
electric supplier or aggregator to a customer with a maximum demand 
of one hundred kilowatts or less conducted and consummated entirely 
by mail, door-to-door sale, telephone or other electronic means, during 
a scheduled appointment at the premises of a customer or at a fair, 
trade or business show, convention or exposition in addition to 
complying with the provisions of subsection (e) of this section shall: 

(A) For any sale or solicitation, including from any person 
representing such electric supplier, aggregator or agent of an electric 
supplier or aggregator (i) identify the person and the electric 
generation services company or companies the person represents; (ii) 
provide a statement that the person does not represent an electric 
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distribution company; (iii) explain the purpose of the solicitation; and 
(iv) explain all rates, fees, variable charges and terms and conditions 
for the services provided; and 

(B) For door-to-door sales to customers with a maximum demand of 
one hundred kilowatts, which shall include the sale of electric 
generation services in which the electric supplier, aggregator or agent 
of an electric supplier or aggregator solicits the sale and receives the 
customer's agreement or offer to purchase at a place other than the 
seller's place of business, be conducted (i) in accordance with any 
municipal and local ordinances regarding door-to-door solicitations, 
(ii) between the hours of ten o'clock a.m. and six o'clock p.m., and (iii) 
with both Spanish and English written materials available. Any 
representative of an electric supplier, aggregator or agent of an electric 
supplier or aggregator shall prominently display or wear a photo 
identification badge stating the name of such person's employer or the 
electric supplier the person represents. Each such supplier, aggregator 
or agent shall conduct a criminal background check on each person 
such entity employs to conduct such door-to-door sales and no one 
who has been convicted of a felony or a misdemeanor involving 
robbery, theft, misrepresentation or any other similar crime shall be 
employed to conduct such sales. 

(3) No electric supplier, aggregator or agent of an electric supplier 
or aggregator shall advertise or disclose the price of electricity to 
mislead a reasonable person into believing that the electric generation 
services portion of the bill will be the total bill amount for the delivery 
of electricity to the customer's location. When advertising or disclosing 
the price for electricity, the electric supplier, aggregator or agent of an 
electric supplier or aggregator shall also disclose the electric 
distribution company's current charges, including the competitive 
transition assessment and the systems benefits charge, for that 
customer class.  



Senate Bill No. 493 

 

Public Act No. 10-97 62 of 90 
 

(4) No entity, including an aggregator or agent of an electric 
supplier or aggregator, who sells or offers for sale any electric 
generation services for or on behalf of an electric supplier, shall engage 
in any deceptive acts or practices in the marketing, sale or solicitation 
of electric generation services. 

(5) Each electric supplier shall disclose to the Department of Public 
Utility Control in a standardized format (A) the amount of additional 
renewable energy credits such supplier will purchase beyond required 
credits, (B) where such additional credits are being sourced from, and 
(C) the types of renewable energy sources that will be purchased. Each 
electric supplier shall only advertise renewable energy credits 
purchased beyond those required pursuant to section 16-245a and shall 
report to the department the renewable energy sources of such credits 
and whenever the mix of such sources changes. 

(6) No contract for electric generation services by an electric supplier 
shall require a residential customer to pay any fee for termination or 
early cancellation of a contract in excess of (A) one hundred dollars; or 
(B) twice the estimated bill for energy services for an average month, 
whichever is less, provided when an electric supplier offers a contract, 
it provides the residential customer an estimate of such customer's 
average monthly bill. 

(7) An electric supplier shall not make a material change in the 
terms or duration of any contract for the provision of electric 
generation services by an electric supplier without the express consent 
of the customer. Nothing in this subdivision shall restrict an electric 
supplier from renewing a contract by clearly informing the customer in 
writing, not less than thirty days nor more than sixty days before the 
renewal date, of the renewal terms and of the option not to accept the 
renewal offer, provided no fee pursuant to subdivision (6) of this 
section shall be charged to a customer who terminates or cancels such 
renewal not later than seven business days after receiving the first 
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billing statement for the renewed contract. 

(g) Each electric supplier, aggregator or agent of an electric supplier 
or aggregator shall comply with the provisions of the telemarketing 
regulations adopted pursuant to 15 USC 6102. 

(h) Any violation of this section shall be deemed an unfair or 
deceptive trade practice under subsection (a) of section 42-110b.  Any 
contract for electric generation services that the division finds to be the 
product of unfair or deceptive marketing practices or in material 
violation of the provisions of this section shall be void and 
unenforceable. Any waiver of the provisions of this section by a 
customer of electric generation services shall be deemed void and 
unenforceable by the electric supplier. 

(i) Any violation or failure to comply with any provision of this 
section shall be subject to (1) civil penalties by the department in 
accordance with section 16-41, (2) the suspension or revocation of an 
electric supplier or aggregator's license, or (3) a prohibition on 
accepting new customers following a hearing that is conducted as a 
contested case in accordance with chapter 54.  

(j) The department may adopt regulations, in accordance with the 
provisions of chapter 54, to include, but not be limited to, abusive 
switching practices, solicitations and renewals by electric suppliers. 

Sec. 18. Subsection (g) of section 16-245 of the general statutes is 
repealed and the following is substituted in lieu thereof (Effective July 
1, 2010): 

(g) As conditions of continued licensure, in addition to the 
requirements of subsection (c) of this section: (1) The licensee shall 
comply with the National Labor Relations Act and regulations, if 
applicable; (2) the licensee shall comply with the Connecticut Unfair 
Trade Practices Act and applicable regulations; (3) each generating 
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facility operated by or under long-term contract to the licensee shall 
comply with regulations adopted by the Commissioner of 
Environmental Protection, pursuant to section 22a-174j; (4) the licensee 
shall comply with the portfolio standards, pursuant to section 16-245a; 
(5) the licensee shall be a member of the New England Power Pool or 
its successor or have a contractual relationship with one or more 
entities who are members of the New England Power Pool or its 
successor and the licensee shall comply with the rules of the regional 
independent system operator and standards and any other reliability 
guidelines of the regional independent systems operator; (6) the 
licensee shall agree to cooperate with the department and other electric 
suppliers in the event of an emergency condition that may jeopardize 
the safety and reliability of electric service; (7) the licensee shall comply 
with the code of conduct established pursuant to section 16-244h; (8) 
for a license to a participating municipal electric utility, the licensee 
shall provide open and nondiscriminatory access to its distribution 
facilities to other licensed electric suppliers; (9) the licensee or the 
entity or entities with whom the licensee has a contractual relationship 
to purchase power shall be in compliance with all applicable licensing 
requirements of the Federal Energy Regulatory Commission; (10) each 
generating facility operated by or under long-term contract to the 
licensee shall be in compliance with chapter 277a and state 
environmental laws and regulations; (11) the licensee shall comply 
with the renewable portfolio standards established in section 16-245a; 
(12) the licensee shall offer a time-of-use rate option to customers that 
provides for a peak period use rate of at least a five hundred per cent 
increase in the standard nonpeak use rate. Such peak period shall be 
not more than four hours in any twenty-four-hour period. The 
standard nonpeak use rate under this option shall be less than the 
standard use rate offer by such supplier to the customer. Nothing in 
this subdivision shall preclude such supplier from offering other time 
of use options; and [(12)] (13) the licensee shall acknowledge that it is 
subject to chapters 208, 212, 212a and 219, as applicable, and the 
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licensee shall pay all taxes it is subject to in this state. Also as a 
condition of licensure, the department shall prohibit each licensee from 
declining to provide service to customers for the reason that the 
customers are located in economically distressed areas. The 
department may establish additional reasonable conditions to assure 
that all retail customers will continue to have access to electric 
generation services. 

Sec. 19. (NEW) (Effective July 1, 2010) (a) The Renewable Energy 
Investments Board, shall structure and implement a residential solar 
investment program pursuant to this section and shall result in a 
minimum of thirty megawatts of new residential solar photovoltaic 
installations located in this state on or before December 31, 2021. For 
the purposes of this section and sections 28 and 29 of this act, 
"residential" means dwellings with one to four units. 

(b) The Renewable Energy Investments Board shall offer direct 
financial incentives, in the form of performance-based incentives or 
expected performance-based buydowns, for the purchase or lease of 
qualifying residential solar photovoltaic systems. For the purposes of 
this section, "performance-based incentives" means incentives paid out 
on a per kilowatt-hour basis, and "expected performance-based 
buydowns" means incentives paid out as a one-time upfront incentive 
based on expected system performance. The board shall consider 
willingness to pay studies and verified solar photovoltaic system 
characteristics, such as operational efficiency, size, location, shading 
and orientation, when determining the type and amount of incentive.  

(c) Beginning with the comprehensive plan covering the period 
from July 1, 2010, to June 30, 2012, the Renewable Energy Investments 
Board shall develop and publish in each such plan a proposed 
schedule for the offering of performance-based incentives or expected 
performance-based buydowns over the duration of any such solar 
incentive program. Such schedule shall: (1) Provide for a series of solar 
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capacity blocks the combined total of which shall be a minimum of 
thirty megawatts and projected incentive levels for each such block; (2) 
provide incentives that are sufficient to meet reasonable payback 
expectations of the residential consumer, taking into consideration the 
estimated cost of residential solar installations, the value of the energy 
offset by the system and the availability and estimated value of other 
incentives, including, but not limited to, federal and state tax 
incentives and revenues from the sale of solar renewable energy 
credits; (3) provide incentives that decline over time and will foster the 
sustained, orderly development of a state-based solar industry; (4) 
automatically adjust to the next block once the board has issued 
reservations for financial incentives provided pursuant to this section 
from the board fully committing the target solar capacity and available 
incentives in that block; and (5) provide comparable economic 
incentives for the purchase or lease of qualifying residential solar 
photovoltaic systems. The board may retain the services of a third-
party entity with expertise in the area of solar energy program design 
to assist in the development of the incentive schedule or schedules. 
The department shall review and approve such schedule. Nothing in 
this subsection shall restrict the board from modifying the approved 
incentive schedule before the issuance of its next comprehensive plan 
to account for changes in federal or state law or regulation or 
developments in the solar market when such changes would affect the 
expected return on investment for a typical residential solar 
photovoltaic system by twenty per cent or more. 

(d) The Renewable Energy Investments Board shall establish and 
periodically update program guidelines, including, but not limited to, 
requirements for systems and program participants related to: (1) 
Eligibility criteria; (2) standards for deployment of energy efficient 
equipment or building practices as a condition for receiving incentive 
funding; (3) procedures to provide reasonable assurance that such 
reservations are made and incentives are paid out only to qualifying 
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residential solar photovoltaic systems demonstrating a high likelihood 
of being installed and operated as indicated in application materials; 
and (4) reasonable protocols for the measurement and verification of 
energy production.  

(e) The Renewable Energy Investments Board shall maintain on its 
web site the schedule of incentives, solar capacity remaining in the 
current block and available funding and incentive estimators.  

(f) Funding for the residential performance-based incentive 
program and expected performance-based buydowns shall be 
apportioned from the moneys collected under the surcharge specified 
in section 16-245n of the general statutes, as amended by this act, 
provided such apportionment shall not exceed one-third of the total 
surcharge collected annually, and supplemented by federal funding as 
may become available. 

(g) The Renewable Energy Investments Board shall identify barriers 
to the development of a permanent Connecticut-based solar workforce 
and shall make provision for comprehensive training, accreditation 
and certification programs through institutions and individuals 
accredited and certified to national standards. 

(h) On or before January 1, 2013, and every two years thereafter for 
the duration of the program, the Renewable Energy Investments Board 
shall report to the joint standing committee of the General Assembly 
having cognizance of matters relating to energy on progress toward 
the goals identified in subsection (a) of this section. 

Sec. 20. (NEW) (Effective July 1, 2010) (a) Commencing on January 1, 
2011, and within the period established in subsection (a) of section 21 
of this act, each electric distribution company shall solicit and file with 
the Department of Public Utility Control for its approval, one or more 
long-term power purchase contracts with owners or developers of 
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customer-sited solar photovoltaic generation projects that are less than 
two thousand kilowatts in size, located on the customer side of the 
revenue meter and serve the distribution system of the electric 
distribution company. 

(b) Solicitations conducted by the electric distribution company 
shall be for the purchase of solar renewable energy credits produced 
by eligible customer-sited solar photovoltaic generating projects over 
the duration of the long-term contract. For purposes of this section, a 
long-term contract is a contract for a minimum of fifteen years. The 
electric distribution company may solicit proposals for a combination 
of renewable energy and associated solar renewable energy credits. 

(c) The aggregate procurement of solar renewable energy credits by 
electric distribution companies pursuant to this section shall be no less 
than four million three hundred fifty thousand. The production of a 
megawatt hour of electricity from a Class I solar renewable energy 
source first placed in service on or after the effective date of this 
section shall create one solar renewable energy credit. A solar 
renewable energy credit shall have an effective life covering the year in 
which the credit was created and the following calendar year. The 
obligation to purchase solar renewable energy credits shall be 
apportioned to electric distribution companies based on their 
respective distribution system loads at the commencement of the 
procurement period, as determined by the department. An electric 
distribution company shall not be required to enter into a contract that 
provides a payment of more than six hundred fifty dollars per 
megawatt hour in the initial year of the contract.  

(d) Notwithstanding subdivision (1) of subsection (j) of section 16-
244c of the general statutes, as amended by this act, an electric 
distribution company may retire the solar renewable energy credits it 
procures through long-term contracting to satisfy its obligation 
pursuant to section 16-245a of the general statutes. 
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(e) Nothing in this section shall preclude the resale or other 
disposition of energy or associated solar renewable energy credits 
purchased by the electric distribution company, provided the 
distribution company shall net the cost of payments made to projects 
under the long-term contracts against the proceeds of the sale of 
energy or solar renewable energy credits and the difference shall be 
credited or charged to distribution customers through a reconciling 
component of electric rates as determined by the department. 

Sec. 21. (NEW) (Effective July 1, 2010) (a) Each electric distribution 
company shall, not later than one hundred eighty days after the 
effective date of this section, propose a ten-year solar solicitation plan 
that shall include a timetable and methodology for soliciting proposals 
for long-term solar renewable energy credits or energy contracts from 
in-state generators and that shall end in calendar year 2021. The 
electric distribution company's solar solicitation plan shall be subject to 
the review and approval of the department, provided contracts 
comprising no less than twenty-five per cent of the electric distribution 
company's obligation shall be submitted for department approval on 
or before January 1, 2012, no less than fifty per cent of such obligation 
shall be submitted for such approval on or before July 1, 2014, and no 
less than seventy-five per cent of such obligation shall be submitted for 
such approval on or before July 1, 2016.  

(b) The electric distribution company's approved solar solicitation 
plan shall be designed to foster a diversity of solar project sizes and 
participation among all eligible customer classes subject to cost-
effectiveness considerations. Separate procurement processes shall be 
conducted for (1) systems up to fifty kilowatts; (2) systems greater than 
fifty kilowatts but less than two hundred kilowatts; and (3) systems 
between two hundred and two thousand kilowatts. The Department of 
Public Utility Control shall give preference to competitive bidding for 
resources of more than fifty kilowatts, unless the department 
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determines that an alternative methodology is in the best interests of 
the electric distribution company's customers and the development of 
a competitive and self-sustaining solar market. Systems up to fifty 
kilowatts in size shall be eligible to receive, on an ongoing and 
continuous basis, a solar renewable energy credit offer price equivalent 
to the weighted average accepted bid price in the most recent 
solicitation for systems greater than fifty kilowatts but less than two 
hundred kilowatts, plus an additional incentive of ten per cent. 
Participation in the direct incentive program under section 26 of this 
act shall not disqualify an owner or operator of a qualified residential 
solar energy system to be eligible for this offer price. The offer price 
shall remain open at least until the electric distribution company has 
satisfied its procurement requirement for solar renewable energy 
credits, as specified in section 20 of this act. Once the offer price is 
closed, the owner or holder of a residential solar renewable energy 
credit may bid any outstanding or future credits in a competitive 
solicitation conducted by the electric distribution company pursuant to 
this subsection. 

(c) Each electric distribution company shall execute its approved 
ten-year solicitation plan and submit for review by the Department of 
Public Utility Control and approval of its preferred solar procurement 
plan comprised of any proposed contract or contracts with 
independent solar developers.  

(d) The Department of Public Utility Control shall hold a hearing 
that shall be conducted as an uncontested case, in accordance with the 
provisions of chapter 54 of the general statutes, to approve, reject or 
modify an application for approval of the electric distribution 
company's solar procurement plan. The department shall only approve 
such proposed plan if the department finds that (1) the solicitation and 
evaluation conducted by the electric distribution company was the 
result of a fair, open, competitive and transparent process; (2) approval 
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of the solar procurement plan would result in the greatest expected 
ratepayer value from solar energy or solar renewable energy credits at 
the lowest reasonable cost; and (3) such procurement plan satisfies 
other criteria established in the approved solicitation plan. The 
department shall not approve any proposal made under such plan 
unless it determines that the plan and proposals encompass all 
foreseeable sources of revenue or benefits and that such proposals, 
together with such revenue or benefits, would result in the greatest 
expected ratepayer value from solar energy or solar renewable energy 
credits. The department may, in its discretion, retain the services of an 
independent consultant with expertise in the area of energy 
procurement. The independent consultant shall be unaffiliated with 
the electric distribution company or its affiliates and shall not, directly 
or indirectly, have benefited from employment or contracts with the 
electric distribution company or its affiliates in the preceding five 
years, except as an independent consultant. For purposes of such 
audit, the electric distribution company shall provide the independent 
consultant immediate and continuing access to all documents and data 
reviewed, used or produced by the electric distribution company in its 
bid solicitation and evaluation process. The electric distribution 
company shall make all its personnel, agents and contractors used in 
the bid solicitation and evaluation available for interview by the 
consultant. The electric distribution company shall conduct any 
additional modeling requested by the independent auditor to test the 
assumptions and results of the bid evaluation process. The 
independent consultant shall not participate in or advise the electric 
distribution company with respect to any decisions in the bid 
solicitation or bid evaluation process. The department's administrative 
costs in reviewing the electric distribution company's solar 
procurement plan and the costs of the consultant shall be recovered 
through a reconciling component of electric rates as determined by the 
department. 
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(e) The electric distribution company shall be entitled to recover its 
reasonable costs of complying with its approved solar procurement 
plan through a reconciling component of electric rates as determined 
by the department. 

(f) If, by January 1, 2012, the department has not received proposed 
long-term solar renewable energy credit contracts consisting of at least 
twenty-five per cent of each electric distribution company's 
procurement obligation or by July 1, 2014, has not received proposed 
long-term solar renewable energy contracts consisting of at least fifty 
per cent of each electric distribution company's procurement 
obligation, or by July 1, 2016, has not received proposed long-term 
solar renewable energy contracts consisting of at least seventy-five per 
cent of each electric distribution company's procurement obligation, 
respectively, the department shall notify the electric distribution 
company of the shortfall. Unless, upon petition by the electric 
distribution company, the department grants the distribution company 
an extension not to exceed ninety days to correct this deficiency, the 
electric distribution company shall be assessed a noncompliance fee of 
five hundred dollars for each solar renewable energy credit shortfall in 
the initial year of the procurement, with the per credit fee declining by 
seven per cent annually over the duration of the ten-year solicitation 
plan. The noncompliance fees associated with the procurement 
shortfall shall be collected by the distribution company, maintained in 
a separate interest-bearing account and disbursed to the department 
on a quarterly basis. Funds collected by the department pursuant to 
this section shall be used to support the deployment of solar 
photovoltaic generating systems installed in the state with priority 
given to otherwise underserved market segments, including, but not 
limited to, low-income housing, schools and other public buildings 
and nonprofits. 

(g) No project that receives funding pursuant to this section shall be 
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eligible for funding pursuant to section 23 of this act. 

(h) Not later than sixty days after its approval of the distribution 
company procurement plans submitted on or before January 1, 2012, 
the Department of Public Utility Control shall submit a report to the 
joint standing committee of the General Assembly having cognizance 
of matters relating to energy. The report shall document for each 
distribution company procurement plan: (1) The total number of solar 
renewable energy credits bid relative to the number of solar renewable 
energy credits requested by the distribution company; (2) the total 
number of bidders in each market segment; (3) the number of contracts 
awarded; and (4) the total weighted average price of the solar 
renewable energy credits or energy so purchased. The department 
shall not report individual bid information or other proprietary 
information. 

Sec. 22. (NEW) (Effective July 1, 2010) (a) On or before July 1, 2011, 
the Department of Public Utility Control, in consultation with the 
Office of Policy and Management and the Department of Public 
Works, shall, within available funding, complete, or cause to be 
completed by private vendors, a comprehensive solar feasibility 
survey of facilities owned or operated by the state with a load of fifty 
kilowatts or more. The survey shall rank state-owned or operated 
facilities based on their technical feasibility to accommodate solar 
photovoltaic generating systems by considering such factors as: (1) On-
site energy consumption; (2) building orientation; (3) roof age and 
condition; (4) shading and the potential for obstruction to sunlight 
over the life of the solar system; (5) structural load capacity; (6) 
availability of ancillary facilities, such as parking lots, walkways or 
maintenance areas; (7) nonenergy related amenities; and (8) other 
factors that the Department of Public Utility Control deems may bear 
on the technical feasibility of such solar deployment.  

(b) The Department of Public Utility Control, shall, within available 
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funding, issue one or more requests for proposals for the deployment 
of solar photovoltaic generating systems at state-owned or operated 
facilities. Any such request for proposals shall be structured to 
maximize the state's ability to secure incentives available from the 
federal government or other sources. The department may seek in any 
request for proposals the services of an entity to finance, design, 
construct, own or maintain such solar photovoltaic system under a 
long-term solar services agreement. Any such entity chosen to provide 
such services shall not be considered a public service company under 
section 16-1 of the general statutes, as amended by this act. 

Sec. 23. (NEW) (Effective July 1, 2010) (a) Each electric distribution 
company shall, not later than July 1, 2011, file with the Department of 
Public Utility Control for its approval a tariff for production-based 
payments to owners or operators of Class I solar renewable energy 
source projects located in this state that are not less than one megawatt 
and connected directly to the distribution system of an electric 
distribution company.  

(b) Such tariffs shall provide production-based payments for a 
period not less than fifteen years from the in-service date of the Class I 
solar renewable energy source project at a price that is, at the 
determination of the Department of Public Utility Control, a cost-based 
payment consisting of the fully allocated cost of constructing and 
operating a Class I solar renewable energy source of from one 
megawatt to seven and one-half megawatts were such construction 
and operation to be undertaken or procured by the electric distribution 
company itself. In calculating the cost-based tariff, the department 
shall consider actual cost data for Class I solar energy sources 
constructed and operated by the electric distribution company 
pursuant to subsection (e) of this section taking into consideration all 
available state and federal incentives. 

(c) Such tariffs shall include a per project eligibility cap of seven and 
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one-half megawatts and an aggregate eligibility cap of fifty megawatts, 
apportioned among each electric distribution company in proportion 
to distribution load.  

(d) The cost of such tariff payments shall be eligible for inclusion in 
any subsequent rates, provided such payments are for projects 
operational on or after the effective date of this section, and recovered 
through a reconciling component of electric rates as determined by the 
Department of Public Utility Control. 

(e) On and after July 1, 2011, electric distribution companies may 
construct, own and operate solar electric generating facilities up to 
one-third of their proportional share of the total cap amounts specified 
under subsection (c) of this section, provided any such development 
shall be phased in over a period of no less than three years. Such 
projects shall be located on brownfields or other locations in a targeted 
investment community. The Department of Public Utility Control in a 
contested case, shall (1) authorize the electric distribution company to 
recover in rates its costs to construct, own and operate solar electric 
generating facilities, including a reasonable return on its investment 
not to exceed eight per cent, if such approval would result in a 
reasonable cost of meeting the solar energy requirements pursuant to 
said subsection (c) of this section and that such investment will not 
restrict competition or restrict growth in the state's solar energy 
industry or unfairly employ in a manner which would restrict 
competition in the market for solar energy systems any financial, 
marketing, distributing or generating advantage that the electric 
distribution company may exercise as a result of its authority to 
operate as a public service company, and (2) establish a mechanism for 
the electric distribution company to use a portion of such revenues to 
offset the development of an economic development rate to benefit 
residents of such targeted investment community.  

(f) Notwithstanding subdivision (1) of subsection (j) of section 16-
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244c of the general statutes, as amended by this act, the amount of 
renewable energy produced from Class I renewable energy sources 
receiving tariff payments or included in utility rates under this section 
shall be applied to reduce the electric distribution company's Class I 
renewable energy source portfolio standard.  

(g) No project that receives funding pursuant to this section shall be 
eligible for funding pursuant to section 21 of this act. 

(h) On or before September 1, 2012, the department, in consultation 
with the Office of Consumer Counsel and the Renewable Energy 
Investments Board, shall study the operation of solar renewable 
energy tariffs and shall report, in accordance with the provisions of 
section 11-4a of the general statutes, its findings and recommendations 
to the joint standing committee of the General Assembly having 
cognizance of matters relating to energy. 

(i) The department shall suspend the tariff established pursuant to 
this section upon the earlier of (1) an electric distribution company 
reaching its aggregate cap pursuant to subsection (c) of this section, or 
(2) three years from the effective date of the tariff. 

Sec. 24. (NEW) (Effective July 1, 2010) The Department of Public 
Utility Control in consultation with the Renewable Energy Investment 
Fund and the Conservation and Load Management Fund, shall 
develop coordinated programs to create a self-sustaining market for 
solar thermal systems for electricity, natural gas and fuel oil customers. 

Sec. 25. (NEW) (Effective July 1, 2010) The Department of Public 
Utility Control shall provide an additional incentive of up to five per 
cent of the then-applicable incentive provided pursuant to sections 19 
and 24 of this act for the use of major system components 
manufactured or assembled in Connecticut, and another additional 
incentive of up to five per cent of the then applicable incentive 
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provided pursuant to sections 19 and 24 of this act for the use of major 
system components manufactured or assembled in a distressed 
municipality, as defined in section 32-9p of the general statutes, or a 
targeted investment community, as defined in section 32-222 of the 
general statutes. 

Sec. 26. (NEW) (Effective July 1, 2010) (a) For the two-year period 
starting January 1, 2011, and ending June 30, 2013, the aggregate net 
annual cost recovered from electric ratepayers pursuant to sections 19 
to 25, inclusive, of this act and subsection (i) of section 16-245n of the 
general statutes shall not exceed one-half of one per cent of total retail 
electricity sales revenues of each electric distribution company. For the 
two-year period starting July 1, 2013, and ending June 30, 2015, the 
aggregate net annual cost recovered for electric ratepayers pursuant to 
sections 19 to 25, inclusive, of this act and subsection (i) of section 16-
245n of the general statutes shall not exceed three-fourths of one per 
cent of total retail electricity sales revenues of each electric distribution 
company. For each twelve-month period starting July 1, 2015, and 
every July first thereafter for the duration of the solar programs 
established pursuant to sections 19 to 25, inclusive, of this act and 
subsection (i) of section 16-245n of the general statutes the aggregate 
net cost of such programs recovered for electric ratepayers shall not 
exceed one per cent of total retail electricity sales revenues of each 
electric distribution company. 

(b) The Department of Public Utility Control shall net out the 
incentives paid by the Renewable Energy Investment Fund pursuant to 
section 16-245n of the general statutes, as amended by this act, for solar 
deployment programs against the aggregate annual costs identified in 
this section.  

(c) The Department of Public Utility Control shall report to the joint 
standing committee of the General Assembly having cognizance of 
matters relating to energy when the annual cost cap is within twenty 
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per cent of being exceeded. If the department projects that the annual 
cost cap will be exceeded, the department shall take measures to 
ensure such cap will not be exceeded. Such measures may include: (1) 
Delay or modify the development of solar electric generating facilities 
by electric distribution companies pursuant to subsection (e) of section 
23 of this act; (2) temporarily suspend the availability of production-
based incentives to customers not already eligible to receive such 
incentives under section 23 of this act; and (3) extend the scheduled 
electric distribution company solar renewable energy credit 
procurement plans under subsection (i) of section 16-245n of the 
general statutes. If the department determines that cost mitigation 
measures are required, it shall reduce proportionally the annual 
funding for the programs identified in subdivisions (1) to (3), inclusive, 
of this subsection and only to the extent required to bring projected 
annual costs below the cost cap. 

(d) On or before January 1, 2014, the Department of Public Utility 
Control shall report to the joint standing committee of the General 
Assembly having cognizance of matters relating to energy on the cost 
and charges involved in the implementation of this program, including 
a cost-benefit analysis. 

Sec. 27. (NEW) (Effective July 1, 2010) (a) The Renewable Energy 
Investments Board shall establish and administer a fuel cell pilot 
program to install fuel cells in state buildings using five million dollars 
of the funds collected pursuant to section 16-245n of the general 
statutes, as amended by this act. As part of the pilot program 
established pursuant to this subsection, the board shall identify state 
buildings in which installing fuel cells would provide the greatest 
public benefit and cause the greatest reduction in total energy 
consumption, consider the reliability and environmental characteristics 
of a fuel cell and require state buildings to undergo energy efficiency 
upgrades before receiving fuel cells pursuant to this subsection.  
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(b) On or before December 31, 2012, the board and the Connecticut 
Center for Advanced Technology shall jointly report, in accordance 
with section 11-4a of the general statutes, to the joint standing 
committee of the General Assembly having cognizance of matters 
relating to energy regarding the extent to which the pilot program 
established pursuant to subsection (a) of this section reduced the cost 
of producing fuel cells by twenty-five per cent and the total cost of 
energy from fuel cells compared to other Class I renewable energy 
sources and whether projects reduced the state's cost of power and 
providing recommendations regarding whether providing an 
additional five million dollars in funding would make fuel cells 
competitive with other Class I renewable energy sources. 

Sec. 28. (NEW) (Effective July 1, 2010) The Department of Public 
Utility Control shall require each electric distribution company to 
notify its customers on an ongoing basis regarding the availability of 
time-of-use meters, if applicable. 

Sec. 29. (NEW) (Effective October 1, 2010) The Renewable Energy 
Investments Board created pursuant to section 16-245n, as amended by 
this act, of the general statutes, in consultation with the Department of 
Public Utility Control, may establish a program to be known as the 
"condominium renewable energy grant program". Under such 
program, the board may provide grants to residential condominium 
associations and residential condominium owners, within available 
funds, for purchasing renewable energy sources, including solar 
energy, geothermal energy and fuel cells or other energy-efficient 
hydrogen-fueled energy. 

Sec. 30. (NEW) (Effective July 1, 2010) (a) On or before January 1, 
2011, and annually thereafter, the procurement officer of the 
Department of Public Utility Control in consultation with each electric 
distribution company or other such entity selected pursuant to 
subdivision (2) of subsection (c) of section 16-244c of the general 
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statutes, as amended by this act, shall develop a plan for the 
procurement of electric generation services and related wholesale 
electricity market products that will enable the company to manage a 
portfolio of contracts to reduce the average cost of standard service, 
over time, compared to the average cost of standard service obtained 
through contracts procured through the procurement plan and process 
approved pursuant to section 16-244c of the general statutes, as 
amended by this act, prior to the effective date of this section while 
seeking to limit standard service cost volatility. Each procurement plan 
shall provide for the competitive solicitation for load-following electric 
service and may include a provision for the company to use other 
contracts, including, but not limited to, contracts for generation or 
other electricity market products and financial contracts, and may 
provide for the use of varying lengths of contracts. If such plan 
includes the purchase of full requirements contracts, it shall include an 
explanation of why such purchases are in the best interests of standard 
service customers. The plan, developed in 2011, shall ensure that the 
percentage of full requirements contracts will be changed 
incrementally over time as to ensure stability of market while reducing 
standard service prices. The department may increase its purchase of 
contracts that are not full requirements if it determines such purchases 
will reduce standard service rates for the plan, developed in 2012,  and 
subsequent plans. The department shall review each proposed 
procurement plan in an uncontested proceeding and may retain an 
independent consultant to assist in the review. 

(b) The procurement plan shall include proposed parameters for use 
of the contracts, the proposed review procedure by the division to 
assure compliance with the plan, how the procurement plan will 
further the interest of customers compared with the procurement plan 
previously approved by the department pursuant to section 16-244c of 
the general statutes and the proposed means of transitioning from the 
previously approved procurement plan. The department shall 
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approve, modify or reject the proposed procurement plan not later 
than July 1, 2011, and annually thereafter. An electric distribution 
company shall recover all costs incurred in connection with the 
development and implementation of its approved procurement plan, 
including costs of contracts entered into in accordance with the plan.  

(c) The procurement officer shall, not less than quarterly, meet with 
the Public Utilities Control Authority to report on the implementation 
of the plan and recommend any necessary adjustments to the plan to 
address market conditions or to otherwise reduce the costs of standard 
service.  Such quarterly reports shall be public documents. 

(d) If the costs of procurement exceed the revenues generated by the 
standard service, such deficit shall be borne solely by the standard 
service customer. Such surplus shall inure solely to the benefit of 
standard service customers. 

Sec. 31. (NEW) (Effective July 1, 2010) (a) As used in this section: 

(1) "Eligible entity" means (A) any residential, commercial, 
institutional or industrial customer of an electric distribution company 
or natural gas company, as defined in section 16-1 of the general 
statutes, as amended by this act, who employs or installs an eligible in-
state energy savings technology, (B) an energy service company 
certified as a Connecticut electric efficiency partner by the Department 
of Public Utility Control, or (C) an installer certified by the Renewable 
Energy Investments Fund; and 

(2) "Energy savings infrastructure" means tangible equipment, 
installation, labor, cost of engineering, permits, application fees and 
other reasonable costs incurred by eligible entities for operating 
eligible in-state energy savings technologies designed to reduce 
electricity consumption, natural gas consumption, heating oil 
consumption or promote combined heat and power systems. 
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(b) The Department of Public Utility Control shall establish an 
energy savings infrastructure pilot program consisting of financial 
incentives for the installation of combined heat and power systems, 
energy efficient heating oil burners, boilers and furnaces and natural 
gas boilers and furnaces by eligible entities. On or before June 30, 2013, 
the department shall evaluate the efficacy of the program established 
pursuant to this section. 

(c) (1) On or before October 1, 2010, the department shall begin 
accepting applications for financial incentives for combined heat and 
power systems of not more than one megawatt of power. To qualify 
for such financial incentives, such combined heat and power system 
shall reduce energy costs at an amount equal to or greater than the 
amount of the installation cost of the system within ten years of the 
installation. The department shall review the current market 
conditions for such systems, including any existing federal or state 
financial incentives, and determine the appropriate financial incentives 
under this program necessary to encourage installation of such 
systems. These financial incentives may include providing private 
financial institutions with loan loss protection or grants to lower 
borrowing costs. Financial incentives pursuant to this subdivision shall 
not exceed two hundred dollars per kilowatt. A project accepted for 
such incentives shall qualify for a waiver of (A) the backup power rate 
under section 16-243o of the general statutes, and (B) the requirement 
to provide baseload electricity under section 16-243i of the general 
statutes. Any purchase of natural gas for any combined heat and 
power system installed pursuant to this subdivision shall not include a 
distribution charge pursuant to section 16-243l of the general statutes.  

(2) On or before December 31, 2010, the department shall begin 
accepting applications for financial incentives for the installation of 
more efficient fuel oil and natural gas boilers and furnaces that replace 
existing boilers or furnaces that are not less than seven years old with 
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an efficiency rating of not more than seventy-five per cent. A 
qualifying fuel oil furnace shall have an efficiency rating of not less 
than eighty-six per cent. A qualifying fuel oil boiler shall have an 
efficiency rating of not less than eighty-six per cent with thermal purge 
or temperature reset controls. A qualifying natural gas boiler shall 
have an annual fuel utilization efficiency rating of not less than ninety 
per cent and a qualifying natural gas furnace shall have an annual fuel 
utilization efficiency rating of not less than ninety-five per cent. The 
department shall review the current market conditions for such 
systems and equipment upgrades, including, but not limited to, any 
existing federal or state financial incentives, and establish the 
appropriate financial incentives under this program necessary to 
encourage such upgrades. Financial incentives shall provide private 
financial institutions with loan loss protection or grants to lower 
borrowing costs and, if the department deems it necessary, grants to 
the lending financial institution to lower borrowing costs and allow for 
a ten-year loan. Such financial incentive package shall ensure that the 
annual loan payment by the applicant shall be at not more than the 
projected annual energy savings less one hundred dollars. Any loan 
provided as a financial incentive pursuant to this subdivision shall 
include the cost of any related incentives, as determined by the 
department. The department shall arrange with an electric distribution 
or gas company to provide for payment of any loan made as financial 
assistance under this subdivision through the loan recipient's monthly 
electric or gas bill, as applicable. 

(d) Eligible entities seeking a loan under the loan program 
established in this section shall (1) contract with Connecticut-based 
licensed contractors, installers or tradesmen for the installation of an 
eligible in-state energy savings technology; (2) provide evidence of the 
cost of purchase and installation of the eligible in-state energy savings 
technology; and (3) periodically provide evidence of the operation and 
functionality of the eligible in-state energy savings technology to 
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ensure that such technology is operating as intended during the term 
of the loan.  

(e) The department shall develop a prescriptive one-page loan 
application. Such application shall include, but not be limited to: (1) 
Detailed information, specifications and documentation of the eligible 
in-state energy technology's installed costs and projected energy 
savings, and (2) for requests for loans in excess of one hundred 
thousand dollars, certification by a licensed professional engineer, 
licensed contractor, installer or tradesman with a state license held in 
good standing.  

(f) On or before October 1, 2010, the department shall establish a 
plan that includes procedures and parameters for its energy savings 
infrastructure pilot program established pursuant to this section. 

(g) On or before October 1, 2013, the department shall, in 
accordance with the provisions of section 11-4a of the general statutes, 
report to the joint standing committee of the General Assembly having 
cognizance of matters relating to energy with regard to the projects 
assisted by the energy savings infrastructure pilot program established 
pursuant to this section, the amount of public funding, the energy 
savings from the technologies installed and any recommendations for 
changes to the program, including, but not limited to, incentives that 
encourage consumers to install more efficient fuel oil and natural gas 
boilers and furnaces prior to failure or gross inefficiency of their 
current heating system. 

Sec. 32. Subsection (b) of section 16-32f of the general statutes is 
repealed and the following is substituted in lieu thereof (Effective July 
1, 2010): 

(b) Not later than October 1, 2005, and annually thereafter, a gas 
company, as defined in section 16-1, as amended by this act, shall 
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submit to the Department of Public Utility Control a gas conservation 
plan, in accordance with the provisions of this section, to implement 
cost-effective energy conservation programs and market 
transformation initiatives. All supply and conservation and load 
management options shall be evaluated and selected within an 
integrated supply and demand planning framework. Such plan shall 
be funded during each state fiscal year by the revenue from the tax 
imposed by section 12-264 on the gross receipts of sales of all public 
services companies that is in excess of the revenue estimate for said tax 
that is approved by the General Assembly in the appropriations act for 
such fiscal year, provided (1) the amount of such excess revenue that 
shall be allocated to fund such plan in any state fiscal year shall not 
exceed ten million dollars, and (2) in the fiscal years commencing July 
1, 2010, July 1, 2011, and July 1, 2012, fifty per cent of such excess 
revenue shall be allocated to the natural gas projects within the energy 
savings infrastructure pilot program pursuant to subdivision (2) of 
section 31 of this act. Before the accounts for the General Fund have 
been closed for each fiscal year, such excess revenue shall be deposited 
by the Comptroller in an account held by the Energy Conservation 
Management Board, established pursuant to section 16-245m. Services 
provided under the plan shall be available to all gas company 
customers. Each gas company shall apply to the Energy Conservation 
Management Board for reimbursement for expenditures pursuant to 
the plan. The department shall, in an uncontested proceeding during 
which the department may hold a public hearing, approve, modify or 
reject the plan. 

Sec. 33. Subsection (e) of section 16-243v of the general statutes is 
repealed and the following is substituted in lieu thereof (Effective July 
1, 2010): 

(e) Beginning February 1, 2010, a certified Connecticut electric 
efficiency partner may only receive funding if selected in a request for 



Senate Bill No. 493 

 

Public Act No. 10-97 86 of 90 
 

proposal developed, issued and evaluated by the department. In 
evaluating a proposal, the department shall take into consideration the 
potential to reduce customers' electric demand including peak electric 
demand, and associated electric charges tied to electric demand and 
peak electric demand growth, including, but not limited to, federally 
mandated congestion charges and other electric costs, and shall utilize 
a cost benefit test established pursuant to subsection (c) of this section 
to rank responses for selection. The department shall determine the 
portion of the total cost of each project that shall be paid by the 
customer participating in this program and the portion of the total cost 
of each project that shall be paid by all electric ratepayers and collected 
pursuant to the provisions of this subsection. In making such 
determination, the department shall (1) ensure that all ratepayer 
investments maintain a minimum [two-to-one] one-and-one-half-to-
one payback ratio, and (2) specify that participating Connecticut 
electric efficiency partners shall maintain the technology for a period 
sufficient to achieve such investment payback ratio. The annual 
ratepayer contribution shall not exceed sixty million dollars. Not less 
than seventy-five per cent of such annual ratepayer investment shall be 
used for the technologies themselves and for the fiscal years 
commencing July 1, 2010, July 1, 2011, and July 1, 2012, five million 
dollars of such annual ratepayer investment shall be used for 
combined heat and power projects and five million dollars of such 
annual ratepayer investment shall be used for fuel oil burner, boiler 
and furnace replacement projects, under the energy savings 
infrastructure pilot program established pursuant to section 31 of this 
act. No Connecticut electric efficiency partner shall receive funding 
pursuant to this subsection if such partner has received or is receiving 
funding from the Energy Conservation and Load Management Funds 
for such technology. The department may conduct additional requests 
for proposals from time to time as it deems appropriate. The 
department shall specify the manner in which a Connecticut electric 
efficiency partner shall address measures of effectiveness and shall 
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include performance milestones. 

Sec. 34. (NEW) (Effective July 1, 2010) The Department of Public 
Utility Control shall require the Energy Conservation Management 
Board, the Renewable Energy Investments Board and electric 
distribution companies, as defined in section 16-1 of the general 
statutes, as amended by this act, to establish a program to provide 
financial assistance for energy conservation and load management 
projects to electric distribution company customers in underserved 
communities. The aggregate financial assistance such program shall 
provide shall be in an amount equal to at least three per cent of the 
moneys collected for the Energy Conservation and Load Management 
and at least three per cent of the moneys collected for the Renewable 
Energy Investment Funds pursuant to sections 16-245m and 16-245n of 
the general statutes, as amended by this act. Such funds shall be 
provided for programs directly benefiting residential or small business 
electric customers in underserved communities. The moneys for the 
program shall be derived (1) initially from, if available, the federal 
American Recovery and Reinvestment Act of 2009, and (2) for 
conservation projects from the Energy Conservation and Load 
Management and renewable energy projects from Renewable Energy 
Investment Funds. Such program shall include a job training 
component for existing or potential minority business enterprises, as 
defined in section 4a-60g of the general statutes. For the purposes of 
this section, "underserved communities" means municipalities meeting 
the criteria set forth in subsection (a) of section 32-70 of the general 
statutes. The department shall report, in accordance with the 
provisions of section 11-4a of the general statutes, to the joint standing 
committee of the General Assembly having cognizance of matters 
relating to energy on or before February 1, 2011, and annually 
thereafter, regarding the program established pursuant to this section. 

Sec. 35. (NEW) (Effective July 1, 2010) On or before September 1, 
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2010, the Department of Public Utility Control shall initiate a request 
for proposals to award one bilateral purchasing contract for electricity 
from an existing generator, provided such contract shall be for a term 
of not less than five years and not more than fifteen years, shall reduce 
electricity rates by pricing such electricity on a cost-of-service basis and 
shall (1) provide electricity at lower rates for Connecticut consumers, 
or (2) based on the department's determination, be used in 
combination with other initiatives to lower or stabilize electric rates. 

Sec. 36. (NEW) (Effective July 1, 2010) On or before September 1, 
2010, the Department of Public Utility Control shall review any 
proposed commercial transmission line project (1) in which a 
Connecticut electric distribution company may have a financial 
interest, or (2) that may be constructed in whole or in part in this state 
to determine whether to obtain electricity from such transmission lines 
at a rate that will lower electricity rates for Connecticut consumers. 

Sec. 37. Section 4-5 of the 2010 supplement to the general statutes is 
repealed and the following is substituted in lieu thereof (Effective July 
1, 2011): 

As used in sections 4-6, 4-7 and 4-8, the term "department head" 
means Secretary of the Office of Policy and Management, 
Commissioner of Administrative Services, Commissioner of Revenue 
Services, Banking Commissioner, Commissioner of Children and 
Families, Commissioner of Consumer Protection, Commissioner of 
Correction, Commissioner of Economic and Community Development, 
State Board of Education, Commissioner of Emergency Management 
and Homeland Security, Commissioner of Environmental Protection, 
Commissioner of Agriculture, Commissioner of Public Health, 
Insurance Commissioner, Labor Commissioner, Liquor Control 
Commission, Commissioner of Mental Health and Addiction Services, 
Commissioner of Public Safety, Commissioner of Social Services, 
Commissioner of Developmental Services, Commissioner of Motor 
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Vehicles, Commissioner of Transportation, Commissioner of Public 
Works, Commissioner of Veterans' Affairs, Chief Information Officer, 
the chairperson of the [Public Utilities Control] Connecticut Energy 
and Technology Authority, the executive director of the Board of 
Education and Services for the Blind, the executive director of the 
Connecticut Commission on Culture and Tourism, and the executive 
director of the Office of Military Affairs. As used in sections 4-6 and 4-
7, "department head" also means the Commissioner of Education. 

Sec. 38. Section 4-38c of the general statutes is repealed and the 
following is substituted in lieu thereof (Effective July 1, 2011): 

There shall be within the executive branch of state government the 
following departments: Office of Policy and Management, Department 
of Administrative Services, Department of Revenue Services, 
Department of Banking, Department of Agriculture, Department of 
Children and Families, Department of Consumer Protection, 
Department of Correction, Department of Economic and Community 
Development, State Board of Education, Department of Emergency 
Management and Homeland Security, Department of Environmental 
Protection, Department of Public Health, Board of Governors of 
Higher Education, Insurance Department, Labor Department, 
Department of Mental Health and Addiction Services, Department of 
Developmental Services, Department of Public Safety, Department of 
Social Services, Department of Transportation, Department of Motor 
Vehicles, Department of Veterans' Affairs, Department of Public 
Works and [Department of Public Utility Control] Connecticut Energy 
and Technology Authority. 

Sec. 39. (Effective from passage) On or before August 1, 2010, the 
Department of Public Utility Control shall initiate a proceeding to 
identify the impact on Connecticut ratepayers and the New England 
and state wholesale electric power market of the operation of the 
regional independent system operator, as defined in section 16-1 of the 
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general statutes, as amended by this act, and of Market Rule 1 as 
promulgated by said regional independent system operator. Such 
proceeding shall include, but not be limited to, (1) a review of the 
accountability of said independent system operator to Connecticut 
ratepayers and energy policymakers, (2) consideration of strategies 
and mechanisms that may mitigate any adverse impacts Market Rule 1 
may have on wholesale generation prices in Connecticut and New 
England and may reduce Connecticut's reliance on the wholesale 
power market, including, but not limited to, long-term contracts, and 
(3) consideration of the costs and benefits associated with participating 
in said independent system operator and any potential benefits of 
joining another independent system operator or operating outside of 
the existing independent operator systems. On or before January 1, 
2011, the department shall report, in accordance with the provisions of 
section 11-4a of the general statutes, its findings to the joint standing 
committee of the General Assembly having cognizance of matters 
relating to energy. 

Sec. 40. Subparagraph (B) of subdivision (6) of subsection (b) of 
section 7-148 of the general statutes is amended by adding a new 
clause (v) as follows (Effective July 1, 2010): 

(NEW) (v) Enter into performance-based energy contracts; 

Sec. 41. Section 16-261a of the general statutes is repealed. (Effective 
July 1, 2010) 

Vetoed May 24, 2010 



Kevin Kevin DelGobboDelGobbo, Chairman, Chairman

Electric Rates in ConnecticutElectric Rates in Connecticut
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Premise:Premise:
Provide detail on all Electric Rate components to establish foundation 

upon which energy policy choices are developed.

The Challenge:The Challenge:
High Rates

Multiple Policy Commitments
Operational Disadvantages

Context:Context:
Some good news .... CT electric rates are declining. 

CT has choices today that were not available 
during most of the last decade.

STATUS OF 3 KEY COST DRIVERSSTATUS OF 3 KEY COST DRIVERS
Sufficient Generating Capacity
Improved Transmission System

Commodity Price Stability

Highly recommend review of Integrated Resource Plan (IRP)  document.
Developed by CEAB, CL&P, UI, DPUC



State Ranking for Electricity Residential Prices  (August 2010)

DOE/ EIA: EIA: http://www.eia.doe.gov/state/state_energy_rankings.cfm?keyid=18&orderid=1
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28.32%28.32%

$10.76$10.76
8.60%8.60%
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For 2010 Rates

Example: 2011 CL&P Residential average monthly bill $125.04



CL&P Residential Rate - 2011

2010 Rate
19.1 cents/kWh

2011 Rate
17.8 cents/kWh

2010 Bills 2011 Bills

Distribution $30.27 $35.41
2010 Rate

Transmission $12.50 $12.50 19.1 cents/kWh

SBC $2.04 $0.79

CTA $7.45 $1.83

Revenue Bonds $0.00 $2.42 2011 Rate
17.8 cents/kWh

GSC $77.36 $66.37

Conservation $2.10 $2.10

Renewables $0.70 $0.70

FMCC-Delivery $1.85 $2.92

Total Bill $134.27 $125.04

Estimated 2011 Electric Bills
CL&P Residential Rate 1

(assumes customer uses 700 kWh/month).

Rates should decline by approximately 6.9% in 2011.
This would be a decline of approximately 11.9% from 2009 when bills were $141.89/month



UI Residential Rate - 2011

2010 Rate
23.9 cents/kWh

2011 Rate
23.5 cents/kWh

2010 Bills 2011 Bills

Distribution $58.17 $55.45
2010 Rate

Transmission $13.41 $13.41 23.9 cents/kWh

SBC $2.36 $2.46

CTA $10.65 $10.65

Revenue Bonds $0.00 $0.00 2011 Rate
23.5 cents/kWh

GSC $80.98 $74.31

Conservation $2.10 $2.10

Renewables $0.70 $0.70

FMCC-Delivery -$0.95 $5.59

Total Bill $167.42 $164.67

Estimated 2011 Electric Bills
UI Residential Rate R

Rates should decline by approximately 1.6% in 2011.
This would be a decline of approximately 1.6% from 2009 when bills were $167.42/month
(assumes customer uses 700 kWh/month).



Migration to Competitive SuppliersMigration to Competitive Suppliers 
CL&PCL&P and UI Territoriesand UI Territories

1
2

CL&P
Suppliers

417,878 Customers
35%

787,725 Customers
65%

1
2

Suppliers
UI

196,947 Customers
60%

131,454 Customers
40%



Generation ComparisonGeneration Comparison 
Standard Service vs. Alternate SupplierStandard Service vs. Alternate Supplier

Estimated Reduction from CL&P Generation  Charge

approximately 10 % or $6.63 savings

Estimated Reduction from UI Generation  Charge

approximately 16 % or $11.89 savings



Distribution Rate Components Distribution Rate Components -- 20112011
C

en
ts

/k
w

h

Distribution

1 Includes payroll, gross receipt, income, property and municipal taxes.

Operation & 
Maintenance 
Expense 40%

Depreciation  
Expense 13%

Debt costs & 
return to 

shareholder 
investors 24%Taxes 23%

CL&P
$35.41 per month

UI
$55.45 per month

Operation & 
Maintenance 
Expense 50%

Debt costs & return 
to shareholder 
investors 16%

Depreciation  
Expense 17%

Taxes 17%

Local delivery of electricity to homes and businesses, including the 
costs of poles, wires, transformers, and customer service.

Distribution

Total Rate

$14.16

$8.14 $8.50$4.61

$27.73

$9.43 $9.43 $8.86

0

5

10

15

20

Total Rate



1

Generation Service Charge—Standard Service

ExplanationUICL&PComponent

100%

3%

3%

3%

13%

78%

% of 
Total

$74.31

$2.23     

$2.23

$4.45

$9.66

$55.74

$

Administrative Costs3%$1.99Admin

Cost of compliance by suppliers of satisfying the resource 
portfolio standards mandated by CT law.  In 2011, 3%

$1.99RPS

100%$66.36Total

Costs of electrical losses on the transmission and distribution 
systems; and the cost of congestion created because of 
insufficient transmission facilities. 

6%$1.99Congestion 
and losses

$8.63

$51.76

$

The cost of buying capacity in the market.  Capacity market was 
designed to assure that enough generation is always available 
to meet load.

13%Capacity

The cost of buying energy in the market.  75%Energy

% of 
Total

Estimated Cost for 2011 in $$Residential Standard Service

Bill Impact 
CL&P $66.36
UI $74.31



2

Renewable Charge

$0.70
Annually

CL&P-$22 mil
UI-$5.4 mil

$$
Created by restructuring law, P.A. 98-28.  
Provides funds for incentives to develop 
renewable energy technologies.

100%Renewable 
Charge

Explanation% of TotalComponent

• The Connecticut Clean Energy Fund (CCEF) was launched in 2000 to support 
the growth and development of clean energy technologies. 

• CCEF’s main goals are to:
• Create clean energy supply for Connecticut;
• Accelerate the development of clean energy technologies; and
• Educate Connecticut consumers about the benefits and availability of 

clean energy.
• 1,740 clean, on-site energy systems have been installed or are underway

• 212 at institutions (188 solar, 21 fuel cell, 1 hydro, 2 wind) 
• 1528 at residences/homes (all solar)

Bill Impact
CL&P $0.70
UI        $0.70



3

Competitive Transition Assessment

The cost of rate reduction bonds used to more cost 
effectively finance stranded costs related to independent 
power contract buydowns and regulatory assets approved as 
part of the initial restructuring of electric industry.

0085%$1.56Existing 
Securitization

ExplanationUI2CL&P1Component

100%

14%

1%

0

% of 
Total

$10.65

$2.34

$0.54

$7.77

$

100%$1.83Total

Other Regulatory assets plus collection of past expense 
deferrals.

22%$0.25Other

$0.02

0

$

The cost of buying of existing power contracts that were 
incurred prior to restructuring.

5%IPP
contracts

Recovery of the remaining investment in above market 
nuclear generating facilities.

73%Nuclear Plant 
investment

% of 
Total

1. The existing securitization payments end in December 2010, suggesting that rates decrease by this amount in January 2011.  

In 2010, CT enacted state budget law that replaces this charge with Economic Transition Charge for a period of 6 months (0.38 
cents/kwh) and then with the cost to service economic recovery revenue bonds (up to $760 million) over 8 years.

2. The existing securitization payments substantially decline at the end of September 2013, suggesting that rates decrease by this 
amount in October 2013.  

In 2010, CT enacted state budget law that replaces this charge with an Economic Recovery Revenue Bond charge starting at 
approximately 0.63 cents per kWh, recoverable over the next 5 years.

Bill Impact
CL&P $1.83
UI $10.65



4

Conservation Charge

$0.70
Annually

CL&P-$67 mil
UI-$16 mil

$
Created by restructuring law, P.A. 98-28.  
Provides funds for incentives to implement 
energy efficiency and load management

100%Renewable 
Charge

Explanation% of TotalComponent

• The Connecticut Energy Efficiency Fund (CEEF) was launched in 2000 to help 
consumers to use energy more efficiently. 

• CEEF’s objectives are to (1) lower bills, (2) promote economic development,   
(3) enhance energy security and (4) mitigate environmental impacts. 

• 300,000 residential customers served annually, $20 million annual savings.
• 3,000 business customers served annually, $25 million annual savings.
• Programs administered by CL&P and UI, with oversight by the Energy 

Conservation Management Board and the DPUC.

Note—In 2010, CT enacted state budget law that diverts 35% of this charge beginning 
in 2012 for 6 years to support Economic Recovery Revenue Bonds. 

Bill Impact
CL&P $2.10
UI        $2.10



5

System Benefits Charge - 2011

Biennial preparation of an integrated resource plan.3%$0.072%$0.05Biennial 
Energy Plan

ExplanationUICL&PComponent

2%

4%

85%

% of 
Total

$0.03

$0.03

$1.99

$

Administrative and Consulting Costs1%$0.05CT Energy 
Advisory 
Board

$0.10

$2.01

$

The mandated payment to towns for loss of property tax 
revenues from sales of generation during restructuring

<1%Transition 
property tax 
payments 
to towns

The cost of protecting limited income consumers, including 
reserve for write-offs, special needs program, matching 
payment program.  

84%Hardship 
Customer 
Protection 

% of 
Total

Bill Impact
CL&P $2.36
UI $2.36



6

Federally Mandated Congestion Costs – 2011*

Costs to implement state mandated programs for contracts 
with peaking and other (KLEEN) generation, self generation 
incentives and costs, pursuant to P.A. 05-01. These costs 
are non-bypassable, that is, customers must pay them 
regardless of electricity supplier.

78%$8.3050%$3.72State 
mandated 
contracts 
and 
programs

ExplanationUICL&PComponent

100%

50%

% of 
Total

$10.65

$2.35

$

100%$7.45Total

$3.73

$

Costs to administer the transmission grid and wholesale 
power market, reliability must run units needed to maintain 
system integrity, black start units.  These costs are non-
bypassable, that is, customers must pay them regardless of 
electricity supplier.

22%ISO-NE and 
reliability 
costs

% of 
Total

"Federally mandated congestion charges" means any cost approved by the Federal Energy Regulatory Commission as part of New 
England Standard Market Design including, but not limited to, locational marginal pricing, locational installed capacity payments, any 
cost approved by the Department of Public Utility Control to reduce federally mandated congestion charges in accordance with 
section 7-233y, this section, sections 16-19ss, 16-32f, 16-50i, 16-50k, 16-50x, 16-243i to 16-243q, inclusive, 16-244c, 16-244e, 16-245m, 
16-245n and 16-245z, and section 21 of public act 05-1 of the June special session** and reliability must run contracts 

*For Non-bypassable FMCCs

Bill Impact
CL&P $7.45
UI  $10.65



1
2
3
4

EnergyEnergy DistributionDistribution

OtherOther
TransmissionTransmission

$66.37$66.37
53.1%53.1%

$35.41$35.41
28.32%28.32%

$10.76$10.76
8.60%8.60%

$12.50$12.50
9.99%9.99%

For 2010 Rates

Example: 2011 CL&P Residential average monthly bill $125.04



Factors Contributing to Cost DifferentialFactors Contributing to Cost Differential

Generation  
 

 Commodity Impact – Prices based on cost of marginal generation source – gas 
 Procurement Practices- 3 year laddering 
 Fuel Mix – gas/oil vs. coal and hydro 
 No indigenous fuel sources 
 No legacy of large federal energy projects – e.g. TVA in South, Large dams in the Pacific 
Northwest. 

 Strict air quality standards 
 Renewable Energy Requirements 
 High cost for construction, land, labor and taxes 

 
Distribution 
 

 Taxes 
 Wages 
 Upgrading old plant and equipment 
 Underground facilities 
 High Reliability  

 
Transmission 
 

 New and Upgraded transmission lines 
 Underground facilities 

 
Other 
 

 C&LM - CT in top 5 states for spending 
 Renewable Energy Charge- separate charge to promote renewable energy projects 
 SBC - Low Income programs 
 CTA - Stranded Cost 

Economic Recovery Revenue Bonds 



COMPARISON OF CL&P vs MIDWESTERN UTILITY (COLUMBUS‐SOUTHERN POWER COMPANY)

Customer using 750 kWh/month

Columbus‐Southern 

Power Company CL&P

Schedule R‐R (Jan 2010)

cents/kWh cents/kWh

Generation 2.73 10.50

Transmission and Distribution 3.00 4.74

Other 0.60 2.27

Total 6.33 17.51

Other for Columbus‐Southern is $4.52 customer charge spread over 750 kWh/month

Factors causing higher rates in CT:

Ohio's generation is 65% from coal which was 25% the cost of natural gas in 2007 (Source:EIA

 

State Electricity 

 

Profiles 2008; page 213) 

RPS

 

adds to CT bills; Ohio has no RPS

 

standard

Requirement to build transmission underground (e.g. Middletown‐Norwalk) adds cost to Transmission



rates
cents/kWh % Coal % hydro

1 Hawaii 28.59   7.4 1.0
2 New York 19.03   7.5 11.1
3 Connecticut 18.98   7.1 1.6
4 New Jersey 17.34   11.1 0.0
5 Alaska 17.17   36.9 20.0
6 Rhode Island 16.99   0.0 0.2
7 New Hampshire 16.51   12.6 12.0
8 Maine 15.81   2.0 17.2
9 California 15.73   0.6 15.8
10 Vermont 15.52   0.0 28.5
11 Massachusetts 15.45   12.3 1.9
12 Maryland 14.99   39.3 4.7
13 District of Columbia 14.38   0.0 0.0
14 Delaware 14.02   32.3 0.0
15 Michigan 13.45   39.2 0.8
16 Pennsylvania 13.28   41.0 1.7
17 Wisconsin 12.57   43.1 2.8
18 Nevada 12.19   25.8 9.3
   United States 12.02   48.2 6.2
19 Texas 11.95   19.2 0.6
20 New Mexico 11.89   49.8 1.0
21 Illinois 11.86   36.2 0.1
22 Colorado 11.76   39.6 5.3
23 Florida 11.73   18.5 0.1
24 Ohio 11.71   65.1 0.3
25 Arizona 11.61   22.5 10.5

2008 26 Iowa 11.21   50.5 1.0
27 Alabama 11.16   36.9 10.5
28 Georgia 10.98   36.4 5.6
29 Minnesota 10.77   36.8 1.4
30 Virginia 10.76   24.6 2.9
31 Kansas 10.62   43.3 0.0
32 South Carolina 10.56   30.2 5.6
33 North Carolina 10.48   47.2 7.0
34 Missouri 10.35   54.3 2.7
35 Nebraska 10.26   45.6 4.0
36 Mississippi 10.24   16.0 0.0
37 Montana 9.82   43.5 47.4
38 South Dakota 9.58   16.0 42.3
38 Utah 9.58   68.3 3.6
39 Tennessee 9.57   42.3 12.6
40 Oklahoma 9.52   26.2 4.2
41 Wyoming 9.44   83.0 4.2
42 Indiana 9.39   72.8 0.2
43 North Dakota 9.34   75.1 8.9
44 Louisiana 9.32   13.3 0.7
45 West Virginia 9.17   89.9 1.6
46 Oregon 9.13   4.4 62.8
47 Kentucky 8.99   71.9 4.1
48 Arkansas 8.94   25.3 8.7
49 Idaho 8.49   0.8 69.5
50 Washington 8.32   4.7 71.9

Electricity Rates – August 2010
States with lowest rates tend to rely more on coal and hydro

Residential electric rates from EIA State Rankings, August 2010, dated 11/24/10.
Fuel mix data from EIA State Electricity Profiles 2008, dated March 2010.



2018 Fuel Mix
Refuse & Methane

2.7%

Gas/oil
31.8%Hydro

2.0%

Nuclear
30.7%

Oil/gas
24.5%

Coal
8.2%

2009 Fuel Mix

Hydro
1.9%Nuclear

29.6%

Oil/gas
38.1%

Refuse & 
Methane

2.6%

Gas/oil
19.8%

Coal
8.0%

Coal

Gas/oil

Hydro

Nuclear

Oil/gas

Refuse & Methane

CT Generation Fuel MixCT Generation Fuel Mix

Source: CT Siting Council Forecast of Loads & Resources 2008-2017



Capacity/Peaking FacilitiesCapacity/Peaking Facilities 
Net Costs to RatepayersNet Costs to Ratepayers

Costs related to such resources as: GenConn Devon & Middletown, PSEG, Waterside, Waterbury  Generation, 
Ameresco, Kleen Energy

Source: Docket 10-08-01: CL&P EL-8 & 9; UI EL-16 & 20 and Application Exhibit 2
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$0

$10

$20

$30

$40

$50

$60

1 2

1
2

UI  Net Costs to Ratepayers $ mil lions

2010
$4.3 mil  (partial year)

             2011
    $47.4 mil (est. annual)

2010
$1.4 mil (partial year)

             2011
    $11.8 mil (est. annual)



CT Renewable Portfolio StandardsCT Renewable Portfolio Standards

Year Class I
Class II or 

Class I (add'l)
Class III 
Program Total Low High

2005 1.5% 3% 4.5% 13.6 30.7
2006 2% 3% 5% 16.1 37.8
2007 3.5% 3% 1% 7.5% 30.4 66.7
2008 5% 3% 2% 10% 44.5 99.4
2009 6% 3% 3% 12% 55.4 121.2
2010 7% 3% 4% 14% 66.3 143
2011 8% 3% 4% 15% 72.6 160.3
2012 9% 3% 4% 16% 79.1 178
2013 10% 3% 4% 17% 85.1 194.6
2014 11% 3% 4% 18% 91.3 211.8
2015 12.5% 3% 4% 19.5% 100.7 237.5
2016 14% 3% 4% 21% 110.6 264.6
2017 15.5% 3% 4% 22.5% 120.1 290.7
2018 17% 3% 4% 24% 130.8 319.8
2019 19.5% 3% 4% 26.5% 148.2 637.1
2020 20% 3% 4% 27% 152.9 379.7

Estimated  Annual Costs  
$ Millions

Connecticut Department of Public Utility Control



Costs of Renewable Technology

Technology Estimated Levelized Costs
Cents/kwh

Landfill Gas 5.6

Biomass 11.0

Hydro 11.0

Wind 11.2

Fuel Cells 17.4

Offshore Wind 19.9

Solar PV 52.0

Today’s power 
supply costs 
are in the range 
of 7-8 
cents/kWh.  

Source: IRP, Table 10, P.62; Brattle Report, Section 10D (RPS Section)



DG Capital Grants DG Capital Grants 
2006 to 20112006 to 2011

Examples of Completed DG Projects:
Emergency Generation -Yarde Metals (Southington); Matabasset Treatment (Cromwell); Town of Westport (Westport); 
Stafford High School (Stafford); Hartford Fire Insurance (Hartford); Stew Leonard’s (Newington); Newington Board of 
Education (Newington)
CHP Generation - Fairfield University (Fairfield); Jerome Nursing Home (New Britain); Cellu Tissue (East Hartford); Norwalk 
High School (Norwalk); Kimberly-Clark (New Milford); Northwestern CT YMCA (Torrington); United Technologies, Pratt & 
Whitney (Middletown)

The DG Capital Grants program provided grants to encourage the development of emergency 
generators and cogeneration (CHP) facilities to meet capacity needs and provide demand response 
capability.

Year
# Projects 
Approved

Amount 
Awarded Total MWs

2006 1 $33,960 0.17

2007 40 $10,962,809 32.55

2008 44 $18,412,376 51.34

2009 25 $8,089,004 20.80

2010 11 $15,598,160 37.32

2011*          
(Total Outstanding 
Liability To-Date)

39 $30,959,617 72.33

Total 160 $84,055,926 214.51
As of 11/16/2010



Slice # Q1 Q2 H2 H1 H2 H1 H2 H1 H2 H1 H2 H1 H2

12.367 10.334 11.522 11.311 14.001 10.581

12.272 10.280 11.469 11.147 13.981 10.509 10.951

12.212 10.794 11.540 11.285 11.627 12.889 12.610

12.142 10.754 11.737 11.135 11.222 14.110 13.672

12.067 10.694 11.647 10.803 11.208 14.070 13.632

14.571 10.406 11.454 12.032 11.609 12.231 11.916

14.446 10.331 11.108 12.742 11.919 11.878 11.578

14.252 11.160 12.198 12.169 11.417 11.783 11.126

14.590 10.966 11.979 12.772 11.570 12.336 11.135

14.445 10.932 11.636 12.501 11.442 11.936 11.115
BFMCC-> .8 .8 .8 .4 .55 .55 .55

Type 'B' Bids have been converted to Type 'A' by the above BFMCC amounts
     Indicates full-year bid was received
Pricing may vary from prior versions due to change in loads

RFP Date Bid Due Dates # Slice-Years Term Lengths (Mo.)
8/2/06 Completed (9/12/06) 5.5 3, 3, 6, 12
8/2/06 Completed (10/30/06) 8.25 3, 3, 6, 12, 12
1/25/07 Completed (3/6/07) 4.25 3, 3, 6, 12
8/10/07 Completed (9/25/07) 5.5 6, 6, 12, 12    (New CT On/Off Peak definitions began)
8/10/07 Completed (11/05/07) 1.5 6, 6
3/14/08 Completed (4/23/08) 4 6, 12, 12
3/14/08 Completed (8/5/08) 2 12,12 (Added 7/29/08)
3/14/08 Completed (10/28/08) 4.5 6, 6, 12, 12

Spring 09 4.5 6, 12, 12 (Tent.)
Fall 09 5 6/12, 12, 12 (Tent.)
Spring 10 5 6, 12, 12 (Tent.)
Fall 10 5 6/12, 12, 12 (Tent.) not fully shown above
Spring 11 5 6, 12, 12 (Tent.) not fully shown above

Standard Service Bid Blocks - All RFP's

2007 2008 2009 2010
(cents/kwh)

2011 2012

10 F 11 S 12

F 11 S 129

11.513

11.526

8

5

F 11

7

6

3 12.731

4

2 13.176

1 11.904
.55 .55

11.383



Bundled Rate

Voice/Video/Internet $90-$125

Wireless $90-$110

Monthly Total $180-$235

Assumptions:
Does not include any state or federal taxes or governmental fees.
Includes promotional rates.
Internet download speeds of 8 – 20 mbps.
Wireless service purchased separately from voice/video/internet bundle. 
Family Plan with 1400 monthly minutes, 3 telephone numbers, unlimited nights, 

weekends & text messages.

Average Monthly Estimated Household ExpendituresAverage Monthly Estimated Household Expenditures 
Telecommunications Services - 2010
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DECISION 

I. INTRODUCTION 

A. 

he requests of 
o modify their 
ht and Power 

substantial and 
ss as well as 
of Project 150 
s on pricing for 

el cell projects.  If the Department determines in a future Integrated Resource 
able resource procurement is in the public interest, the 

uct a procurement that preserves the integrity of the bidding 
pr

ecticut (Conn. 
tertown) filed a 

ent) review and 
eement (EPA) 

mpany (CL&P).  In support of its motion, 
Wa lobal financial 

le.  Watertown 
newable power 
proved by the 

The Watertown motion requests the Department to modify the Decisions in 
Docket No. 03-07-17 dated October 20, 2004 and in Docket No. 03-07-17RE03 dated 

nt’s December 
d in the instant 
ent modify the 
gy, LLC (CRE) 

 
In a Decision dated December 2, 2009, pursuant to Conn. Gen. Stat. § 16-9, the 

Department reopened Dockets 03-07-17 and 03-07-17RE03 for the limited purpose of 
reviewing the issues contained in Watertown’s motion to reopen and similar issues that 
may be raised by other projects seeking similar relief.  The Department designated the 
proceeding Docket No. 03-07-17RE05.  In that Decision, the Department indicated that 
it would also apply Conn. Gen. Stat. §16-244c(j)(2) and determine what, if any, of the 
requested changes to the EPA comply with this provision and are in the public interest. 

 

 
SUMMARY 

 
In this Decision, the Department of Public Utility Control denies t

Watertown Renewable Power, LLC and Clearview Power, LLC, t
Standard Electricity Purchase Agreements with The Connecticut Lig
Company on the basis that the requested changes are material and 
would harm other participants in the Project 150 procurement proce
ratepayers.  The Department declines to conduct proposed Round 4 
procurement on the basis that state statute places significant constraint
non-fu
Planning process that renew
Department will cond

ocess.  
 
B. BACKGROUND TO THE PROCEEDING 
 

On November 24, 2009, pursuant to General Statutes of Conn
Gen. Stat.) §§ 16-9 and 4-181a, Watertown  Renewable Power, LLC (Wa
motion requesting that the Department of Public Utility Control (Departm
approve several modifications to its Standard Electricity Purchase Agr
with The Connecticut Light and Power Co

tertown maintained that unprecedented transformations to the g
markets have made financing its project under the current EPA impossib
further argued that the availability of new federal stimulus money for re
plant projects, which was not available at the time the EPA was ap
Department, could benefit the project and ratepayers.   

 

September 27, 2006.  In a January 7, 2010, Response to the Departme
3, 2009, Request for Written Comments in Docket No. 07-04-27, also file
docket, Clearview Power, LLC (Clearview) requested that the Departm
pricing and other key terms of the EPAs of Clearview Renewable Ener
and Clearview East Canaan Energy, LLC (CECE). 
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C. 

duled a public 
partment, Ten 

in, CT  06051.  That hearing was cancelled.  By Notice of 
Hearing dated March 15, 2010, t  

oceeding:  The 
in, Connecticut 
 New Haven, 
anklin Square, 
F), 999 West 

rs (CIEC), 100 
t Innovations, 

ecticut 06067; 
 06412; Axius 
t 06032; Cape 

Suite 704, Boston, 
Massachusetts 02116; Prospero, L.L.C, 265 Post Road West, Westport, CT 06880; 

lk, CT  06854; 
05; Watertown 

d 
Clearview Power, LLC (Clearview) 163 North Shore Road, Hampton, NH 03842. 
 

William Corvo 
atertown.  Clearview submitted 

nd CECE.  CCEF, CL&P, UI and NRG Energy also 
submitted testimony. 
 

 comment and 

petitioner in this docket, Watertown, has argued that financial conditions 
have changed dramatically since the Department approval of its EPA in Docket No. 
03-07-17, Decision dated October 20, 2004.  Due to constrained credit conditions, 
Watertown has requested substantial changes to its EPA approved in Docket No. 
03-07-17.  Specifically, Watertown has requested an extension of the in-service date 
and EPA term, a variable cost and operation and maintenance (O&M) cost pass-
throughs to the EDC, as well as other changes to the EPA, described in Section II.B 
below.  Sheehan PFT, February 4, 2010, pp. 8-15; Sheehan Revised PFT, April 5, 
2010, pp. 8-16. 
 

 
CONDUCT OF THE PROCEEDING 

 
 Pursuant to a Notice dated January 4, 2010, the Department sche
hearing on this matter on February 8, 2010, in the offices of the De
Franklin Square, New Brita

he hearing was rescheduled and held on April 6, 2010,
in the offices of the Department.   
 
 The Department designated the following as participants in the pr
Connecticut Light and Power Company (CL&P), 107 Selden Street, Berl
06037; The United Illuminating Company (UI), 157 Church Street,
Connecticut 06506-0901; the Office of Consumer Counsel (OCC), Ten Fr
New Britain, Connecticut 06051; Connecticut Clean Energy Fund (CCE
Street, Rocky Hill, CT 06067; Connecticut Industrial Energy Consume
Pine Street, P.O. Box 1166, Harrisburg, PA 07108-1166; Connecticu
Incorporated (CT Innovations), 999 West Street, Rocky Hill, Conn
Environment Northeast (ENE), 15 High Street, Chester, Connecticut
Energy, LLC (Axius), 406 Farmington Avenue, Farmington, Connecticu
Wind Associates (Cape Wind), LLC, 75 Arlington Street, 

Plainfield Renewable Energy LLC, 20 Marshall Street, Suite 300, Norwa
FuelCell Energy, Inc., 3 Great Pasture Road, Danbury, CT  06813-13
Renewable Power LLC (Watertown), P.O. Box 906, Middletown, CT  06426; an

 In this proceeding, Financial Management Group and LLC, 
Consultants, Inc. submitted testimony on behalf of W
testimony on behalf of CRE a

 The Department issued a Draft Decision (Draft Decision) in this matter on July 
29, 2010.  All parties to the proceeding were provided an opportunity to
present oral arguments pertaining to the Draft Decision. 
 

II. POSITION OF PARTIES 
 
 The 
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mendments to 
the American 
ble up to 30% 

ied project.  To 
st commence construction by 

December 31, 2010 and must have irrevocably issued payments of not less than 5 

ed since EPAs 
Decision dated 

0, 2008, which has made obtaining financing for the approved projects 
impossible.  As described in Section III.B, 

ts.  Clearview 

d Clearview’s 
 any material 
ange the price 
ntegrity of the 
that the Project 
 were made to 
approved EPA 
process, but of 

 to submit low 
r after the bid 

changes are in 
pricing provisions of the Project 150 and the procurement 

 provisions sought are inconsistent with the approved 
 Project 150 process.  UI PFT, pp. 5-6.  NRG stated 

, which are significant and 
substantive in nature, would create an incentive for numerous “me too” filings, 
req s approved by 

ehalf of Watertown, Mr. William Corvo 
stated that the financial markets have drastically contracted in recent months and that 
lending standards have significantly tightened for renewable projects.  In addition, a 
significant decline in natural gas prices has rendered renewable projects less attractive 
relative to fossil fuel generation projects.  Watertown requested EPA amendments that 
are “in line with the new revised lending criteria” reflective of the financial markets for 
renewable projects.  The lending market for renewable energy is still viewed as a new 
marketplace and is viewed by lenders as having greater risks than project financing in 
more mature energy markets.  Corvo PFT, pp. 14-15, 19. 

 Watertown is also requesting an expedited approval of EPA a
enable the project to be submitted to qualify for a grant from 
Reconstruction and Recovery Act (ARRA).  The ARRA grants make availa
of project capital costs paid to the project upon the completion of a qualif
be able to qualify for an ARRA grant, a project mu

percent of the total project costs by that date.  Corvo PFT, pp. 16-17. 
 
 Clearview has also asserted that financial conditions have worsen
were approved for CRE and CECE projects in Docket No. 07-04-24, 
January 3

Clearview requested that the EPA of CRE 
and CECE each be modified in order to obtain financing for these projec
PFT, pp. 1-3. 
 
 Other participants submitted comments on Watertown’s an
proposed EPA modifications.  CCEF expressed the concern that
modifications to the EPA contracts, particularly changes that would ch
structure and reallocate risk, would undermine the fairness and i
competitive procurement process.  CCEF PFT, pp. 2-3.  CL&P asserted 
150 procurement was a carefully crafted process in which great efforts
ensure fairness in bidding.  CL&P expressed the concern that modifying 
would undermine the integrity of not only the Project 150 procurement 
other competitive procurements as well.  Bidders would have the incentive
bids with the expectations that the contracts could be revised in their favo
is accepted.  CL&P PFT, pp. 3-4.  UI concurred that the proposed EPA 
violation of the statutory 
process.  In particular, the pricing
pricing structure approved in the
that approval of the proposed EPA contract changes

uesting contract changes to competitively bid procurement contract
the Department.  NRG PFT, p. 5. 
 

III. DEPARTMENT ANALYSIS 
 
A. CONDITIONS OF FINANCIAL MARKETS AFFECTING APPROVED PROJECTS 
 
 In Prefiled Testimony submitted on b
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n his Prefiled 
esulted in an 
wable projects 
tertown project 
 are insufficient 
assure equity 
n project EPA 

expenses and the 15-year contract term is too short to allow a realistic time frame to 
rep  4, 2010, pp. 5 

mendments to 
the American 

rants make available up to 30% 
of project capital costs

onstruction by 
ot less than 5 

nd CECE.  He 
RE and CECE 
ular concern to 
 as a fuel price 
uld not obtain 

itted exhibits from two credit institutions, which emphasized 
the s such as CRE 

ot manage the 
r asserted that 

Production Tax 
 constraints of 

rained.  Under these severely restricted credit 
conditions, financing has become difficult or impossible for many renewable projects.  In 

find lenders to 
ent finds that 

due to the recent financial upheavals and tightening of credit availability in financial 
markets, it is highly unlikely, if not impossible for the Watertown, CRE and CECE 
projects to obtain financing under the existing terms in their approved EPA contracts. 
 
B. PARTICIPANTS’ REQUESTS FOR EPA AMENDMENTS 
 
 Due to the aforementioned credit conditions, Watertown has requested 
substantial changes to its EPA approved in Docket No. 03-07-17.  Specifically, 

 Mr. William Sheehan also testified on behalf of Watertown.  I
Testimony, Mr. Sheehan stated that the current recession has r
unprecedented shrinking of credit availability and has made many rene
unfinanceable.  Mr. Sheehan stated that under the existing EPA, the Wa
is contracted for only half of its revenues.  Prices under the EPA contract
to cover expenses, repay debt and much lower than necessary to 
investors of a reasonable return.  Sheehan also claimed that the Watertow
contract price does not escalate sufficiently to correlate with projected increases in 

ay debt, given the prices allowed in the EPA.  Sheehan PFT, February
and 6; Sheehan Revised PFT, pp. 5 and 6.   
 
 Watertown is also requesting an expedited approval of EPA a
enable the project to be submitted to qualify for a grant from 
Reconstruction and Recovery Act (ARRA).  The ARRA g

 paid to the project upon the completion of a qualified project.  To 
be able to qualify for an ARRA grant, a project must commence c
December 31, 2010 and must have irrevocably issued payments of n
percent of the total project costs by that date.  Corvo PFT, pp. 16-17. 
 
 Mr. James Potter submitted Prefiled Testimony on behalf of CRE a
stated that the deterioration in financial markets had rendered the C
projects unfinanceable under their current fixed price EPAs.  Of partic
lenders is the fuel price volatility, and the lack of mitigation thereof, such
pass through in the EPA.  In support of its claim that the projects co
financing, Clearview subm

 credit constraints for renewable projects and the difficulties of project
and CECE obtaining credit under their current respective EPAs that do n
projects’ fuel risks.  Clearview PFT, pp. 1-3; Exhibits A and B.  Mr. Potte
CRE and CECE would both be eligible for ARRA funds, such as the 
Credit (PTC) and Investment Tax Credit (ITC), subject to the timing
ARRA.  Clearview PFT, pp. 2-5.   
 

The Department recognizes that the U.S. is experiencing a very severe recession 
in which credit markets are severely const

particular, the Watertown, CRE and CECE projects have been unable to 
support their projects under their existing EPA contracts.  The Departm
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 30 years from 
the EDC would 
% of such fuel 
sts that would 
, if the project 
project’s FCM 

xtension of the in-service date from December 31, 2011 to 
De ehan Revised 

be modified in 
at the projects 

credit institutions, 
wh e difficulties of 

CRE and CECE obtaining credit under their current respective EPAs 
that do not manage the projects’ fuel risks.  Clearview PFT, pp. 1-3; Exhibits A and B. 

re be modified 

  Based on a rate case conducted by the Department, CP, in 
actual cost to 
nd equity ratio 
ould include a 

 adjustment for periods when the capacity factor falls below a specified 

 be 
established through a rate proceeding conducted by the Department, and for the CRE 

able consumer 

Var  fee would be 
ment, adjusted 

ive mechanism 
to obtain lowest priced fuel.   
Clearview PFT, pp. 8-10. 
 
 Clearview also stated that the CRE and CECE projects are both eligible to obtain 
funding or tax credits under (i) the Production Tax Credit (PTC) and the Investment Tax 
Credit (ITC) of the ARRA, (ii) the United States Department of Agriculture (USDA) 
Biomass Crop Assistance Program, and (iii) the Department of Energy (DOE) Section 
1705 Loan Guarantee Program.   Clearview indicated that to be eligible for ARRA funds, 

 
Watertown has requested (1) an extension of the EPA term from 15 to
the project’s in-service date, (2) a variable cost pass through in which 
bear 90% of the fuel cost over a specific amount and the project bears 10
cost increases, (3) increases in operation and maintenance (O&M) co
pass through to the EDC, (4) a reduction of the fixed price component
receives a grant from the ARRA Act of 2009, (5) changes to the 
obligations, and (6) e

cember 31, 2015.  Sheehan PFT, February 4, 2010, pp. 8-15; She
PFT, April 5, 2010, pp. 8-16. 
 
 Clearview has requested that the EPA of CRE and CECE each 
order to obtain financing for these projects.  In support of its claim th
could not obtain financing, Clearview submitted exhibits from two 

ich emphasized the credit constraints for renewable projects and th
projects such as 

 
 Specifically, Clearview has requested that the EPA pricing structu
to reflect the following: 
 
Power Price   =   CP  +  FOMP  VOMP  +  FP 
 
Capacity Payment (CP):
$/KW-month shall be determined based on the prudently incurred 
develop, finance, and construct the facility with applicable 50/50 debt a
and proposed 10.25% rate of return on equity.  The revised EPA w
capacity factor
capacity availability guarantee. 
 
Fixed Operations and Maintenance Payment (FOMP):  The initial FOMP would

project, would be adjusted annually by the annual change in the applic
price index (CPI).   
 

iable Operations and Maintenance Payment (VOMP):  The VOMP
established through an initial rate proceeding conducted by the Depart
annually by the applicable CPI.   
 
Fuel Payment (FP):  A monthly pass-though fuel payment, with an incent
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 must commence construction no later than December 31, 2010.  Clearview 
PFT, pp. 4-7.   

ecord evidence 
er participants 
es -- extension 

ion of the fixed 
ervice date for 
RE and CECE 

nt material and 
e Department 
n other Project 
sions have not 

 
represent material and substantial changes to the approved EPA contracts.  The 
De and approved 

se substantive 

uld harm other 
procurement is 
dized contract, 
 and selecting 

t 
sel PAs would be 

e the result of 
f unfairness to 

rocess and any 
s. 

learview EPA 
 in a previous 

ers compared 
modified EPAs 

 
propose fuel pass-throughs that allow higher costs and shift risks from the project 
ow  detrimental to 

other risk that 
d enhance the 

attractiveness of the projects to potential lenders, the proposed changes are 
unidirectional in transferring greater costs and risks onto ratepayers.  The Department 
did not find claims of significant savings to ratepayers made to the Department to be 
convincing or compelling. 
 
 In its Written Exceptions, Clearview states that the Department’s denial of 
modification of the EPA pricing structure in the Draft Decision is an arbitrary failure to 
take note of Department “precedent” in a decision dated June 25, 2008, in Docket 

 
the projects

 
 The Department has reviewed the Watertown’s and Clearview’s r
in support of EPA contract amendments, as well as the submittals of oth
in this proceeding.  The Department finds that, first, the requested chang
of the EPA term, fuel pass-through clauses, increases in O&M, reduct
price component, changes to FCM obligations, and extension of the in-s
four years requested by Watertown, and the modification of the EPA for C
to a cost of service based structure requested by Clearview – represe
substantial changes to the approved EPA contracts.  While th
acknowledges that it has previously found extensions of in-service dates i
150 projects to be non-material and non-harmful, those requested exten
exceeded two years.  The Department finds the request for a four year extension to

partment considers the EPA a binding contract between the EDCs 
projects and denies Watertown and Clearview approval to make the
changes. 
 
 Second, the Department finds that approval of the contract wo
participants in the Project 150 procurement process.  The Project 150 
the result of a careful and deliberative process of developing a standar
and developing a fair and reasonable procurement process for soliciting
competitive bids.  As a part of that process, a number of renewable projects were no

ected.  To approve modification of the Watertown and Clearview E
highly unfair to competing but unsuccessful bidders.  This would hav
undermining the integrity of the procurement process.  This perception o
all bidders would have a harmful effect on the Project 150 procurement p
other future procurement for which the Department seeks competitive bid
 
 Third, the Department finds that modifying the Watertown and C
contracts would also harm ratepayers.  A project that was rejected
procurement round may have been a less expensive contract for ratepay
to a modified EPA from either Watertown or Clearview.  The proposed 
impose a transfer of costs and risks onto ratepayers.  Both of the EPA modifications

ners to ratepayers.  This is clearly beneficial to project owners and
ratepayers.  The significant extension of a project’s contract terms is an
ratepayers are asked to assume.  Although the EPA modifications woul
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08-01-01, DPUC Review of Peaking Generation Projects.  Clearview, ho
the fact that use of a cost of service formula was mandated for 08-01-
enabling legislation for peaking generation under Conn. Gen. Stat. § 16-2
was not the case for Project 150.  The legislation determining the pric
Project 150 contained no such mandate and furthermore set paramete
Gen. Stat. § 16-244c, which determined the pricing mechanisms that we
Docket 03-07-17.  The denial by the Department of Clearview’s requeste
to the EPA pricings structure is based on the fact

wever, ignores 
10 through the 
43u; the same 

ing formula for 
rs under Conn. 
re approved in 
d modification 

 that such a change to previously 
app  of other rate 

uld undermine the 
procurements, and would impose 

s as well as ratepayers.  The Department therefore 
reje eir entirety. 

tten comments 
 150 Round 4 
hat have been 
sed to conduct 
wing and ruling 

Round 4, new 
posal required 
nds that could 

ct and bid into 

ent.  In their 
 NRG offered 
EF offered the 
ge speculative 
urity on a per-
specific project 
e minimal and 

s’ evaluation of 
ratepayer impacts, and (4) projects should use the newly completed New England 

nergy, RECs and capacity.1  CCEF 
Written Comments, p. 2.  CL&P and UI recommend that the Department provide further 
clarification regarding the balancing of customers’ cost concerns with renewable 
resource goals.  The EDCs request that the Department allow only those projects that 
are unable to obtain financing to participate in Round 4.  CL&P and UI Joint Written 
Comments, pp. 2-3.  CCEF, OCC and the EDCs developed jointly a set of 
recommendations regarding procurement eligibility, solicitation quantity, pricing options 
                                           

roved contracts is material and substantial, and the discussion
structures or options does not modify that underlying conclusion. 
 
 The Department finds that the proposed EPA modifications wo
integrity of the Project 150 and other energy resource 
harm on other Project 150 bidder

cts the proposed EPA modifications of Watertown and Clearview in th
 
C. ROUND 4 PROCUREMENT 
 
 By Notice dated March 5, 2010, the Department requested wri
regarding the Department’s proposal to conduct an additional Project
procurement, rather than ruling on the proposed contract revisions t
submitted in this docket on a case-by-case basis.  The Department propo
an additional Project 150 Round 4 procurement as an alternative to revie
on the various proposed contract revisions on a case-by-case basis and in recognition 
of the extreme tightening of the credit market due to the recession.  In 
projects would be allowed to bid.  However, to bid into Round 4, the pro
any projects currently under contract through previous Project 150 Rou
not obtain financing must first agree to terminate their current contra
Round 4 with no assurance that they will be selected.  

Clearview opposed the implementation of a Round 4 procurem
written comments from CCEF, CL&P and UI (submitted jointly) and
general support for the Department’s Round 4 procurement proposal.  CC
following qualifications to a Round 4 bidding process:  (1) to discoura
bidding, every bidder must be willing to post a material amount of sec
MWh basis, (2) selected projects must be subject to reasonable but 
development milestones, (3) CCEF funding of selected projects would b
would not form the basis for differences between CCEF’s and the EDC

avoided electric costs for the market value in e

 
1 Avoided Electricity Supply Costs in New England report (AESC 2009).   
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hment.  NRG 
Round 4 proposal as a fair and reasonable procurement 

pro

 Conn. Gen. Stat.  § 16-244c(j)(2) establishes a specific and proscriptive pricing 
form  owner, is either: 
 
  market price 

or (B) fifty per 
oint at which 
ce with the 

to natural gas 
 New York Mercantile Exchange at the natural gas 

plus the 
nd one-

ority that would 
.  The pricing 
constraints on 
pp. 2-3.  Using 
ound 4 income 

e lower than prices in previous rounds.  Tr. 
4 pricing formula resulted in similar or lower price contracts for 

d not provide any likelihood that selected projects would 
rec e a benefit to 

uct a Round 4 

6a-3a, 16a-3b and 16a-3c, the Integrated Resource 
Pla ensive plan for 

apacity needs, 
 meet certain 

 provisions to 
 the evaluation 
ns goals, RPS 

diversity. 
 
 The IRP process offers an alternative venue to the Project 150 procurement 
process for initiating a procurement to solicit renewable resources.  If the Department 
determines that additional renewable resources are necessary to meet future RPS 
requirements or environmental objectives, then the Department could order an RFP 
pursuant to Conn. Gen. Stat. § 16a-3b(b).  The Department notes that an RFP pursuant 
to a finding of need in an IRP proceeding would not be constrained by Conn. Gen. Stat. 
§ 16-244c(j)(2) pricing requirements. 

 
and evaluation criteria.  CL&P and UI Joint Written Comments, Attac
supports the Department’s 

cess.  NRG Written Comments. 
 

ula that requires a price that, at the determination of the project

. . . (A) not more than the total of the comparable wholesale
for generation plus five and one-half cents per kilowatt hour, 
cent of the wholesale market electricity cost at the p
transmission lines intersect with each other or interfa
distribution system, plus the project cost of fuel indexed 
futures contracts on the
pipeline interchange located in Vermillion Parish, Louisiana . . . 
fuel delivery charge for transporting fuel to the project, plus five a
half cents per kilowatt hour. . .  

 
 Conn. Gen. Stat.  § 16-244c(j)(2) provides very little statutory auth
allow the Department to alter the specific terms of the pricing formula
requirements of Conn. Gen. Stat. § 16-244c(j)(2) pose significant 
improving the income stream of non-fuel cell projects.  See OCC Brief, 
updated data in the statutorily required pricing formula would result in R
stream for non-fuel cell projects that may b
pp. 569-570.  If a Round 
renewable projects, this woul

eive financing.  The Department is not convinced that there will b
conducting another Project 150 procurement, and therefore will not cond
procurement under Conn. Gen. Stat. § 16-244c(j)(2). 
 
D. IRP PROCUREMENT PROCESS 
 
 Conn. Gen. Stat. §§ 1

nning (IRP) process, authorizes the Department to review a compreh
energy resource procurement, determine current and future energy and c
and to provide a mechanism for the procurement of resources, which
economic, reliability, and environmental objectives specified in these
satisfy any identified need.  An integral component of the IRP analysis is
of resources in meeting state environmental standards including emissio
requirements, as well as fuel 
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in Docket No.  Currently, the Department is reviewing the record evidence 
10-02-07, DPUC Review of the 2010 Integrated Resource Plan.  Pursu
determination, the Department may conduct a procurement to solicit
which there is a demonstrated need.  Additionally, in circumstances wh
forecasted energy or capacity reliability needs pursuant to the IRP, the D
in its discretion approve procurement plans that it deems in the public in
satis

ant to an IRP 
 resources for 
ere there is no 
epartment may 
terest and that 

fy state energy and environmental policy objectives as described in Docket No. 
08-07-01, DPUC Review of the Integrated Resource Plan, Decision dated
2009.2 
 
 Should the Department determine, as part of the IRP proc
renewable resource procurement is in the public interest, the Departme
a procurement process that is transparent and fair to all bidders.  The Dep

 February 18, 

eeding, that a 
nt will establish 

artment will 
require in such procurement that any project currently under contract through previous 

could not obtain financing.  Projects 

 to the Draft 
was submitted 
rom Clearview 
 Draft Decision 

l 
n opportunity to comment on the draft 

n in written exceptions and oral arguments 
exclusively to items that are contained or should have been 

con n at this time 
 release of the 
d, accordingly, 

riencing a very severe recession in which credit 
markets are severely constrained.  Due to the recent financial upheavals and tightening 

y in financial markets, it is highly unlikely, if not impossible for the 
Watertown, CRE and CECE projects to obtain financing under the existing terms in their 
approved EPA contracts.  However, approval of the Watertown, CRE and CECE 
proposed EPA modifications would undermine the integrity of the Project 150 and other 
energy resource procurements, and would impose harm on other Project 150 bidders as 
well as ratepayers.  The Department rejects the proposed EPA modifications of 
Watertown, CRE and CECE in their entirety. 

                                           

Project 150 Rounds to demonstrate that the project 
under contract must first agree to terminate their current contract and bid into a future 
procurement round with no assurance that they will be selected. 
 
E. CLEARVIEW PROPOSAL SUBMITTED UNDER PROTECTIVE ORDER 

 
 On August 5, 2010, Clearview submitted Written Exceptions
Decision.  A portion of the Clearview’s Written Exceptions, Item 4, 
pursuant to a Protective Order (Item 4).  Item 4 contained a proposal f
that was not submitted at any point during the proceedings related to the
nor was the proposal discussed in the Draft Decision.  Written exceptions and ora
arguments to a draft decision exist to provide a
decision.  Subject matters for consideratio
are therefore limited 

tained in a draft decision.  While the Department has no opinio
regarding the merits of Item 4, presenting such a new proposal after the
Draft Decision in written Exceptions is procedurally inappropriate an
Item 4 will not be considered by the Department at this time. 
 

IV. CONCLUSION 
 

The U.S. economy is expe

of credit availabilit

 
2 See Decision at pp. 13-14. 
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ses significant 
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will c(j)(2). 

 procurement 
e Department 
rces may be 

tives, then the 
t. § 16a-3b(b).  
ment is in the 
 the integrity of 
urrently under 

ate that the project could 
not t process.  Projects 
under contract must first agree to terminate their current contract and bid into a future 
procurement process with no assurance that they will be selected. 
 
 The Department will not consider Clearview’s proposed Item 4 at this time. 
 

 The pricing requirements of Conn. Gen. Stat. § 16-244c(j)(2) po
constraints on improving the income stream of non-fuel cell proje

 not conduct a Round 4 procurement under Conn. Gen. Stat. § 16-244
 
 The IRP process offers an alternative venue to the Project 150
process for initiating a procurement to solicit renewable resources.  If th
determines in an IRP proceeding that additional renewable resou
necessary to meet future RPS requirements or environmental objec
Department could order a procurement pursuant to Conn. Gen. Sta
Should the Department determine that a renewable resource procure
public interest, the Department will conduct a procurement that preserves
the bidding process.  The Department will require that any project c
contract through previous Project 150 Rounds must demonstr

 obtain financing prior to participating in a future procuremen
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ERC        
ENERGY RESEARCH CENTER, INC 
35 FAWN ROAD 
EASTON,   CONNECTICUT    06612 
(203)459-0353      FAX:  (203)459-0282       
 
 
July 15, 2008 
 
 
Mr. Gene Guilford 
Independent Connecticut Petroleum Association 
10 Alcap Ridge 
Cromwell, CT  06416  
E-mail: gene@icpa.org 
 
 
RE:  Residential Natural Gas and Oil Price Update -2008 
 
Attached is a summary report of average residential oil and gas prices in Connecticut 
over the past 29 years.  This update is based on publications by the U.S. Department 
of Energy showing average annual residential natural gas and oil prices, and average 
prices un-weighted for volume for January through April 2008.  The attached summary 
represents the best information available at this time, and shows important trends in 
home heating oil and natural gas prices. 
 
The following are key points concerning the attached price comparisons and plots. 
 
Attachment 1 shows the prices of residential natural gas and home heating oil from 
1980 to 2008 based on U.S. Department of Energy publications.  Key points include 
the following: 
 
-     Over the past 5 years oil prices have been lower than natural gas in two of the 
five years, higher in two of the five years, and about even in one of the five years. The 
last five years, as a result, has been generally even overall. 
 
-     Over the past 10 years oil prices have been 6 percent lower than gas 
 
-     Over the past 15 years oil prices have been 15 percent lower than gas 
 
- Over the past 20 years oil prices have been 16 percent lower than gas 

 
Attachment 2 plots these oil and gas prices and shows: 

 
-    Oil prices have, on average, been lower than natural gas from 1980 to the present 
 
-    While natural gas prices have experienced a steady upward trend, oil prices    



     have varied up-and-down, maintaining a lower average value, until the last two  
     years. 
 
 
-    An historic price advantage for oil compared to natural gas is observed for 24 of    
     the past 26 years  

 
Attachment 3 is a chart comparing the average prices of natural gas and home 
heating oil over the past 10 years, 15, and 20 year time periods. 
 
-  Oil prices have been lower than natural gas in two of the five years, higher in two of 
the five years, and about even in one of the five years. Oil has been lower in price 
over the past, 10, 15, and 20 years.  

 
-  Oil has been 16 percent lower in cost than natural gas over the past 20 years which  
    is the expected lifetime of a new heating system. 
 
Attachment 4 tabulates the annual heating costs for a typical home and Connecticut 
that uses 865 gallons of oil per year, based on U.S. Department of Energy oil and gas 
prices. 
 
- Home heating costs with natural gas have averaged $1,240 a year over the past 

29 years, compared to oil at $1,085 for the same time period. 
 
- Home heating costs with oil were $4,517 lower than for natural gas from the study 

period from 1980 to 2008. 
 
Attachment 5 is a bar chart showing average oil and gas heating costs for a typical 
home in Connecticut over the past 10, 15, and 20 years. 
 
-  Over the past 10 years oil cost $1525, and gas costs $1631 a year on average 
 
-  Over the past 15 years oil cost $1278, and gas costs $1484 a year 
 
-  Over the past 20 years oil cost $1173, and gas costs $1369 a year 
 
 
Attachment 6 shows fuel cost savings by using all oil instead of natural gas in 
Connecticut homes over the past 10, 15, and 20 years. 
 
-  10-year savings with oil totaled $1,059 
 
-  15-year savings with oil totaled $3,094 
 
-  20-years savings with oil totaled $2,946 
 
 
Clearly, home heating oil has offered significant heating cost savings to consumers in 
Connecticut when compared to natural gas over the past three decades.   While oil 
prices have recently increased at a rate faster than natural gas, history has shown that 
those changes are short-term, and oil remains the lower cost option for homeowners 
in Connecticut over the long run. 
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RESIDENTIAL OIL AND NATURAL GAS PRICES - 1980 TO 2008
CONNECTICUT

   YEAR       NAT GAS   OIL   DIFF
$/MCF $/GALEQ   $/GAL     %

1980 5.84 0.79 0.983 20
1981 6.85 0.92 1.217 24
1982 8.51 1.15 1.183 3
1983 9.70 1.31 1.091 -20
1984 8.80 1.18 1.121 -6
1985 9.15 1.23 1.080 -14
1986 8.83 1.19 0.890 -34
1987 8.21 1.11 0.834 -33
1988 7.87 1.06 0.853 -24
1989 8.25 1.11 0.929 -20
1990 8.58 1.16 1.098 -5
1991 8.74 1.18 1.062 -11
1992 8.96 1.21 0.947 -27
1993 9.43 1.27 0.919 -38
1994 10.14 1.37 0.890 -53
1995 10.00 1.35 0.864 -56
1996 10.08 1.36 0.986 -38
1997 10.33 1.39 0.963 -44
1998 10.60 1.43 0.831 -72
1999 10.54 1.42 0.854 -66
2000 11.43 1.54 1.291 -19
2001 12.20 1.64 1.239 -33
2002 11.15 1.50 1.118 -34
2003 12.77 1.72 1.355 -27
2004 14.06 1.89 1.518 -25
2005 16.24 2.19 2.012 -9
2006 17.71 2.38 2.357 -1
2007 16.39 2.21 2.614 16
2008 16.42 2.21 3.268 32

AVG 10.61 1.429 1.254 -14
5 YR 16.16 2.18 2.354 8
10 YR 13.89 1.87 1.763 -6
15 YR 12.67 1.71 1.477 -15
20 YR 11.70 1.58 1.36 -16

NOTE:  
PETROLEUM MARKETING MONTHLY, DOE/EIA-0380
NATURAL GAS MONTHLY, DOE/EIA-0130
USDOE, HISTORIC NATURAL GAS ANNUAL - 1930 THROUGH 1998
NAT GAS:  1,030 BTU PER CUBIC FOOT
FUEL OIL: 138,690 BTU PER GALLON
2008 OIL PRICES THROUGH APRIL
2008 NAT GAS PRICES THROUGH APRIL  
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RESIDENTIAL HEATING COST ESTIMATES - 1980 TO 2008
CONNECTICUT

       NAT GAS EST'D   OIL EST'D
   YEAR HTG HTG    DIFF

$/MCF $/GALEQ COST   $/GAL COST      %
$/YR $/YR

1980 5.84 0.79 680 0.983 850 20
1981 6.85 0.92 798 1.217 1053 24
1982 8.51 1.15 991 1.183 1023 3
1983 9.70 1.31 1130 1.091 944 -20
1984 8.80 1.18 1025 1.121 970 -6
1985 9.15 1.23 1066 1.080 934 -14
1986 8.83 1.19 1028 0.890 770 -34
1987 8.21 1.11 956 0.834 721 -33
1988 7.87 1.06 917 0.853 738 -24
1989 8.25 1.11 961 0.929 804 -20
1990 8.58 1.16 999 1.098 950 -5
1991 8.74 1.18 1018 1.062 919 -11
1992 8.96 1.21 1044 0.947 819 -27
1993 9.43 1.27 1098 0.919 795 -38
1994 10.14 1.37 1181 0.890 770 -53
1995 10.00 1.35 1165 0.864 747 -56
1996 10.08 1.36 1174 0.986 853 -38
1997 10.33 1.39 1203 0.963 833 -44
1998 10.60 1.43 1235 0.831 719 -72
1999 10.54 1.42 1228 0.854 739 -66
2000 11.43 1.54 1331 1.291 1117 -19
2001 13.29 1.79 1548 1.239 1072 -44
2002 11.15 1.50 1299 1.118 967 -34
2003 12.77 1.72 1487 1.355 1172 -27
2004 14.06 1.89 1638 1.518 1313 -25
2005 16.24 2.19 1892 2.012 1740 -9
2006 17.71 2.38 2063 2.357 2039 -1
2007 16.39 2.21 1909 2.614 2261 16
2008 16.42 2.21 1912 3.268 2827 32

AVG 10.65 1.434 1240 1.254 1085 -14
DIFF $

4517
5 YR 16.16 2.18 1883 2.354 2036 8 -767
10 YR 14.00 1.89 1631 1.763 1525 -7 1059
15 YR 12.74 1.72 1484 1.477 1278 -16 3094
20YR 11.76 1.58 1369 1.356 1173 -17 2946

NOTES: ASSUMES ANNUAL FUEL USE OF 865 GALS OR EQUIVALENT 
DIFF IS COST SAVINGS IN $  
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